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ABSTRACT 
The foundational paper by Klinkenberg contains a very rich data set for gas flow in 
porous samples over a range of mean pressures from 1 kPa to 2000 kPa.  Based on his 
data, Klinkenberg proposed a correlation between pressure drop and flow rate that 
depends on both the Darcy permeability (the permeability at infinite mean pressure) and 
the ratio of a coefficient, now generally termed the Klinkenberg coefficient, and the mean 
pressure.  Klinkenberg’s approach to analyze his data was to determine the Darcy 
permeability at a high mean pressure, then calculate Klinkenberg coefficients at lower 
values of mean pressures.  He found that values of the calculated Klinkenberg coefficient 
remained constant for a certain range of mean pressures, but changed significantly at low 
mean pressures.  Klinkenberg clearly stated that his results did not show a strictly linear 
function of effective permeability with the inverse of mean pressure – it appears that this 
observation has never been studied in detail.  Based on an approach published by 
Arabjamaloei and Ruth, Klinkenberg’s data have been reanalyzed using three methods: 
by optimizing the Darcy permeability and the Klinkenberg coefficient simultaneously; by 
holding the Darcy permeability constant but optimizing the value of the Klinkenberg 
coefficient to obtain a single value for all mean pressures; by optimizing Darcy 
permeability, the Klinkenberg coefficient, and a second Klinkenberg coefficient divided 
by mean-pressure-squared.  It is shown that the last approach is successful in correlating 
all of Klinkenberg’s data to within ± 5%. However, the improvements due to the 
modified Klinkenberg equation are marginal and do not explain all the disagreement.  For 
this reason, a second data set, published by Ash and Grove, was explored.  This data set, 
which has been largely ignored in the literature, provides convincing evidence for 
Klinkenberg’s ideas, once the data are reanalyzed to account for shortcomings in the 
ranges of experimental pressures.  Based on ideas documented by Carman for mixed 
viscous/ diffusive flows, the results are used to derive estimates of an effective pore 
diameter and the tortuosity. 
 
INTRODUCTION 
Two foundational papers on low-pressure flow in porous media, one by Klinkenberg [1] 
and the other by Ash and Grove [2], have had very different impacts in the literature.  
Based on data from Google Scholar at the time of writing the present paper, the paper by 
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Klinkenberg has been cited 1853 times while the paper by Ash and Grove has been cited 
only 15 times.  The present paper will show that by combining the results from these 
papers with the model documented by Carman [3] (a similar treatment is also presented 
in Klinkenberg’s paper for a single straight capillary), a very simple method can be 
derived to predict an effective pore diameter and tortuosity of a porous sample.  The great 
advantage of the two papers is that they both contain sufficiently detailed experiment data 
to allow reanalysis of the results, a rare occurrence in the literature.  
 
For the purpose of the present paper, three characteristic flow regions will be defined.  
When pressure is very low or pore sizes are very small, this will be termed the “purely 
diffusive flow” region.  This region is often referred to as the “free molecular flow” 
region.  When the pressure is very high or the pore sizes are large, this will be termed the 
“purely viscous flow” region.  This region is often referred to as the “Poiseuille flow” or 
“Darcy flow” region.  Between the two regions is as “intermediate flow” region.  This 
region is also sometimes referred to as the “Knudsen flow”, “slippage flow” or 
“Klinkenberg flow” region, although the Knudsen flow region often is defined to include 
also the purely diffusive flow region. 
 
MATHAMATICAL BASIS 
The analysis in this paper is based on a generalized Klinkenberg equation as proposed by 
Arabjamaloei and Ruth[4].   

− 1+
𝑏
𝑃 +

𝑏!
𝑃!  

𝑑𝑃
𝑑𝑥 = 𝜇

𝑣
𝑘!

 (1) 

Here 𝑏 is the Klinkenberg coefficient, 𝑏! is a second Klinkenberg coefficient, 𝑣 is the 
Darcy (bulk) velocity, and 𝑘! is the Darcy permeability, the permeability at infinite mean 
pressure.  The mass flow rate, 𝑚, is related to the Darcy velocity by the equation 

𝑣 =
𝑚
𝜌 𝐴!

 (2) 

Here 𝐴! is the bulk cross-sectional area and 𝜌 is the density.  For steady, compressible 
gas flow, the mass flow is constant along the sample but the Darcy velocity will vary 
with the density, hence pressure.  Substituting Equation 2 into Equation 1 results in the 
equation 
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For an ideal gas and isothermal flow 

𝜌 = 𝜌!
𝑃
𝑃!

 (4) 

Here the subscript denotes the conditions at the arithmetic mean pressure.  Substituting 
into Equation 3 and multiplying through by 𝑃 
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The right-hand side of Equation 5 is a constant for steady flow.  Therefore the equation 
can be integrated over the bulk length, 𝐿!, and from the pressure at its highest value, 𝑃!, 
to its lowest value, 𝑃!.  The result is 

𝑃!! − 𝑃!!

2 + 𝑏 𝑃! − 𝑃! + 𝑏! ln
𝑃!
𝑃!
= 𝜇

𝑚
𝑘! 𝐴!

𝑃!
𝜌!

  𝐿! (6) 

Because the mean pressure, 𝑃!, is equal to 𝑃! + 𝑃! 2, this equation can be rearranged 
as 

𝑃! + 𝑏 +
𝑏!

𝑃! − 𝑃!
ln
𝑃!
𝑃!
= 𝜇

𝑚
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𝐿!
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 (7) 

 
An effective permeability, 𝑘, is defined by the expression 

𝑘 = 𝜇
𝑚

𝐴! 𝜌!
 

𝐿!
𝑃! − 𝑃!

 (8) 

Substituting this expression into Equation 7 and rearranging 

𝑘 = 𝑘!  1+
𝑏
𝑃!

+
𝑏!

𝑃! 𝑃! − 𝑃!
ln
𝑃!
𝑃!

 (9) 

 
Three dimensionless groups will now be defined: 

𝐃𝐚𝐫𝐜𝐲 𝐍𝐮𝐦𝐛𝐞𝐫    𝐷𝑎 =
𝑘
𝑘!

  (10) 

𝐊𝐥𝐢𝐧𝐤𝐞𝐧𝐛𝐞𝐫𝐠 𝐍𝐮𝐦𝐛𝐞𝐫    𝐾𝑙 =
𝑏
𝑃!

 (11) 

and  

𝐒𝐞𝐜𝐨𝐧𝐝 𝐊𝐥𝐢𝐧𝐤𝐞𝐧𝐛𝐞𝐫𝐠 𝐍𝐮𝐦𝐛𝐞𝐫    𝐾𝑙! =
𝑏!

𝑃! 𝑃! − 𝑃!
ln
𝑃!
𝑃!

 (12) 

to yield 
1+ 𝐾𝑙 + 𝐾𝑙! = 𝐷𝑎 (13) 

 
At first sight, the second Klinkenberg number appears to be ill-behaved because as  
𝑃! → 𝑃! this term goes to infinity.  However, as 𝑃! → 𝑃! then ln 𝑃! 𝑃! → 0 which 
compensates. 
 
THE KLINKENBERG RESULTS 
Klinkenberg included the following statement in his paper: 
 
“Fig.1, 2 and 3 show that the apparent permeability is approximately a linear function of 
the reciprocal mean pressure.  The linear function, however, is an approximation… 
wherein the value of the constant b increases with increasing pressure.” 
 
To explore reasons for this behavior, the Klinkenberg data were reanalyzed using three 
different approaches.  First, the data were fitted with Equation 5 but assuming b2 is zero.  
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This resulted in values for ko and b.  Second, the data were fitted with Equation 5 holding 
the value of ko equal to the value at high pressure and assuming b2 is zero.  Third, the data 
were fitted with Equation 5 allowing ko, b and b2 to vary.  The results for the three 
samples for which Klinkenberg provided detailed data are shown in Table 1.  
 

Table 1  The Fitting Parameters for the Three Models Considered 
 

Sample/Property #1 #2 #3 
 Core Sample “A” Jenna Glass Filter Core Sample “F” 

Varying ko and b 
ko (mD) 24.94 2.51 182.14 
b (kPa) 11.33 55.56 6.759 

Varying b only 
ko (mD) 23.66 2.45 176.57 
b (kPa) 12.02 57.07 7.038 

Varying ko, b and b2 
ko (mD) 24.39 2.46 177.81 
b (kPa) 12.28 58.40 7.781 

b2 (kPa)2 -0.661 -4.183 -1.165 
 

Figures 1 through 3 show the errors between the fitted equations and the measured values 
of effective permeability.  For Sample #1, using both ko and b results in errors exceeding 
5% at high pressures and in the vicinity of 10 kPa.  When only b is used in the fit, the 
effective permeability is well predicted at high pressures (this should occur because this 
is the region used to predict ko) but the error near 10 kPa is the greatest observed.  Using 
all three parameters results in the best prediction.  However, the improvements are 
marginal and the errors at high pressures and near 10 kPa are still relatively large. 
 
The behavior of Sample #2 (Figure 2) is similar to that for Sample #1.  Again, using both 
ko and b results in the largest errors at high pressures.  When only b is used in the fit, the 
effective permeability is better predicted at high pressures, although not as well as for 
Sample #1, but the error near 100 kPa has increased.  Using all three parameters results in 
the best predictions.  However, the improvements are again marginal and the error near 
100 kPa is still relatively large. 
 
The behavior of Sample #3 (Figure 3) is even more similar to that for Sample #1.  Again, 
using both ko and b results in the largest errors at high pressures and in the vicinity of 10 
kPa.  When only b is used in the fit, the effective permeability is better predicted at high 
pressures, although not as well as for Sample #1, but the error near 10 kPa is still large.  
Using all three parameters results in the best prediction.  However, the improvements are 
again marginal and the errors near 10 kPa are still relatively large. 
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In summary, despite using a higher order correlation, there remains a systematic 
deviation in the Klinkenberg data.  In order to obtain further insights into this problem, a 
second data set, published by Ash and Grove [2], was studied. 

 

 
Figure 1  The Errors for Sample #1 (Core Sample “A”).  These errors are the values 

predicted by the correlation equation minus the measured values, divided by the 
measured values. 

 
 

 
Figure 2  The Errors for Sample #2 (Jenna Glass Filter).  These errors are the values 
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predicted by the correlation equation minus the measured values, divided by the 
measured values. 

 

 
Figure 3  The Errors for Sample #3 (Core Sample “F”).  These errors are the values 

predicted by the correlation equation minus the measured values, divided by the 
measured values. 

 
 
THE ASH AND GROVE RESULTS 
Ash and Grove [2] reported effective permeability, and upstream and downstream 
pressure data, for 10 gases on a single sample of ceramic porous media.  However, the 
data is not in the same form as that used in the petroleum literature.  The flow rate, 𝐺, 
was calculated using the declining pressure in a known upstream volume using the 
equation  

𝐺 =
𝑑𝑃!
𝑑𝑡  𝑉!  

𝑇
𝑇!

 (14) 

Here 𝑡 is time, 𝑉!is the upstream chamber volume, 𝑇 is temperature, and 𝑇!is a reference 
temperature, in this case ambient.  (The units of the flow rate in the original paper were 
ergs/s, the pressures were in cm of Hg and time was in min.  In Equation 14 the units of 𝐺 
are J/s.)  In the paper, flow rates are not actually reported; however, permeabilities, K, in 
units of cm2/s are reported and G is related to K by the equation 

𝐾 =
𝐺 𝐿!

𝐴! 𝑃! − 𝑃!    (15) 

All the variables in this equation are reported except G which can be calculated from 
Equation 15.  Once G is calculated, the mass flow rate can be calculated using the 
equation 
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𝑚 =
𝐺 𝑀
ℛ 𝑇   (16) 

where 𝑀 is the molecular weight of the gas and ℛ is the universal gas constant.  Once the 
mass flow rate is known, Equation 8 can be used to calculate the effective permeability. 
 
The resulting effective permeability/ mean pressure data were fitted to determine the 
Darcy permeability and the Klinkenberg coefficient.  When fitting an equation to 
experimental data, the form of the error equation used can lead to different values for the 
fitting parameters because different equations will “weight” the data points differently.  
In the present analysis, two different error equations were used 

1+
𝑏
𝑃! !

−
𝑘!
𝑘!

!!!

!!!

= 𝐸𝑟𝑟𝑜𝑟 (17) 

and 

𝑘! +
𝑘! 𝑏
𝑃! !

− 𝑘!

!!!

!!!

= 𝐸𝑟𝑟𝑜𝑟 (18) 

The results for fitting these two equations to the experimental data for the ten gases are 
shown in Table 2.  These results are not at all what is expected.  All the experiments were 
done on a single experimental sample and the expectation is that the Darcy permeability 
should be the same for all the gases.  What is observed is that the Darcy permeability 
varies by a factor approaching 3 and the two error equations generally predict very 
different values for the same gas.  In the original paper, the same observation was made.  
There was some attempt to explain the variations based on arguments involving 
adsorption and surface flow but the authors admitted the arguments were not convincing.  
We could speculate that this inconsistent behaviour may be why this work has been 
largely ignored in the literature. 

 
Table 2  Calculated Darcy Permeabilities and Klinkenberg Coefficients 

 

 
Equation 17 Equation 18   Equation 17 Equation 18 

Gas ko 
(mD) 

b 
(kPa) 

ko 
(mD) 

b 
(kPa) 

 Gas ko 
(mD) 

b 
(kPa) 

ko 
(mD) 

b 
(kPa) 

He 13.84 97.77 19.11 70.37  H 5.78 149.03 14.00 61.45 
Ne 10.59 94.95 14.78 67.89  N 15.84 29.65 18.58 25.09 
Ar 12.10 42.52 15.11 33.77  O 10.73 49.36 13.99 37.56 

SO2 8.59 22.37 25.14 7.45  C2H6 16.50 13.09 16.79 12.84 
Kr 14.32 27.23 14.50 26.89  CO2 9.33 34.39 29.74 10.19 

 
When fitting data, it is important that the data covers the full range that the equation 
represents.  In this case, if an accurate value of 𝑘! is desired, at least some of the data 
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points should have a sufficiently high mean pressure such that the Da is close to 1.  Table 
3 shows the minimum Darcy numbers calculated using the Darcy permeabilities based on 
fitting the data.  Clearly, none of these Darcy numbers are even close to 1.  In order to 
determine if this observation was the source of the scatter in the values of 𝑘!, the data 
were reanalyzed by using only data points that had a Darcy number less than 10 (this was 
not possible for hydrogen) or the last three data points.   Although this was not expected 
to yield accurate values for the Darcy permeability, this was the only way that at least 
three points would be used for each gas.  The results for the recalculated Darcy 
permeabilities are shown in Table 4. 

Table 3  The Minimum Experimental Darcy Number Calculated using Darcy 
Permeabilities based on Equation 13. 

 
Gas Minimum 

Da 
 Gas Minimum 

Da 
He 6.352  H 14.540 
Ne 5.229  N 2.801 
Ar 3.577  O 4.556 

SO2 2.782  C2H6 2.326 
Kr 2.345  CO2 4.397 

 
 
Although the values for Darcy permeability still show variations, they are in much better 
agreement.  Furthermore, the two error equations now predict very similar values.  In 
order to proceed, the values for the 10 gases and the two error equations were averaged.  
This gave a value for 𝑘! of 16.0 𝑚𝐷. 
 

Table 4  Reanalysed Darcy permeabilities based on data points for which the Darcy 
number is near 1. 

 
 

Gas 
ko 

(mD) 
(Eq.13) 

ko 

(mD) 
(Eq.14) 

 Gas ko 

(mD) 
(Eq.13) 

ko 
(mD) 

(Eq.14) 
He 18.32 18.40  H 14.47 14.48 
Ne 15.44 14.78  N 14.97 14.98 
Ar 16.63 16.74  O 15.25 15.26 

SO2 15.51 15.52  C2H6 17.41 17.85 
Kr 16.11 16.15  CO2 15.74 16.11 

 
Using the single value of the Darcy permeability, the data were reanalyzed to obtain new 
values for the Klinkenberg coefficients.  The work of Carman suggests that the 
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Klinkenberg coefficient divided by the mean pressure should vary with the mean free 
path of the gas.  The mean free path can be calculated from the equation 

𝜆 =
𝜆!
𝑃!

 (19) 

where 𝜆! is the mean free path coefficient 

𝜆! = 𝜇
𝜋 ℛ 𝑇
2 𝑀  (20) 

Table 5 shows the results and Figure 4 shows a plot of 𝑏! versus 𝜆!  
 

Table 5 Calculated values for the Klinkenberg coefficient and the mean free path 
coefficient. 

 
Substance 𝑏 𝑘𝑃𝑎  𝜆!×10!  Substance 𝑏 𝑘𝑃𝑎  𝜆!×10! 

He 84.34 5.72  H 53.73 3.57 
Ne 62.64 3.99  N 29.33 1.90 
Ar 31.82 2.05  O 32.70 2.06 

SO2 11.87 0.904  C2H6 13.54 0.962 
Kr 24.28 1.57  CO2 19.69 1.29 

 

 
Figure 4  The Klinkenberg Coefficient as a Function of the Mean Free Path Coefficient 

 
As observed in Figure 4, the correlation between the two variables is remarkably good.  
In fact, the regression coefficient is 0.9962.  It can be concluded that when the Ash and 
Grove data is analysed by taking care to separately analyse the data that contains 
information on the viscous flow region, the results conform well with the expectation that 
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all the different gases will have behaviours that can be accounted for by changes in the 
mean free path coefficient. 
 
Figure 5 summarizes the errors between the experimental values and the calculated 
values of permeabilities using the data from Table 5.  In general the errors are small, 
much below ±0,05.  However, the sulphur dioxide results show anomalously large errors; 
there is no apparent reason for this behaviour.  It is observed that the errors are generally 
positive.  This may be due to the value of Darcy permeability used in the analysis.  The 
Darcy permeability can easily be in error because it was calculated from data that did not 
include values for Darcy numbers near 1. 
 

Figure 5  The Errors for the Ash and Grove data.  These errors are the values predicted by 
the correlation equation minus the measured values, divided by the measured values. 

 
USING KLINKENBERG DATA TO PREDICT SAMPLE 
STRUCTURE 
The Ash and Grove work was motivated by a desire to determine pore properties based 
on flow in capillary tubes collected into a parallel tube model.  The equation for the 
effective permeability (as developed in Carman [3] but based on the earlier work of 
others, most notably Adzumi [5]) is 

𝑘 =
𝜙 𝛿!

32 𝜏!  1+ 8 
𝜆
𝛿  21 

Here 𝜙 is the porosity, 𝛿 is an “effective” tube diameter, 𝜏 is the tortuosity, and 𝜆 is the 
mean free path of the gas given by Equation 19.  Comparing this equation with Equation 
9, and ignoring the second Klinkenberg term, the Darcy permeability may be identified as 
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𝑘! =
𝜙 𝛿!

32 𝜏! (22) 

and the Klinkenberg coefficient by 

𝑏 =
2 𝜇
𝛿 

𝜋 ℛ 𝑇
𝑀  (23) 

Given values for 𝜙, 𝑘! and 𝑏, these equations should allow the prediction of the effective 
diameter and the tortuosity.  Based on the Ash and Grove data, the values for these 
variables are 𝛿 = 1.91×10!!  ∓ 0.14 𝑚 and 𝜏 = 1.46∓ 0.11.  The value for the 
diameter compares favorably with values that were calculated by Ash and Grove based 
on a number of different approaches (0.41×10!! to 2.84×10!! 𝑚).  The medium used 
for this study was a ceramic which would be expected to have a very uniform and 
systematically packed structure.  As such, a reasonable expectation for the tortuosity 
would be 2 or 1.414 which is remarkably close to the value based on the Ash and Grove 
data. 
 
At very low pressures, or for samples with very small flow passages, the flow becomes 
purely diffusive and viscosity effects become minimal.  The onset of this behavior is 
characterized by the Knudsen number which is defined as  

𝐾𝑛 =
𝜆
𝛿 (24) 

and Equation 21 may be written as  

𝑘 =
𝜙 𝛿!

32 𝜏!  1+ 8 𝐾𝑛  (25) 

As the Knudsen number becomes large, this equation goes to 

𝑘 =
𝜙 𝛿!

4 𝜏! 𝐾𝑛 (26) 

If experiments are conducted in the diffusive region, this equation may be used to model 
the results.  The measurement of diffusive properties of porous media has great utility.  
As pointed out by Klinkenberg in a separate paper [6], diffusion is an analogy for 
electrical conductivity in porous media.  For a parallel tube model, the formation factor 𝐹 
is given by (Ruth, Lindsay and Allen [7]) 

𝐹 =
 𝜏!

𝜙  (27) 

Therefore, once effective pore diameters and tortuosities are determined, formation 
factors can be predicted without the need to saturate the samples with an electrically 
conducting liquid.  The present work clearly demonstrates that when experiments are 
conducted to capture and analyze flow in both the diffusive and viscous regions, gas flow 
experiments give the results predicted from simple theories of flow in tubes.  Therefore, 
they should allow calculation of meaningful values for effective pore diameters and 
tortuosities.  It is the opinion of the authors that diffusive experiments represent a very 
important but underutilized opportunity to gain a much better understanding of rock 
samples. 
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A word of caution is required.  It should always be possible, by using very low pressures, 
to conduct experiments in moderate to high permeability samples that range over the 
diffusive, intermediate, and viscous flow regions.  However, for low permeability 
samples, it may be difficult to perform experiments in the viscous flow region without 
using very high pressures.  Therefore, the potential to use this technique to determine 
pore structure on tight samples needs further investigation. 
 
CONCLUSIONS 
The work reported in this paper supports the following conclusions: 
1. Using a model equation with a second order dependence on mean pressure leads to a 

better correlation between mean pressure and permeability.  However, the 
improvements are marginal. 

2. Even with a second order model, the Klinkenberg data show a systematic deviation 
from the predicted values in the intermediate flow region between purely viscous and 
purely diffusive flow. 

3. When reanalyzed to reduce the impact of lack of data near a Darcy number of 1, the 
Ash and Grove data provide very consistent results for the permeability of the sample 
to various gases. 

4. Based on the Ash and Grove data, the Klinkenberg coefficient varies in a linear 
fashion with the mean free path coefficient with a very high regression coefficient. 

5. Using the derived Darcy permeabilities and Klinkenberg coefficients, very reasonable 
values for the effective pore diameter and tortuosity are predicted for the sample used 
by Ash and Grove. 

6. In order to best implement a method to calculate effective pore diameter and 
tortuosity of a sample, accurate data must be collected in both the purely viscous and 
the purely diffusive flow regions. 

7. Diffusion experiments could represent a very important technique for studying 
samples of porous media. 
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ABSTRACT 
This paper reports on a study with the objective to validate a set of core analysis data 
using a combination of mercury injection capillary pressure (MICP) data and statistical 
correlation techniques.  The data set is from an off-shore reservoir in Atlantic Canada.  
Analysis of this reservoir was complicated by the fact that the permeabilities of the 
samples were high, greater than 2400 mD.  The analysis was done using an existing data 
set, not a data set specifically tailored for the techniques used in the analysis.  The data 
analyzed included samples that represented seven zones in a single well.  Porosities and 
permeabilities were available for the MICP samples.  Electrical properties, along with 
porosities and permeabilities, were available on samples from each zone, but not from 
the same depths as the MICP samples.  Steady-state relative permeabilities (SSRP) were 
available for stacked samples in each zone; one of the samples in the stack was a 
companion sample for one of the MICP samples from that zone.  The MICP results were 
used to validate the permeability measurements using both the Swanson method (SM) and 
the Ruth-Lindsay-Allen (RLAM) method.  The SM, using published correlation 
parameters, significantly under-predicted the permeabilities; the RLAM, which uses no 
correlation parameters, gave predictions within a maximum error of just over 33% and a 
mean error of -12%.  The MICP data was used to validate the shapes of the SSRP curves 
using the Gates and Tempelaar-Lietz method (GT-LM), the Burdine method (BM), and a 
modified Burdine method (MBM).  The GT-LM, which uses no correlation parameters, 
provided good predictions of the wetting phase SSRP curves but very poor predictions of 
the non-wetting phase SSRP curves.  The BM, using published correlation parameters, 
provided poor predictions of the wetting phase SSRP curves but improved predictions of 
the non-wetting phase SSRP curves.  The MBM provided good predictions of the wetting 
phase SSRP curves and acceptable predictions of the non-wetting phase SSRP curves.  
The MBM method does use a correlation parameter but a single value was used for all 
seven zones.  This work provides a protocol for validating core analysis data that can be 
implemented in a straightforward manner to determine the “quality” of the data.  The 
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results emphasize the importance of MICP as an experimental technique.  A proposed 
modified workflow is presented that would optimize the validation protocol. 
 
INTRODUCTION 
Whenever core analysis data is reviewed, the question of data validity must be addressed.  
Data validation is a two part process.  The first question that must be asked is: Are the 
values what are expected?  This question rests on the implicit assumption that we can 
actually state what we expect.  Even with the most sophisticated imaging and flow 
simulation, there is still great uncertainty in predicting transport phenomena, particular 
multi-component flow phenomena, in porous media based on primary information such 
as pore images and fluid properties.  If it is determined that the transport properties are 
sensible, then the data can be considered to be validated.  However, if the data does not 
agree with expectations, then a further question must be asked: Is the data correct?  The 
“correctness” of the data refers to the accuracy and precision of the experiment itself.  
Unlike many fields of testing, except for synthetic samples such as those made by 
sintering glass, porous samples with well documented properties are not readily available.  
However, careful examination of laboratory procedures and close scrutiny of data 
analysis techniques will generally determine if the data is “correct”.  If the data is judged 
to be “correct” and the results do not conform to expectations, then sources of the 
anomalies can be explored with confidence. 
 
The present study was conducted to determine if a relatively straightforward protocol can 
be used to validate a set of data for a well from off-shore Atlantic Canada.  Rather than 
use sophisticated core images and predictive techniques, the protocol relies on 
determining if data from a number of different core analysis tests can be rationalized 
without the use of a large number of correlation (“fitting”) parameters.  The present 
validation process relies on the availability of mercury injection capillary pressure curves. 
 
The protocol was tested on an existing data not one specifically tailors for this study. 
 
PERMEABILITY VALIDATION 
The foundational data for this study were mercury injection capillary pressure (MICP) 
results for a suite of seven samples.  The properties of these samples are shown in Table 
1.  The first row in this table shows the Klinkenberg corrected permeabilities.  The last 
row in this table are the permeabilities calculated by the service laboratory from the 
MICP data using the Swanson method [1]. 
 
All of the samples have high permeabilities, ranging from just over 2000 mD to just 
under 8000 mD.  The first stage in validating the data was to determine if the MICP 
results could be used to accurately predict the sample permeability.  This was done in 
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three different ways: using a simple permeability-porosity cross plot; using the Swanson 
method (SM) [1]; and using the Ruth-Lindsay-Allen method (RLAM) [2]. 

Table 1  Basic Data for the MICP Samples 
Sample Number #7 #18 #25 #36 #43 #48 #53 
Klinkenberg Corrected 
Permeability (mD) 2407 6317 6854 3565 5810 7855 6540 
Helium Porosity 0.286 0.316 0.259 0.291 0.305 0.296 0.262 
Helium Pore Volume (cc) 0.947 0.833 0.754 0.940 0.698 1.174 0.705 
Bulk Volume (cc) 3.313 2.635 2.914 3.234 2.290 3.965 2.694 
Grain Volume (cc) 2.366 1.802 2.161 2.294 1.592 2.791 1.989 
MICP Permeability (mD) 1046 2686 2020 1283 2094 2587 1125 
 
Figure 1 shows the permeability-porosity cross plot along with the best fit regression line.  
Clearly, there is no evident trend in this data. 

Figure 1  Permeability-Porosity Cross Plot for the MICP Data 
 
Both the SM and the RLAM rely on interpreting the MICP curves to obtain a 
representative pore (tube) diameter on which to base the permeability prediction.  Figure 
2 shows the pressure versus vacuum saturation for the seven curves.  The interpretation 
of these curves used values of interfacial tension and contact angle of 0.480 N/m and 
140° respectively. 

All of the MICP data appear to be of high quality with no evidence of secondary porosity.  
As expected for samples of this high permeability, the threshold pressures are very low 
and all of the samples have low residual vacuum saturations. 
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Figure 2  The Mercury Injection Capillary Pressure Curves 
 
The SM permeability is determined by finding the maximum value of the expression  

𝑘!" = 2.517×10!
𝑆!" 𝜙
𝑃!

!.!"#

 (1) 

Here 𝑆!" is the fractional mercury saturation, 𝜙 is porosity (decimal), and 𝑃!is the 
capillary pressure in kPa.  𝑘!" has units of mD. 
 
Figure 3 shows a cross plot of the SM permeabilities with the measured permeabilities.  
The SM values are seen to be consistently lower than the experimental values.  The 
maximum error is 84% and the mean error is -67%.  This analysis used the conventional 
values of the correlation parameters (2.517×10! and 1.691) in the prediction equation.  
The systematic trend in the data suggests that much better prediction could be made using 
different parameters.  The calculated values for the SM permeabilities were very similar 
to those provided by the service laboratory; they used slightly different values of 
interfacial tension and contact angle (0.485 N/m and 130°) which explains the small 
differences. 
 
The RLAM method is based on assuming that the sample can be modelling using the 
simple Representative Elemental Volume, illustrated in Figure 4.  This element consists 
of a single tortuous tube, and the permeability is predicted using the equation  

𝑘!"#$ =
𝜙 𝛿!

32 𝜏!      (2) 

Here 𝛿 is a representative pore diameter and 𝜏 is the tortuosity.  If the pore diameter is 
expressed in µm, then 𝑘!"#$ will have units of mD.    
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Figure 3 A Comparison between the Permeabilities Predicted by the Swanson Method 
and the Experimental Values 
 

Figure 4  The Representative Elemental Volume 
 
The representative pore diameter is found using a method based on the Purcell equation 

𝛿! = 4 𝜎 𝑐𝑜𝑠 𝜃 ! 𝑑𝑆!
𝑃! !

!

!

      (3) 

If 𝜎 has units of N/m and the capillary pressure has units of Pa; the units for the diameter 
will then be m, which would be converted to µm before use in Equation 1.  In order to 
apply the RLAM, the formation factors based on electrical properties are needed.  Then 
the tortuosity is found using the following formation factor equation:  
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𝐹 =
𝜏!

𝜙       (4) 

Combining these equations 

𝑘!"#$ =
𝜎 𝑐𝑜𝑠 𝜃 !

2 𝐹
𝑑𝑆!
𝑃! !      (5) 

 
Unfortunately, electrical properties were not available for the MICP samples.  However, 
electrical properties were available for a separate suite of samples taken from the same 
reservoir and similar, but not exactly the same, depths.  Table 2 contains the data for 
these samples.  Figure 5 shows the cross plot of formation factor versus the porosity plus 
the regression line given by the equation 

𝐹 =
0.85
𝜙!.!"" (6) 

The regression coefficient for this equation is 𝑅! = 0.80. 
 

Table 2  Data for the Samples used to Determine the Formation Factor Parameters 
 

Sample 
Identification Porosity 

Formation 
Factor 

N/A 0.262 9.22 
N/A 0.272 8.20 
3 0.280 7.72 
28 0.282 7.37 
4 0.283 8.05 
N/A 0.286 7.77 
30 0.288 7.48 
N/A 0.291 7.97 
N/A 0.292 7.24 
N/A 0.296 7.19 
12 0.298 6.98 
13 0.301 7.07 

 
Using Equation 5 and the correlation given in Equation 6, the permeabilities were 
calculated.  The results are shown in Figure 6.  Three of the predictions are almost exact.  
The maximum error is 33% and the mean error is -12% which is a significant 
improvement over the SM results.  It is important to note that this method does not use 
any fitting parameters – it is strictly based on the model assumptions. 
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Figure 5  The Formation Factor versus Porosity Cross Plot 

Figure 6  A Comparison between the Permeabilities Predicted by the Ruth-Lindsay-Allen 
Method and the Experimental Values 
 
RELATIVE PERMEABILITY VALIDATION 
The data set included steady-state relative permeability (SSRP).  All SSRP experiments 
were performed on composite cores of reservoir rock material.  The composites contained 
four individual plugs which were arranged with decreasing permeability from inlet to 
outlet.  Initial water saturation was established by porous plate desaturation for all 
samples.  Ageing was performed over two weeks with live oil at reservoir conditions.  
Flooding was performed vertically with injection at the bottom at reservoir conditions.  
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The stacked cores were approximately 36 cm in length.  Experiments were conducted at a 
temperature of 73 oC and a pore pressure of 270 MPa.  Typical water flow rates (those for 
Sample #7) were 10.80, 32.4, 82.8, 144.0, 234.0, 295.2, 334.8, 352.8, and 360.0 ml/hr 
and the corresponding oil flow rates were 349.2, 327.6, 277.2, 216.0, 126.0, 64.8, 25.2, 
7.2, 0.0 ml/hr.  For each of these stacks, one of the samples was a companion sample for 
one of the MICP samples.  In the study described below, the MICP data for the 
companion sample was assumed to be representative of the entire stack. 
 
Three different models were used to predict the SSRP results: the Gates and Tempelaar-
Lietz method (GT-LM) [3]; the Burdine method (BM) [4]; and a modified Burdine 
method (MBM).  All of these methods depend on integrating the capillary pressure curve 
over sub-ranges of the total saturation range in order to obtain wetting component and 
non-wetting component relative permeabilities.  The common difficulty faced by all these 
methods is that they cannot account for irreducible saturations – the mercury curves start 
at a vacuum saturation of 1.0 and typically end at a vacuum saturation much lower than 
the wetting component saturation of a typical oil-water experiment.  For this reason, only 
the shapes of the curves were studied – the curves were normalized, the saturations with 
the total saturation change and the relative permeabilities with their end-points.  The 
details of the methods will be described only for Sample #7. All the other samples 
behaved in a similar manner. 
 
The shapes of the relative permeability curves suggest the samples are moderately oil 
wet.  However, for the purposes of this study it is assumed that water preferentially enters 
the tubes with smaller diameters.  The basic equation used for all the methods is Purcell’s 
original formulation [5] which is written as  

𝑘!" =

𝑑𝑆!
𝜏 𝑃!!

!!
!!"

𝑑𝑆!
𝜏 𝑃!!

!
!!"

        and      𝑘!"# =

𝑑𝑆!
𝜏 𝑃!!

!
!!

𝑑𝑆!
𝜏 𝑃!!

!
!!"

 (7) 

Here the tortuosity 𝜏 must be estimated as a function of saturation.  The simplest estimate 
is that tortuosity is a constant.  This assumption leads to the GT-LM. 

𝑘!"#$% =

𝑑𝑆!
𝑃!!

!!
!!"

𝑑𝑆!
𝑃!!

!
!!"

     and   𝑘!"#$%& =

𝑑𝑆!
𝑃!!

!
!!

𝑑𝑆!
𝑃!!

!
!!"

 (8) 

 
 Figure 7 shows the result of applying the GT-LM to the data for Sample #7.  Whereas 
the predicted wetting component relative permeability curves are reasonable, the non-
wetting component curves are in complete disagreement with the experimental data.  This 
is not surprising because for this model the two relative permeabilities must always sum 
to 1.  
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Figure 7  The Normalized Steady State Relative Permeability Curves Compared with the 
GL-TM Predictions for Sample #7 
 
Burdine assumed that the tortuosity varied in a very specific way with the saturation and 
arrived at the equations 

𝑘!"#$ =
𝑆! − 𝑆!"
1− 𝑆!"

!
𝑑𝑆!
𝑃!!

!!
!!"

𝑑𝑆!
𝑃!!

!
!!"

     and   𝑘!"#$% =
𝑆!" − 𝑆!"#

1− 𝑆!" − 𝑆!"#

!
𝑑𝑆!
𝑃!!

!
!!

𝑑𝑆!
𝑃!!

!
!!"

 (9) 

Figure 8 shows the results for the BM.  Here the non-wetting component relative 
permeability is much better predicted but the wetting component relative permeability is 
much more poorly predicted. 
 
The BM was modified by allowing the exponent on the saturation term to vary.  For the 
non-wetting component, the best value for the exponent was found to be 3; the best value 
for the wetting component was found to be 0.  (The exponent characterizes the manner in 
which the tortuosity varies with the saturation.)  These values were used to calculate the 
results in Figure 9.  The results for the remaining six samples are shown in Figure 10.  
Visually, the agreement for the non-wetting curves are quite good.  This is remarkable 
given the fact that water is implicitly assumed as the wetting phase (invades the smaller 
pores) whereas the curves are more characteristic of oil wet samples according to Craig’s 
Rules of Thumb [6].  The difference between the experimental values and the predicted 
values of the relative permeabilities range from 0.02 to 0.13 with a mean of 0.067.  
Agreement for the wetting component curves do not appear to be quite as good but are 
reasonable considering this method is identical to the GL-TM which does not use any 
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correlation parameters.  The actual differences for the wetting curves are similar to those 
for the non-wetting curves, ranging from 0.03 to 0.10 with a mean of 0.062. 
 

Figure 8 The Normalized Steady State Relative Permeability Curves Compared with the 
BM Predictions for Sample #7 

Figure 9  The Normalized Steady State Relative Permeability Curves Compared with the 
MBM Predictions 
 
A REVISED EXPERIMENTAL PROGRAM 
The results presented above were obtained using an existing data set.  To optimize this 
protocol, it is necessary that both electrical testing to determine formation factor and 
mercury injection capillary pressure be determined for samples that represent each unique 
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feature in the well.  The RLAM should then be used to determine if the results are 
consistent. 
 
Two further ideas are worth pursuing.  Firstly, electrical tortuosity and diffusive 
tortuosity are widely accepted to be analogous.  Yet diffusion tests are rarely done as part 
of a core analysis program.  Experimental procedures that use diffusion tests should be 
developed.  Secondly, resistivity index experiments should contain information on how 
pore networks are connected.  The connection between relative permeability and 
resistivity index has never been fully explored.  It would be useful for resistivity index 
experiments to be routinely performed on samples that are to be tested for relative 
permeability. 
 
CONCLUSIONS 
Using a very simple model for the porous media, this study shows that porosity, 
permeability, electrical properties, and mercury injection capillary pressure all show 
mutually consistent behaviours, that is, the measured permeability and the permeability 
calculated using the other properties in the simple model are in acceptable agreement.  
Furthermore, the analysis was extended to give reasonable predictions of the shapes of 
steady-state relative permeability curves.  Although these agreements could be purely 
coincidental, the authors contest that the agreement can be taken to mean that the core 
analysis results are valid. 
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Figure 10  Comparisons for the Normalized Steady State Relative Permeability Curves 
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ABSTRACT  
 
Two potential recovery mechanisms are being considered for a major field which 
required laboratory measurements to investigate the efficiency of the two scenarios: gas 
flood followed by water flood and water flood followed by gas flood. Although simply 
stated, the recovery scenarios involved complex three-phase processes which had to be 
replicated in the laboratory at reservoir conditions to provide reliable data upon which 
reservoir development decisions could be made.     
 
The first sequence consisted of water displacing oil to residual oil saturation (Sorw), oil 
displacing water to residual water saturation (Swro) and gas displacing both oil and water 
to Sor3φ,g and Swr3φ,g. The second sequence consisted of gas displacing oil to residual oil 
saturation (Sorg), oil displacing gas to trapped gas saturation (Sgto) and water displacing 
both oil and gas to Sor3φ,w and Sgt3φ,w respectively. 
 
Composite cores of four well-matched plugs at Swi were used and all measurements were 
made at bubble point conditions. A vertical core holder was housed inside a reservoir 
condition facility equipped with gamma attenuation saturation monitoring (GASM). 
Temperature stability and the use of GASM were paramount for the accurate 
measurement of produced fluids, especially trapped gas saturation. Oil, gas and water 
produced volumes were also measured using a separator housed inside the core flood 
oven to provide optimum temperature stability.  
 
The laboratory results were modelled in a compositional simulator using an equation of 
state tuned to conventional PVT data and both swelling and multiple contact experiments. 
The objective was to build a three-phase predictive model from the constituent two-phase 
relative permeability data. The paper details the experimental methods and presents 
results for each section of the two sequences. The key conclusions are that Sorg>Sorw> 
Sor3φ,g> Sor3φ,w and Sgt3φ,w< Sgto. 
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INTRODUCTION 
 
Current field operations include both water injection and gas injection. The purpose of 
the two coreflood sequences described in this paper is to compare oil recovery achieved 
through crestal equilibrium gas injection (i.e. an immiscible gravity drainage flood) 
followed by down-dip water injection to a double displacement process, where water 
injection is followed by crestal equilibrium gas flood into the water-swept zone [1], [2].  
 
All plugs used in the study were of the same rock type, a moderately well sorted, fine-
grained sandstone with a massive texture. They were poorly cemented and contained 
small amounts of detrital clay which introduced some microporosity. Individual plug 
porosities varied from 22 to 25% and had absolute permeabilities to brine of between 
288mD and 411mD. Mercury injection samples from a number of plugs used in the tests 
suggested a largely unimodal distribution of pore throat diameters of 20 - 25 µm. 
 
EXPERIMENTAL PROCEDURES 
 
Coreflood 1 
 
The first coreflood sequence was designed to simulate a “double displacement” process 
starting with a waterflood upwards through the composite at 4 ml/h to Sorw. The rate was 
chosen as it represented a realistic frontal advance rate for the field. For practical 
purposes, the waterflood was stopped when oil cut had fallen to <0.1%. Sorw was 
measured by brine dispersion. The waterflood was followed by an oil flood downwards at 
4 ml/h, which simulated an oil bank being driven into the water flooded zone by gas 
flood (secondary drainage) to Swro. The final flood in the sequence, an equilibrium gas 
flood downwards, simulated expansion of the gas cap into the oil zone, driving the oil 
saturation to Sor3φ,g and Swr3φ,g. The flood continued at 4 ml/h until a 99.9% gas cut, after 
which the flood rate was increased to 400 ml/h to remove capillary-retained fluids at the 
outlet end. The three flood sequences are depicted below in Figure 1. 
 
The residual saturation relevant to the lab test measured at the end of the sequence of 
floods are highlighted in red in Figure 1. After the floods were complete, the composite 
was solvent cleaned in-situ and 100% saturation GASM calibrations were performed for 
each of the three test fluids, followed by a total pore volume measurement by miscible 
dispersion.  
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Figure 1:- Coreflood 1 flood sequences 

Coreflood 2 
 
The second coreflood sequence effectively reversed the sequence described for Coreflood 
1.  Coreflood 2 started with an equilibrium gas flood vertically downwards, followed by a 
secondary oil flood upwards and finally a waterflood upwards. The gas flood was 
designed to simulate crestal gas injection, resulting in an equilibrium gas drive and 
gravity drainage of oil. The flood rate was initially 4 ml/h, representative of the frontal 
advance rate in the field and was continued until the oil cut had reduced to < 0.1%.  At 
this point, the flood rate was increased to 400 ml/h until c. 47 pore volume (PV) of 
equilibrium gas had been injected and the oil cut was < 0.1%. 

 
The intermediate oil flood simulates down dip water injection, which drives oil into the 
gas-swept zone, trapping gas. The flood rate was 4 ml/h and was continued until oil had 
just broken through at the outlet (top) face of the composite. 
 
The final sequence, a tertiary waterflood, then simulates the advance of the water flood 
into this zone, and drives the oil saturation down to residual oil saturation at trapped gas, 
Sor3φ,w. Again, the flood rate was 4 ml/h and continued until water cut was > 99.9%. The 
flood rate was then increased to 40 ml/h to remove capillary trapped fluids at the outlet of 
the core. A miscible brine dispersion was done to measure the aqueous pore volume. 
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Figure 2 :- Coreflood 2 final flood sequence 

The red highlighted region in Figure 2 represents the residual saturations at the end of the 
coreflood sequence. Pure phase GASM calibrations and total pore volume were measured 
as for Coreflood 1. 
 
Fluid Preparation 
 
A sample of stock tank oil was combined with a synthetic hydrocarbon gas mixture to 
produce an initial live crude oil (LCO) which matched the composition of the reservoir 
fluid at reservoir bubble point conditions of 71°C and 3890 psig. 
 
Equilibrium gas was produced by flashing a small subsample of the LCO to 3850 psig at 
71°C (i.e. 40 psi below bubble point) and allowing an equilibrium gas phase to evolve. 
This gas phase was removed and analysed to provide an approximation of the equilibrium 
gas at reservoir conditions. A large volume of this approximated equilibrium gas was 
produced from pure components and contacted with an equal volume of the LCO in a 
PVT vessel. This was done for an extended period of time at reservoir (bubble point) 
conditions to ensure true equilibrium between the fluids was reached. The final gas and 
oil phases were then separated and used during the coreflood tests as true equilibrium 
fluids.  
 
Synthetic brines were used matching the ionic composition of the formation brine and 
enlivened using the equilibrium gas described above, sodium iodide was used to increase 
the accuracy of the GASM data. 
 
Coreflood Rig Design 
 
A series of sister plugs, of matched permeability and porosity, were prepared to Swi with 
doped brine (5% NaI) using the confined porous plate technique. A composite of four 
plugs was constructed for each coreflood and wrapped in a layer of gas-impermeable 
aluminium shim and a liquid-impermeable Viton rubber sleeve. 
  
At the start of each coreflood, the composite was loaded into a vertically-orientated 
carbon fibre core holder. The vertical orientation allowed gravity stable displacements to 

	

water	flood	

Sequence 3 
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be performed (e.g. less dense gas is injected at the top of the core, water is injected at the 
base).  Hydrostatic overburden pressure was provided by de-ionised water with a Enerpac 
pump supported by a large volume gas buffer. Pressure was logged throughout the 
experimental sequence. 
 
The core holder, piston vessels containing all live experimental fluids, in-situ saturation 
monitoring detectors and the visual separator equipment were contained inside an oven to 
ensure temperature stability. Gamma ray sources were mounted outside the oven, close to 
the core holder and detectors inside the oven. The GASM system allowed fluid 
saturations within the composite core to be monitored qualitatively throughout the 
corefloods and quantitatively at the end of the floods, once 100% phase calibrations had 
been completed.  
 
Effluent from all flood sequences was piped into a visual separator, which was mounted 
inside the core flood rig oven to ensure temperature and pressure equilibrium with the 
core.  The separator allowed the production of two phases to be measured by a camera 
system mounted outside the oven. Meniscus heights, and hence volumetric production, 
were monitored throughout the floods. The coreflood rig layout is summarised in Figure 
3.  
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Figure 3:- Schematic of coreflood rig design 

 
All live fluids for the tests were contained inside titanium or Hastelloy piston vessels 
inside the rig oven and driven by a Quizix pump system. Before loading into the oven, 
LCO samples were taken to reservoir conditions inside a PVT vessel and a bubble point 
check was performed using the Quizix pump. The outlet BPR pressure was set at 
precisely the Pb of the LCO, and the setpoint was tested using the same Quizix pump. 
 
Once loaded into the coreflood rig, the composites were brought to reservoir conditions 
with hydrostatic overburden of 7310 psig. The composites were thoroughly degassed 
before a hydrocarbon pore volume measurement was made by miscible dispersion of 
kerosene with a second kerosene phase doped with 1-iodododecane. Composites were 
then saturated with LCO, which was refreshed weekly during a total ageing period of 
three weeks. Both coreflood sequences therefore started with the aged composites 
saturated in LCO at Swi. 
 
ANALYSIS OF RESULTS 
 
In Situ Saturation Monitoring 
 
Twelve GASM source /detector pairs were positioned along the length of the composites, 
three detectors per plug.  The detectors recorded the log of the count rate (LCR) over a 1-
minute period. Changes in LCR during the test can be attributed to changes in fluid 
attenuation only [3]. 100% phase saturation calibrations were carried out at the end of the 
corefloods to allow conversion of LCR to phase saturations. If Io, Ig and Iw represent the 
LCR at each detector for 100% saturations of LCO, equilibrium gas and doped brine 
respectively, the contribution to LCR from these phases recorded at each detector during 
the core flood, I, is given by: 
 

𝐼 = 𝑆!𝐼! + 𝑆!𝐼! + 𝑆!𝐼!    (1) 
 
If only two phases are present, the LCR is readily converted to phase saturation.  For 
example, for two-phase oil and water: 

S! =
!!!!
!!!!!

      (2) 
 
This equation applies to the secondary water flood and equilibrium oil flood in Coreflood 
1. If three phases are present, one of which is stationary, for example water at Swi, LCR 
can be converted to saturation provided the initial count rate at Swi is measured (ISwi) prior 
to the start of the core flood. This is true for the secondary equilibrium gas flood and 
subsequent oil flood in Coreflood 2: 
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S!" =
!!"#!!!
!!!!!

      (3) 
 

S! =
!!!! !!!!" !!!"!!

!!!!!
     (4) 

 
𝑆! = 1− 𝑆! − 𝑆!"     (5) 

 
During the tertiary equilibrium gas flood in Coreflood 1, no water was produced during 
the low-rate flood, so a version of equation (4) can be used which uses LCR at Swr at the 
end of the preceding oil flood instead of LCR at Swi: 
 

S! =
!!!! !!!!" !!!"!!

!!!!!
     (6) 

 
Equations (1) to (6) provide quantitative saturation data for all floods described in this 
paper apart from the tertiary water flood in Coreflood 2, where three phases are mobile 
prior to water breakthrough. However, in that case it is possible to provide quantitative 
saturation data at the end of the tertiary waterflood based on the assumption that gas 
mobilised by the waterflood is de-trapped uniformly along the length of the composite. 
At the end of the equilibrium oil flood and immediately prior to the tertiary water flood 
all saturations are known; trapped gas saturation Sgt, Sw (= Swi) and So = 1 – Sgt - Swi.  Isgt 
is the count rate recorded at this point. Substituting into equation (1) and rearranging 
gives: 
 

S!" =
(!!"#!!!)!!!" !!!!!

!!!!!
    (7) 

 
As the water front moves through the composite it de-traps gas, and the volume of de-
trapped gas is measured in the separator. The value of trapped gas saturation at each 
detector, Sgt (t), can therefore be constrained using the separator gas production, 
assuming uniform de-trapping along the length of the composite.  Substituting Sw = 1 – 
So -Sgt (t)into equation (1) and rearranging gives: 
 

S! =
(!!!!)!!!"(!) !!!!!

!!!!!
    (8) 

 
Clearly, whilst the water front is moving through the composite, the assumption of 
uniform de-trapping along its length is not valid since gas will only de-trap behind the 
water front.  However, very little de-trapping occurs after water breakthrough, and after 
this point, Equation (8) allows phase saturations to be estimated.   
 
Coreflood 1 Results 
 
Results for Coreflood 1 are summarised in Table 1: 
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Table 1:- Summary of results for Coreflood 1 

The secondary water flood commenced after a three week ageing period using LCO at Swi 
at reservoir conditions. After 18 PV throughput at 4 ml/h, the average remaining oil 
saturation (ROS) was 0.26 or 0.29 PV based on GASM or separator data respectively, 
indicating a pore scale displacement efficiency (Eps = (1-Sor-Swi)/(1-Swi)) of 70 %. No 
high rate “bump flood” was performed and GASM saturation profiles suggested some 
capillary retention of LCO at the core outlet. Saturations far from the outlet of the plug, 
and data from a series of other corefloods on similar plugs where bump floods were done 
suggest a Sorw is  c. 0.21 PV. A brine dispersion towards the end of the water flood  
constrained the water saturation to be close to the GASM value. Average phase 
saturations during Coreflood 1 are shown in Figure 4, below. 
 

 
Figure 4:- Saturations during coreflood test 1 

Flood 1 Equilibrium Oil Flood
Swi (frac PV)
PV Injected 8

Flood 
Sequence

Secondary 
Water Flood 

Ros (frac PV)

Eps water 
flood

Oil Flood Secondary 
Drainage Swro (frac 

PV)

Tertiary Gas 
Flood Sor3ɸ,g  

(frac PV)

Eps tertiary 
gas flood at 

Swr
GASM 0.26 70% 0.31 0.17 81%

Separator 0.29 0.29 0.20

0.128
18 22

Waterflood Equilibrium Gas flood
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The secondary waterflood shows a rapid drop in oil production after water breakthrough, 
whereas the following secondary drainage oil flood shows considerable water production 
after oil breakthrough. The data indicate intermediate wet or weakly water wet rock, 
consistent with previous wettability tests. The oil flood, 8PV at 4 ml/h, resulted in a 
remaining water saturation of 0.29 -0.31 PV. 
 
The tertiary gas flood produced a significant amount of oil and negligible water, driving 
the remaining oil saturation to 0.17 or 0.20 PV, based on GASM or separator data, 
implying an Eps of 81%.  
 
Coreflood 2 Results 
 
Results for Coreflood 2 are summarised in Table 2: 
 

 
Table 2:- Summary of results for Coreflood 2  

After the equilibrium gas flood rate had been increased to 400ml/h and a total of 47 PV 
has been injected, GASM saturation profiles indicated removal of oil retained by 
capillary forces close to the outlet at the end of the low-rate flood. Film drainage of the 
wetting oil phase (compared to the non-wetting gas phase) means that it is not possible to 
reach true residual saturation in a practical time-frame. However, the oil cut is very low, 
suggesting the remaining oil saturation of 0.28 or 0.31 PV obtained from GASM or 
separator data respectively is representative of the saturation that could be achieved over 
a typical production timescale. The Eps is 68 %. Average phase saturations are shown in 
Figure 5. 
 
The secondary oil flood was terminated shortly after oil breakthrough and resulted in 
Sgto of 0.22 or 0.24 PV based on separator or GASM data respectively. The maximum 
trapped gas saturation predicted by the Land [4] function is consistent with rocks of 
similar porosity. The mechanism for trapping of gas by oil is assumed to be snap-off of 
non-wetting gas by the invading oil phase. 
 
 

Flood 2 Equilibrium Oil Flood
Swi (frac PV)
PV Injected 0.4

Flood Sequence
Secondary 

Gas Drainage 
Sor (frac PV)

Eps gravity 
drainage

Oil Flood Secondary 
Imbibition Sgto (frac 

PV)

Tertiary water 
flood Sgt3ɸ 
(frac PV)

Tertiary Water 
Flood Sor3ɸ,w 

(frac PV)

Eps 
tertiary 
water 

GASM 0.28 68% 0.24 0.14 0.14 84%
Separator 0.31 0.22 0.12 0.21

0.121
47 40

Equilibrium Gas flood Water Flood
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Figure 5:- Saturations during Coreflood 2 

The tertiary waterflood injected 40 PV in total and resulted in significant oil production, 
with a remaining oil saturation of 0.12 or 0.14 based on separator or GASM data, 
respectively, giving Eps = 84 %.  A brine dispersion at Sor3φ,w indicated a brine saturation 
very similar to that inferred from GASM. At the start of the water flood, the separator 
recorded significant gas production, which virtually ceased after water breakthrough.  
This indicates production of gas that was trapped at the end of the preceding oil flood.  
The separator gas volume was used to calculate So and Sw from GASM LCR, as 
described earlier, and this explains why the average gas saturation calculated by GASM 
tracks the separator curve during the water flood. However, the average oil saturation 
calculated from separator data progressively deviates from the GASM value. It is 
hypothesised that slight dis-equilibrium between the oil and brine phases in the separator 
resulted in shrinkage of the produced oil in the separator, resulting in under-reporting of 
the true oil volume.  The fact that the GASM-derived Sw agrees with the brine dispersion 
lends weight to this hypothesis, as do subsequent core floods (not reported here), which 
clearly showed oil shrinkage in the separator during the high-rate bump floods, where 
large volumes of brine were cycled through the separator.  
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DISCUSSION AND CONCLUSIONS  
 
The coreflood data clearly demonstrate that, at a given throughput: (1) the secondary 
water flood (Coreflood 1) is more efficient at extracting oil than the secondary 
equilibrium gas flood (Coreflood 2); (2) the tertiary water flood at trapped gas 
(Experiment 2) is more efficient than the secondary water flood (Experiment 1); (3) the 
tertiary gas flood (Experiment 1) is more efficient than the secondary water and gas 
floods.  The results are discussed in more detail in this section.   
 
The saturation data for the secondary gas flood in Coreflood 2 shows that the oil is 
draining very slowly, and consequently the secondary water flood recovers more oil at 18 
PV throughput.  A previous equilibrium gas coreflood on the same rock type showed a 
much lower remaining oil saturation at comparable throughput (c. 0.17 PV). However, 
this earlier coreflood was performed on a much higher permeability composite, and it is 
widely recognised that higher permeability rock typically shows higher recovery 
efficiency during equilibrium gas flooding [8]. 
  
An expression for Sor in the presence of trapped gas is given by Sor = Sorw – a. Sgt. Our 
study indicates a = 0.3-0.5 based on GASM Sor (0.14 PV), Sorw (0.21 PV) and Sgt = 0.24 
PV at the start of the water flood and Sgt =0.14 PV at the end. This value for a is broadly 
in agreement with values published in the literature [5] [6] [7] for intermediate to weakly 
water wet rocks and is consistent with competition for pore space between relatively non-
wetting oil and gas phases. 
 
The tertiary gas flood in Coreflood 1 simulates a double displacement process, where 
waterflooding is followed by an equilibrium gas flood (with the addition of an 
intervening oil flood to simulate a mobilised oil bank). At the end of the tertiary gas 
flood, the remaining oil saturation is lower than that measured at the end of the secondary 
water flood. The mechanism for increased recovery by double displacement is oil 
spreading, which facilitates the connection of isolated drops of LCO by invading gas and 
subsequent drainage of the LCO film created [9] [10]. The production profile in this 
experiment demonstrates, however, that film drainage is a slow process, like the 
secondary gas flood in Coreflood 1. 
 
The tertiary water flood in Coreflood 2 produced approximately half of the gas trapped at 
the end of the preceding oil flood. Previous studies [5] have demonstrated that in strongly 
oil wet rock, tertiary waterflooding after gas flooding can lead to significant de-trapping 
of gas, of a similar order to that found in this study. Kralik et al. suggested that 
competition between non-wetting gas and brine phases causes de-trapping in strongly oil-
wet rock. However, the rock used in this study appears to be intermediate to weakly 
water wet and other studies [8] [11] have shown that for intermediate wet rock, three 
phase Sgt is only slightly lower than for two phase Sgt.  
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ABSTRACT  
Understanding the electrical characteristics of carbonate formation and accurately 
determining the electrical parameters (cementation exponent m and saturation exponent n 
in Archie equation) are very important for carbonate formations evaluation. However, the 
study of electrical characteristics faces great challenge because of the variable pore types, 
the complicated pore structure and the big heterogeneity in carbonates. We selected 
representative carbonate cores to carry out experiment research based on newly 
developed technologies in digital core analysis and resistivity test. Three types of cores 
were selected: the void space is mainly intergranular and intercrystalline; the vugs are 
developed; the fractures are developed. Firstly, the porosity and permeability of the 
selected cores have been tested. Then micro-CT with high resolution is used to scan the 
cores and NMR T2 spectrums of the cores both in water-saturated state and in bound 
water state are obtained. Finally, the resistivity of the cores in different water saturation is 
tested by using gas displacement technology. The analysis results of the experimental 
data show that the intergranular and intercrystalline pore and the fracture both have great 
influence on R0 while the influence of secondary vug on R0 is slight. Cementation 
exponent m and saturation exponent n have great difference between different cores and 
there is no obvious relation between m, n and reservoir parameters (φ or K). However, if 
we classify the cores based on the pore type, and the values of both m and n have good 
relationship with bound water saturation.  

INTRODUCTION   
Carbonate formation is an important oil–gas exploration field around the world. It is very 
important to understand the electrical characteristics of carbonate formation and 
accurately determine the electrical parameters for carbonate formations evaluation. 
However, the study faces great challenge because of the variable pore type, the 
complicated pore structure and the big heterogeneity in carbonates [1].  

 Archie formula indicated the relationship between petrophysical parameters (for example 
φ, Sw) and electrical properties in reservoir rocks [2]: 
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Where F is formation factor, ϕ  is porosity, m is cementation exponent, I  is the 
resistivity index, wS  is the water saturation and n  is the saturation exponent. The a and b 
are two constants. In general, the researches of the carbonate electrical properties can be 
classified into two kinds: The one is based on extensional conduction modes including 
the contributions of different pore types [3-5]. The conduction modes in this type are 
relatively complex, and contain more undetermined parameters. The other is mainly 
focused on non-Archie behaviour based on Archie formula. In this type, the Archie 
formula is used to describe the electrical behaviour. The main parameters m and n are not 
constant, and depend on the properties of the carbonate formation, such as wettability, 
pore structure and so on. In this paper, we select the later method. At first, we use Micro-
CT and NMR to study the pore structure of the carbonate cores. Then the resistivity of 
the cores in different water saturation is tested by using the gas displacement technology. 
Finally, we analyze the influence of different pores on carbonate resistivity, and discuss 
the method of determination m and n.   
 
SAMPLE SELECTION 
 All of the cores used in the experiments are from the Ordovician carbonate formation of 
Ordos Basin in China. They can be divided into three types: In the type I, the void space 
is mainly intergranular and intercrystalline, and the secondary vug and fracture are not 
developed; in the type II, the cores contain developed vugs besides intergranular and 
intercrystalline pores; in the type III, fractures are developed. These cores represent the 
typical pore types in carbonate formation. The diameter of all cores is the same value (2.5 
cm). The porosity is between 2.2% and 15.1%, and the permeability is between 0.01mD 
and 17.01mD. The main petrophysical parameters of the six cores which belongs to 
different type mentioned above, have been given in Table 1.     
 
CT AND NMR EXPERIMENTS  
 Micro-CT is an important technology for 3D pore structure analysis, which has been 
widely used in core analysis and reservoir evaluation in recent years. The resolution of 
the Micro-CT depends on the performance of the CT device and the size of the tested 
sample: the bigger size of the sample has the lower resolution, and the smaller size of the 
sample has the higher resolution. For the research of carbonate pore structure, there is a 
contradiction in single CT. On the one hand, we hope to observe the type of the 
secondary pores and their distribution in the samples. It requires the size of the tested 
sample is as big as possible and so the CT resolution cannot be high. On the other hand, 
we hope to observe the primary pores (such as intergranular and intercrystalline pores) 
and their connectivity in the core, which requires that the CT resolution is as high as 
possible, and the size of the tested sample must be small. Therefore, we cannot meet the 
above two objects at the same time if only single CT experiment is conducted.  
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Relaxation signal of NMR includes the information of water in the pores with different 
pore sizes. Based on the inversion of the echo, we can gain T2 distribution which can be 
used to analyse pore structure: The longer T2 relaxation time corresponds to the bigger 
pore size and the shorter T2 relaxation time corresponds to the smaller size. The T2 
spectrum of the water-saturated core includes the information of all the pores while the 
centrifuge T2 spectrum only represents the bound water in micro-pores.  

In this paper, the Micro-CT (nanotom) and NMR (MARAN-DRX/2, 2MHz) are used 
together to describe the pore structure of the carbonate cores. With Micro-CT, the type of 
the secondary pores and their distribution can be observed. The primary pores and their 
connectivity in the core can be analysed with NMR T2 spectrum. The resolution of the 
Micro-CT is 10um in our experiments. In other words, we cannot observe the pores 
whose size is smaller than 10um. Fig.1 gives the Micro-CT images of the six typical 
carbonate cores. Fig.1(a) and Fig.1(b) correspond to the samples in group I, Fig.1(c) and 
Fig.1(d) correspond to the samples in group II, and Fig.1(e) and Fig.1(f) correspond to 
the samples in group III. Fig. 2 gives the NMR test results of the six typical carbonate 
cores. Fig.2(a) and Fig.2(b) show the T2 spectrum in the group I, Fig.2(c) and Fig.2(d) 
show the T2 spectrum in the group II, and Fig.2(e) and Fig.2(f) show the T2 spectrum in 
the group III. Both water-saturated T2 spectrums and centrifuge T2 spectrums have been 
shown in Fig.2 except Fig.1(e) (sample 121).   
 
ELECTRICAL RESISTIVITY EXPERIMENT 
After Micro-CT and NMR test, we conducted the electrical resistivity experiment by 
using the gas displacement technology [10]. In electrical experiments, two-electrode 
method has been used, the confining pressure is 3000psi and the temperature is room 
temperature. There are two reasons that we use gas in the drainage. One is that the 
samples are from the gas formation in Ordovician carbonate and the fluids in gas 
displacement are similar with real reservoir. The other is that the samples are tight and 
the gas can enhance the displacement efficiency.  
 
DISCUSSION 

Effects of Different Type of Pores on Carbonate Resistivity  
Pore structure and fluid are two key factors that influences carbonate electrical properties. 
When there are two or more types of fluids in the pores, the effects of both fluid and pore 
structure are interweaved, and we will face greater difficulty in analysis the effect of pore 
structure on carbonate resistivity. However, when the core is water-saturated, the 
influence of the pore structure on resistivity is the most remarkable. Therefore, in the 
following, we will discuss the effect of different pores on resistivity under the water-
saturated state.  
In Table.1, the main experiment results of the six samples have been shown. We use F 
(while R0) to discuss the influence of the pore structure on resistivity, which can avoid 
the influence of the Rw in different experiments. In Table.1, the porosity of the sample 36 
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is similar with the sample 46, while the formation factor of the sample 36 is about twice 
of the sample 46. From both CT images (Fig.1) and T2 spectrums (Fig.2), we can find 
that the secondary pore in sample 46 is very little, while the secondary pore in sample 36 
is very developed. If the porosity is the same, the number of pores in the core with small 
pore size is larger than that in the core with big pore size. The large numbers of pores 
with small size, which are mainly primary pores and distribute relatively uniformly in the 
core, can offer more electrical path based on percolation theory [11], and can greatly 
reduce the resistivity. Although the contribution of the single micro-pore to electrical 
conduction is little, the large numbers of micro-pores have great effect on electrical 
conduction. We can find that the sample 23 has no secondary big pores (vugs), and it has 
low F, too. Therefore, we can conclude that the isolated secondary vugs which are not 
connected by fracture, may have little contribution to the electrical conduction of the core 
although they have great effect on carbonate porosity. In other words, in the research of 
carbonate electrical properties, we cannot overlook the role of the micro pores.  

From Table.1, we can find that the porosity of the sample 18 is higher than that of the 
samples 121 and 118, while the formation factor of the sample 18 is higher than that of 
the samples 121 and 118. We think that the low formation factor of the samples 121 and 
118 samples can be attributed to the following two reasons: one is the effect of the 
fracture and the other is mico-pores. In CT images (Fig.1), we can observe the micro 
fractures both in samples 121 and 118, which can greatly reduce the resistivity.  
Moreover, by comparing the water-saturated T2 spectrums (Fig.2), we can find that both 
the samples 121 and 118 have more micro-pores than the sample 18. Based on the above 
analysis, the samples 121 and 118 may have more electrical conduction paths than that of 
the sample 18.    

Based on the former discussion, we can find that different type of pore has different 
influence on carbonate electrical properties. In the three types of pores, the intergranular 
and intercrystalline pores and the fractures have great influence on F (or R0), while the 
influence of secondary vugs is slight.  

 
The Method of Determination m in Carbonate 
Fig.3 shows the relationship between cementation index m and the porosity φ, and Fig.4 
shows the relationship between m and permeability K. In Fig.3 and Fig.4, we can find 
that the data points are very scattered although there is a certain correlativity between m 
and φ (or K). Because different pore has different influences on carbonate electrical 
properties, we cannot determine the value of the m only based on the porosity or 
permeability  in carbonates.   

Through experimental data analysis, we find that the cementation index m has good 
relationship with NMR bound water saturation Swi, as shown in Fig.5. The bound water 
saturation is obtained by centrifuge NMR data. In Fig.5, we can observe that the value of 
the m linearly reduce with the increment of the bound water saturation. The increasing of 
the bound water saturation means that the proportion of mico-pores in samples increases. 
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According to the above discussion, we can conclude that the increasing of the bound 
water saturation will lead to the reduction of both the resistivity of water-saturated core 
and the value of the m.     

Moreover, from Table.1, we can find that the value of m in the carbonate samples with 
secondary vugs is usually larger than 2.0, while the value of m in the samples with micro-
fracture is usually smaller than 2.0. For carbonate cores with secondary vugs, the vugs 
have little contribution to electrical flow and lead to relatively higher resistivity. On other 
hand, the vugs have great effect on the porosity, and the core with vugs usually has low 
bound water saturation once the water in vugs is drainaged. Therefore, the m value in the 
carbonate cores with secondary vugs is higher (>2.0).   

For the carbonate samples with micro-fractures, micro-fractures have great contribution 
to the current and lead to low resistivity. On other hand, the samples with micro-fractures 
are usually tight, micro-pores are developed and the bound water saturation is high. 
Therefore, the m value in the carbonate cores with micro-fractures is low (< 2.0).    

Based on the above discussion, the data of the cores with secondary vugs are at the top 
left in Fig.5, and the data of the cores with micro-fractures are at the low right in Fig.5. 
Fig.5 not only shows the change of the m, but also provides a new method to determine 
m: we can use NMR well logging data to dynamically determine m in the whole depth.  

The Method of Determination n  in Carbonate 
The influence factors of the resistivity exponent n are more than that of the cementation 
index m. Therefore, the determination of n is more complex. The I-Sw curves of three 
typical cores are shown in Fig.6.  In our experiment, the non-Archie behaviour of the I-
Sw curve is not obvious (Fig.6).  Therefore, we can use the Archie formula to describe 
the electrical relationship and determine the value of the n for each core.  We examined 
the relationship between n and φ, and the relation between n and K. We find that these 
relationships are not obvious. Considering that the pore structure of the carbonate cores 
has great effect on electrical properties, we further divide the samples into two groups: in 
the first group, the value of m is larger than 2.0; in the other group, the value of m is less 
than 2.0. Even though we divide the samples into different groups, the data points in the 
relations between n and k are scattered as shown in Fig.7. The relation between n and φ 
has similar characteristics.   

We examined the relation between resistivity exponent n and the bound water saturation 
Swi obtained by NMR, which is shown in Fig.8. We find that for the same group (m>2.0 
or m < 2.0), the resistivity exponent n has good relation with bound water saturation Swi: 
for the samples with m value > 2.0, the resistivity exponent n increases with the 
increasing of the bound water saturation; for the samples with m value < 2.0, the 
resistivity exponent n reduces with the increasing of the bound water saturation. Based on 
this relationship, we can use the data of NMR well logging to determine n in carbonate 
formation, which is meaningful for the well logging evaluation. 
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CONCLUSION   
Carbonate formation has different types of pores. Based on CT images and NMR T2 
spectrums, we can examine and identify the type of the pores. Different types of pores 
have different influences on carbonate electrical properties. The micro-pores 
(intergranular and intercrystalline pores) and the fracture have great influence on R0, 
while the influence of secondary vugs on R0 is slight.  

The value of m in the carbonate cores with secondary vugs is higher (normally larger 
than 2.0). The value of m in the carbonate cores with micro-fractures, are lower 
(normally lower than 2.0). Although the relationship between m and φ (or K) is not 
obvious, the value of m linearly reduces with the increasing of the bound water saturation. 
If we classify the cores based on the pore type, the value of n in carbonates has better 
relation with bound water saturation than porosity and permeability.  
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Table 1  The main petrophysical parameters of six cores 

Group Core 
No. 

Total 
Porosity 

(%) 

CT 
Porosity 

(%) 

unresolved 
CT 

Porosity 
(%) 

Permeability 
(mD) F m Swi 

I 
23 14.12 0 14.12 0.65 54.5 2.04 40 

46 15.27 2.64 12.63 17.01 46.7 2.05 30 

II 
18 6.29 5.02 1.27 1.75 627.5 2.33 11 

36 15.13 9.45 5.68 8.67 94.45 2.41 17 

III 
121 3.51 0.86 2.65 1.78 134.2 1.46 \ 

118 5.05 0.35 4.7 0.164 193.5 1.76 86 

 

 

       
a (No.23)                               b(No.46)                              c (No.18)  

 

        
d  (No.36)                          e(No.121)                               f  (No.118) 

					   Fig.1  The Micro-CT images of the six typical carbonate samples 
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a  (No.23)                                                b (No.46) 

    
  c  (No.18)                                                d  (No.36)      

    
e (No.121)                                              f  (No.118)   

Fig. 2  The NMR test results of the six typical carbonate cores  

 

    
Fig. 3 The relationship between m and φ        Fig. 4  The relationship between m and K 
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Fig. 5 The relationship between m and Swi     Fig. 6  The I-Sw curves of typical cores 

 

   
       Fig. 7  The relations between n and k      Fig. 8  The relation between n and Swi 
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ABSTRACT  
Due to the poroelasticity of coal, both porosity and permeability change over the life of 
the field as pore pressure decreases and effective stress increases. The relative 
permeability also changes as the effective stress regime shifts from one state to another. 
This paper examines coal relative permeability trends for changes in effective stress. The 
unsteady-state technique was used to determine experimental relative permeability 
curves, which were then corrected for capillary-end effect through history matching. A 
modified Brooks-Corey correlation was sufficient for generating relative permeability 
curves and was successfully used to history match the laboratory data. Analysis of the 
corrected curves indicate that as effective stress increases, gas relative permeability 
increases, irreducible water saturation increases and the relative permeability cross-point 
shifts to the right. 
 
INTRODUCTION  
Coal is considered to be a dual porosity/permeability system (Shi and Durucan, 2004). 
The coal matrix has low porosity and permeability but provides the surface area required 
to store a significant amount of methane gas, which is chemically adsorbed to the coals 
micro-pores (Wu et al, 2017). Coal fractures are void space and their permeability is high 
compared to the matrix making them the main pathways for flow in the formation (Seidle 
et al, 1992).  These fractures, known as cleats, can be divided into two sets of distinctly 
different fracture types identified as face cleats that are parallel to the bedding plane and 
butt cleats that run orthogonal to the bedding plane (Mostaghimi et al, 2016). When 
studying coal relative permeability under production conditions, fractures likely dominate 
the relative permeability behaviour due to their absolute permeability being greater than 
that of the matrix.  
 
Even though flow through fractures is well studied, the poroelasticity and 
adsorption/desorption mechanics of coal add complexity when trying to understand 
relative permeability behaviour. Under increasing effective stress loads not only do the 
fractures change widths, the matrix itself also deforms (Lu et al, 2018; Liang et al, 2017). 
If methane is introduced into the coal matrix and pore pressure is increased then the 
matrix will adsorb methane and swell. Conversely, if pore pressure is decreased then the 
matrix will desorb methane and shrink (Harpalani and Schraufnagel, 1990). It can be seen 
from these basic statements that coal relative permeability must be characterized for a 
wide range of effective stress states. Although a few papers have published data showing 
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relative permeability at varying effective stress states there has not been a concerted 
effort to identify nor validate the observed trends (Zhang et al, 2017; Reznik et al, 1974). 
 
Examination of data published by Reznik et al. (1974) and Zhang et al. (2017) helps 
substantiate the trends identified in our work presented herein. Reznik et al. (1974) 
performed air-water relative permeability testing on Pittsburgh Coal and showed that 
increasing the overburden pressure while maintaining constant pore pressure resulted in 
lower water saturation during imbibition floods. Data published by Zhang et al. (2017) 
also showed an increase in irreducible water saturation as confining pressure is increased 
and pore pressure is held constant during unsteady-state drainage testing. This indicates a 
reduction in fluid mobility with increased effective stress as the capillary pressure 
required to invade cleats increases as cleats are compressed. These observations have also 
recently been validated by Lu et al. (2018) by X-ray computed microtomography imaging 
of coal at reservoir conditions.  
 
To decouple the effect of coal shrinkage/swelling from other factors that influence coal 
relative permeability, helium gas can be substituted in place of methane for core flooding 
experiments. It is known that helium gas does not adsorb to coal and thus, will not cause 
the matrix to shrink/swell, which influences coal absolute permeability and could also 
potentially influence relative permeability. This is a common technique for analysing the 
permeability properties of coals (Niu et al, 2018) and is used in our work to understand 
how effective stress influences coal relative permeability without the influence of matrix 
shrinkage. Once decoupled, the main controlling factor influencing relative permeability 
will likely be the rank of the coal since rank is known to be correlated with fracture 
network development and matrix compressibility (Mahoney et al, 2015; Guo et al, 2014; 
Close and Mavor, 1991), which is known to influence coal permeability.  
 
Literature data on coal that measures relative permeability at different effective stress 
states are sparse leading to a lack in understanding of the fundamental trends (Zhang et 
al, 2015). Several attempts have been made to develop a relative permeability model that 
can predict coal behaviour for any given effective stress (Zhang et al, 2015), but these 
models often lack a physical basis. As an example, a recent model proposed introduces 
four new fitting parameters that have no direct link to experimental physics with one of 
the parameters described as a polynomial function (Chen et al, 2013). The need for such a 
complex relative permeability model for coal is questionable and the overabundance of 
fitting parameters obfuscates the underlying physical processes. 
 
In addition, lack of coal relative permeability data is partly due to the difficulty of 
obtaining and maintaining representative samples and the inability to test with reservoir 
gas. For commercially viable reservoirs the majority of samples are obtained by vertical 
coring. During this process the samples are often damaged beyond repair in the zones of 
highest permeability with only the low permeability zones being collected whole. This 
means that large scale field characterization can be challenging since the major flow 
paths of the reservoir cannot be tested. The collected samples are also typically damaged 
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and non-cylindrical with large portions missing and rough surfaces. The brittle nature of 
coal also requires special handling procedures to protect the collected core once delivered 
to the laboratory to prevent further damage and ensure that samples are suitable for 
confinement in a core holder.  
 
MATERIALS AND METHODS 
The sample used for this study originated from an exploration well drilled in the 
Gloucester Basin found north of Sydney, Australia. Gloucester Basin coal is described as 
being of high rank with mean maximum vitrinite reflectance (Rvmax) ranging between 
0.85 to 1.5 % with a vertical coalification gradient of 0.07 Rvmax/100m (Gurba and 
Weber, 2000) and is considered a high volatile bituminous coal (Siregar et al, 2017).  
 

 
(a)                                                (b) 

Figure 1: (a) Is a photograph of sample used in this study. (b) On the right is a micro-computed tomography 
image of the core. 

 
The sample was received dry and cut to length but was rough and contained regions of 
missing sample on the radial edge. The regions of missing sample along the  perimeter 
were filled with Blu-Tac to prevent by-pass channels between sample and sleeve. The 
sample length is 79.3 mm and average diameter is 61.0 mm. Rubber sheeting was 
wrapped around the sample to both protect it from further damage and to increase the 
diameter to fit the 80 mm diameter core holder. Rubber was used as the wrapping 
material as it is flexible but not compressible, allowing for transmission of confining 
pressure. The sample was saturated in a vacuum chamber with a solution analogous to 
brines sampled from Gloucester basin (Nghiem, 2015) that was prepared with 2364 ppm 
sodium bicarbonate and 102 ppm sodium chloride dissolved in de-ionized water.  
 
The unsteady-state technique was used to determine relative permeability at three 
effective stress states, which are provided in Table 1. These states represent confining 
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and pore pressures commonly found in Australian coal seams during gas production. The 
effective stress of the sample was defined as being the confining pressure minus the 
average pore pressure. Confining pressure was held constant at 800 psi while the pore 
pressure was controlled by a two-phase back pressure regulator at the outlet. Drainage 
unsteady-state testing was conducted with brine displaced by helium held at constant 
injection pressure using a Vindum Pulse-Free pump. The Paired-Pressure-Delivery mode 
allowed for maintaining constant pressure while measuring total injection volume. The 
brine production was monitored with a laboratory balance with 0.1 mg accuracy. Gas 
injection and brine production volumes were both normalized to pore volumes by 
dividing by the total pore volume of the sample. During core flooding, we measured pore 
volumes of gas injected, volumes of brine produced and pressure drop across the sample. 
These measurements were then used for history matching.  
 

Table 1: Outline of parameters used for each test 
Test no. Confining (psi) Inlet (psi) Outlet (psi) Pore Pressure (psi) Effective Stress (psi) 

1 800 640 630 165 165 
2 800 315 303 309 491 
3 800 85 65 75 725 

 
To correct relative permeability curves for capillary-end effect the experimental results 
were history matched using the reservoir simulator ECLIPSE100. The model was 
constructed using the single porosity and permeability dry gas option since no sorption 
effects were present with helium gas and it was assumed that flow occurs in the cleat 
system and not the matrix. A 1000 block section was used to simulate the core with 1 
block on either end to simulate the inlet and outlet flow lines. To capture inlet and outlet 
discontinuities, the end blocks had 100% porosity, 13000 mD permeability, unary 
function relative permeability curves and capillary pressure of zero for all saturations. 
The inlet and outlet were treated as constant pressure boundaries with a single injection 
well at the inlet block and a single production well at the outlet block. The wells were 
controlled through constant bottom-hole pressure to mimic test conditions. 
 
Based on the experimental data; porosity, absolute permeability, relative permeability and 
capillary pressure curves were defined for each grid block. Porosity was calculated by 
taking the difference in wet to dry weights of the wrapped sample and dividing by the 
specific gravity of the brine solution. The absolute permeability to water was measured 
experimentally at the start of each unsteady-state core flood for each effective stress 
condition. Attempts to fit the data to the original Brooks-Corey correlation (Brooks and 
Corey, 1964) were unsuccessful (data not shown) so the modified Brooks-Corey 
correlation was used. Equations 1 (Lake, 1989) were used to generate the relative 
permeability curves shown. For the first simulation, production data did not match the 
simulated production data. Therefore, we adjusted the exponents (nw and ng) and 
irreducible water saturation (Swi), while gas end-point relative permeability was held 
constant at the experimental value, until the simulated production data matched with 
experimental data. 
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Equations 1: Modified Brooks-Corey where Krw,max and Krg,max are the measured maximum water and gas 
relative permeabilities; Sgi is the irreducible gas saturation which is assumed 0 for drainage; and nw and ng 

are the fitting exponents. 
 
Due to cleat deformation with changing effective stress, each effective stress state 
simulated required its own capillary pressure-saturation (Pc-Sw) curve. The capillary 
pressure-saturation curve was measured using a pressure chamber and porous membrane 
technique with helium displacing brine. The test was conducted at zero effective stress. 
This did not represent the unsteady-state testing conditions, to generate the required 
curves the Leverett J-function (Leverett, 1941) was used to approximate Pc-Sw curves for 
all three effective stress conditions. The capillary pressure data calculated from the J-
function was then incorporated into the van Genuchten correlation (van Genuchten, 1980) 
to interpolate the missing data between experimental data points. With this approach Pc-
Sw curves for each effective stress state were obtained by re-scaling the data based on the 
samples measured absolute permeability at a given effective stress.   
 
To substantiate this approach, the generated Pc-Sw curves were compared to the unsteady-
state end-point saturation and pressure data.  The experimental capillary pressure for each 
core flood was taken as the maximum capillary pressure in the system, which was 
defined as the inlet pressure minus the outlet pressure (Lenormand and Lenormand, 
2016). The irreducible water saturations for the respective core floods were taken from 
the history matched Corey curves. These capillary pressure-saturation points were then 
compared to the rescaled Pc-Sw curves to substantiate our approach. Furthermore, to 
improve our understanding of the cleat structure the sample was imaged using X-ray 
micro-computed tomography (micro-CT), taken using a helical scanner at the Tyree X-
Ray Laboratory at the School of Petroleum Engineering, UNSW. Images were collected 
at ambient conditions at a resolution of 27.58 µm after the sample had been cleaned and 
dried. Dry scanning creates images with fractures clearly defined as dark lines, providing 
an understanding of the extent of the cleat network and cleat width distributions. 
 
EXPERIMENTAL RESULTS  
The absolute permeability to water was measured at the start of each unsteady-state core 
flood. We found that absolute permeability decreased with increased effective stress. This 
trend has already been identified in coals and occurs due to the narrowing of the flow 
paths in the coal as cleats are compressed (Lu et al, 2018). For this sample, the 
permeability decrease followed a power law function as seen in Figure 3.d. The power 
law function was used to predict absolute permeability at ambient conditions, which was 
used in the J-function correlation.  
 
As displayed in Figure 2, experimental results for the unsteady-state testing are expressed 
as pore volumes of brine produced versus pore volumes of gas injected. The history 
matches obtained, compared with the test data, were considered reasonable based on a 



SCA2018-005 6/12 
  

 

sum of the square differences error analysis. With pore volumes of brine produced taken 
as the variable, no test had an error sum greater than 0.005 pore volumes of brine 
produced.  It can be observed that the measured error is likely from the brine production 
curves before breakthrough, which is known to occur when the Pc-Sw data at high 
saturation is not exact. This could be explained by the limited sensitivity of our pressure 
regulator (1.0 psi) used for the porous plate experiment or that the Leverett-J function is 
not applicable for coal. Nevertheless, the error is less than 0.005 pore volumes of brine 
produced. Also, the expected capillary-end effect was also successfully simulated and 
used to demonstrate its impact on core saturation. An example of the simulated saturation 
profile from the 725 psi effective stress state is shown in Figure 2.d. This profile indicates 
that close to 20 – 30 % of the sample was affected by end effect, although it is unknown 
if this is typical for coal since no data on saturation profiles are available in the literature. 

 
(a)      (b) 

 
(c)      (d) 

Figure 2: Demonstration of the pore volumes gas injected vs. pore volumes brine produced simulation 
matched to experimental data. 165, 491 and 725 psi effective stress for items (a), (b) and (c) respectively. 

(d) An example of simulated water saturation vs length at several pore volumes gas injected taken from the 
725 psi simulation. 

 
The corrected relative permeability curves can be seen in Figure 3 along with the raw 
experimental data. We observe a shift to the left in the relative permeability once the end 
effect had been removed. It can be seen that both irreducible water saturation and gas 
end-point relative permeability both increased with increased effective stress, which 
matches trends observed by Reznik et al (1974) and Zhang et al (2017). The cross-points 
of the relative permeability curves also displayed an increase in saturation, shifting to the 
right as effective stress increased. The three irreducible water saturations obtained can be 
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seen in Figure 5.a with the highest and lowest effective stress saturation values varying 
by 6 saturation units. Gas end-point relative permeability shows a significant change 
increasing from 0.11 to 0.38, providing a clear trend when related to effective stress. 
These results combined are indicative of a reduction in cleat width as effective stress 
increases and increased gas phase permeability at high effective stress. 

 
      (a)      (b) 

 
     (c)                                  (d) 

Figure 3: Relative permeability curves derived from history matching compared to raw data for the three 
effective stress states 165 psi (a), 491 psi (b) and 725 psi (c); (d) Absolute water permeability vs effective 

stress. 
 
Results from the capillary pressure testing in Figure 4.a indicate that, for zero effective 
stress, almost 38 % of the water saturation was drained at a capillary pressure of 4.1 psi. 
This would indicate that 38 % of the water was held in cleats greater than 5.09 µm when 
using the Young-Laplace equation and assuming interfacial tension of 0.072 N/m with 
zero contact angle for helium and brine. When the Leverett J-function is applied to 
generate the curves at increased effective stress conditions the curves shift upward, 
indicating a reduction in average cleat width as the capillary pressure required to achieve 
equal saturations increases. Figure 4.c shows the predicted Pc-Sw curves with the 
corresponding test end points overlaid. The cleat widths predicted by the J-function can 
also be compared to the experimental data points obtained from the unsteady-state core 
flood.  The minimum cleat width drained from the 164 psi test end-point was calculated 
to be 2.09 µm, deviating from the predicted value by 9 %.  At 491 psi effective stress, the 
minimum cleat width was 1.74 µm with a deviation of 1 %. The 725 psi test showed the 



SCA2018-005 8/12 
  

 

largest deviation at 62 % with the measured minimum cleat width drained calculated as 
1.13 µm. These deviations could be due to the poroelasticity of coal since the Leverett 
function was developed for conventional reservoir rocks, however, further investigations 
are required.  

 
(a) (b) 

 
(c) 

Figure 4: (a) Capillary pressure test data from porous plate with sample at ambient conditions. (b) Cleat 
width distribution of a random 100 cleats taken from a single micro-CT image. (c) Comparison of effective 

stress curves used for history matching and corrected unsteady-state core flood end point saturations.  
 
The micro-CT image of coal (Figure 1.b) displayed a well-developed cleat network 
spanning the length of the sample. A random sampling of 100 cleats, with the minimum 
observed being a single voxel (27.58 µm) and the largest observed being 6 voxels 
(165.48 µm), was taken from a single image, the distribution is reported in Figure 4.b. 
The shortest and longest cleat widths correspond to a capillary pressure of 0.76 and 0.13 
psi, respectively. This is well below the maximum capillary pressures applied to the 
sample during the unsteady-state core floods, however it is unknown how much these 
widths reduce once confining pressure is applied to the sample since the image was 
collected at ambient conditions. One recent study shows that the reduction in cleat width 
can be significant (Lu et al, 2018). 
 
DISCUSSION  
In Figure 5, we cross-plot the main relative permeability characteristics versus effective 
stress. The strongest trend was apparent for gas end-point relative permeability with the 
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highest effective stress test value corresponding to a 3.15x increase in relative 
permeability. Irreducible water saturation and cross-point also appeared to increase with 
increasing effective stress, however, the trend is weak relative to gas end-point relative 
permeability versus effective stress. 
 

 
(a)                              (b) 

 
         (c) 

Figure 5: Influence of effective stress on irreducible water saturation (a), relative permeability cross-point 
(b) and gas relative permeability end-point (c). 

 
Gas end-point relative permeability exhibited a significant increase as effective stress was 
increased (Figure 5.c). Considering that low pore pressure occurred at high effective 
stress the observed increase could be attributed to gas slippage. In addition, reduction in 
cleat width distribution would also increase the slippage effect as more cleat lengths are 
reduced below the mean free path of helium. Recent experimental works have shown that 
gas slippage in coal increases with increasing effective stress (Niu et al. 2018) causing 
permeability to increase. Herein, gas effective permeability was normalized by water 
phase absolute permeability measured before the start of the unsteady-state test. 
Therefore, increased gas relative permeability could be attributed to the increased gas 
slippage. It is also interesting to note that even though irreducible water saturation 
increases with increasing effective stress, gas relative permeability end-point does not 
decrease.  
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Irreducible water saturation increased with effective stress (Figure 5.a) indicating a 
change in cleat width distribution as less water can be mobilized for the given capillary 
pressure. This was in agreement with our understanding that coal cleats are compressible 
(Lu et al, 2018). It is also in agreement with the Leverett J-function analysis previously 
shown. However, the Leverett model does not account for matrix deformation and is 
based on an idealized granular porous material possibly resulting in the variation between 
the predicted and experimental measured capillary pressure-saturation values. 
 
The cross-point saturation also increased with increasing effective stress (Figure 5.b). In 
conventional reservoirs this can indicate a change in wettability or sample heterogeneity. 
A rock becoming more hydrophilic will exhibit a shift to the right in cross points, while 
heterogeneity can lead to early breakthrough during testing resulting in atypical cross-
points. In these tests a non-polar gas molecule was used and so this change is most likely 
due to the change in cleat topology and/or gas slippage. However, changes in coal 
wettability could be another contributing factor that we have yet to investigate, which 
should be investigated when using methane gas.  
 
CONCLUSION 
The unsteady-state method was used to measure coal relative permeability at three 
different effective stress states. The testing was conducted with a non-sorbing gas and is a 
simplified experimental condition to understand how mechanical deformation of coal 
influences its relative permeability. To test under production conditions with methane gas 
the mechanism of gas desorption and diffusion into the cleats would have to be mimicked 
and precisely controlled. Therefore, we used helium gas to decouple these mechanisms 
from our analysis. No standard method currently exists to undertake coal testing with 
methane under reservoir conditions but we plan to investigate possible techniques. 
 
History matching was shown to correct for capillary-end effect, as evidenced by the shift 
of the curves to the left when compared to the measured data. Analysis of the corrected 
curves allowed us to observe trends in key points along the relative permeability curves. 
As effective stress was increased, we observed gas end-point relative permeability 
increased, irreducible water saturation increased and the relative permeability cross-point 
shift to the right. These trends indicate a clear link between effective stress and relative 
permeability indicating a connection between physical process in coal and relative 
permeability behaviour. 
 
This behaviour was not described mathematically but we plan to investigate the observed 
physics in future work. Even so, without a fully developed coal relative permeability 
model, we demonstrated that for the tested sample the modified Brooks-Corey correlation 
was a sufficient relative permeability model. From our results, we find that the modified 
Brooks-Corey correlation is suitable for coal relative permeability.  
 
There is still a significant amount of research required to fully understand the transport of 
methane gas and water through coal. We recommend focus should be directed towards: 
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• A valid method for testing with methane to compare results and establish effective 
stress states. 

• Development of an improved core encasement and preservation technique. 
• A capillary pressure testing method that incorporates effective stress. 
• A robust capillary pressure model is required that can accurately model capillary 

pressure change with effective stress. 
• The link between effective stress, cleat width and relative permeability points of 

interest should be described mathematically and linked to physical parameters. 
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ABSTRACT 
 
This paper describes the development of a consistent model system to measure 
spontaneous imbibition and determine saturation functions in unconsolidated porous 
media. Sand grains or glass beads were packed in up to 0.5 m long, transparent glass 
tubes with optical access to local saturation development during spontaneous imbibition 
processes. The Two Ends Open-Free spontaneous imbibition (TEOFSI) boundary 
condition was used, where one end face is exposed to the wetting fluid and the other end 
to the non-wetting fluid. Dynamic measurement of the advancing displacement front and 
volumetric production from each open end-face enabled estimation of capillary pressure 
and relative permeability for the system.  
 
A range of wetting- and non-wetting phase viscosities and viscosity ratios was used 
during spontaneous imbibition in unconsolidated sand or glass packs. Wetting phase 
(water) viscosity was increased using water soluble glycerol or polymers. Air or mineral 
oil of varying composition provided a wide range of non-wetting phase viscosities. High 
permeable systems are extremely sensitive to laboratory properties, which may dominate 
the viscous resistance and determine flow behaviour. Systematic discrepancies observed 
in early testing indicated that end effects were present, even in long systems, in the filters 
at each end of the glass tube to maintain the grains or beads in place. Different filters 
were tested (no filter, glass, paper and micro-porous discs) to determine the impact of the 
filter on spontaneous imbibition. In addition to slower oil recovery than anticipated, 
development of a non-uniform displacement front was observed, demonstrating the large 
influence from minute heterogeneities within the packs, and at the end faces. A standard 
sand grain packing procedure, using a custom-designed packing device, was therefore 
developed to ensure homogeneous properties throughout the porous media, and limited 
the spread in porosity and permeability values. Homogeneous sand packs with 
reproducible properties are necessary, to systematically investigate flow parameters and 
changes in wettability in unconsolidated porous media. 
 
 



SCA2018-006 2/13 
  

   
 

INTRODUCTION  
The use of unconsolidated sand or glass bead packs in flooding studies is well 
documented. This paper sets out to further investigate spontaneous imbibition in such 
media. A controlled system to investigate spontaneous imbibition in unconsolidated 
porous media is necessary, to estimate oil recovery by this mechanism in different 
oil/brine systems, and to quantify changes in wettability due to chemical EOR (cEOR). 
We have developed a model system for this purpose and describe the process in this 
paper. 
 
The study of spontaneous imbibition is of widespread interest, and several research 
groups are actively studying various aspects of spontaneous imbibition including; 
pressures acting during spontaneous imbibition (Li, Ruth, et al. [1]), capillary back 
pressure and relative permeability behind the imbibition front (Haugen, Fernø et al. [2]), 
imaging of front development (Fernø, Haugen et al. [3]), and entrapment of the non-
wetting phase during spontaneous imbibition (Meng, Liu et al. [4]). Recovery of oil by 
spontaneous imbibition is driven by surface energy, through the action of capillary 
pressure (Morrow and Mason [5]). The majority of current understanding of spontaneous 
imbibition originates from experiments, where All Faces Open (AFO) and One End Open 
(OEO) boundary conditions have most often been used. However, as flow during these 
experiments occur both co- and counter-currently, it is difficult to model the flow with 
established differential equations. Firoozabadi [6] and Pooladi-Darvish and Firoozabadi 
[7] proposed that co-current imbibition may be the dominating process during oil 
recovery in fractured reservoirs, where the matrix blocks are partially contacted by both 
brine and oil. An alternative boundary condition, termed Two Ends Open- Free 
Spontaneous Imbibition (TEOFSI), was suggested by Dong, Dullien et al. [8]. Their setup 
features two open ends, where one is contacted by the wetting phase and the other by the 
non-wetting phase, and favours co-current flow due to zero capillary pressure at the end 
face contacted by the non-wetting phase. The setup was recently studied in detail by 
Haugen, Fernø et al. [2] and supporting theory was established. Meng, Liu et al. [4] used 
TEOFSI boundary conditions to investigate spontaneous imbibition into unconsolidated 
sand, using cylindrical glass tubes to visualize the imbibition process. Their setup 
featured a sandstone core piece between the unconsolidated sand pack and imbibing 
fluid, which controls the capillary back pressure (CBP) and, thus, counter-current oil 
production. CBP, often referred to as the bubble pressure, is the capillary pressure 
associated with formation of non-wetting phase droplets at an end face covered by 
wetting fluid, and is strongly connected to the amount of counter-current oil production in 
TEOFSI experiments.  
 
Initially, this work aimed to create an experimental setup where co-current spontaneous 
imbibition in unconsolidated porous media could be studied in detail, especially focusing 
on the impact of viscosity ratio between the wetting and non-wetting phase on the 
imbibition process. This was achieved by packing the sand or glass beads into cylindrical 
glass tubes, of 2.04 cm diameter and lengths varying from 0.09 m to 0.5 m. The 
imbibition process was monitored by measuring the effluent production at both ends of 
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the sand pack, and at the same time directly visualizing front development and position 
through the glass tubes. The additional information gained from direct visualization 
provides new knowledge about the spontaneous imbibition process compared to 
conventional experiments. Direct observation of the dynamics of spontaneous imbibition, 
including local flow patterns, provides additional parameters to which numerical 
modelling and simulation can be matched, and indicates when the spontaneous imbibition 
process should be expected to scale according to established models, and when it should 
not. The setup also enables continuous assessment of sand pack stability, where sand 
redistribution and formation of flow conduits, as well as development of non-uniform 
saturation front could be observed directly through the glass tubes. Meng, Liu et al. [4] 
studied spontaneous imbibition in a similar setup. We have used glass tubes of a larger 
diameter and with varying lengths. Further, a recent numerical study by Andersen, 
Brattekås et al. [9] showed that the capillary back pressure of the filter significantly 
influenced flow, in particular, counter-current production of oil. Here, we aimed to 
improve the capillary contact between the unconsolidated porous medium and the 
imbibing fluid at the end face by using a variety of different filters. Several challenges 
were encountered, either related to properties of the pack itself (section A in this paper) 
or associated with the boundary conditions (section B of this paper) or experimental setup 
(see section C). To tackle the challenges, the experimental setup was continuously 
developed. Four different experimental setups are considered and described in this paper.   
 
A- PREPARATION 
This section describes challenges and solutions related to the mechanical integrity of the 
sand and glass bead packs.  
 
Sand grains 
Geological sieves were used to control the grain size of the sand. Two different grain size 
distributions were sifted out: a narrow distribution of 212-250 µm and a wider 
distribution of 125-250 µm. The sand was washed using tap water and dried at 80 °C for 
5 days. The dry sand was thereafter fired at 500 °C for five hours to remove impurities, 
while maintaining the quartz structure. 
 
Glass beads 
Semi-spherical unwashed glass beads of 150-212 µm with well rounded edges were 
ordered from Sigma Aldrich. The glass beads were washed with hydrochloric acid before 
use, and rinsed using distilled water (the glass beads were poured into a glass funnel with 
a paper filter at the bottom, and distilled water was flushed through the funnel until the 
effluent had the same pH as the initial DI water, pH ̴ 7). The glass beads were dried in a 
heating cabinet at 60 ºC for 4 days. 
 
The packing procedure  
The sand grains or glass beads were packed into vertically positioned glass tubes. At the 
bottom end of the glass tube, a filter and/or specially designed end piece (see section C 
for further description) was fitted to support the grains/beads. Two different packing 
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procedures were used: shaking and compacting. The methods are briefly described 
below. After packing and assembly (see section C), the packs were flushed by CO2 and 
saturated directly by the non-wetting fluid under vacuum. Pore volumes were calculated 
from weight measurements, and porosities were calculated by dividing the pore volume 
by the bulk volume of the pack (inner cross-sectional area of the glass tube multiplied by 
the length of the pack). Porosity dependency on packing procedure is demonstrated in 
Figure 1. The wetting and non-wetting fluids used are shown in Table 1. Shaking: 2 cm 
of sand/glass beads were poured into the glass tube using a funnel, and the glass tube was 
gently shaken. This was repeated until the porous medium reached 2 cm from the outlet. 
A thin layer of glass wool was then fixed on top of the sand (thickness 0.5-2 mm) and a 
rubber stopper was secured at the top of the column. A finite weight of sand/glass beads 
was used to pack a single glass tube: 238 g for sand (212-250 µm) and 230 g for glass 
beads. This procedure produced pack porosities within a range of 37-41%. When a wider 
grain size distribution was used, the porosity increased both in value and range, to 40-
46%. The method described above was used. The amount of sand required to fill the tube 
varied more when 125-250 µm sand was used; ±4%, than for the narrow range sand 
(<1%). The poorer sorting of the sand is thus directly reflected in the porosity and weight 
measurements.  
 

 
Figure 1: Porosity of the unconsolidated packs. The red dots represent glass beads, the orange dots represent sand grains with 
a narrow grain size distribution. The grey triangles (long sand packs) and yellow squares (shorter packs) represent sand with 
a wider grain size distribution, packed by different methods: shaking and compacting, respectively. Missing numbers are 
packs where air was used as the non-wetting phase. 
 
The packs were initially fully saturated by the non-wetting fluid (air or mineral oils), and 
flooded, either before imbibition (by oil to measure absolute permeability) or after (by 
water, to measure incremental recovery and end point relative permeabilities). The packs 
that were made using the shaking procedure often did not maintain their structure during 
forced floods; redistribution of grains and formation of high-permeability streaks through 
the packs was observed in the glass tubes. An improved packing procedure was created, 
where the grains/beads were sufficiently compacted to maintain the pack structural 
integrity during forced floods. Irreducible water saturations could thus be established, and 
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the same pack could be used in several imbibition cycles. This procedure is called 
compacting, and the device used is shown in Figure 1. The packing device was 
constructed to add pressure to the packs during packing. A vertically adjustable hanger at 
the top was fitted with a vertical steel rod attached to a POM (polyoxymethylene) piston 
at the lower end. The piston diameter corresponded with the inner diameter of the glass 
tube. 1-1.5 cm of sand (so far only coarse sand, 125-250 µm has been tested) was poured 
into the glass tube. The piston was placed into the glass tube, on top of the sand, and a 
weight was added to the hanger to compact the sand into a pack (1 kg was used, and left 
on the hanger for 10 seconds). Between each new addition of sand, the piston was pulled 
out of the glass tube. When the glass tube was filled with sand, pressure was applied for 
16-18 hours. The spread in porosity increased using the compaction method (38-49%), 
however, forced floods were performed without sand redistribution. The compaction 
method will be tested with more narrowly distributed sand grain sizes in following work. 
A combination of controlled shaking and controlled compaction should be considered in 
future work.  
 
Table 1: Wetting and non-wetting fluids used. The wetting fluids were based on DI water. The non-wetting oils were filtered 
through silica sand and glass wool before use, to remove polar components. Air was used non-filtered. 

 
 
B- BOUNDARY CONDITIONS 
The high permeability and low capillarity of the sand packs make them susceptible to 
laboratory effects that are not usually influential of flow.  
 
Spontaneous imbibition experiments were performed in our sand packs applying TEOFSI 
boundary conditions: Two Ends Open- Free Spontaneous Imbibition. This boundary 
condition is frequently described as having one end of the porous medium (termed the 
“inlet”) in contact with the wetting phase (here: brine, glycerol or polymer solutions) and 
the other end (termed the “outlet”) in constant contact with non-wetting fluid (here: air or 
oil). However, when unconsolidated media are used, filters are present at the inlet and 
outlet end faces to keep the grains or beads in place during spontaneous imbibition. A 
filter placed at the boundary between the wetting/non-wetting fluid and the porous 
medium introduces new boundary conditions that could influence the spontaneous 
imbibition process. This section describes the impact of boundary conditions associated 
with the filters. 
 
The filters placed at the ends of the packs can be considered as capillary filters, with 
unique spontaneous imbibition behavior dictated by the filter properties. When 
applicable, the filter properties should correspond to the properties of the pack. In 
particular: the capillary back pressure (CBP) at the end face in contact with the wetting 
fluid, will largely control counter-current non-wetting fluid production. Particularly, non-

Wetting/Non-wetting 5 wt% 
NaCl Brine

5000ppm 
HPAM

70 wt% 
Glycol Air Decane Marcol 82 DTE FM 

32
DTE FM 

68

Viscosity [10-3Pa*s] 1.15 28.00 28.00 0.017 0.96 33.00 73.00 197.00
Density [g/cm3] 1.03 1.03 1.20 0.0013 0.73 0.84 0.85 0.86
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wetting fluid can only be produced at the inlet side when its pressure exceeds the CBP 
(Foley, et al. [10]). Filter CBP exceeding the CBP descriptive of the pack itself can 
therefore introduce a significant uncertainty in our interpretation of results; where the 
amount of counter-current production can incorrectly be attributed to other parameters. 
The filters tested for the inlet end are glass micro-porous discs or cellulose-based filters 
(paper or membrane), and for the outlet: glass wool or metal mesh. The filters were used 
with different end piece designs, further described in section C. Glass micro-porous discs 
with pore sizes of 16-40 µm or 40-100 µm were initially used. The discs were 
manufactured together with the glass imbibition tubes and embodied in the inlet end, as 
shown in Figure 2. Imbibition tubes and glass micro-porous discs were hand made by 
Mellum AS, Friedel Glassblåseri. 
 
 

 
Figure 2: Graded imbibition glass tube with microporous glass disc imbedded in the inlet end. Left: close-up of inlet end. 
Right: 0.5m long imbibition glass tube.  
 
The discs worked well during spontaneous imbibition of water/glycol solutions into 
packs saturated by air. Negligible counter-current production is expected in such 
experiments, due to the significant viscosity ratio. During water imbibition into oil 
saturated packs, however, two issues were raised, and the use of discs was disbanded: 
first, counter-currently produced oil accumulated near the inlet end (see Figure 2 and 
section C). Second, having oil in the filters affected the imbibition ability of the filter in 
subsequent experiments, possibly due to an aging effect, that we were not able to reverse. 
The filters did not allow spontaneous imbibition to occur evenly across the end face after 
exposure to oil. Imbibition in limited regions at the surface significantly influence the 
front development during the onset of spontaneous imbibition, and the imbibition process 
can no longer be described by established differential equations (Føyen, Fernø et al. 
[11]). We therefore decided to use replaceable filters, where the initial filter conditions 
after packing could be assumed to be reproducible between different packs. Three 
different cellulose-based filters were then tested for use at the inlet end: paper A (20 µm), 
paper B (5 µm) and a membrane filter (5 µm). Paper A was soft (tissue-like) and provided 
good contact between the sand and the imbibing phase. Imbibition initiated upon contact 
between the filter and wetting fluid, and imbibition across the filter was even. Tearing in 
the filters could however occur during some of the spontaneous imbibition experiments, 
due to the filter softness. A torn filter could cause excelling imbibition rates or counter-
current imbibition production, and the pack could not be used further. Paper B, an 
Ashless Quantitative Filter, Grad 589/2 manufactured by Whatman, was stiffer and more 
resilient than paper A. The contact between the sand grains and the imbibing fluid could 
therefore be slightly limited. Filter integrity must, however, be maintained in order to use 
the same pack through several cycles, and this filter is the top choice in current 
experiments. A third cellulose-based filter was also tested. Filter C, a Track-Etched 
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Cyclopore membrane filter manufactured by Whatman, was tested and shown to be oil-
wet. When this filter was used at the end of porous packs, the imbibition process did not 
initiate itself, because the membrane filter constituted a barrier between the water-based 
fluid and strongly water-wet sand or glass bead pack. This is yet another example of how 
the boundary conditions in this setup can yield experimental observations that do not 
reflect the pack itself, but the filter properties. Spontaneous imbibition could be initiated 
by forcedly injecting the imbibing fluid through the filter. Imbibition progressed after 
wetting-phase continuity was established through the filter, and appeared to be controlled 
by the porous medium. Before choosing a filter for the sand pack, a qualitative filter 
wetting preference test is recommended. A simple test is performed by placing a small 
droplet of oil/water on top of the filter and observe its behavior and uptake. We placed a 
water droplet on top of the membrane filter and observed that it did not spread, but 
curved on the surface, i.e. the contact angle was >90o. When the filter was slightly tilted, 
the water droplet rolled off the filter. Although qualitative, this indicates that spontaneous 
imbibition was highly unlikely in this filter when it was placed at the end of a porous 
pack.  
 
In our experimental work, both the wetting phase and non-wetting phase viscosities have 
been varied. The water phase viscosity has been increased using polymers. Glycerol has 
also previously been used to increase the viscosity of the aqueous phase in spontaneous 
imbibition experiments (Kyte and Rapoport [12], Fischer and Morrow [13]). Figure 3 
shows polymer spontaneous imbibition into different sand packs (viscosity ratio 
µnw/µw=0.03). Polymer imbibition was first tested using Paper A and a long sand pack. A 
decreasing imbibition rate was observed, which levelled out at a low recovery factor. A 
hypothesis for this was that the filter was clogged by polymer. We removed the filter and 
observed a significant production of sand. During this time, spontaneous imbibition did 
not occur. When sand production stopped, polymer spontaneous imbibition recurred. 
Two new sand packs were subjected to polymer SI without a filter at the inlet. Outflow of 
sand was observed, during which oil was not produced. Polymer imbibition continued 
when the sand was stationary. Two short sand packs (10 cm) were also used, where Paper 
B (5 µm Cyclopore membrane filter) was used at the inlet, and the polymer was filtered 
through a corresponding filter before SI was initiated. The SI process occurred without 
sand production or clogging problems in these two packs. We can, however, not 
guarantee that the filters would not clog when using e.g. longer packs. This will be 
further investigated in future work. 
 
 



SCA2018-006 8/13 
  

   
 

 
Figure 3: spontaneous imbibition in polymer solution. When the polymer was not filtered before use, the inlet filter clogged 
and prevented further spontaneous imbibition. When SI was performed without a filter at the inlet, sand was produced, which 
introduces a significant uncertainty in the experiments.  
 
Limited, or non-existing, capillary inflow of the wetting fluid can be summarized as the 
main challenge when selecting inlet filters. Using TEOFSI boundary conditions, the 
outlet end only needs to facilitate outflow of non-wetting fluid. Initially, glass wool 
(silanized, ordered from Sigma Aldrich) was used at the outlet end, between the pack and 
the outlet end piece (in this case a rubber stopper). Recent numerical work has shown that 
compressible filters, such as glass wool, introduce an uncertain, and sometimes 
significant, resistance to flow (Andersen, Brattekås et al. [9]). If the outlet filter had 
sufficient resistance, this too could have an impact on the amount of oil produced 
counter-currently. Although the glass wool worked well as a screen, to maintain the pack 
in place, we would not recommend this solution, as it increases the uncertainty in the 
measured results. In current experiments, a fine metal mesh is facilitated between the 
pack and outlet end. Quantitative tests show that the metal mesh tend towards oil-
favorable conditions, which is desirable for the outlet end of a water-wet pack. Standard 
stainless-steel metal mesh was used at the inlet and outlet (available from most hard ware 
stores). The recommended mesh aperture will depend on the experimental configuration. 
At the outlet, mesh apertures < sand grain size have been used to avoid sand leakage. We 
have used a mesh aperture of ̴ 100 µm. At the inlet, the mesh is mostly used to support 
the paper filter and can have a higher aperture. We have used a mesh aperture of  ̴1 mm at 
the inlet.     
 
C- THE EXPERIMENTAL CONFIGURATION 
This section describes the external influencers of SI in porous packs: the end pieces and 
experimental setups. We will here define an “end piece” as the piece of equipment 
present outside of the sand pack and filters. As briefly discussed in section B, the design 
of the end piece can cause wetting phase discontinuity at the inlet end due to 
accumulation of the non-wetting phase (Figure 2). The “experimental setup” refers to the 
inflow/outflow of wetting and non-wetting fluid, and measurement of non-wetting fluid 
production. The end pieces and experimental setups must be discussed in relevance to 
each other. In this work, four different experimental setup/end piece configurations were 
used (Figure 4) and are described below. Complete immersion of the imbibition tube is 
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advantageous and ensures equal hydrostatic pressures at the inlet/outlet, however, this 
configuration was challenging in our work. This configuration was first used during SI in 
glass tubes facilitating micro-porous glass discs, and a large distance between the sand 
pack/filter and the free wetting phase (see Figure 2). Counter-currently produced oil 
accumulated in the glass tube close to the inlet filter, which caused two main challenges: 
1) counter-current oil production could not be measured versus time, and 2) the 
accumulated oil volume blocked wetting-phase inflow at the end face, leading to limited 
imbibition wetting phase regions. The inlet end piece was changed to facilitate paper 
filters, and the distance between the filter/pack and free volume where counter-current 
production could be measured was decreased. Artifacts were still observed during the 
experiments, that were associated with an additional resistance at the outlet. We believe 
that this was caused by the glass wool and the associated challenges further described in 
section B, as the packs were prepared using the shaking procedure, where glass wool and 
a rubber stopper secured the outlet. This was, however, not investigated at the time. 
Initiating the experiments could also be challenging, because SI could often start before 
the pack was correctly aligned in the bath. The configuration was changed to separate 
inlet/outlet A to overcome the challenges and improve the initiation and inlet 
configuration. The inlet was connected directly to a small water tank, with the water level 
just above the tube. This ensured a controlled initiation of the imbibition process (where 
the imbibing fluid could be poured gently into the tank with the sand pack already in the 
correct location). This setup also reduced the impact of the additional outlet resistance, 
which we now know was caused by glass wool. Counter-current production was, 
however, not easily measured, and the configuration was slightly altered to separate 
inlet/outlet B, which allowed direct measurement of counter-current production without 
delay. The tube was submerged into the wetting bath, and the outlet tubing was connected 
to air through a fitting implemented in the wall of the bath. The use of separate 
inlet/outlet configurations were abandoned after calculating front capillary pressure. The 
method described by Haugen, Fernø et al. [2] was used, revealing that the calculated front 
capillary pressure was in the same order of magnitude as the hydrostatic pressure at the 
inlet (caused by the water column). Thus, the inflow of wetting fluid is not only governed 
by the capillary pressure, but also significantly influenced by hydrostatic pressure. When 
investigating spontaneous imbibition in low-capillarity packs like these, such calculations 
should be performed for every setup before use, to make sure we are able to discriminate 
between the front capillary pressure and hydrostatic pressure. The forth configuration we 
have used removed the hydrostatic pressure influence and is called the continuously 
flushing inlet. This configuration is similar to the setup used by Meng et al. (2015) in 
some aspects, but was further modified to collect counter-currently produced non-wetting 
phase. This is a necessary addition to the experimental setup when the CBP in the inlet 
filter is reduced in respect to the pack CBP. The wetting fluid was circulated through a 
void space in the inlet by a pump, where the void space was also exposed to the inlet end 
face of the sand pack.  Counter-currently produced non-wetting fluid was transported out 
of the inlet and accumulated in a measuring tube, before the wetting fluid was circulated 
back to the pump. It is possible to introduce a viscous pressure to the configuration when 
the continuously flushing inlet is used. Using a COMSOL model of our particular end 
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piece (incorporating the geometrical shape and dimension of the inlet design), this 
pressure was estimated to 0.065 Pa when a 1 cP, 1 g/cm3 fluid was used, at volumetric 
circulation rates of up to 100 ml/h. Similar estimations should be performed for higher-
viscosity fluids before viscous forces can be neglected in other experiments. Another 
benefit of this configuration is the ability to perform forced floods. By closing a valve in 
the inlet end piece, circulation ceases and the fluids are directed through the sand pack. A 
perfectly aligned setup is, however, required: because of the low capillarity of the high 
permeability packs, they are extremely sensitive to their surroundings and the impact 
from viscous forces and gravity.  
 

 
 
Figure 4: the different experimental setup/end piece configurations used in this work. 

 

 
Figure 5: Left: Most frequently used end piece configuration. The packs were packed on top of paper filters with a coarse 
metal mesh under for mechanical support. Right: COMSOL model of inlet end piece. Warmer colors indicate a higher 
pressure. The values indicate the pressure with respect to the pressure at the end of the tubing 
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CONCLUSION 
During our experimental work, we have found that high permeability, low capillarity 
packs of unconsolidated media are extremely sensitive to their surroundings. 
Spontaneous imbibition relies on capillary inflow of the wetting fluid, and the process is 
characteristic of the capillary driving force (the porous medium) and boundary conditions 
in addition to the fluids used. Using unconsolidated porous media, special care must be 
taken to avoid significant influence from laboratory properties. The main check points to 
consider when performing such experiments are summarized in Table 2 below.  
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Table 2: Do’s and don’ts when developing a system to investigate spontaneous imbibition in unconsolidated porous media.

 
 
 

DO'S DON'TS

The	filter	properties	should	be	as	close	to	the	porous	pack	
properties	as	possible,	especially	the	CBP.	

Do	not	use	a	compressible	filter;	this	will	introduce	an	
uncertain	resistance	to	flow,	which	can	also	influence	counter-
current	prouction.	

Use	an	inlet	filter	with	a	wettability	corresponding	to	the	fluid	
in	contact	with	the	filter	(water-wet	at	inlet	and	oil-wet	at	
outlet	for	a	water-wet	pack)

Do	not	proceed	with	a	decision	on	which	filter	to	use	without	
qualitatively	testing	the	filter	wettability.

Use	a	filter	that	can	maintain	its	structural	integrity	during	
several	flooding	cycles	(if	that	is	desired).	

Do	not	use	filters	that	are	arbitrary.	The	filters	should	have	
the	same	parameters	evenly	distibuted	over	its	surface,	and	it	
should	be	possible	to	use	equal	filters	for	several	packs.

The	filter	should	be	thin	and	soft	enough	to	enable	good	
capillary	contact	between	the	sand	and	imbibing	fluid.
Perform	spontaneous	imbibiton	tests	with	the	wetting	fluid	
evenly	distributed	across	the	inlet	filter/non-wetting	fluid	
evenly	distiributed	across	the	outlet	filter.	

Do	not	let	the	counter-currently	produced	fluids	accumulate	
near	the	inlet	filter.

Filter	the	imbibing	fluid	through	a	filter	with	a	similar	pore	
sixe	as	the	inlet	filter.

Don't	expect	negligible	influence	from	fluids	on	e.g.	filter	
wettability.	

Sand	packs	are	extremely	sensitive	to	their	surroundings	due	
to	their	low	capillarity.	Consider	and	calculate	the	viscous	and	
hydrostatic	forces	included	in	your	setup.

Don't	perform	an	experiment	without	levelling	the	sand	pack.

Make	sure	the	packs	are	sufficiently	compacted	to	maintain	
their	structural	integrity	during	forced	floods	(if	desired)	and	
through	several	cycles	of	spontaneous	imbibition.
Use	a	controlled	packing	procedure,	where	the	pressure	
applied	is	controlled	by	the	device,	not	by	the	person	
controlling	it.

Consider	the	filter.	

Consider	the	fluids.

Consider	the	force

Consider	the	porous	pack
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ABSTRACT 
In situ saturation monitoring (ISSM), using X-rays or gamma rays, has become a 
common method to determine fluid saturations in commercial coreflood experiments. 
The most common method in commercial laboratories entails 1D saturation 
measurements as a function of core plug length and of experimental time. Laboratories 
often employ ISSM as the only method of determining fluid saturations, assuming an 
almost infallible accuracy of 1-2 saturation units (s.u.).  However, as for all measurement 
methods, there are possible sources of uncertainty in ISSM data. Previous papers have 
discussed some of these uncertainties, such as X-ray drift (Coles, et al. 1995), and 
inappropriate calibration scans or changes to core or fluid properties during testing 
(Cense, et al., 2014). Despite this evidence, some laboratories continue to use ISSM 
measurements alone, assuming negligible uncertainty. 
 
In the authors’ experience, uncertainties not only exist in measurement errors, but also 
may be introduced by inappropriate processing and interpretation methods.  This paper 
first considers the stipulated 1-2 s.u. accuracy and the necessary signal-to-noise ratio, i.e. 
counts required, to achieve this; as well as providing a suggested approach, where 
plausible, to correct saturation data compromised by incorrect calibration scans.  It also 
considers the uncertainties in use of ISSM production volumes in determining unsteady 
state relative permeability; specifically, pre- and post-breakthrough data and the 
assumptions surrounding selection of breakthrough from flood front scans.  In addition, 
ISSM profiles are often used in coreflood simulation of relative permeability to aid 
correlation of the capillary end effect; incorrect data processing may compromise this 
correlation.  In conclusion, the paper considers several sources of error in ISSM data and 
provides a recommended approach to acquisition, processing and interpretation of ISSM 
data for calculation of fluid saturations.   
 
INTRODUCTION 
In situ saturation monitoring (ISSM) was introduced to the oil and gas industry in 1946 
by Boyer, et al.1, with suggested improvements by Morgan, et al.2 in 1950 and supported 
by further experimental data in Geffen and Gladfelter3. Since this time, in general, 
laboratory equipment has developed and improved to reduce some of the potential 
uncertainties: radiation sources and detectors are more stable (possibly due to more stable 
power sources), core holders have been developed using lower attenuation materials 
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and/or with thinner walls to reduce background noise, temperature regulated equipment 
reduces large fluctuation in attenuation due to temperature, etc.  However, despite 
improvements, there remains potential for uncertainty in attenuation measurements from 
various factors, including: temperature variance, radiation source age and/or degradation, 
power fluctuations, core plug heterogeneity, core plug location displacement and random 
noise. Coles, et al.4 recommend some techniques to improve accuracy for X-ray systems: 
scan a fixed reference material immediately prior each core scan and use the value to 
calibrate each scan, use slow warm-up times for X-ray tubes to improve source stability 
and extend their life. Use of a reference material scan enables corrections also for 
gamma-ray systems - for temperature drift and source degradation. Cense, et al.5, in 
addition to temperature variance, noted other potential uncertainties: changes to the rock 
matrix during testing, errors in calibration scans (i.e. the scans performed at 100% 
saturation of the individual fluid phases), limited attenuation difference between the fluid 
phases, component transfer between fluid phases, and percentage of the core diameter 
captured within the X-ray (or γ-ray) stream. The paper recommends that, in addition to 
recommendations by Coles, et al., ISSM data should be supported by an alternative 
method of determining intermediate (i.e. during coreflooding) saturations, as well as 
verification of endpoint saturation(s) by an alternative method.  Despite evidence to the 
contrary, some laboratories continue to assume negligible uncertainty for ISSM data and 
employ only ISSM saturation, without alternative verification. 
 
In the authors’ experience, ISSM saturation uncertainties are not only introduced from 
mechanical, experimental, physical and/or chemical variances, but may also be 
introduced through inappropriate data processing and interpretation methods. Few 
literature articles have considered these uncertainties.  First and foremost, it is essential 
that sufficient X-ray (or γ-ray) counts are collected at each location to ensure that the 
measurement variance is within a predetermined percentage of the attenuation contrast 
between the fluids (i.e. usually 1-2%), this may not always be the case.  The method of 
determining which scan locations are extraneous (i.e. which locations are not measuring 
core plug data) may lead to errors in average saturation calculations and may introduce 
uncertainty into the process of correlating capillary pressure and relative permeability in 
coreflood simulations. 
 
GENERAL ACCURACY CONSIDERATIONS 
The use of ISSM techniques to determine the saturation profile in core flooding 
experiments should always be considered if budget allows. It is the only method to 
confirm that a core sample behaves as an homogeneous rock and to observe the capillary 
end effect. If a core sample consists of multiple rock types, different saturations will 
prevail during a core flood, and different areas in the sample may have different relative 
permeability. If one assumes that the sample is homogeneous in the interpretation, 
varying rock types will be ignored, and the result will be an upscaled relative 
permeability and/or residual oil value, which may be valid for the core sample but not for 
the rock types. 
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To allow for good in situ saturation measurements, one needs an experiment where only 
the saturation changes, and other experimental conditions remain stable. This means that:  

1. the core sample does not dissolve in the fluids used and there is no precipitation: 
even if minor amounts of minerals leach out or precipitate, this has a huge impact 
on the saturation calculation due to the much higher X-ray/gamma-ray absorption 
of rock minerals compared to fluids, 

2. the core sample should remain in the same place. Some laboratories remove 
samples from the set-up to clean them. Placing these samples back to their original 
position is extremely difficult. Even a slight mismatch in position may result in a 
different rock volume being acquired in the X-ray/gamma-ray beam. This has a 
huge impact on the saturation calculation for the same reason mentioned in 1, 

3. the calibration scans of the core fully flooded with oil (or brine) should be done on 
core samples that are 100% filled with oil (or brine). Often, it is not easy to confirm 
whether all residual fluids have been cleaned out before flooding the samples with 
the calibration fluid. A sign that this was indeed a problem is that saturations will 
be below 0 or above 1. A mitigation will be to repeat the cleaning cycle and re-
measure the calibration scans, 

4. the temperature of the detector must be constant. As X-ray detectors are extremely 
sensitive to changes in temperature, the detector should be at a constant temperature 
during the experiment. Since this is a non-trivial task, one can use reference scans 
to compensate for temperature fluctuations in the room, 

5. the intensity of the source must be constant. If the intensity varies over the duration 
of the experiment, the calibration scans will not reflect representative conditions. 
Again, this issue can be mitigated using a reference scan to compensate for source 
intensity fluctuations.  

 
In the latter case, the standard equation to calculate saturation from counts (Eq.1) is 
revised (Eq.2). 
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Where ISw refers to the number of counts measured at the detector at a saturation Sw. 
Sw=0 refers to the calibration scan with the core fully filled with oil/gas, Sw=1 refers to 
the calibration scan with the core fully filled with water. The ref superscript refers to the 
reference scan, which can be made on a separate detector. The reference scan is made at 
the same time as the measurement of the absorption of the core holder (see Figure 1). 
 
Scanning times need to be sufficiently long to allow for precise saturation interpretation. 
But what is long enough? In an ISSM experiment using an X-ray source, stable saturation 
at the end of a steady state fractional flow step usually is determined from the average of 
all slices along the sample length. If the scanning time is too short, the error in saturation 



SCA2018-007 4/13 
  

may be larger than desired. In the example shown in Figure 2, the error at slice 26 mm 
initially was 3.5%, and it took about 6 hours to acquire statistically sufficient scans before 
the saturation error was reduced to less than 2% at individual slices, whilst scanning the 
whole core plug. This applies to all slices in the core and thus, it can be shown that the 
error in the average saturation of the core is of the same magnitude. 

 
Figure 1: Schematic top view of the X-ray source, the core sample, the detector and the reference detector. 
 
It requires no complex calculation to check whether the error in saturation is reduced to 
an acceptable level: simply plot saturation from individual slices (in practice this will be 
counts, as one usually does not have the calibration scans available at this experimental 
stage) and calculate the standard deviation. With some experience, the calibration levels 
of an oil-filled and water-filled core, thus, error in saturation can be estimated. Especially 
in cases where residual oil/gas is determined, one needs to wait sufficiently long to attain 
higher accuracy. Merely flooding 1.5 pore volumes in a couple of hours is not good 
enough. 

 
Figure 2: Saturation (blue), average saturation (green) and standard deviation (red) at a single slice at the end of a 
steady state step. The initial error in saturation is 3.5%, but it is halved to 1.7% after measuring the saturation for about 
6 hours. 
 
SAMPLE LENGTH DETERMINATION 
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Core plugs are commonly loaded into cylindrical rubber sleeves between two endstems 
usually composed of high grade steel or corrosion resistant alloy, with high attenuation 
coefficient, see Figure 3(A). An X-ray (or γ-ray) source is situated on one side of the core 
with a detector linked directly opposite and both attached to the same mobile unit on a 
motorised track. The unit can move backwards and forwards, or up and down, depending 
on equipment orientation, but the source and detector are always in the same relative 
position, i.e. detector directly opposite source. During data acquisition, either a voltage is 
applied (X-ray) or a slot or pin-hole opened (γ-ray) to allow radiation to be emitted from 
the source towards the detector.  Radiation reaches the detector through a slot, which 
most often transcribes as a 2 mm slice.  The source/detector unit is then moved 2 mm and 
counts recorded from that next 2 mm slice.  As indicated in Figure 3(B), the number of 
counts accumulated through the endstems is lower than those accumulated through the 
core plug. There is interference from the endstems into the measurements at the boundary 
between endstem and core plug.  The interference causes some potential uncertainty 
regarding where the sample begins and ends. This uncertainty leads to loss of data at the 
core plug boundaries. 

 
Figure 3: (A) Example image of core plug loaded inside ISSM coreholder (B) Example X-ray counts at scan locations 
across the system length. 
 
The approach used by many laboratories to determine the plug boundaries is indicated in 
Figure 4(A) through (C). The total (or base) count measurements are acquired, and plug 
ends are determined by using either the initial scan (A) only or all scans (B), as the point 
of inflexion from high counts towards lower counts, as indicated - locations 7 and 36 
along the sample length.  Data from extraneous locations (1-6 and 37-44) will not be 
carried forward into calculations of saturation.  Only the data between these inflexion 
points (7-36) will be used to determine saturation, without reviewing the full dataset.  
After calculating saturation, any unusual variance near the selected ends may result in 
additional attrition, e.g. the first location in Figure 4(C), length = 0.248 cm may be 
negated. 
 

A 

B 
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Some labs will assume that the full length of the sample has been acquired, stretching the 
data to match caliper length. In this process, caliper length will be divided by the number 
of scanned locations, to produce a scan interval length. Scan location numbers are 
renumbered from 1 (hence, 7 – 36 becomes 1 – 30). In the example shown, Figure 4(C), 
caliper length = 7.43 cm, sample scan locations = 30, producing a scan interval of 0.248 
cm.  The renumbered locations are multiplied by interval length to produce the sample 
length (0.248 – 7.43 cm). As seen, there is no data between 0 - 0.248 cm, but data 
incorrectly exists to the full length of the core plug.   

  

  

  
Figure 4 (A) Example of base counts, scan locations 1-44 (B) Lab selects sample ends from base counts: locations 7-36 
(C) Lab reported saturation data: locations 7-36 stretched to caliper length (D) Saturation calculated from all locations 
indicating alternative end selection: locations 8-41 (E) Selection of sample ends from D (F) Improved saturation data, 
actual sample length - not forced to caliper length. 
 
A suggested improvement to this common approach, is first to calculate saturations 
employing all location data and plot as a function of location, limiting saturation (y-axis) 
between 0 and 1, as shown in Figure 4(D). This exhibits locations at the extremities to 

B 

C 

D 

E 

F 

A 
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have nonsensical, non-physical data, below 0 or above 1, obviously invalid.  It provides a 
more appropriate method to determine sample end faces (here shown to be locations 8 
and 41) where saturation becomes relatively constant and homogeneous. This approach 
can often extend the number of selected locations (usually by 1 or 2 locations, i.e. 2 – 4 
mm), but sometimes by several locations, as in the case shown in Figure 4(E), where 4 
scan locations (0.8 cm) were added.  Figure 4(F) provides the final reinterpretation of Sw 
as a function of length. Compared to the lab interpretation, there is a missing interval at 
the inlet end (close to zero), due to the decrease in Sw between locations 7-8, 
(approaching 10 s.u. decrease) and deemed impacted by endstem interference. This 
interval was not removed by the lab and can be observed in Figure 4(C).  These different 
approaches can produce significant variance in calculated saturation.  In the presented 
example, there was an average difference of 3 saturation units (s.u.) and maximum of 6 
s.u. 
 
As previously stated, saturation data is not expected to extend the full sample length due 
to endstem interference. The practice of stretching saturation data to the full caliper 
length also impacts the observed capillary end effect.  In fact, the missing few millimetres 
at the production end are those most heavily influenced by capillary effects. We would 
not recommend this practice.  We recommend that length calculation be determined by 
using the standard slice interval of the equipment (usually 2 mm).  Most often 
approximately 2-3 mm may be lost from each end.  In the example core plug (Figure 5), 
the difference between saturation at the endface was observed as Sw = 0.62 (lab 
approach) and Sw = 0.4, suggested approach. 

 
Figure 5: The production endface showing the different saturation profiles derived from different data processing 
approaches.  At Pc = 0, common lab approach Sw = 0.62, recommended approach extrapolated Sw = 0.4, approx.  
 
WATER BREAKTHROUGH SELECTION 
Many laboratories employing ISSM during unsteady state (USS) relative permeability 
corefloods, use only ISSM as the basis of determining saturation change. Figure 6(A) 
provides a typical example of saturation profiles acquired during such a flood. The plot 
shows the original Swi state (blue line) and the progressing flood front (light-grey lines) 
at increasing time steps. Average Sw from these profiles are often used towards JBN 
style calculations of relative permeability, but incorporate error since each slice has been 
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acquired at a different time point not the time used for determining average Sw.  The 
magnitude of this error varies depending upon aspects such as; flowrate, scan number, 
scan time, front stability, etc. Appropriate time corrections and/or numerical simulations 
are recommended to synchronise these data before use in interpreting relative 
permeability. Figure 6(A) also shows the profile most often selected as the point of water 
breakthrough; the profile when Sw begins to change at the production face (indicated by 
the dark, dashed line, “Lab selected BT”), the thought being that since water has begun to 
change at this face, breakthrough must have occurred and both oil and water will now be 
produced.  However, there are two main errors in this approach: firstly, there is 
unobserved data in the last few millimetres and the final location data may not 
correspond to the actual production face; secondly, this selection does not account for 
capillary effects, and a potential that water saturation may first build at the production 
face prior to actual breakthrough.  This case is indicated by the dark-grey, continuous line 
(“Actual BT”) and may correspond to a water-wet case. 

 

 
Figure 6: (A) ISSM profiles showing typical BT selection versus actual BT profile (B) Example showing the ISSM 
profiles at water breakthrough, for a range of wetting states, water wet through oil wet. (C) Relative permeability input 
to A (D) Capillary pressure input to A 
 
The point of water breakthrough depends on variables such as mobility ratio, stability of 
flood front, heterogeneity, wettability, etc.  Assuming appropriate sample selection and 
quality control, the major variables determining breakthrough in a coreflood will be 
mobility ratio (viscous forces) and wettability (capillary forces). At the production face, 
viscous displacement forces approach zero and are less able to overcome non-water-wet 

C 

D 

A 

B 
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capillary entry pressures.  Thus, production face saturation will be strongly influenced by 
wettability close to Pc=0. 
 
Figure 6(B) shows the variance in possible saturation profiles at the point of 
breakthrough for different wetting conditions (wetting conditions were represented using 
a variety of relative permeability, Figure 6(C), and capillary pressure, Figure 6(D), 
inputs).  For the water wet case, as the flood front approached the production boundary 
end, and prior to water breakthrough, water saturation built, in conjunction with 
increasing differential pressure, until spontaneous imbibition saturation was achieved.  
For the oil wet case, water breakthrough was almost immediate upon water reaching the 
production end, since there were minimal or no spontaneous water imbibition forces. 

 
Figure 7: (A) Unsteady state coreflood production data indicating different breakthrough times, ISSM derived and 
actual (B) Analytical relative permeability curves (JBN or Jones-Roszelle) derived from the different BT times 
 
In many water-oil imbibition corefloods the experimental time for volumetric oil 
production (Vo) and differential pressure (dP) may be offset due to time to displace dead 
volumes and outlet flow lines: inlet dead volume for dP; inlet + outlet dead volume and 
separator flow line volume (or piping to other volumetric measurement vessel) for Vo.  
Although there are various methods to align Vo and dP to a mutual timeline, a common 
method is merely to align the breakthrough point, most often by correcting dP-time to 
align with Vo-time using the dP point of inflexion, usually maximum dP, as the dP-
breakthrough point. However, if Vo-breakthrough has been selected incorrectly, as 
described above and shown in Figure 6(A), disparity is created. Figure 7(A) shows an 
example case, where breakthrough was chosen incorrectly from ISSM data (the first scan 
to exhibit Sw increase at production end) and dP time was offset to match this 
breakthrough time. Subsequent, standard analytical methods to calculate relative 
permeability (JBN6 or Jones-Roszelle7), using this post-breakthrough, time-correlated 
data will calculate incorrect relative permeability data, as depicted in Figure 7(B).  This 
occurs because a portion of pre-breakthrough oil production is included into the 
interpretation, producing erroneous data at unusually low saturation values.  Although the 
difference in adjusted time does not appear significant, it has a significant impact on the 
interpreted data, particularly saturation. 
 

B A 
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A recommended approach is to correct Vo and dP timelines independently, and quality 
check the point of breakthrough, preferably using an alternative method to ISSM data:  

1. Vo-time –  
a. it is essential to know the actual flowrate (either by using volumetrically 

calibrated pumps, or by determining flowrate from the initial linear 
production data, where the gradient Vo/time = actual flowrate (Qact) 

b. it is essential to have measured the dead volumes of the system (i.e. 
production fluid held within flowlines that cannot be bypassed/displaced prior 
to test initiation)  

c. Vo-time must then be corrected for dead volumes and regression performed 
to find the time intercept at Vo=0. 

2. dP-time – from knowledge of the inlet dead volume and actual flowrate, dP-time 
offset is given by 𝑡!" = 𝑡!"#$ −  𝐷𝑉!" 𝑄!"!, where tdP is the corrected dP-time, 
tmeas is measured test time (from commencement of flow), DVin is the inlet dead 
volume and Qact is the actual flowrate, as determined during Vo-time offsets.  

3. Verify that Vo and dP breakthrough is consistent 
 
ISSM SATURATION CORRECTION  
McPhee, et al.8 recommends that saturation uncertainty should be within ±3 s.u., and that 
saturation should be verified by at least one additional measurement technique.  ISSM 
saturation verification was strongly recommended in Cense, at al.5, and we would 
reiterate the need to corroborate fluid saturation after coreflooding, since ISSM saturation 
data are not infallible.   
 
If appropriate sample selection has been performed, best practice experimental 
procedures followed, and quality controls implemented throughout testing, there is 
generally excellent correlation between ISSM and other methods of determining 
saturation; particularly at experimental endpoints (test initiation and completion).  There 
may be small differences in intermediary saturations during the steady state method 
because of system dead volumes and subsequent small errors introduced by the 
assumptions about how fluids segregate throughout pipework and valves at specific 
fractional flow rates.  Thus, in correctly controlled steady state corefloods, the ISSM 
saturation data from the intermediary fractional flow rates may be considered as more 
accurate than the intermediary volumetric data.  It is therefore essential to verify the 
endpoint saturations to validate these intermediary data.  The recommended approach to 
verify saturation, is to ensure that there is full control of saturation data throughout the 
preparatory stages ahead of the coreflood: saturating the core with formation water and 
establishing initial water saturation conditions, and throughout the coreflood itself, by 
verifying final saturation; most often measuring final water saturation (Swf). 
 
From initial knowledge of the sample pore volume, checks should be in place to ensure 
the sample is fully filled with formation water during the saturation process.  Initial water 
saturation (Swi) must be verified, either by gravimetric or volumetric methods (or 
preferably both).  There are a variety of methods of establishing Swi, but the preferred 
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method would be an individual porous plate with net confining stress, that allows 
production volumes to be measured directly into a graduated vessel (usually a glass 
burette/pipette). Sample weights should be measured before (fully water saturated) and 
after (at Swi), if possible, to compare Swi volumetrically and gravimetrically. 
 

𝑆!" = 1− !!
!!

 (volumetric)  𝑆!" = 1−  !!"!! !  !!"#
!!   !"

  (gravimetric) 

Where Vp is pore volume [cc], Vw is the produced water volume [cc], WSw=1 is fully 
saturated weight [g] (with formation water), WSwi is the weight at Swi [g] and 𝛥𝜌 is the 
density difference of the fluid pair [g/cc].  These data should be compared against ISSM 
derived average Swi data (± 3 s.u.).   
 
After the coreflood, the final ISSM water saturation should be confirmed by an additional 
measurement technique: volumetric production data, Karl Fischer titration, miscible 
dispersion analysis, Dean & Stark extraction, etc.  Production volumes captured into a 
graduated and calibrated separator are often an excellent additional measurement and 
may be used, not only to verify final saturation, but intermediary saturations also; 
although, volumetric error may be introduced by small system leaks, mass transfer (if 
fluids are not fully immiscible), droplet retention in the pipework, etc.  Karl Fischer 
titration is an excellent method of determining small water volumes, but may be 
susceptible to error from; incomplete extraction of the water volume during the solvent 
injection stage of the process, inadequate mixing and sampling of the 
solvent/hydrocarbon/water effluent blend, chemical interference if sodium iodide is used, 
etc. Miscible dispersion could be used to determine the saturation of the mobile fluid 
phase, but could incorporate significant error dependent on the heterogeneity of the 
sample and/or fluid flow-path. Dean & Stark extraction is usually an ill-advised method 
of confirming water volume from ISSM analyses, because the core plug must be removed 
from the equipment, and replaced exactly to the same location and orientation, which is 
difficult to accomplish.  The impact of removal and replacement is dependent upon the 
accuracy to which this can be accomplished, the attenuation differences between the 
different components (core holder, sleeve, core, fluids, etc.) and core plug heterogeneity.  
 
Once all these data are collated, it should be considered which of the data are the more 
accurate at initial and final conditions, for instance Swi and Swf, respectively.  If ISSM 
data is observed to exhibit significant variance from other verifiable data, the source of 
the error should be scrutinised, considering the potential sources of error for ISSM data, 
as previously outlined.  However, the endpoint saturations deemed to be accurate might 
be used to correct ISSM data to determine saturation profiles that can be useful, at least 
qualitatively.  First, calculate normalised water saturation (Swn) based on the ISSM 
endpoints, then denormalise based on the true endpoints: 
 

 𝑆!" =
!!!!!"

!""#

!!!!"
!""#!!!"!""#

 (Eq.3) 
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 𝑆!_!"## = 𝑆!"! +  𝑆!" 1− 𝑆!"! − 𝑆!"!   (Eq.4) 
 
Where 𝑆!!!""# is the ISSM based Swi, 𝑆!"!""# is the ISSM based residual oil saturation, 
𝑆!_!"## is corrected saturation, 𝑆!"!  is the true Swi and 𝑆!"!  is the true residual oil 
saturation. 
 
CONCLUSIONS 
In situ saturation monitoring (ISSM) by attenuation of X-rays or γ-rays, may not always 
provide accurate saturation data.  The following recommendations are suggested: 

• Optimise readings by including reference scans, to correct for variance in test 
conditions (hence attenuation variance). 

• Obtain several measurements at steady state conditions (at least five), calculate 
standard deviation and, if necessary, continue measuring until SD is below 0.02 
before continuing to the next stage of testing. 

• Calculate saturation from all location data (including non-sample data) and use 
saturation versus scan location to determine inlet and outlet endfaces. 

• Do not stretch data to the measured caliper length, but merely use the equipment 
slice interval (usually 2mm) to calculate from scan number to plug length 

• Do not use ISSM to determine water breakthrough; an alternative method should 
be employed 

• Synchronise production and pressure times by using measurements of system 
volumes and accurate flow rates to determine offsets  

• Verify the production and pressure timelines to ensure corroboration at water 
breakthrough 

• Verify saturation at the test endpoints by alternative methods (e.g. volumetric or 
gravimetric data, Karl Fischer titration, miscible dispersion, Dean-Stark 
extraction) 
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ABSTRACT  
 
Incorporating mm-m scale capillary pressure heterogeneity into upscaled numerical 
models is key to the successful prediction of low flow potential plume migration and 
trapping at the field scale. Under such conditions, the upscaled, equivalent relative 
permeability incorporating capillary pressure heterogeneity is far from that derived 
conventionally at the viscous limit, dependent on the heterogeneity structure and flow 
rate, i.e. dependent on the capillary number.  
 
Recent work at the SCA 2017 symposium (SCA2017-022) demonstrated how equivalent 
functions can be obtained on heterogeneous rock cores from the subsurface under 
drainage conditions; going beyond traditional SCAL. Experimental observations using 
medical CT scanning can be combined with numerical modelling so that heterogeneous 
subsurface rock cores can be directly characterized and used to populate field scale 
reservoir models.  
 
In this work, we extend this characterization approach by incorporating imbibition cycles 
into the methodology. We use a Bunter sandstone core with several experimental CO2 – 
Brine core flood datasets at different flow rates (2x drainage, 1x imbibition and 2x 
trapping) to demonstrate the characterization of hysteretic multiphase flow functions in 
water-wet rocks.  We show that mm-m scale experimental saturations and equivalent, low 
flow potential relative permeabilities can be predicted during drainage and imbibition, 
along with trapping characteristics. Equivalent imbibition relative permeabilities appear 
as a function of capillary number, as in the drainage cases. We also find that the form of 
capillary pressure function during imbibition has a large impact on the trapping 
characteristics, with local heterogeneity trapping reduced (or removed), if the capillary 
pressure drops to zero, or below at the residual saturation. 
 
INTRODUCTION  
 
During the buoyant migration of CO2 in a subsurface aquifer, the low flow potential 
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coupled with small-scale rock heterogeneities can have a dramatic effect on the large-
scale plume migration and trapping [1]. Capillary pressure heterogeneities largely 
dominate the multiphase flow system, with small variations from REV to cm scale able to 
cause significant fluid re-distribution [2], affecting macroscopic flow functions such as 
the relative permeability [3]. Under such conditions, the upscaled (cm-m), equivalent 
relative permeability incorporating capillary pressure heterogeneity is far from that 
derived at the viscous limit, dependent on the heterogeneity structure and flow rate, i.e. 
dependent on the capillary number [4]. The upscaled, equivalent relative permeability can 
be used in large scale reservoir modelling to accurately incorporate the effects of small 
scale capillary pressure heterogeneity, without having to model the REV-cm scale 
heterogeneities explicitly.  
 
Capillary pressure heterogeneities also cause variation in trapping characteristics from the 
mm-m scale. Without effective inclusion of small scale trapping variations, the 
macroscopic trapping characteristics for use in field scale models can be significantly 
under or over predicted by traditional trapping models. Incorporating small scale 
capillary pressure heterogeneity into upscaled numerical models is therefore key to the 
successful prediction of both the plume migration and trapping at the field scale. 
 
Recent work [4-6] has shown how drainage equivalent relative permeabilities (at the cm-
m scale) which incorporate mm scale capillary pressure heterogeneities can be effectively 
derived over a wide range of flow conditions, using a combination of experimental and 
numerical methods. High flow rate core flood experiments allow derivation of the 
viscous limit relative permeability, absolute permeability and porosity of the rock. Low 
flow rate experiments (near the capillary limit) allow accurate determination of the 
capillary pressure heterogeneity. These properties are then used in commercial reservoir 
simulators, such as CMG IMEX, to create a 3D numerical rock model. The numerical 
model allows derivation of equivalent relative permeabilities over a wide range of flow 
conditions, removal of boundary artifacts, and re-orientation of the heterogeneity with 
respect to the flow direction. 
 
In this work, we build on the recent work of [4-6] by incorporating imbibition cycles and 
trapping into the relative permeability and capillary pressure characterization, allowing 
the hysteretic nature of the systems to be analysed. We focus on a Bunter sandstone core, 
also presented in [4, 5] showing how the imbibition relative permeability and trapping 
can be characterized using experimental observations and numerical simulations.  
 
METHODOLOGY 
 
The characterization work presented here stems directly from that presented in SCA2017-
022 [5] and in the recent paper [4]. The Bunter sandstone sample was drilled from the 
Cleethorpes-1 geothermal borehole at 1312 m depth, with length 0.151m, diameter 
0.0381m. It has a permeability of 2.2 D and average porosity of 0.24, with sequences of 
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low permeability/high entry pressure (𝑃!) barriers of length ~ 1-3cm running 
perpendicular to the flow direction (See Figure 1 for the 𝑃! map.).  
Steady-state fractional flow core floods with medical X-ray CT scanning are used as the 
primary experimental observation to inform the characterization [7, 8]. Reservoir 
condition CO2 – Brine (1 molal NaCL) are used at a temperature of 53°C, pore pressure 
of 13.1 MPa and IFT of 34.7 mPa.s. We use two drainage core floods (high and low flow 
rate), an imbibition core flood at low flow rate, and 2 trapping core floods to construct the 
numerical model. A summary of the fractional flows and flow rates are given in Table 1.  
 
Fractional 
flow 
number 

Drainage exp 1  
Qt = 20ml.min-1 
f(CO2) 

Drainage exp 2  
Qt = 0.2ml.min-1 

f(CO2) 

Imbibition exp 1 
Qt = 0.2ml.min-1 

f(CO2) 

Trapping  
exp 1 
f(CO2) 

Trapping 
exp 2 
f(CO2) 

1 0.5176 0.10 0.815 1 (QCO2 = 0.5 
ml.min-1) 

1 (QCO2 = 20 
ml.min-1) 

2 0.7738 0.31 0.520 0 (Qw = 0.5 
ml.min-1) 

0 (Qw = 0.5 
ml.min-1) 

3 0.9262 0.63 0.135 - - 
4 0.9768 0.85 - - - 
5 0.9919 0.975 - - - 
6 0.9996 0.995 - - - 
 
Table 1 – Experimental fractional flow regimes used throughout the study.  
 
Drainage viscous limit relative permeabilities are calculated from the high flow rate 
drainage steady-state core flood, shown in Figure 1c. The irreducible water saturation 
Swirr = 0.821 is obtained from corrected mercury intrusion capillary pressure (MICP) data 
and the upscaled, voxel level (1.875mm x 1.875mm x 5mm resolution) saturation maps. 
A Chierici [9] functional form is used to fit a smooth relative permeability function 
through the experimental data points, with the 1D simulator SENDRA used to remove 
boundary artifacts. See [4] for detailed analysis of the parameter estimation.  
 
To obtain the viscous limit imbibition relative permeability, we use data from the 
trapping experiments together with the land trapping model. The initial-residual (IR) 
plots in Figure 1a and b show the trapping characteristics of the core over the full 
saturation range, along with the experimental saturation error (2σs). The Land trapping 
model [10] relates the residual saturation 𝑆! with the initial, turning point saturation 𝑆!" 
through a single, core averaged trapping coefficient, c: 

𝑆! =
𝑆!"

1+ 𝑐𝑆!"          (1) 
 
The trapping coefficient c is obtained through a least-squares fit with the experimental 
data. In Figure 1a-b, the trapping can be seen to vary significantly through the core, with 
a large spread in the voxel level data, even when considering the inherent noise in the X-
Ray derived saturations.  This scatter (and that in the slice averaged data), is largely due 
to local capillary pressure barriers, trapping CO2 at a saturation higher than that at snap 
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off (residual), discussed in more detail in the results section. In the strongly water-wet 
system, the viscous limit imbibition relative permeability of the non-wetting phase (CO2) 
can be described using the drainage viscous limit relative permeability at the 
corresponding mobile CO2 saturation [10]: 
 

𝑘!!!
! 𝑆!!! = 𝑘!!!

! 𝑆!!!
!          (2)  

 
where 𝑘!!!

! 𝑆!!!  is the imbibition CO2 relative permeability, and 𝑘!!!
! is the drainage 

CO2 relative permeability at mobile CO2 saturation 𝑆!!!
! . The mobile saturation can be 

obtained from the Land trapping model: 
 

𝑆!!!
! =

1
2 𝑆!!! − 𝑆!!!

! +  𝑆!!! − 𝑆!!!
! ! +

4
𝑐 𝑆!!! − 𝑆!!!

!         (3)           

 
The viscous limit imbibition relative permeabilities are shown in Figure 1c, calculated 
using the core-averaged Land trapping coefficient of c = 1.3. We assume that for the 
water-wet system, the water relative permeability shows negligible hysteresis, and 
follows the drainage curve [10]. To characterize the core-averaged drainage capillary 
pressure 𝑃!!(𝑆!), we use threshold pressure corrected MICP data to fit a Brooks – Corey 
curve of the form: 
 

𝑃!! 𝑆! = 𝑃!
𝑆! − 𝑆!"##
1− 𝑆!"##

!!!
       (4)  

 
where  𝑃! is the entry pressure, 𝜆 is the pore-size distribution factor. In this work, 𝑃!= 
1.61 kPa and 𝜆 = 1.43. The imbibition, core averaged capillary pressure curve is found in 
a similar way to the relative permeability, using the mobile CO2 saturation and an 
equivalent Brooks-Corey form, following the recent work of [6]: 
 

𝑃!! 𝑆! = 𝑃!
𝑆!! − 𝑆!"##
1− 𝑆!"##

!!!
− 1         (5)  

 
where 𝑆!! is obtained using equation (3), and 𝑃! can be found using equations (4) and (5) 
at the point of flow reversal 𝑆!

!" where 𝑃!! =  𝑃!!:  

𝑃! = 𝑃! 1−
𝑆!
!" − 𝑆!"##
1− 𝑆!"##

!
!
!!

          (6) 
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This form of imbibition capillary pressure assumes that 𝑃!! 𝑆!" = 0 at the residually 
trapped saturation. The Brooks-Corey core-averaged drainage and imbibition capillary 
pressure curves for the Bunter sandstone are displayed in Figure 1d, along with a scaled 
imbibition curve which is scaled to have a finite capillary pressure at the residual 𝑃!" , i.e. 
𝑃!! 𝑆!" = 𝑃!" at the residual saturation. Experimental data [11] suggests that the 
macroscopic capillary pressure – saturation relationship may not equal zero at the 
residual, even in strongly water-wet systems, and has some finite value. We test the effect 
this may have on hysteretic flow using 𝑃!" =

!
!
𝑃!, since 𝑃!" is not explicitly known for 

this system. 
 

 
(a)                                                                (b) 

  
(c)                                                                (d) 

 
Figure 1 – (a-b) Experimental IR curves from trapping experiments (see Table 1). (c) Viscous limit 
drainage and imbibition relative permeabilities derived from high flow core floods and trapping 
experiments. (d) Drainage and imbibition capillary pressure curves, derived from MICP data and trapping 
experiments.  
 
As the final part of the characterization effort, we find the capillary pressure 
heterogeneity in the core. We use the same method as described in [4, 6] where the core-
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averaged capillary pressure - saturation relationship is scaled by a constant factor 𝜅!  for 
each voxel i, i.e.: 

𝑃!,! 𝑆!,! =  𝜅!𝑃! 𝑆!,!          (7) 
 
where 𝑃!  is the core-averaged capillary pressure. The initial scaling factor is found 
directly from the low flow rate drainage core floods. For each fractional flow, the slice 
averaged saturation is used to find the average capillary pressure using equation (4), from 
which the voxel capillary pressures in that slice are then known, assuming capillary 
equilibrium. Shifting the slice average saturations to the voxel saturations at each 
fractional flow, the new points can be used to fit a Brooks – Corey curve by varying 𝑃! in 
a least squares approach; thus finding 𝜅!. This procedure results in a 3D map of 𝜅! and the 
capillary pressure heterogeneity.  
 
To remove the capillary equilibrium assumption (which is not strictly true as ∇𝑃 ≠ 0, but 
is needed as an initiating guess) the 𝜅! map can be updated using a simulated core flood. 
The 3D rock core is represented numerically in CMG IMEX using cells with dimensions 
equal to the upscaled voxels. The viscous limit relative permeabilities, core-averaged 
absolute permeability, 3D porosity map and 3D 𝜅!  map are used as input to the 
simulation, along with corresponding flow velocities and injection periods equal to the 
experiment. Fictitious end slices are used to enforce the boundary conditions of the 
system; constant flux at the inlet, constant pressure at the outlet, 𝑃! = 0 and linear 
relative permeabilities. 
 
Upon simulation of the experimental core floods, the voxel level 𝑃!(𝑆!) at each 
fractional flow are used to update 𝜅!, using the minimisation approach described in [4]. 
After several iterations of this procedure, 𝜅! for each voxel converges, resulting in an 
accurate description of the capillary pressure heterogeneity, shown in Figure 2.  

 
 
Figure 2 - Characterized capillary pressure heterogeneity used in the numerical simulations. 

The imbibition capillary pressure heterogeneity is assumed to follow the same form as 
the drainage, with the same scaling factor 𝜅! altering the core-averaged imbibition 𝑃!! at 
the voxel level [6]. With the experimentally characterized, bounding drainage and 
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Simulation Q0.2, f(
CO2) = 0.9750, 𝑆!!!!! =

 0.558 

Experiment Q0.2, f(
CO2) = 0.9750, 𝑆!!!!! 

= 0.574 

imbibition 𝑘! − 𝑃! − 𝑆! relationships, we use the Killough method [12] to scan between 
the curves when flow reversal occurs part way through a drainage or imbibition cycle. In 
the simulation, all voxels have the same viscous limit bounding relative permeability 
curves, with varying capillary pressure bounding curves scaled from the core average 
with 𝜅!.  
 
 
RESULTS 
 
We now use the characterized numerical core to simulate the drainage, imbibition, and 
trapping core flood experiments described in Table 1. Firstly, the high and low flow rate 
drainage experiments are simulated, with results presented in Figure 3.  
 

 
(a)                                                                (b) 

 
(c)                                                                (d) 
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Figure 3 – Experimental and simulation results from drainage core flood experiments at different total flow 
rates, Q20 = 20 ml.min-1, Q0.2 = 0.2 ml.min-1. (a) Relative permeabilities for CO2 (dashed lines) and water 
(solid lines). (b) 3D voxel saturation maps for fractional flow 5, Q0.2. (c-d) Experimental vs. simulated 
voxel saturations across all fractional flows for the Q20 and Q0.2 flow rates respectively.  

The numerical core, with layered capillary pressure heterogeneity captures the change in 
relative permeability from the high flow rate (near the viscous limit) to the low flow rate 
(near the capillary limit) in Figure 3a. The reduction in both water and CO2 relative 
permeability at low flow rate is due to the capillary barriers, which increase the pressure 
drop through the system [13]. In Figures 1b-d, the voxel saturation maps are directly 
compared with the experiments, showing that the saturation heterogeneity is well 
captured through the core at both flow rates, particularly at high CO2 fractional flows 
(f4+).  
 
The imbibition experiment is now simulated, using the same numerical core as in the 
drainage cases. The imbibition properties here are predicted entirely from the drainage 
characteristics and trapping experiments, and are not derived from separate imbibition 
steady-state core flood experiments.  

 
(a)                                                                (b) 

 

Experiment Q0.2, f(
CO2) = 0.135, 𝑆!!!!! 

= 0.682 

Simulation Q0.2, f(
CO2) = 0.135, 𝑆!!!!! 

= 0.608 
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(c)                                                                (d) 
Figure 4 – Experimental and simulation (kr and Pc hysteresis with finite Pcr) results from imbibition core 
flood experiments at Q0.2 = 0.2 ml.min-1. (a-b) Drainage and imbibition relative permeability plots for CO2 
and water. (c) Experimental vs. simulated voxel saturations across all imbibition fractional flows. (d) 3D 
voxel saturation maps for imbibition fractional flow 3 Q0.2.  
 
Figure 4 shows the results of the simulated imbibition experiment, using kr and Pc 
hysteresis with finite Pcr. In Figure 4a-b, the low flow rate imbibition relative 
permeabilities have been predicted, and show a similar level of error compared to that in 
the drainage case. Any error in the drainage prediction is thus carried forward to the 
imbibition cases here since the characteristics are predicted from the drainage case. It 
appears that the imbibition relative permeabilities are also equivalent functions, with the 
variation from the viscous limit caused in part by the capillary pressure heterogeneity and 
in part by the saturation state at the end of drainage.  
 
The water relative permeability in Figure 4b at low flow rate shows a similar profile to 
that found experimentally, however the simulation viscous limit water relative 
permeability has no hysteresis, i.e. 𝑘!! 𝑆! = 𝑘!! 𝑆! . The raising of the water relative 
permeability from the drainage case appears to be due to the low flow rate regime that is 
dominated by capillary heterogeneity, as opposed to an inherent hysteretic feature of the 
underlying, viscous limit relative permeability function.  
 

Simulation method Voxel R2 [-] RMS relative  
error 𝑺𝒘 [%] 

RMS relative  
error ∆𝑷 [%] 

kr hysteresis only (𝑃!! = 𝑃!!) 0.575 5.50 39.6 
kr and Pc hysteresis with zero Pcr 0.505 7.41 20.8 
kr and Pc hysteresis with finite Pcr 0.532 6.71 21.0 

 
Table 2 – Errors between simulated and experimental imbibition core floods. Voxel R2 is the total statistical  
R2 between all experimental and simulated voxel saturations.  𝑆! and ∆𝑃 are core averaged values. 
 
The voxel and core averaged errors associated with the simulation results are shown in 
Table 2. All three hysteresis models have good saturation predictions, with statistically 
significant voxel R2 > 0.5. The form of capillary pressure hysteresis however has a more 
prominent effect on the pressure prediction, which is significantly over-predicted 
when 𝑃!! = 𝑃!!. At the low flow rate, the capillary pressure can be of the same order as 
the overall core-averaged pressure drop, meaning that unless the capillary pressure 
follows an imbibition path at lower overall Pc, the core averaged pressure drop can be 
over-estimated. 
 
The final part of this study considers the two trapping experiments. The experiments are 
simulated using the same numerical core as used previously, characterized based on the 
core averaged trapping model with c = 1.3. The simulation results are presented in Figure 
5, using the three hysteresis methods. With the inclusion of Pc hysteresis in Figures 5c-f, 
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the level of trapping in the core has been significantly reduced, particularly in the case 
where the imbibition capillary pressure can reduce to zero at the residual in Figures 5c-d.  
 
After a long period of imbibition, if the capillary pressure curves reduce to Pc = 0, there is 
no Pc heterogeneity in the core and the trapping is governed completely by snap-off, i.e. 
kr drops to zero (this occurs in Figure 5d). With this form of capillary pressure hysteresis 
there is no emergence of local, capillary pressure heterogeneity trapping. In order to 
maintain a connected, mobile phase of CO2 (i.e. kr > 0), that exhibits local capillary 
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(a)                                                                 (b) 

  
                                 (c)                                                                  (d) 

  
                                  (e)                                                                  (f) 
 
Figure 5 – Simulated IR plots of the trapping experiments using different hysteresis methods. (a – b) kr 
hysteresis only (𝑃!! = 𝑃!!). (c – d) kr and Pc hysteresis with zero Pcr. (e-f) kr and Pc hysteresis with finite Pcr. 
 
heterogeneity trapping, a finite Pc is required. This causes build-up of non-wetting fluid 
behind local capillary barriers, akin to that which occurs during drainage.  In experiment 
1 the core flood time is shorter than in experiment 2, and the simulation does not reach a 
state of equilibrium (as it appears to do in the experiments), meaning local heterogeneity 
trapping occurs in all cases since Pc ≠ 0 at the end of the simulation. 
 
When the imbibition capillary pressure has a finite, non-zero value at the residual, local 
capillary pressure heterogeneity trapping emerges in the simulation, even at long time 
scales, apparent in Figure 5e-f. Localised accumulations of CO2 build up behind areas of 
high Pc, which are greater than would be predicted by the residual trapping model. 
Without this form of hysteresis, it appears that local heterogeneity trapping cannot occur 
over long time-scales, and that after large pore volumes of forced imbibition, the system 
would be completely described by the turning point saturations and the residual trapping 
model.  
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The existence of local capillary heterogeneity trapping over large time scales still largely 
remains unknown. Recent large-scale tank experiments [14] have shown how local 
heterogeneity trapping can reduce over large time-scales, with the system becoming 
almost entirely described by a residual trapping model, implying Pc = 0 at the residual 
saturation. Contrary to this, most core-flooding experiments in heterogeneous rocks see 
some form of local capillary heterogeneity trapping, implying that Pc ≠ 0 at the residual 
saturation. 
 
CONCLUSION  
 
In this work, we have shown how hysteretic multiphase flow can be simulated in 
heterogeneous rocks based on models formulated from drainage characteristics and 
trapping experiments. Core averaged trapping models allowed capillary pressure and 
relative permeability hysteresis to be estimated, which when coupled with capillary 
pressure heterogeneity during both drainage and imbibition allowed prediction of 
imbibition relative permeabilities and mm scale saturations. This characterisation effort 
has demonstrated that equivalent, imbibition relative permeabilities emerge at low flow 
rate/capillary number, and they appear to be quantifiable in the same manner as drainage 
relative permeabilities in heterogeneous rocks.  
 
Simulations of trapping experiments revealed that the residual value of capillary pressure 
has a large effect on local heterogeneity trapping. If Pc reaches zero at the residual 
saturation, there is no local heterogeneity trapping at large time scales, and the saturations 
are exactly predicted from the trapping model. However, with finite Pc at the residual, 
local heterogeneity trapping emerges, even at capillary equilibrium, and results in 
accumulations of non-wetting phase.  
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ABSTRACT 

Capillary pressure and resistivity index spontaneous imbibition experiments by the 
porous plate method, in a core holder at elevated temperature and net reservoir stress, are 
both difficult and time consuming special core analysis measurements to perform. In this 
type of experiment, low capillary forces act against a low permeable porous plate and 
only one face of the cylindrical core sample is in capillary contact with the fluid saturated 
porous plate.  

In this paper, core samples having different lithology, petrophysical properties and 
wettability are analysed by counter current spontaneous imbibition, starting at initial 
water saturation (Swi), at net confining pressure and elevated temperature. Synthetic brine 
is used as the wetting phase and Isopar L mineral oil as the non-wetting phase. This 
methodology is applied to investigate and evaluate how to obtain more reliable, more 
efficient and faster saturation imbibition data combined with electrical measurements, 
during spontaneous imbibition measurements. 

Resistivity index (RI), saturation exponent (n) (by single saturation equilibrium point 
using Archie’s second law RI= Sw

-n) and wettability information using representative 
fluids, confining pressure and temperature are also obtained by applying this specific 
counter current imbibition technique and improved procedural approach. 

INTRODUCTION 

Spontaneous imbibition is an important recovery mechanism and can occur in either co-
current or counter-current modes. This is mainly a capillary pressure dominated process, 
in which the rate of imbibition is controlled by the rock petrophysical properties and 
lithology, fluids type (interfacial tension, composition and properties) and interaction 
between them at representative pressure and temperature conditions. 

Capillary pressure causes formation brine to invade into a rock sample containing oil or 
gas at initial water saturation and distribution. Wettability is one of the most important 
parameters during this process, as it controls the microscopic displacement efficiency and 
distribution of the different fluids within the rock pore system. 
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Traditionally, wettability tests are based on the combination of the Amott and USBM 
methods.  

These measurements are routinely performed at the end of the primary drainage cycle 
using standard Amott glass cells at ambient pressure. The test may be performed at 
elevated temperature, dependent upon the fluid system involved. However, certain core 
properties such as poor degree of consolidation and core process constraints (e.g. 
maintaining confining pressure throughout the whole experimental analysis, evaporation 
and limitation in electrical measurements capability) require analyses of the spontaneous 
capillary cycle to be performed at net confining pressure. This negates the use of Amott 
cells; in this case an alternative special core analysis method must be employed. 

Counter-current recovery is one such process, where a strongly wetting phase (water) 
displaces a non-wetting phase spontaneously under the influence of capillary forces such 
that the non-wetting phase moves in the opposite direction to the water. The sample is 
loaded into an electrically insulated core holder during the whole experiment and should 
remain in the core holder at representative pressure and temperature conditions 
throughout the spontaneous capillary imbibition process. This methodology allows 
additional wettability information derived from formation resistivity index data and 
complex impedance measurements to be obtained.	The main challenge is to accurately 
collect and register oil production with time. 

Normally capillary pressure and resistivity index (PcRI) spontaneous imbibition 
experiments in a core holder by the porous plate method are performed after the primary 
drainage cycle by lowering stepwise the Pc of the displacing phase (oil). This allows the 
displaced phase (brine) to imbibe back into the samples through the water-wet porous 
plate or membrane. This is a very time consuming process; in addition, capillary contact 
issues, gas diffusion and blockage could, in some cases, invalidate this experiment 
because the brine will not imbibe back into the rock sample.  

The Air-Mercury capillary injection technique also allows spontaneous imbibition 
measurements down to atmospheric pressure, but this technique has significant 
methodology limitations related to the fact that both representative fluids and reservoir 
conditions cannot be used. 

Our study has mainly focused on wettability, lithology, test conditions, permeability and 
initial water saturation, (Swi) properties. Tests of PcRI by counter-current imbibition by 
low rate end face flooding have been performed on different sandstone samples 
(Bentheim, Berea and Parker type) and one carbonate lithology sample (Carbonate V). 

EXPERIMENTAL 

Brine 
Synthetic formation water, (SFW) with a composition of 100,000 ppm NaCl, properties 
are given in Table 1a. The brine was degassed by vacuum and filtered to 0.40 microns 
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prior to use. The viscosity and the density of the brine were 0.508 cP and 1.048 g/cm3 at 
70oC respectively. The brine resistivity, Rw was equal to 0.037 Ohm-m at 70oC and the 
brine pH was 6.9. 
 
Mineral Oil 
Isopar L ® of 0.595 cP viscosity with density of 0.768 g/cm3 at 70oC was used in tests as 
the oil phase. Polar contaminants were removed by flow through a packed column of 
aluminium and silica gel. Oil-Brine interfacial tension (IFT) was equal to 35 mN/m. The 
mineral oil properties are reported in Table 1b. 
 

	

Table 1a. Synthetic formation brine basic properties. 

 

Table 1b. Mineral Oil basic properties. 

 
 

Core Material 
The samples were 1.5 inch diameter plug material cored from outcrop Bentheim, Berea, 
Parker sandstone and a carbonate outcrop rock. Klinkenberg corrected gas permeability, 
KL, were between 10 mD and 2.4 D. Ambient helium porosity ranged from 17.3 to 22.1 
% (see Table 2). All samples were cleaned by submerged Soxhlet extraction and dried in 
a convection oven at 60oC until stable weight was achieved. After cleaning with solvents 
and drying, the wettability state of the tested samples was assumed to be Strongly Water-

Temperature Viscosity Density Resistivity

(°C) (cP) (g/cm3) (Ωm)

20 1.205 1.071 0.081

25 1.091 1.068 0.073

30 0.985 1.066 0.067

40 0.818 1.062 0.057

50 0.694 1.057 0.049

60 0.597 1.052 0.043

70 0.508 1.048 0.037

Temperature Viscosity Density

(°C) (cP) (g/cm3)

20 1.309 0.759

25 1.193 0.755

30 1.092 0.752

40 0.923 0.745

50 0.790 0.737

60 0.682 0.730

70 0.595 0.722
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Wet (SWW).Wettability of four samples was altered to Strongly Oil-Wet conditions 
(SOW), using chemical pre-treatment (Hydrophobic Silane) prior to sample saturation 
and the primary drainage capillary cycle. Both SWW and SOW samples were analysed. 
 
Computed tomography 3D scan samples screening, nuclear magnetic resonance (NMR) 
at ambient conditions (T1 and T2) were performed at 100% Sw conditions on all samples. 
Mercury Injection Capillary Pressure (MICP) ambient and pore throat size distribution 
analysis (drainage and imbibition run) was performed on selected sample end trims.  
 
Establishment of Initial Water Saturation 
The clean and dry cores were saturated with synthetic formation water by use of vacuum 
and pressure in single core holders to ensure complete saturation with brine. Resistivity 
measurements at full saturated conditions were performed until ionic equilibrium was 
achieved. Initial water saturation was established by capillary pressure primary drainage 
by the porous plate technique in single core holders at isostatic Net Confining Pressure 
(NCP) and temperature. Mineral oil was used as the displacing phase during the single 
step drainage cycle up to 5 bar capillary pressure. Resistivity, temperature, capillary 
pressure (Pc) and water saturation (Sw) were monitored as a function of time until stability 
was achieved. The Pc and Swi data are presented in Table 3. The saturation uncertainty is 
approximately +/- 0.02 (frac.) of pore volume (Vp) and RI accuracy is equal to +/- 2 %. 
Saturation exponent (n) uncertainty is 0.10 unit. 
 
 
Initial Aging 
Because the mineral oil was free of aging altering components, it was assumed that the 
original wettability established during sample preparation was not altered.  In a more 
standard SCAL workflow, the core samples will be prepared by a suitable cleaning 
procedure and wettability restoration will occur during 4 to 6 month primary crude 
oil/water capillary drainage cycle by porous plate, at pressure and temperature conditions, 
in a single core holder. 
 
Spontaneous Imbibition by Counter Current 
After completion of the primary drainage cycle at Swi, spontaneous capillary imbibition 
was performed in the same electrically insulated core holder that was used to perform the 
primary drainage cycle, without handling the sample, at net confining pressure and 70o C. 
The source for imbibition was water cycled at a low rate (1 ml/h) through the grooves 
(see detailed image in Figure 1) in the core holder top end piece and the produced oil was 
conveyed by these grooves and the upper end stem tubing to a glass visual separator. 
During this process both valve V1 and V3 were closed and the porous plate was still in 
place. Impedance, temperature, flow rate, water pressure and produced oil versus time 
were recorded. A schematic of the equipment setup can be found in Figure 1. The 
spontaneous imbibition water saturation, RI and saturation exponent (n) results are 
reported in Table 3. 
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Final Measurements and Saturation Quality Control 
NMR T1 and T2 measurements at ambient conditions, after PcRI counter current 
imbibition experiments, were carried out on selected samples. Final fluids saturation 
quality control was performed by Dean Stark analysis, following test completion. 
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Figure 1. Experimental setup schematic for PcRI counter current spontaneous imbibition in core holder at 
net confining pressure and temperature conditions. 

Table 2. Core plugs base petrophysical properties. 

 

 

RESULTS AND DISCUSSION 

A summary of residual oil saturations (% OOIP) given by the counter-current imbibition 
PcRI process for the tested samples are presented in Figure 2. The figure shows the oil 
recovery by spontaneous water imbibition at an IFT of 35 mN/m. By recording the rate of 
spontaneous imbibition during the counter-current experiment, a process similar to part of 
the Amott spontaneous imbibition of brine cycle, a good estimate of wettability can be 
made, also by comparison with published data [21, 22]. Spontaneous imbibition data at 
capillary pressure close to zero, can be used to characterize wettability in a way that 
reflects both rate and amount of oil production for the early time oil recovery [8, 9]. 

Figure 4 shows the effect of rock permeability on the relationship between the imbibition 
rate and oil recovery. The effect of permeability on the oil recovery rate is different in 
different rocks; the recovery rate tends to increases with permeability for strongly water- 
wet samples. 

RI-Sw plots for each specific lithology, both water-wet and oil-wet states, are presented in 
Figures 5 to 8.	 Transient RI data can be used to assess resistivity behaviour during 
imbibition by counter-current technique at representative conditions.	 For the tested 
samples, capillary and resistivity imbibition experiments were conducted at two different 
wettability states strong water and oil-wet (SWW and SOW, Table 3).  

Sample Lithology Length Diameter Helium 
Porosity

Klinkenberg 
Permeability

Grain 
Density Wettability

No. Type atm. 30 bar NCP atm. State
200C 200C 200C

(cm) (cm) (frac. of Vb) (mD) (g/ml)
JG 6 Bentheim sst. 4.64 3.74 0.221 2350 2.64 SWW

JG 11 Bentheim sst. 4.51 3.74 0.221 2400 2.64 SOW

JG 12 Berea B sst. 4.94 3.80 0.202 150 2.65 SWW

JG 17 Berea B sst. 3.68 3.79 0.199 140 2.66 SOW

 JG 18 Berea B sst. 4.91 3.80 0.199 120 2.66 SWW

JG 14 Parker sst. 3.65 3.79 0.177 17 2.67 SWW

JG 15 Parker sst. 3.72 3.79 0.178 18 2.67 SOW

JG 19 Parker sst. 4.66 3.78 0.173 15 2.66 SWW

JG 21 Carbonate V 4.01 3.81 0.177 10 2.68 SWW

JG 22 Carbonate V 4.05 3.81 0.182 30 2.69 SOW
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Oil-wet samples have higher initial water saturation, Swi and Archie saturation n-exponent 
values compared to water-wet samples. This behaviour is consistent for each specific 
lithology investigated (Table 3).	Experimental aging time during PcRI was the same for 
each core. This was not relevant for our experiment, but it is known from literature that    
n-exponent may increase when the core is aged to more oil-wet conditions or in case of 
in-efficient cleaning. The data observations support this behaviour. 

Resistivity index versus water saturation graphs show a consistent behaviour with the 
wettability state of the different rock types, with higher oil saturation and n-exponent 
values as functions of decreasing water wetness (Figure 5 to 8). 

Plots of recovery by spontaneous imbibition versus logarithmic time are presented in 
Figure 3 for the different lithology and wettability states.	Water-wet samples with higher 
permeability (Bentheim) show the highest oil recovery after spontaneous imbibition by 
the counter-current process, followed by Carbonate V, Berea and Parker sandstone. The 
oil recovery in this case increases with permeability for all the three sandstone water-wet 
core samples. Bentheim sandstone has higher oil recovery compared to Berea and Parker.  

The oil recovery by spontaneous water imbibition for water-wet Bentheim, Berea and 
Carbonate V samples is greater than that in Parker sandstone samples with lower 
permeability. For the oil-wet samples, both Parker and Carbonate V samples showed 
higher recovery compared to Bentheim and Berea sandstone samples having higher 
permeability. 

The relationships between the imbibition rate and the oil recovery by spontaneous water 
imbibition are shown in Figure 4. The dotted lines in these figures are the linear fits to the 
experimental data. The fits are good in most cases for the water-wet sandstones with 
different permeability.	 

Gravity may play an important role in cases of low IFT and high permeability. In our 
experiment, gravity effects are assumed to be neglected due to the presence of the water 
wet low permeability porous plate. However, capillary pressure and fluid mobility may 
not be calculated independently from spontaneous imbibition capillary data if oil/water 
relative permeability data are not experimentally acquired. 
 
Dean Stark end point water saturation values after the spontaneous imbibition process at 
elevated temperature and pressure show good agreement for most of the tested samples 
and are within 3% saturation units. Only the SOW samples have a larger discrepancy in 
saturation. The main reason for this specific saturation discrepancy requires further 
investigation. 

It is recommended to perform NMR (T1 and T2 relaxation time) experiments, including 
weight measurements and fluid saturation by Karl Fischer technique in core holder, in the 
case of unconsolidated/fragile lithology or presence of significant amounts of clay bound 
water to verify end point water saturation value.  
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A further development for this methodology is to implement the In Situ Saturation 
Monitor (ISSM) technique (e.g. by gamma-ray, x-ray), data simulation and four electrode 
configuration resistivity method to improve control on RI accuracy and fluids saturation 
data and distribution respectively, during capillary spontaneous imbibition by counter-
current measurements.  

Table 3. Saturation and RI by counter current spontaneous imbibition results. 

 
 
 

 
 

Figure 2. Rate of spontaneous imbibition of brine (Volume produced, % OOIP) vs. time for all measured 
samples. 

Lithology Wett. KL Perm. NCP
Initial Water 

Saturation 
Swi

RI Primary 
Drainage 

O /W

n-exp. 
Primary 

Drainage 
O /W

Water 
Saturation 

after Sp. 
Imb. O /W

RI CC 
Imbibition 

O /W

n-exp. CC 
Imbibition 

O /W

S/N Type State 30 bar NCP NCP NCP NCP NCP NCP NCP

200C 700C 700C 700C 700C 700C 700C

(mD) (bar) (frac.) (frac.)

JG 6 Bentheim sst. SWW 2350 100 0.067 101 1.71 0.656 4.49 3.57

JG 11 Bentheim sst. SOW 2400 100 0.485 23.0 4.33 0.516 21.5 4.76

JG 12 Berea B sst. SWW 150 100 0.147 57.6 2.11 0.511 6.65 2.82

JG 17 Berea B sst. SOW 140 100 0.460 59.1 5.26 0.466 52.0 5.18

 JG 18 Berea B sst. SWW 120 100 0.151 48.1 2.05 0.647 5.49 3.91

JG 14 Parker sst. SWW 17 30 0.269 18.3 2.21 0.653 5.17 3.85

JG 15 Parker sst. SOW 18 30 0.391 41.1 3.95 0.584 31.2 6.40

JG 19 Parker sst. SWW 15 30 0.304 14.8 2.27 0.592 4.99 3.07

JG 21 Carbonate V SWW 10 30 0.252 15.9 2.01 0.664 8.01 5.08

JG 22 Carbonate V SOW 30 100 0.432 15.8 3.29 0.590 13.7 4.95
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Figure 3. Rate of spontaneous imbibition of brine (Volume produced, % OOIP) vs. time for different 
samples lithology and permeability, both for water and oil-wet state. 

 

 
 

Figure 4. Imbibition rate and oil recovery (% OOIP) for different rock types, IFT 35 mN/m. 

 
 
Figure 5. Bentheim Sandstone RI-Sw transient data graphs, bold point are final equilibrium data at Swi at Pc 

= 5 bar and Sw after spontaneous imbibition process by counter current at Pc=0 bar. 
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Figure 6. Berea Sandstone RI-Sw transient data graphs, bold point are final equilibrium data at Swi at Pc = 5 
bar and Sw after spontaneous imbibition process by counter current at Pc=0 bar. 

 

 

Figure 7. Parker Sandstone RI-Sw transient data graphs, bold point are final equilibrium data at Swi at Pc = 
5 bar) and Sw after spontaneous imbibition process by counter current at Pc=0 bar. 

 

 

Figure 8. Carbonate V  RI-Sw transient data graphs, bold point are final equilibrium data at Swi at Pc = 5 bar 
and Sw after spontaneous imbibition process by counter current at Pc = 0 bar. 
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CONCLUSION 

We have demonstrated the feasibility of an improved approach to obtain valuable and 
robust saturation and RI data during Special Core Analysis capillary measurements by 
counter-current imbibition with a porous plate setup configuration. 

1. We have proposed an efficient and robust method to perform capillary spontaneous 
imbibition at zero capillary pressure and resistivity measurements at representative 
overburden and temperature condition, using representative fluids.  

2. A rapid evaluation of wettability at pseudo-reservoir conditions can be performed 
with this methodology by use of saturation value and Archie saturation n-exponent 
transient and end point equilibrium data. 

3. The proposed method is reliable for high permeability samples, whether poorly 
consolidated or stress sensitive, with the limitation that only single point saturation 
and RI results can be obtained. Resistivity data monitoring and evaluation improve 
water saturation control and understanding of capillary and rock/fluid equilibrium for 
both sandstone and carbonate lithologies.  

4. The spontaneous imbibition by counter current technique is, based on our experience, 
much faster (approximately one week time) compared to the standard method for 
spontaneous imbibition cycle by porous plate, providing at least a 10-fold time-saving 
benefit. 

5. This methodology can be easily combined with existing procedures and workflows 
for capillary pressure by porous plate (drainage and spontaneous imbibition cycles) 
using dead crude oil and synthetic formation water, with only minor equipment/setup 
modification (double inlet lines) of the core holder upper end stem required.  

6. Standard spontaneous imbibition experiments by porous plate can still be performed; 
the capillary counter-current imbibition step can be added at the last step of the 
spontaneous imbibition cycle, when capillary pressure is equal to zero to improve the 
imbibition process and obtain more reliable saturation and RI data. 

7. OOIP (%) results after capillary spontaneous imbibition cycle were in agreement with 
published data available for water wet Berea and Bentheim sandstones [21, 22]. 
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ABSTRACT 
Many workers have recognised the link between Nuclear Magnetic Resonance (NMR) 

derived T2 distributions and pore size distributions in reservoir rocks. This property has 

been used to develop models to obtain primary drainage capillary pressure curves from T2 

distributions. These models often assume that the rocks pore space resembles a simple 

bundle of capillary tubes. They do not consider the existence of multiple pore body 

connections and pore body restrictions/throats.   The most successful models utilise 

variable scaling factors to convert T2 times to pore diameters and hence capillary pressure.  

The variable scaling factor approach recognises the existence of variable surface relaxivity 

throughout the pore space due to variations in mineralogy and pore topography.  

 

This investigation uses SCAL data from the ART NMR Sandstone Rock Catalogue to 

obtain core calibrated variable scaling factors for 174 reservoir sandstone samples. The 

depositional environments for these samples include; aeolian, fluvial, coastal and shallow 

and deep marine. The samples used have a wide variety of mineralogy, diagenetic 

overprints and cover six orders of magnitude in absolute permeability. Three different 

methods for obtaining the scaling factors are presented and the relative merits of each 

discussed. A global model to predict capillary pressure from NMR T2 distributions in 

reservoir sandstones has been developed using correlations between the variable scaling 

factors and permeability.     

 

INTRODUCTION  
Nuclear Magnetic Resonance (NMR) measurements have been used extensively to 

characterise reservoir rock pore geometry using logging and lab-based NMR spectrometers 

[1].  The sensitive of the NMR measurement to pore-size distribution potentially enables 

capillary pressure to be modelled from NMR data. Several workers have proposed methods 

to derive drainage capillary pressure vs saturation curves from NMR data [2-4]. This paper 

expands this theory and model types. 

 

NMR measures the relaxation behaviour of hydrogen nuclei [5]. In this study, we utilise 

the T2 relaxation of the hydrogen nuclei. In most porous rock systems, there will be a 

continuous range of pore sizes, rather than several discrete sizes. In fully brine saturated 

rocks each pore-size has a distinctive T2 value. The NMR response to one pore-size will 
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have a characteristic T2 value and signal amplitude proportional to the amount of fluid 

contained in pores of that size.  

 

In a water-wet rock, relaxation of hydrogen nuclei in the water occupying the smallest 

pores occurs, because of interaction with the pore surfaces. Part of the T2 distribution relates 

to water in pores which could be displaced by hydrocarbons and part relates to capillary-

bound water. The T2 cut-off method is often used to define capillary bound water volumes. 

Using a T2 cut-off value to define capillary bound water for NMR logs will assume that all 

rocks are at an irreducible water saturation. Therefore, to use NMR logs to accurately 

define water saturations it is beneficial to convert the NMR T2 distributions to capillary 

pressure curves at each depth.  Knowing the height above free water level allows us to use 

the capillary pressure curves to estimate water saturation at each depth without the need to 

revert to a T2 cutoff or irreducible water saturations concepts.   

 

MERCURY INJECTION VS NMR 
Mercury injection utilises the very high interfacial tension between mercury and air to 

produce extremely high capillary pressure and obtain low wetting phase saturations. Most 

commercially available mercury injection porosimeters can apply a mercury injection 

capillary pressure up to 60,000psia. This is a high enough capillary pressure to fill a pore 

of 0.0036 microns diameter with mercury.  Details on mercury injection theory and 

experimentation can be found in Shafer & Neasham (2000) [6]. Mercury injection capillary 

pressure (MICP) curves can be converted to a pore size distribution by rearranging the 

Washburn equation, Equation 1. 
 

𝑟 =
−𝐶 2𝜎𝑐𝑜𝑠𝜃

𝑃𝑐𝑀𝐼𝐶𝑃
       (1) 

 

Where: r = Pore radius (microns), PcMICP = Mercury injection capillary pressure (psia), σ = Mercury/air 

interfacial tension (dynes/cm), θ = Contact angle between the mercury/air interface & the rock (degrees), 

C = A unit conversion factor 

 

Marschall et al (1995) [2] noted that the pore size distribution obtained from mercury 

injection data could be ‘scaled’ to NMR T2 distribution data for the same sample using a 

‘scaling factor’ of unit microns/ms, Equation 2. They called the scaling factor an effective 

relaxivity (Rho) and stated that it was proportional to the samples intrinsic surface 

relaxivity and the pore-throat size body ratio. 

 

𝑆𝑐𝑎𝑙𝑖𝑛𝑔 𝐹𝑎𝑐𝑡𝑜𝑟, 𝑅ℎ𝑜 (𝑚𝑖𝑐𝑟𝑜𝑛𝑠/𝑚𝑠) =
−𝐶 2𝜎𝑐𝑜𝑠𝜃

𝑃𝑐𝑀𝐼𝐶𝑃×𝑇2
   (2) 

 

Using a single scaling factor assumes that a linear relationship exists between pore throat 

radius and pore body size. Figure 1 shows a sandstone example in which a single scaling 

factor of 0.04 microns/ms works reasonably well at modelling the capillary pressure curve 

even though mercury injection pore size distribution and saturated sample T2 distributions 

have different shapes. The scaling factor in the example in Figure 1 was obtained by 
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manually moving one distribution over the other until it looks like there is a ‘good’ fit. This 

manual fitting is very subjective, and the results will differ between operators. A less 

subjective single scaling factor can be obtained by calculating the ratio of the median pore 

size (diameter at 50% mercury saturation) from the mercury injection curve and the log 

mean T2 value from the brine saturated T2 distribution, Equation 3.  We refer to this type 

of scaling factor as Rhosimple 

 

𝑅ℎ𝑜𝑠𝑖𝑚𝑝𝑙𝑒  (𝑚𝑖𝑐𝑟𝑜𝑛𝑠/𝑚𝑆) =
𝑀𝑒𝑑𝑖𝑎𝑛 𝑃𝑜𝑟𝑒 𝐷𝑖𝑎𝑚 (𝑚𝑖𝑐𝑟𝑜𝑛𝑠)

𝑀𝑒𝑎𝑛 𝑇2 (𝑚𝑆)
   (3) 

 

One criticism of using the methods described above to calculate the scaling factors is that 

the pore size distributions from the mercury injection data and the NMR T2 distribution 

from the CPMG echo train data are derived in very different ways. The mercury injection 

pore size is usually obtained by calculating the volume intrusion at each incremental 

pressure step. The shape of the resulting distribution is dependent on the number and 

‘spacing’ of the pressure steps. The resulting pore size distribution is often ‘spikey’ as can 

be seen in Figure 1. A full discussion on different methods for deriving pore size 

distributions from mercury injection data can be found in Lenormand 2003 [7]. The T2 

distribution is derived from an inversion of the multi exponential decay CPMG echo-train.   

Hence it is not appropriate to compare the standard forms of both the distributions. 

 

We propose a new simplified method based on matching NMR time domain data and 

reconstructed MICP time domain data which removes some of the issues associated with 

other matching techniques. To the authors knowledge this is the first published use of 

MICP time domain data.  To match in the time domain, first the MICP pore size distribution 

data must be transformed into a sum of exponential functions with time constants based on 

pore sizes. This is done via the Equation 4. 

 

𝑅(𝑡𝑖) = ∑ 𝐺𝑗 . 𝑒

−𝑡𝑖
𝑌.𝐴𝑗𝑚

𝑗=1      (4) 

 

Where Gj is the MICP distribution amplitude at the particular pore size Aj. Equation 4 is 

evaluated for ti values corresponding to the NMR echo acquisition times. This process, 

unlike the reverse process of inversion, is simple to perform and has the advantage of 

allowing the number of points to be chosen to precisely match the acquired NMR time 

domain data. Y, a parameter related to the surface relaxivity, can then be obtained by 

choosing a value for Y such that: 

 

𝑀(𝑡𝑖) − 𝑅(𝑡𝑖) = 0      (5) 

 

Where M(ti) are the echo amplitudes of the corresponding NMR data at time ti. Y can either 

be single valued, or a more complex function could be substituted. The single value surface 

relaxivities obtained using this method will be referred to as the RhoInversion Model. 
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Figures 2a & 2b shows the result of two matches between NMR and MICP time domain 

data. Figure 2a shows a good fit and negligible difference between the NMR and MICP 

data. Figure 2b shows a poor fit, indicating either that the single value model for Y is 

inappropriate, or indicative of the fact that NMR and MICP are not measuring identical 

pore systems. Once the time domain match is established, both data sets can then be 

inverted to recover the pore size distributions. Although this process effectively removes 

resolution in the inverted MICP data set compared to the original data, it has the benefit 

that identical smoothing via the regularisation parameter is applied to both the NMR and 

the MICP data which allows a better assessment of the quality of the match.  

 

Figure 3a shows the NMR T2 distribution data and original MICP distribution data of the 

core from Figure 2a and Figure 3b the data after time domain matching and inversion for 

the same core. The first core displays very little difference between the NMR and MICP 

pore size distributions after inversion as expected, whereas the core from Figure 2b 

displayed in Figures 4a and 4b shows significant differences, which may be explained 

either by pore coupling or pore shielding. 

 

The single scaling factor methods can not be used in samples which contain a range of 

surface relaxivities due to complex mineralogy and a distribution of pore-throat size body 

ratios. To account for these effects the variable scaling factor method was developed by 

Volokitin et al (1999) [4]. The method uses a scaling factor for every saturation point. Thus 

‘forcing’ the T2 distribution to match the capillary pressure curve, Figure 5. The scaling 

factor for each saturation point is the multiplier needed to convert the T2 time to the 

equivalent capillary pressure. This method has been recently used by Brandimarte et al 

(2017) [8] to successfully model water saturation using the NMR log in a heterogeneous 

carbonate light oil and condensate reservoir. The method assumes that the NMR log T2 

distribution reflects the rocks pore size distribution and is not dominated by non-wetting 

phase fluid responses. This is more probable in gas or water-wet light oil reservoirs drilled 

with water-based mud. An example of a scaling factor (Rho) versus saturation function for 

the same sample as used in Figure 1 is presented in Figure 6. For convenience the data is 

re-plotted as scaling factor against T2 time. On a log-log plot a power equation gives a very 

good regression result, Figure 7. We refer to the model constructed using these 

relationships as the Variable Rho Model. 

 

In this study we compare the results of using the three different methods of obtaining both 

single and variable scaling factors described above in a wide range of sandstone sample. 

We attempt to construct ‘global’ models which would allow NMR log T2 distribution data 

to be converted to capillary pressure versus saturation curves.  

 

THE DATA SET 

Data from the ART NMR Sandstone Rock Catalogue is used in this study. The dataset 

includes 174 plug samples with high pressure mercury injection capillary pressure (MICP) 

curves and NMR T2 measurements on brine saturated plugs. The sandstone samples come 

from oil and gas reservoirs around the world. The depositional environments for these 
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samples include; aeolian, fluvial, coastal and shallow and deep marine. The samples used 

have a wide variety of mineralogy and diagenetic overprints.  Figure 8 shows the nitrogen 

permeability against helium porosity at zero confining pressure plot for the 174 samples. 

Permeability covers six orders of magnitude and porosity ranges from 0.03 to 0.33.  

 

It should be noted that the brine saturated sample NMR T2 distributions were conducted on 

plug samples whilst the mercury injection tests were run on trims from these plugs. A 

comparison of these two data types to obtain scaling factors relies on the two samples 

having identical properties. In heterogeneous rocks and rocks with pores below the 

resolution (0.0036 microns) that the MICP can detect this may not be the case.  Therefore, 

only samples in which the difference between the MICP porosity and the NMR porosity is 

less then 0.015 (1.5 porosity units) are used to construct the scaling factor models. Seventy-

eight plugs sample meet this criterion, Figure 9. The nitrogen permeability against helium 

porosity plot, Figure 10, shows that a wide range of porosity and permeability is still 

maintained within this sub-set of seventy-eight plugs.  X-ray diffraction mineralogy data 

was available for 23 of these samples. 

 

APPLICATION OF THE SCALING FACTOR MODELS 
Single Scaling Factor Models: In this paper we evaluate two single scaling factor models, 

Rhosimple and RhoInversion Model. Equation 3 has been used to calculate the Rhosimple scaling 

factor for the seventy-eight plugs that had a porosity difference of less than 0.015 between 

NMR and MICP porosity. To construct a predictive ‘global’ model that can be applied to 

NMR log data we need to find a relationship between the Rhosimple values and common 

petrophysical properties i.e. porosity, permeability or clay content. For this sample set the 

only satisfactory relationship was between Rhosimple and nitrogen permeability, Figure 11.  

 

The second single scaling factor method uses the reconstructed MICP data as produced by 

Equation 4. This is fitted to the raw (un inverted) NMR data to obtain a single value of rho 

(RhoInversion Model). The surface relaxivities obtained using the MICP inversion method were 

correlated against porosity, permeability and clay content. A weak relationship between 

RhoInversion Model and nitrogen permeability could be enhanced by dividing the data using 

flow zone index groups. Flow zone index (FZI) is defined by Equation 6, Amaefule et al. 

1993 [9]. 

𝐹𝑍𝐼 =
𝑅𝑄𝐼

𝜙𝑧
       (6) 

 
Where:  RQI=0.0314 * (K/Φ) 0.5, ΦZ = Φ / (1-Φ), K=Nitrogen Permeability (mD), Φ=Porosity (fraction) 

 

The distribution of RhoInversion Model values is divided into those with a flow zone index value 

either greater or low than 0.83. These two groups are then plotted against nitrogen 

permeability and relationships obtained, Figure 12. 

  

Variable Scaling Factor Model: The basis for the variable scaling factor model is a power 

equation fit to a plot of Rho against T2 time, Figure 7. The regression fit parameter (R2) is 
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very good in this example, having a value of 0.98. The R2 values for these plots should be 

viewed with caution. They are potentially high because the Y parameter (psi/ms) is derived 

from the X parameter (ms). It is possible to obtain a ‘false’ correlation with this type of 

plot. Therefore, in this study we have only used the power equations that have an R2 value 

of 0.98 or higher. This means we can be sure we have data with ‘real’ not ‘false’ 

correlations. Using the individual plug power equations to predict the scaling factors at 

each T2 time we can construct modelled capillary pressure curves for each sample. Figure 

13 compares measured and modelled mercury injection capillary pressure curves for 

selected samples. The quality of the fit between the measured and modelled mercury 

injection capillary pressure curves indicates that the correlations obtained from the Rho 

against T2 plots are not false/spurious correlations.   

 

To construct a model that can be applied to NMR log data we need to correlate the 

multiplier and the power values in each plugs power equation with common petrophysical 

parameters. The power values were found to correlate reasonably well with nitrogen 

permeability if divided into samples with a flow zone index either greater or lower than 

0.83, Figure 14. The multipliers in the power equations did not correlate with any 

petrophysical parameter so average values were obtained for the two flow zone index 

groups of samples. The following equations can be used to predict the scaling factor (Rho) 

for each T2 time. 

 

For samples with a flow zone index less than 0.83: 

𝑅ℎ𝑜 = 16,080 𝑇2
−2.189𝐾0.035

         (7) 

  

For samples with a flow zone index greater than 0.83: 

𝑅ℎ𝑜 = 20,457 𝑇2
−2.0256𝐾0.0247

         (8) 

  
Rho=Surface Relaxivity (psi/ms), T2=T2relaxation time (ms), K=Nitrogen Permeability (mD) 

 

The three models for predicting the scaling factors, Rho Simple Model, MICP Inversion 

Rho Model and the Variable Rho Model, have been applied to the saturated sample NMR 

T2 data for a set of six samples. The samples cover a nitrogen permeability range of 1720 

to 0.05mD and an NMR porosity range from 0.33 to 0.08. The modelled capillary pressure 

curves are compared with measured in Figure 15. Given the low R2 correlation values for 

the global model equations in Figures 11, 12 and 14 the quality of fits in Figure 15 is 

promising. The overall quality of fit of each modelled capillary pressure curve is 

determined by calculating the mean saturation difference between modelled and measured 

curves, Table 1. Using overall quality of fit for this set of samples the variable Rho model 

is most successful, followed by the MICP Inversion model and finally the Rho Simple 

model. The quality of fit at the MICP point of inflexion is better for the Rho  Simple model. 

This is due to the use of the median pore diameter in Equation 3 to obtain the Rho Simple 

scaling factor. Median pore diameter is usually close to the point of inflexion in the MICP 

curves. 
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Table 1: Model fit quality for six selected samples 

Plug 
Nitrogen 

Permeability  

NMR 

Porosity  

Mean Delta Sw  

Rho Simple 

Model 

Mean Delta Sw 

MICP Inversion 

Model 

Mean Delta Sw 

Variable Rho 

Model 

 mD frac Saturation Units Saturation Units Saturation Units 

Plug A 1720 0.29 7.45 6.06 3.58 

Plug B 552 0.33 9.90 4.55 1.93 

Plug C 157 0.161 4.44 5.03 5.03 

Plug D 7.15 0.28 5.33 5.29 3.75 

Plug E 0.18 0.128 5.14 4.08 1.42 

Plug F 0.05 0.08 2.73 2.96 3.15 

Sum of Delta Sw 34.99 27.97 18.86 

Mean Delta Sw at Point of Inflexion 8.625 11.27 10.09 

 

It should be noted that the overall quality of fit values (Sum Delta Sw) listed in Table 1 

depend on the distribution of T2 values or ‘bins’ in the T2 distribution. In the saturated 

sample T2 distributions the T2 times are distributed logarithmically, therefore there are 

more T2 bins at lower times. This means that the overall quality of fit values in Table 1 

favour those models that have a better fit at low T2 times i.e. smaller pore/higher capillary 

pressures/high in the hydrocarbon column. Note that all modelled capillary pressure curves 

need to be converted to the appropriate fluid system for application in a given reservoir.  

 

CONCLUSION  
NMR and capillary pressure data from a large database has been used to construct and test 

different methods for modelling capillary pressure curves from saturated sample NMR T2 

distributions. These models can be applied to NMR log data to convert the T2 distribution 

at each depth to a capillary pressure curve. The modelled capillary pressure curves can be 

used to estimate water saturation at each depth without the need to revert to a T2 cutoff or 

irreducible water saturation.  Overall the variable scaling factor model is found to be the 

most successful. The use of single scaling factor models is found to be enhanced if the 

mercury injection data is inverted and handled in the same way than the NMR T2 data. This 

methodology will be more successful in gas or water-wet light oil reservoirs wells drilled 

with water-based muds with high degrees of mud filtrate invasion.  
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Figure 1: Comparison of a sandstone T2 distribution and mercury injection primary drainage capillary 

pressure curves using a single scaling factor.  
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Figure 3a: Comparison of the ‘raw’ MICP 

pore size and T2 distributions for the sample 

used in Figure 2a. 

Figure 3b: Comparison of the pore size and 

T2 distributions for the sample used in Figure 

2a after time domain matching in inversion. 

Figure 4b: Comparison of the pore size and 

T2 distributions for the sample used in Figure 

2b after time domain matching in inversion. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 2a: Example of a good match between 

MICP & NMR in the time domain. 

Figure 2b: Example of a poor match between 

MICP & NMR in the time domain. 

Figure 4a: Comparison of the ‘raw’ MICP 

pore size and T2 distributions for the sample 

used in Figure 2b. 
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Figure 5: This plot demonstrates that it is 

possible to convert each T2 time to a given 

capillary pressure. 

Figure 6: An example of scaling factor (Rho) 

versus saturation. 

Figure 7: An example of scaling factor (Rho) 

versus T2 time. 

Figure 8: Nitrogen permeability versus helium 

porosity for the 174 plugs used in this study. 

Figure 9: Mercury injection porosity versus 

NMR porosity. 

Figure 10: Nitrogen permeability versus 

helium porosity for the 78 plugs with a 

difference between NMR and MICP porosity 

less than 0.015. 
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Figure 11: Rho simple versus nitrogen 

permeability. 
Figure 12: Rho inversion model versus 

nitrogen permeability for the two FZI groups. 

Figure 13: Four examples of modelled versus measured mercury injection capillary pressure 

curves using plug specific variable scaling factor relationships. 
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Figure 14: Variable Rho ‘power’ values versus permeability 

for two FZI groups. 

Figure 15: Modelled versus measured mercury injection curves using the three scaling 

factor models for six plugs sample. 
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ABSTRACT  
Gas reservoirs are mainly produced by depletion with an aquifer rise; reservoir simulation 
requires two main SCAL inputs: the amount of trapped gas by the aquifer (residual gas 
saturation: Sgr) and the relative permeability to water due to aquifer flooding. As it is 
quasi impossible to predict aquifer strength, the primary SCAL input for reservoir 
simulation is the Sgr. The recovery factor is directly defined by initial and residual gas 
saturations.  
 
In fact, the residual gas saturation Sgr highly depends on the initial gas saturation Sgi and 
there is no universal petrophysical parameter governing the shape of this curve. This 
relationship can be described by several different models (Land, Aissaoui…). While 
Land’s model is widely used, the Aissaoui model better fits the experimental results 
(Suzanne et al. 2003), at least for homogeneous sandstones. For a given threshold of 
initial gas saturation Sg

0, this relationship typically exhibits a plateau at high Sgi>Sg
0 and 

an increasing linear trend at low Sgi<Sg
0. The challenge here is to properly estimate the 

value of the Sg
0 threshold. Classical laboratory method would require one experiment per 

point in the Sgr/Sgi plot, and therefore can be achieved in a matter of months.  
 
Here we propose a laboratory method allowing the acquisition of the Sgr/Sgi curve in a 
few days. The proposed method combines centrifugation and capillary rise under 
imaging. First, the centrifuge allows creating a saturation profile along a sample; 
measured by NMR. Then, capillary rise is used to capture Sgr under NMR monitoring. By 
adding NMR imaging, this technique allows combining the benefits of centrifugation to 
explore a wide range of Sgi; and the ease and cost effectiveness of capillary rise to 
measure the resulting Sgr. Therefore, at a timescale close to a traditional capillary rise, the 
proposed technique avoids Land extrapolation and provides a direct measurement of Sgr 
in a wide range of Sgi. 
 
As an additional benefit, the combination of NMR and centrifuge can provide at the same 
time a direct measurement of capillary pressure, providing information on the gas in 
place and potential imbibition process in the reservoir. 
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INTRODUCTION  
With stronger and stronger economic and environmental drives, gas reservoirs are 
becoming more attractive.  
At the discovery of a gas reservoir, it is essential to evaluate the amount of Gas In Place 
(GIP). This is commonly done by using the primary drainage capillary pressure curves. In 
some cases like a rise of the aquifer previous to the discovery, the reservoir can be 
undergoing an imbibition process at discovery. In this case, imbibition capillary pressure 
curves are required to describe the gas saturation between the original free water level 
and the current free water level.   
 
Then, production is mainly done by depletion with a rise of the aquifer. With the pressure 
drop and the subsequent encroachment of the aquifer into the gas reservoir, water traps 
gas.  As gas fields are generally considered water wet, the three main inputs to reservoir 
simulation are: the amount of trapped gas by the aquifer (residual gas saturation: Sgr); the 
relative permeability to water (krw) due to aquifer flooding; and the relative permeability 
to gas (krg). Considering ultimate recovery from a water wet system, Cense et al. [1] 
recommend to focus on krw(Sgr) and Sgr. Indeed, krg has a large impact on pressure in 
reservoir models but its effects on ultimate recovery is low compared to Sgr and krw(Sgr). 
Furthermore, if the aquifer rise happened before the depletion (imbibition is the current 
process in the reservoir), the residual gas can expand during depletion and reconnect, 
therefore becoming an extra gas source ([1]). 
 
This paper focuses on the estimation of trapped gas saturation Sgr. Literature studies 
highlights that Sgr is linked to initial gas saturation, pores size, coordination number, ratio 
between pore throats and pores diameters and wettability. But usually Sgr is characterized 
as a function of initial gas saturation Sgi. This dependence of trapped gas saturation with 
initial gas saturation can be tackled in two ways:  

(1) Modeling this correlation.  
Various authors provide empirical relationships to predict Sgr behavior: Land, 
Aissaoui, Jerauld...([2,4,6,16]) All these studies bring out a strong link between 
Sgr and Sgi but none of them provide an exhaustive model available for all kind of 
rocks. Land’s model is the mostly used to describe Sgr as a function of initial gas 
saturation (Sgi). It only requires one parameter which can be obtained with a 
capillary rise on a core plug at irreducible water saturation (Swirr). Assuming that 
Sgr obtained from a dry rock (SgrM) is really close from Sgr(Swirr), Suzanne et 
al.[2] , an easy and quick spontaneous imbibition with a foot bath (co-current 
imbibition) is sufficient to use Land’s relationship. However, experimental results 
from Suzanne et al.[3]show a better fit with Aissaoui model. These observations 
on numerous sandstones confirm a bilinear model: for a given threshold of initial 
gas saturation Sg

0, this relationship typically exhibits a plateau at high Sgi>Sg
0 and 

an increasing linear trend at low Sgi<Sg
0. Sg

0 must be between 0.4 and 0.6 for 
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sandstone. The challenge behind Aissaoui model is to capture parameter Sg
0. 

Good description of Sgr/Sgi plot requires long time experiments that leads to 
sacrifying this model to Land’s.  

(2) Measuring this correlation.  
From laboratory side, trapping of gas by liquids is weakly dependent on fluid 
pressure, temperature and displacement rate, ([1,5,6,7]). Trapped gas saturation 
can be measured experimentally using different techniques. It is one of the 
answers provided by core flooding experiments, but it can also be estimated from 
easier, faster and cheaper measurements such as capillary spontaneous imbibition. 
However, many experiments are required to populate the Sgr vs Sgi curve. The 
major limitation of this technique is its duration; which is often linked to 
permeability. Indeed, after a capillary trapping, a diffusion regime begins that 
appeared like an extra fluid absorption and translates into an underestimation of 
trapped gas. Moreover, co-current spontaneous imbibition could be subject to 
unpredictable artifact like counter-current flow of gas as described by Bona et al. 
[8,9,10]. 

 
Considering models review and parameters governing Sgr, there is a price to pay: a short 
time answer can only be obtained from the use of a model (such as Land), a real 
estimation of the Sgr/Sgi relationship requires long and tedious laboratory measurements.  
 
Two interesting experimental methods have been proposed by Maloney et al. [11] and  
Bona et al. ([8,9]). The concept behind these techniques is to provide more points than 
the classical methods within the same purpose to describe Sgr vs. Sgi trend. Maloney’s 
technique deals with a three phases measurement based on core flooding to provide 
enough data from a single test. Another interesting method has been proposed by Bona et 
al. ([8,9]) where they combine centrifugation, NMR imaging and forced imbibition to 
provide a fast estimation of Sgr-Sgi. This method ensures a rapid and co-current 
imbibition, but it requires many steps in the centrifuge.  
 
Here we propose a method based on spontaneous capillary rise to provide Sgr description 
as a function of Sgi. It is fast, accurate and can provide the same results as many 
conventional capillary rise experiments in a matter of days. The method consists in 
generating an initial gas distribution along a core using a Pc field created by a centrifuge. 
Then, Sgi is obtained along the core by measuring water volume along the sample. Next, a 
foot bath is brought to sample and the evolution of the water front is monitored in an 
NMR imager. This combination of techniques allows simultaneous determination of 
primary drainage Pc curve ([12,13]) and Sgr on a wide range of Sgi. One of the additional 
benefits from adding imaging on the co-current imbibition is to be able to capture 
abnormal behavior, as well as a counter current gas flow for example. 
 
OUTLINE OF THE METHOD  
The proposed method starts with a sample fully saturated with brine and characterised by 
NMR profiling. Then, a Pc gradient is applied along the sample with a centrifuge. When 
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equilibrium is reached, resulting volume profiles are acquired using NMR while 
respecting rotating direction. In order to avoid gravity re-equilibration of the saturation 
profile during the NMR acquisition, the part of the core containing the highest amount of 
brine (farthest face from rotor axis) is placed at the bottom of the NMR. Fully saturated 
and centrifuged profiles allow the calculation of water saturation as well as Sgi along the 
core. At this step, a capillary pressure curve can be obtained, following the method 
proposed by Green et al. ([12,13]). 
 
Next, without handling sample from the NMR; a foot bath is brought to the bottom face 
of the core. The level of the foot bath is made constant, as presented in equipment section 
(Figure 1). Monitoring of the volume of imbibed fluid is performed by continuous 
measurement of the volume in the graduated cylinder and NMR. Periodic NMR profiling 
is also run to acquire water volume along the sample with a resolution of 1mm.  
Data processing is based on the same method used by Suzanne et al. [2,3]: spontaneous 
imbibition of a wetting fluid can be described by Handy’s law [5]; therefore for each slice 
of 1mm, gas saturation (1-Sw) is plotted against the square root of time during the 
process. Usually, two linear regimes are observed during imbibition: 

- a first straight line capturing capillary dominated regime, 
- a second straight line corresponding to a diffusion dominated regime. 

When these two trends are captured by the method, the intersection of the two lines gives 
the trapped gas saturation. 
 
Obviously, this method clearly depends on the sample length to describe a wide range of 
Pc vs. Sw primary drainage and Sgr vs. Sgi. However, if the first centrifuge run does not 
cover a range of Sgi wide enough, another centrifuge step can be performed at higher 
rotating speed without compromising the results. In fact, considering rocks as strongly 
wetting to water, there is no hysteresis in 
a strongly water wet system as long as the 
applied Pc is higher than first centrifuge 
step ([14]). 
A potential pitfall behind this method is 
the redistribution of fluids in the 
sample during the NMR measurements. 
Particular care is taken to record NMR 
profile evolution with time. This allows 
the verification that no fluid redistribution 
happened.  
 
EQUIPEMENT AND 
PROCEDURE  
Equipment 
Saturation measurements: 

NMR
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Figure 1: Capillary rise under NMR set-up. 

Volumes profiles were acquired using NMR profiling on a 2MHz Geospec from Oxford 
Instruments. The 1D SE-SPI (Spin Echo Single Point Imaging) saturation profiling was 
performed with a resolution of 1mm using Green Imaging Technology Systems software.  
 
Capillary rise: 
The core plug is placed in NMR using an in-house Teflon cell. This cell is adaptable to 
core length to limit evaporation by reducing the air volume surrounding the plug, and 
equipped with a microscopic venting to avoid a pressure rise during imbibition. The cell 
position can be mechanically locked in position to ensure a perfect overlap of the 
different NMR profiles acquired (at 100% water, after the centrifuge and during capillary 
rise).  
As shown in Figure 1, in order to maintain 
the foot bath level, a water reservoir is installed outside the NMR. This reservoir is 
connected to a burette to monitor the volume of imbibed fluid. 
 
Procedure 
As mentioned earlier in this paper, trapping of gas by a wetting fluid is weakly dependent 
on temperature and pressure. Therefore, all measurements were performed at ambient 
conditions using couple of fluid air and brine. 
 
Sample characterization:  

1) Clean with sequences of toluene and iso-propanol; dry by nitrogen flushing 
then heating at 80°C.  
2) Measure permeability and Helium porosity.  
3) Saturate with synthetic brine (Sw=100%) to determine pore volume. 

Fully saturated properties:  
4) Measure NMR profile @ Sw=100%.  

Determination of first drainage Pc curves:  
5) Spin the core in the centrifuge in drainage mode until equilibrium is reached.  
6) Obtain the NMR profile.  

Determination of Sgr curve as function of Sgi :  
7) Perform a capillary rise experiment putting the core in a foot bath (1-3mm) 
monitored with a burette and NMR profiling. 
8) If a larger range of primary drainage Pc vs. Sw or Sgr vs. Sgi is required: loop to 
step 5 and increase centrifuge speed. 

 
VALIDATION ON OUTCROP SAMPLE 
The zone of interest behind the technique is low to medium permeability. In order to test 
the technique, a Richemont carbonate outcrop was selected. Basic petrophysical 
properties of this homogeneous carbonate, no apparent vugs, are presented in Table 1.  
 

Property Richemont sample 
Porosity / p.u. 23 
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Permeability / mD 4.5 
Diameter / mm 38 
Length / mm 50 

Table 1 : Basic petrophysical properties of the presented Richemont core plug. 

Following saturation, the sample was centrifuged 
in drainage mode at 1700rpm. Resulting Sw profile 
was acquired by NMR to populate Pc curve and 
obtain a first Sgi dataset. In order to cover a wide 
range of Pc and Sgr, centrifuge was relaunched (at 
3000 and 3500rpm) after each capillary rise. 
 
Figure 2 presents the results of the technique on 
the Richemont outcrop sample: NMR profiles 
after each centrifuge steps are presented at the top, 
followed by resulting primary drainage Pc curve 
compared to classical porous plate (red crosses).  
From the NMR profiles, the sample can be 
considered as homogenous. Indeed, there is no 
substantial bumps and valleys observed along the 
sample neither for fully saturated profile nor after 
each centrifuge steps.  
 
The capillary pressure curve was computed 
according to the method proposed by Green et al. 
([12,13]). The sample was then submitted four 
times to the porous plate technique; but only three 
measurements are presented. Indeed, during a measurement pressure gauge acquired a 
wrong pressure. Thus, this point was discarded from the Pc results but was still right as 
starting point to apply a capillary rise.  The superposition in the Pc curve of the points 
coming from the different centrifuge runs is an 
indication of the good quality of the experiment 
and indicates the good homogeneity of the sample. 
Moreover, points coming from porous plate technique clearly validate the good quality of 
Pc curve captured.  
The Richemont outcrop sample was then submitted to a spontaneous imbibition in the 
dedicated setup and the capillary rise was monitored by NMR. In Figure 3 we present the 
NMR volume profiles acquired during the capillary rise experiment after centrifuging the 
sample at 3000rpm and the resulting gas saturation profiles. The water front observed in 
the NMR profile appears rather smooth and no sharp front or quasi-piston like 
displacement is observed.  

Figure 2: Results for primary drainage 
applied on the Richemont sample. NMR 

profiles (top), resulting Pc curve (bottom). 
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The entire time lapse experiment can be 
represented in a 3D plot where the NMR 
gas saturation profiles are represented 
versus time (right of Figure 3). Each 
1mm thick slice undergoes a capillary 
rise experiment where the capillary 
regime from the diffusion regime can be 
separated. The value of trapped gas 
saturation Sgr can then be extracted. At 
the end, each slice has a given Sgr and an 
initial Sgi. Figure 4 presents all the Sgr/Sgi 
points obtained on the Richemont outcrop 
sample, prepared at three different 
centrifuge speeds (1700, 3000 and 3500rpm) and Sgr obtained after porous plate steps. 
Sgr as a function of Sgi could be described by two linear trends with a threshold at Sgi~0.4. 
After each porous plates measurement the sample was submitted to a co-current 
imbibition monitored by a balance. A good match is observed using classical method and 
proposed technique; therefore leading the validation of the proposed method.  
 
RESULTS ON RESERVOIR SAMPLES 
Two samples from a gas field were chosen to test the proposed method. Basic 
petrophysical properties of these heterogeneous carbonates are presented in Table 2. 
 

Property Sample A Sample B 
Porosity / p.u. 14 12 

Permeability / mD 0.4 0.4 
Diameter / mm 38 38 
Length / mm 45 43 

Table 2: Basic petrophysical properties of the two reservoir samples A and B. 
Figure 5 presents the results of the technique on the two reservoir samples: NMR profiles 
at Sw=1 and after centrifugation at 4800rpm are presented at the top, followed by 

Figure 3: Capillary rise on Richemont, example prepared at 3000 rpm. 

Figure 4: Sgr-Sgi results for the Richemont sample. 
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resulting water and gas saturation profiles after centrifugation. Then, the primary 
drainage capillary pressure Pc curve is presented. Finally, at the bottom are presented the 
resulting Sgr-Sgi curves.  
 
From the NMR profiles, sample A can be considered as homogenous while sample B 
appears more heterogeneous and exhibits a bump in the middle of the profile. However, 
this heterogeneity is not clearly seen on the profile after centrifugation.  
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Figure 5: Results for primary drainage and capillary rise applied on the reservoir samples. From top to 
bottom: NMR profiles, resulting saturation profiles, Pc curves and Sgr vs. Sgi curves. 
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The capillary pressure curves were compared with mercury injection (MICP) obtained on 
the end trims of the plugs. While a good match is observed for sample A, there is a 
mismatch for the transition zone for sample B. This could be explained by the different 
techniques used (MICP versus centrifuge) and the fact that MICP measurements were 
done on end trims and not on the exact same sample. However, the raw estimations of 
Swirr from the two techniques are consistent.  

The two reservoir samples were then submitted to a spontaneous imbibition in the 
dedicated setup and the capillary rise was monitored by NMR. The entire dataset of NMR 
profiles monitoring the capillary rise experiment leads to the estimation of a trapped gas 
saturation Sgr for each 1mm thick slice. The final result of this experiment is the Sgr-Sgi 
curve presented at the bottom of Figure 5. In one single centrifuge step, a significant part 
of the Sgr-Sgi curve has been acquired. The obtained curve is coherent with classical 
capillary rise experiments (Red crosses on Figure 5). The classical points are obtained 
starting either from a dry plug or from a plug at Swirr. In this case, Swirr was set using a 
centrifuge, flipping the plug in order to limit the saturation profile. The two samples 
exhibit a bilinear behavior of the Sgr-Sgi curve. While for sample B Sg

0 (threshold value 
between the two linear regions as defined by Aissaoui ([2, 3, 16]) is around 0.6, the Sg

0 
value for sample A is quite higher than expected (around 0.7).  
 
In both cases the Land model does not represent the reality of the complexity for these 
heterogeneous carbonates. In fact, the land model underestimates the residual gas 
saturations and is therefore quite optimistic in terms of reserves estimation.  
 

 
Figure 6: Results on reservoirs core plug represented as a function of height above free water level.

As mentioned above, the present method allows the simultaneous acquisition of primary 
drainage Pc curve and Sgr vs. Sgi curve. Therefore, results can be presented as a function 
of HAFWL (Height Above Free Water Level). Thus, Figure 6 presents for each reservoir 
rock the resulting water saturation from drainage (corresponding to Sgi) and imbibition 
(corresponding to Sgr) applied on the samples as a function of HAFWL. Final Sw are 
presented using both experimental points and Land correlation. A good way of 
comparing the impact of different Sgr-Sgi curves on the reserves estimation is to measure 
the area between the first drainage curve and the Sgr-Sgi relationship in Figure 6. 
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Therefore, this results representation highlights the resulting recoverable gas 
overestimation using predictive Land relationship.  
 
DISCUSSION 
The method proposed here is based on spontaneous capillary imbibition. This technique 
has been reported to be subjected to counter current imbibition when performed on plugs 
uniformly saturated ([8]), and therefore discarded by some authors. In this case, the 
operating procedures are preventing counter current imbibition to happen. The sample is 
prepared by establishing a non-uniform Sw profile. By doing spontaneous imbibition from 
the bottom of the plug (the part with the lowest Sgi), relative permeabilities are helping 
the gas to go toward the top (toward higher gas saturation i.e. higher gas relative 
permeabilities). Moreover, at high initial water saturation, the imbibition process is faster, 
increasing chances of having direct snap-off mechanism (as reported by Bona et al [8]), 
therefore preventing any counter current imbibition from happening in the rock slices 
located above.  
 
The proposed technique allowed the simultaneous acquisition of Pc vs. Sw primary 
drainage curves and entire Sgr vs. Sgi dataset for reservoir samples in a couple of days, 
therefore corresponding to operational timeframe. The experimental results appear 
different from the Land model therefore justifying the need for experimental data. 
Actually, the Aissaoui’s bilinear model provides a better description of the experimental 
data than the Land correlation for the samples tested.  
The experimental data exhibits two linear trends which is better described by the 
Aissaoui correlation than by Land’s. However, Aissaoui’s model is not predictive 
because it requires the knowledge of the threshold point between the two linear zones 
(Sg

0). While results on reservoirs rocks covered a satisfying zone on Pc and Sgr curves, a 
largest range of Sw and Sgi would be covered with a slower centrifuge speed than the 
4800rpm applied on the two reservoir rocks. Actually, most of the Sgi points are really 
close. Thus, results with a lower centrifuge step could provide quasi-similar results with 
larger range of Sgi and Sw measured. 
 
Thanks to the combination of NMR, centrifuge and capillary rise Sgi and Sgr dataset can 
be represented as a function of HAFWL. This way it can easily be translated into reserves 
estimation for one given rock type. Thus, the final trapped gas can be plotted at the height 
coming from its Sgi. Observing results from the two reservoir samples, a transition zone 
of about a hundred meters was covered and leads to a non-negligible overestimation of 
recoverable gas using Land model. In this case, using predictive correlation causes errors 
of about 10% and 4% for samples A and B on the recovery.  
 
To summarize, the wider and higher the Sgr plateau, the larger the errors created using 
Land’s relationship. Obviously, the impact of the Sgr-Sgi curves is concentrated on the 
reservoir zones that are not at Swirr. The real impact on the recoverable gas needs is then 
stronger for reservoirs with thick transition zones or exhibiting a paleo free water level. 
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CONCLUSION  
Following a discovery, the two main SCAL objectives are to provide input for GIP 
estimation and ultimate gas recovery. Indeed, reservoir evaluation requires the primary 
drainage curve to evaluate the amount of GIP and residual gas saturation to capture the 
amount of gas left behind the aquifer front during production. As an aquifer strength is 
quasi unpredictable, the only way to reduce uncertainties on reservoir models is a good 
grip on Sgr. The best way to measure several Sgr within operational timeframe without 
using a predictive model is the classical co-current spontaneous imbibition. The idea 
behind a capillary rise is to reproduce what happens in the reservoir during the aquifer 
encroachment. However, as mentioned by Bona et al [8] classical capillary rise 
experiment could be subjected to a counter-current imbibition and lead to an 
overestimation of Sgr. 
By establishing a saturation profile in the centrifuge and measuring it by NMR, we not 
only obtain the primary capillary pressure curve, but also establish a starting point 
saturation for the capillary rise that will allow to cover numerous Sgi values in one single 
experiment. The kinetics of the capillary rise experiments is then followed by NMR, 
allowing the determination of Sgr for every single Sgi. The present method avoids the use 
of several drying of samples and facilitates measurement using brine as imbibed fluid and 
provides results in couple of days. 
 
Thanks to the use of imaging, the proposed technique opens possibilities of measuring Sgr 
even for tight rocks when the dynamics of the capillary rise is really slow and for which 
core flooding experiments would be extremely long and complex. Moreover, an 
additional benefit comes from beginning the capillary rise with a saturation profile. 
Indeed, a foot bath is applied on the sample face that contain highest amount of water; 
considerably reducing potential counter-current process.  
Furthermore, knowing that water is strongly wetting in presence of gas, no hysteresis 
happens between krw drainage and imbibition ([17]). Therefore, centrifuge could not only 
be used to establish the primary drainage curve but also to estimate simultaneously krw at 
least for the endpoint.  
 
Periodic NMR profiling on sample (seconds to minutes timescale per profile) ensures a 
good capture of the water front shape. K. Li et al [15] proposed a method based on 
capillary rise to estimate effective water permeability behind a sharp water front. Thus, 
capillary rise under NMR profiling provides enough information to use or discard Li’s 
method. From results presented above, utilization of this technique cannot be applied, 
probably due to the low permeability purpose tested. However, NMR periodic profiling 
opens the door to deeper investigate this method. 
 
Discussion about the impact of the method were focused on GIP and reservoir production 
with an aquifer encroachment. However, the method could be obviously applied on 
secondary drainage and imbibition processes if required. Furthermore it could be used to 
study production scheme with reversal of direction of saturation change, such as gas 
storage in aquifers, WAG (Water Alternating Gas) or CCS (Carbon Capture and Storage). 
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ABSTRACT  
The Brooks-Corey power-law capillary pressure model is commonly imposed on core 
analysis data without verifying the validity of its underlying assumptions. The Brooks-
Corey model, originally developed to model the pressure head during the drainage of soil, 
is only valid at low wetting phase saturations. However, such models are often applied in 
petroleum production simulations and may lead to erroneous recovery factors when the 
saturation range of interest is far from the end points. We demonstrate that exponential 
models work much better for capillary pressure compared to the Brooks-Corey model 
over a wide saturation range. 
 
Mercury injection porosimetry, petrographic image analysis, and magnetic resonance 
studies suggest that the pore and throat size distribution in many rocks are log-normally 
distributed. This fact was previously employed to calculate the capillary pressure function 
as a function of saturation for pore size distributions described by a truncated log-normal 
distribution. Employing a Taylor series expansion, we simplify the random fractal 
capillary pressure model of Hunt to 𝑃! = exp 𝑎 − 𝑏𝑆 , where 𝑆 is the wetting phase 
saturation, and 𝑎 and 𝑏 characteristic of the porous medium.  
 
An extensive dataset of seventeen centrifuge capillary pressure measurements were used 
in this research to demonstrate the merit of the new method. For both sandstones and 
carbonates, the logarithm of capillary pressure showed a linear relationship with 
saturation as observed by magnetic resonance imaging centrifuge capillary pressure 
measurements over a wide saturation range. This work demonstrates that: (a) in semi-log 
plots of capillary pressure as a function of saturation, capillary pressure will vary linearly 
over a wide saturation range, (b) such a plot as described in (a) will show the uni- or 
bimodal pore size distribution of the rock, (c) the exponential capillary pressure function 
simplifies analytical models that use the capillary pressure function, for example oil 
recovery models for fractured reservoirs. 
 
INTRODUCTION  
Empirical correlations help establish functional relationships between capillary pressure 
𝑃! and wetting phase saturation 𝑆! in natural porous materials. The Brooks-Corey 
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capillary pressure model [1], the most well-known such equation, reduces the functional 
relationship between capillary pressure and effective saturation 𝑆!" to the bubbling 
pressure 𝑃! and pore-size-distribution index 𝜆 according to  
 𝑃! 𝑆! = 𝑃!𝑆!"

!! ! (1) 
where 𝑃! is a measure of the maximum pore size which forms a continuous flow network 
and 𝜆 characterizes the pore size distribution. Effective saturation normalizes the wetting 
phase saturation 𝑆! in the range of end-point saturations (residual wetting phase 
saturation 𝑆!" and residual non-wetting phase saturation 𝑆!"#) such that 
 𝑆!! =

!!!!!"
!!!!"# !!!"

.  (2) 
For primary drainage, with 𝑆!"# = 0, equation (2) reduces to 
 𝑆!" =

!!!!!"
!!!!"

. (3) 
Brooks and Corey developed the above relationship for 𝑆! > 𝑆!", although saturations 
less than 𝑆!" can exist. This is because 𝑆!", as calculated with the method outlined in [1], 
is supposedly an interpolation of irreducible wetting-phase saturation rather than the 
lowest saturation measured during an experiment. They also acknowledged the effect of 
hysteresis on capillary pressure values. Other assumptions inherent in this empirical 
model are that the porous material is isotropic and is undergoing through drainage [1].  
 
Wells and Amaefule [2] and Lekia and Evans [3] demonstrated that the Brooks-Corey 
capillary pressure model fails for tight gas sand samples. Lekia and Evans [3] 
circumvented the shortcomings of the Brooks-Corey model by explicitly using the 
wetting-phase saturation, in contrast with the effective saturation. Later, recognition of 
the applicability of fractal theories to sandstones by Katz and Thompson [4] led to the 
development of power-law analytical equations for capillary pressure for low wetting 
phase saturations by Toledo et al. [5]. Yang et al. [6] provides the analytical derivation of 
Brooks-Corey capillary pressure function according to the mathematics of fractals. Novy 
et al. [7] had previously demonstrated that capillary pressure is a power-law function of 
saturation at low wetting phase saturations by modeling fluid flow in networks and 
considering the effect of disjoining pressure. The most recent advance in modeling 
relative permeability and capillary pressure in porous materials, developed by Hunt [8], 
will be reviewed and examined in this work. 
 
The main goal of this work is to demonstrate that exponential capillary pressure functions 
are superior to the model of Brooks-Cory over a wider wetting-phase saturation range. In 
this paper we show first that the capillary pressure model of Hunt is approximately 
exponential, even for 𝐷 < 3. This is confirmed with an extensive experimental data set 
taken from the literature. Secondly, the effect of bimodal pore size distributions on 𝑃! 
will be discussed. Finally, we present the application of such models in analytical 
solutions of gravity drainage in fractured reservoirs. 
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THEORY 
Hunt [8] investigated random fractal models of porous materials applicable to soil 
systems. They applied critical path analysis in the form of continuum percolation to 
predict relative permeability. Assuming a finite-range power-law distribution of pore 
radii, from 𝑟! to 𝑟!, the probability density function for pore radii of a random fractal 
porous material would be 𝑊 𝑟 ∝ 𝑟!!!!. The fractal dimension 𝐷 of such system of 
porosity 𝜙 is [8, p. 45] 
 𝐷 = 3− log !!!

log !!
!!

. (3) 

The pressure required to remove the wetting phase from a pore of size 𝑟 is 𝑃! = 𝐵 𝑟, 
where 𝐵 is a constant. With a non-wetting entry pressure of 𝑃!" = 𝐵 𝑟!, the wetting 
phase saturation is [9] 

 𝑆! =
!!!
!!!!!

𝑟!!!d𝑟! !!
!!

= 1− !
!

1− !!
!!"

!!!
.  (4) 

Only with a porosity of unity, equation 4 is identical to the Brooks-Corey model. Solution 
of equation 4 for capillary pressure in terms of saturation gives [9] 

 𝑃! = 𝑃!"
!

!!! !!!!

!
!!!.  (5) 

This equation is valid for 𝐷 < 3 whereas values more than 3 are non-physical. For 𝐷 =
3, the integral of equation 4 is equal to 
 𝑃! = 𝑃!" exp − 1− 𝑆! ln !!

!!
.  (6) 

We recognize that equation 5 can be simplified by a Taylor series expansion. Equation 5 
simplifies to 
 log𝑃! = log𝑃!" +

!
!!!

1− 𝑆! .  (7) 
which is equivalent to 
 𝑃! = 𝑃!"  exp !

!!!
 1− 𝑆!  .  (8) 

In the next section, experimental data is tested against this model. 
 
RESULTS AND DISCUSSION 
We first present the verification of the exponential capillary pressure function, equation 
8, with experimental data. Deviation from this behavior and possible applications in 
analytical fluid flow models follows. 
 
Exponential Capillary Pressure vs. Experimental Data 
Figure 1 demonstrates a typical oil/water primary drainage capillary pressure in a 
sandstone core plug as a function of the wetting phase saturation in a semi-log plot. In the 
saturation range of 0.23, 0.75 , the exponential capillary pressure function fits 
experimental data, shown by filled circles, with a coefficient of determination of 
𝑅! = 0.993. The range of validity of this descriptive behavior is marked with vertical 
dashed lines. For 𝑆! > 0.75, experimental capillary pressure data, shown as open squares 
□, deviate from the exponential 𝑃!. Deviation from the exponential capillary pressure at 
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high and low saturations is due to fluid flow dominated by the effect of macropores [8] 
and surface films [5, 7], respectively. 
 
Equation 8 was tested with 17 centrifuge capillary pressure measurements on 
consolidated rock core plugs, with water permeabilities in the range of 0.0014 to 0.69 
µm ! and porosities in the range of 0.14 to 0.48. The experimental datasets are found in 

the literature in [1, 10, 11, 12, 13, 14, and 15]. Six datasets represent displacement of 
water by oil; the others are air/water centrifuge experiments. All, but two datasets, [1] 
and [14], were measured employing saturation profile measurements by either magnetic 
resonance or nuclear tracer imaging.  

 
Figure 1. A typical oil/water drainage capillary pressure as a function of the wetting phase saturation in a 
semi-log plot. The exponential capillary pressure function of log!" 𝑃!/kPa = −1.344 𝑆! + 2.191 fits 
experimental data ● in the saturation range of 0.23, 0.75 , shown by the vertical lines, with 𝑅! = 0.993. 
Deviation from this exponential function is because of film flow + and macropores □ at low and high 
saturations, respectively. The Brooks-Corey capillary pressure function … of 𝑃! kPa=11.75 𝑆!!!.!"# were 
obtained by a descriptive fit to experimental data ● and +. It appears that the line … fits data well, however, 
the deviation of data from the fitted line …  in the range of 0.23, 0.75  demonstrates an obvious trend that 
is far from random. Data from [10]. 
 
All seventeen capillary pressure datasets employed in this study are shown in Figure 2. 
The 𝑃! − 𝑆! relationship is plotted in semi-log and log-log graphs in Figures 2a and 2b, 
respectively. Color lines represent descriptive fits to experimental data points in each 
dataset. Both sandstones and carbonates are represented in this graph. Data points are not 
differentiated according to the datasets or the displacing fluid due to the sheer amount of 
data. 
 
The exponential capillary pressure function, equation 8, only fits a segment of the 
𝑃! − 𝑆! experimental data points; the largest and smallest such range are ∆𝑆! = 0.6 and 
0.3, respectively. The average coefficient of determination for the fitted segments is 
above 0.90 for all data sets, except for four data sets of Baldwin and Yamanashi [13] in 
which saturation had high uncertainty due to less-quantitative MRI methods. The 
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coefficient of determination was in the range of 0.65 to 0.85 for exponential fits to 
appropriate segments of data from Baldwin and Yamanashi [15]. Figure 2 demonstrates 
the advantages of centrifuge capillary pressure methods based on saturation profile 
measurement over the traditional centrifuge method by providing more data points.  
 

(a) Semi-log 

 
(b) Log-log 

 
 

Figure 2. Seventeen experimental datasets of drainage capillary pressure by centrifuge methods shown by 
●. Colored lines represent descriptive fits of exponential capillary pressure functions in the range of their 
validity to sandstone ─ and carbonate --- samples. (a) is the 𝑃! − 𝑆! relationship in a semi-log graph and 
(b) is the same data in the log-log form. All 𝑃! − 𝑆! data at low wetting phase saturations collapse to 
power-law relationships, one for sandstones and one for carbonates shown by gray lines, representing the 
conditions at which film flow dominates. The exponential capillary pressure function fits experimental data 
down to a saturation on the power-law line.  
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All capillary pressure data collapse to a power law relationship at low wetting phase 
saturations. These power law relationships are shown by straight gray lines of 𝑃! kPa =
1.9 𝑆!!!.!! for sandstones and 𝑃! kPa = 14.86 𝑆!!!.! for carbonates in Figure 2b. This 
agrees with thin film models at low wetting phase saturation, when the disjoining 
contribution dominates the capillary contribution [5]. From the data collapse, the fractal 
dimension of sandstone and carbonate rocks probed by the thin liquid films of water is 
2.57 and 2.70, respectively; in agreement with common fractal dimensions measured by 
Thompson and Katz [3] and Toledo et al. [5] for sedimentary rocks. 
 
According to Figure 2, in most cases, the Brooks-Corey capillary pressure model under 
predicts capillary pressure, if fitted to low-saturation 𝑃! 𝑆!  data. Another consequence 
of inappropriate use of the Brooks-Corey model is that it over-predicts the term 
−𝑑𝑃! 𝑑𝑆!  and hence the capillary pressure dispersion. Any errors in the capillary 

dispersion term results in erroneous prediction of two-phase transition zones in a 
displacement process. However, note that the Brooks-Corey model correctly predicts 𝑃! 
in the low wetting phase saturation regime.   
 
Deviation from the Exponential Capillary Pressure Model 
In the previous subsection, it was demonstrated that capillary pressure in consolidated 
rocks can be described by an exponential relationship over a wide saturation range. 
Therefore, semi-log plots of 𝑃! 𝑆!  can be employed for quality control of experimental 
data. Deviations from this simple relationship can occur because of structural pores, at 
high saturations, and film flow, at low saturations. An example of these effects is 
demonstrated in Figure 1. Film flow capillary pressure can be estimated by the Brooks-
Corey equation with appropriate parameters. 
 

 
Figure 3. Air/water capillary pressure for carbonate sample E13. Data from a porous plate experiment ■ 
and a centrifuge capillary pressure measurement of rotation speeds 2800 ●, 4000 ×, 5600 +, 7900 ○, and 
15000 * revolutions per minute agree each other. Two exponential capillary pressure functions of 
log!" 𝑃!/kPa = −1.213 𝑆! + 2.751 (─) and log!" 𝑃!/kPa = −3.248 𝑆! + 3.922 (---)  fit the experimental 
data in the saturation ranges of 0.57, 0.94  and 0.27, 0.55  with 𝑅! = 0.90 and 0.93, respectively. 
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Deviation from the exponential function (…) is likely because of film flow at low saturations. Data from 
[15]. 
 
Deviation from the simple exponential function, however, is not limited to the effects 
described earlier. Hunt and Gee [16], Satyanaga et al. [17], and Zhou et al. [18] 
previously showed that capillary pressure in soil samples with a bimodal pore size 
distribution possesses bi-exponential behavior. Such an effect was also observed in this 
research; notably for sample E13, a carbonate core plug.  
 
Figure 3 demonstrates the biexponential capillary pressure function 𝑃! 𝑆!  which follows 
log!" 𝑃!/kPa = −1.213 𝑆! + 2.751 in the saturation range of 0.57, 0.94  and 
log!" 𝑃!/kPa = −3.248 𝑆! + 3.922 in the saturation range of 0.27, 0.55 . At low 
saturations, capillary pressure data deviate from the exponential fit due to film flow. This 
bi-exponential feature is likely due to heterogeneities in the carbonate rock sample E13. 
 
Application in Analytical Solutions of Oil Recovery from Fractured Reservoirs 
Consider gravity drainage in a one-dimensional matrix block occupied by oil, as the 
wetting phase, and gas. At any point in the matrix, the flow rate of the oil phase can be 
estimated by [19]  
 𝑞 = !!!"

!!
Δ𝜌𝑔 − !!!

!"
.  (9) 

The absolute value of the derivative of capillary pressure with respect to time 
−𝑑𝑃! 𝑑𝑆!  simplifies 𝑑𝑃! 𝑑𝑧 to  

 !!!
!"
= !!!

!"
!!!
!"

  (10) 
where 𝑑𝑃! 𝑑𝑆! is an exponential function; assuming that the exponential capillary 
pressure model applies. The critical path analysis in random fractals also results in 
exponential relative permeability functions which further simplifies equation 9 to yield an 
exponential recovery factor in time like those previously calculated numerically [20] 
employed in the emerging fractured reservoir simulation methodology of Mittermeir and 
Heinemann [21].   
 
CONCLUSIONS 
The capillary pressure model of Hunt developed for random fractals with truncated log-
normal pore size distributions was simplified to an exponential function by employing a 
Taylor series expansion. This exponential function was shown to fit experimental data 
very well. Deviations from the exponential capillary pressure behavior are attributed to 
the effects of structural pores and film flow at high and low wetting phase saturations, 
respectively. The possibility of bi-exponential capillary pressure functions was 
demonstrated for a carbonate core plug. Exponential capillary pressure functions, along 
with their relative permeability counterparts, can simplify oil recovery factors in 
analytical solutions of flow equations for gravity drainage in fractured reservoirs among 
many others. 
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ABSTRACT 
Low salinity waterflooding (LSF) is a relatively simple and cheap EOR technique in 
which the salinity of the injected water is optimized (by desalination and/or modification) 
to improve oil recovery over conventional waterflooding. Extensive laboratory experi-
ments investigating the effect of LSF are available in the literature. Sulfate-rich as well as 
diluted brines have shown promising potential to increase oil production in limestone 
core samples. To quantify the low salinity effect, spontaneous imbibition and/or tertiary 
waterflooding experiments have been reported. For the first time in literature, this paper 
presents a comprehensive study of the centrifuge technique to investigate low salinity 
effect in carbonate samples. 
 
The study is divided into three parts: At first, a comprehensive screening was performed 
on the impact of different connate water and imbibition brine compositions/combinations 
on the spontaneous imbibition behavior. Second, the subsequent forced imbibition of the 
samples using the centrifuge method to investigate the impact of brine compositions on 
residual saturations and capillary pressure. Finally, three unsteady-state (USS) core flood-
ings were conducted in order to examine the potential of the different brines to increase 
oil recovery in secondary mode (brine injection at connate water saturation) and tertiary 
mode (exchange of injection brine at mature recovery stage). The experiments were per-
formed using Indiana limestone outcrops.  
 
The main conclusions of the study are: Spontaneous imbibition experiments only showed 
oil recovery in case the salinity of the imbibing water (IW) is lower than the salinity of 
the connate water (CW). No oil production was observed when the imbibing water had a 
higher salinity than the connate water or the salinity of the connate water and imbibing 
brine were identical. Moreover, the spontaneous imbibition experiments indicated that 
diluting the salinity of the imbibing water has a larger potential to spontaneously recover 
oil than the introduction of sulfate-rich sea water.  
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The centrifuge experiments confirmed a connection between the overall salinity and oil 
recovery. As the salinity of the imbibing brines decreases, the capillary imbibition pres-
sure curves showed an increasing water-wetting tendency and simultaneous reduction of 
the remaining oil saturation. The lowest remaining oil saturation was obtained for diluted 
sea water as CW and IW.  
The core flooding experiments reflected the results of the spontaneous imbibition and 
centrifuge experiments. Injecting brine at a rate of 0.05 cc/min, sea water and especially 
diluted sea water resulted in a significant higher oil recovery compared to formation 
brine. Moreover, when comparing secondary mode experiments, the remaining oil satura-
tion after flooding by diluted sea water, sea water and formation water was 30.6 %, 
35.5 % and 37.4 %, respectively. In tertiary injection mode, sea water did not lead to extra 
oil recovery while diluted sea water led to an additional oil recovery of 5.6 % in one out 
of two tertiary injection applications. 
 
INTRODUCTION 
The concept of low salinity injection into a sandstone has been extensively investigated at 
laboratory and field scale since the early 90s. Although the mechanism behind low salini-
ty is still not well understood, it is widely accepted that low salinity injection has positive 
impact on oil production [1]. The research group of Austad et al. [2] [3] conducted com-
prehensive low salinity studies on Stevns Klint (chalk) outcrops, demonstrating that 
besides the total salinity, multivalent ions such as magnesium, calcium and sulfate affect-
ed the sample wettability and oil recovery. Although chalk and limestone are both 
composed of calcium carbonate, chalk has a finer texture and is furthermore purely bio-
genic. As the pore surface of chalk is typically much larger compared to limestone, the 
reactivity of chalk towards ions is supposed to be higher. Therefore, it is questionable if 
the suggested explanations of low salinity effects in chalks can also be applied on lime-
stones samples [3].  
 
The research on low salinity currently focuses on two approaches to increase oil produc-
tion in limestones. First, it is believed, that the concentration increase of multivalent 
anions can lead to the replacement of the acid oil components from the positively charged 
limestone surface. Secondly, it has been shown, that the significant reduction of the total 
ionic strength can improve oil production by the injection of very low salinity brines [4]. 
 
The potential of sulfate ions to increase oil production in two Middle East limestone res-
ervoir cores has been demonstrated by Strand et al. [3]. The spontaneous oil recovery due 
to imbibition of synthetic sea water was approximately 15 % higher compared to the sul-
fate-free reference sea water. Lighthelm et al. [5] observed an oil recovery increase of 
approximately 5 %, when the brine used in a spontaneous imbibition experiment on a 
Middle East limestone was sulfate-enriched. While the above mentioned studies focused 
on the impact of sulfate on spontaneous imbibition behavior, Nasaralla et al. [6] and Ra-
manuka et al. [4] additionally investigated the impact of the total ionic strength on oil 
recovery. On one hand, the work of Nasaralla et al. confirms the potential of sulfate-rich 
sea water to spontaneously displace oil from limestone cores, on other hand, it was simul-
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taneously demonstrated that the injection of 10-times diluted sea water led to a 15 % 
higher oil recovery compared to sea water. These results are in accordance to the study of 
Ramanuka et al., which includes samples from three different Middle East limestone res-
ervoirs. Both, sea water as well as diluted sea water reveal promising potential to increase 
oil recovery during spontaneous imbibition. The overall highest oil recovery of 19.3 % 
and 18.5 % was however observed when the imbibing brine contained less than 1 g/l of 
sodium chloride and insignificant sulfate concentration.  
 
Although spontaneous imbibition tests are helpful to screen the applicability and benefits 
of possible injection fluids, they do not necessarily reveal evidence about improved oil 
recovery [7]. Therefore, the impact on the residual oil saturation has to be studied with 
the help of displacement experiments such as core floodings or centrifuge experiments. 
Compared to the injection of formation brine, the limestone reservoir core floodings in 
the work of Nasaralla et al. [6] led to an additional oil recovery of 6 % - 7 % using diluted 
sea water in secondary injection mode. However, a reduction of the remaining oil satura-
tion in tertiary injection mode was not observed. After changing the injection brine from 
formation brine to sea water, Gupta et al. [8] reported an incremental oil recovery of 
5.1 % from a limestone reservoir sample. Additionally, the tertiary injection of sulfate-
free sea water into a reference sample led to an incremental oil recovery of 9 %. Yousef 
et al. [9] demonstrated the potential of diluted sea water to enhance oil recovery in car-
bonates at reservoir conditions. After the injection of sea water in secondary mode, the 
two core floodings resulted into an additional oil recovery of 7 % and 8.5 %, respectively 
for two-times diluted sea water and 9 % and 10 %, respectively for ten-times diluted sea 
water.  
 
PREPARATION 
Core preparation: The experiments were conducted on Indiana limestone outcrop sam-
ples. The 1.5-inch thick cores were initially CT-scanned, trimmed and smoothed down to 
2-inch lengths (cf. Table 1). Subsequently, the cores were flushed by roughly 10 pore 
volumes of methanol until the produced fluid became colorless. After drying the cores 
under vacuum, nitrogen permeability was measured. The samples were vacuum saturated 
with formation brine and subsequently pressurised for 48 hours at 2000 psi. Porosity was 
calculated based on the weight difference between saturated and dried cores. The abso-
lute brine permeability was measured at a confining pressure of 500 psi and back pressure 
of 100 psi. Nuclear magnetic resonance (NMR) tests of the 100 % brine saturated samples 
reveal dual porosity properties.  
 
Fluid preparation: Three different brine compositions are used in the experiments: A 
high-saline formation brine (total dissolved solids (TDS) of ~ 183 kppm), sea water 
(TDS ~ 44 kppm) and 100-times diluted sea water (TDS ~ 0.4 kppm). All brines were syn-
thesized based on a provided composition analysis and filtered prior to be using 
(cf. Table 3). Brine density and viscosity were determined as a function of temperature. 
At ambient conditions, the used dead crude oil is characterized by a density of 0.83 g/cm3 
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and a viscosity of 4.19 cP. In order to remove debris and heavy fluid components, the oil 
was centrifuged for 30 min at a rotation speed of 5000 RPM.  
Primary brine drainage: Two fully automated Beckmann ultra-centrifuges were utilized in 
this study. The initial water saturation (Swi) was established in a drainage centrifuge ex-
periment by applying 12000 RPM for at least 48 hours. The obtained initial water 
saturation ranged between 23.0 % - 32.5 %. For the validation of the connate water satura-
tions, a NMR based differentiation between the free fluid bulk volume (FFV) and the 
bulk volume of irreducible water volume (BVI) was calculated as proposed by Coates et 
al. [10]. Thereby, the obtained T2-relaxation times are divided into free and bound water 
based on core material dependent cut-off time. Integrating the area under T2-relaxation 
and applying a cut-off time of 98 ms as suggested by Chang et al. [11], the obtained val-
ues are in agreement with the obtained values of the drainage experiments (cf. Table 1). 
 
Core aging: The core plugs were placed inside a steel accumulator at Swi, separated by 
small plastic meshes and surrounded by crude oil. The accumulator was then placed in-
side an oven at 90°C and connected to a pump to ensure a constant crude oil pressure of 
100 psi. The core samples were aged for 30 days while the aging process was monitored 
by the determination of the effective oil permeability before and after aging. Under a con-
fining pressure of 500 psi and a backpressure of 100 psi, the effective oil permeability 
was measured at a temperature of 45°C to avoid phase plugging due to wax in the crude 
oil. All samples exhibited a permeability reduction in the range of 10 % - 40 %, which 
indicates a wettability modification towards more oil-wetting properties (cf.  Table 1). 
The oil permeability measurements did not lead into further water displacement. A 
change in the absolute permeability before and after the experimental study was now ob-
served.  
 
SPONTANEOUS IMBIBITION 
After aging, the cores were placed inside Amott cells, surrounded by the selected imbib-
ing brine and heated up to 70°C at ambient pressure. The temperature increase at the 
beginning of the experiments requires the correction of the oil production data, as the first 
oil recovery will be mainly caused by thermal expansion. In order to gain an improved 
understanding regarding the requirements of low salinity effects in limestones, the sys-
tematic experimental study emphasizes the impact of both, connate as well as imbibing 
brine composition. A high-salinity formation brine, sulfate-rich sea water and (100-times) 
diluted sea water are used in the study (cf. Table 3). For reproducibility, each selected 
brine configuration was tested on two core samples: Preferably one higher permeable and 
one less permeable limestone sample. The performed experiments are classified into four 
groups. 
 
Group I: Identical salinity of connate water and imbibing water: Group I examines the 
spontaneous imbibition behavior in case the connate and imbibition brine are identical. 
Using formation brine as connate water (CW) and imbibing water (IW), a marginal oil 
recovery of 1.9 % and 1.0 %, respectively was observed (cf. Table 1, Figure 2). The neg-
ligible small oil production indicates oil wetting properties as the brine is prohibited to 
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migrate into the cores. The spontaneous oil production of sea water as CW and IW result-
ed into 2.5 % and 2.1 % recovery respectively, which is indicative of similar wetting 
conditions. Finally, diluted sea water as CW and IW caused minor oil recovery of 3.1 % 
and 2.7 % respectively. Figure 2 illustrates, that, independently of the brine composition 
and salinity, no oil recovery was observed as long as the salinity of the connate and im-
bibing water was identical.  
 
Group II/Group III: Injection of lower salinity brine into a system at higher salinity: 
Based on a common low-salinity definition, the samples of test group II (formation brine 
as CW) and group III (sea water as CW) consist of a high-salinity connate water and low-
er salinity imbibition brine. An oil recovery of 25.4 % and 18.7 % was observed when 
using formation brine as CW and sea water as IW (cf. Figure 3). Compared to formation 
brine, the synthetic sea water is approximately 4-times less saline, but has a significant 
sulfate concentration of 37 mMol/l. Therefore, the obtained production might be caused 
by the introduction of sulfate ions into the brine-oil-solid system and/or the reduction of 
the total salinity. The overall highest spontaneous oil recovery of 36.1 % and 34.7 % was 
observed for formation brine as CW and the 400-times less saline diluted sea water (sul-
fate concentration of 0.037 mMol/l) as IW. In this case, the spontaneous oil recovery is 
likely to be driven by the large salinity difference between the connate and imbibition 
brine. 
 
To further investigate the promising potential of diluted sea water to spontaneously pro-
duce oil, the core samples of group III contain sea water as CW and the 100-times less 
saline diluted sea water as IW. The spontaneous imbibition resulted in an oil recovery of 
22.5 % and 22.3 % (cf. Figure 4) which is in average 13 % less oil recovery compared to 
formation brine as CW and diluted sea water as IW. The results are indicating, that the 
establishment of a large salinity difference between connate and imbibing water is lead-
ing to higher oil recovery rather than introduction/presence of sulphate ions into the 
system. 
 
Group IV: Injection of higher salinity brine into system at lower salinity: To complete the 
possible CW and IW combinations, Group IV reverses the conventional low-sanity tests: 
Two cores were initially saturated in diluted sea water and then imbibed by formation 
brine and sea water. None of the cores showed oil production as illustrated in Figure 5. 
 
FORCED IMBIBITION 
In this paper we report for the first time, as far as we know, the use of centrifuge experi-
ments to investigate the impact of brine composition and concentration on imbibition 
capillary pressure curve and remaining oil saturation. The imbibition capillary pressure 
curves of the experiments are illustrated in Figure 6 to Figure 9, where the experimentally 
acquired data were initially smoothed by applying the least-squares solutions of a three-
constant hyperbolic as proposed by Donaldson et al. [12]. To correct the experimentally 
obtained average water saturation in respect to the inlet water saturation, the Forbes First 
Solution was applied [13]. 
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Centrifuge preparation: The sample holders of the used Beckmann Ultracentrifuge consist 
of two parts: A steel core holder to place the core samples and a light transparent receiv-
ing tube which ensures the continuous imaging of the fluid level. After placing the cores 
inside the bucket and pouring the imbibition brine, a known amount of oil was added to 
enable a sharp interface between the brine and oil at the start of the experiment. The cen-
trifuge buckets and rotor were then preheated inside an external oven to 70°C, mounted 
and placed inside the centrifuge. In the range of 1000 to 7500 RPM, nine rotation speeds 
were selected to ensure a proper measurement of imbibition capillary pressure curves as 
well as to reach remaining oil saturation. Each imbibition step was run for at least 
30 hours until gravity forces and capillary force were in equilibrium and thus a stable 
production plateau was reached. After completing the centrifuge runs, the recorded pixels 
were converted into fluid production in respect to the physically captured oil. The ob-
tained average remaining oil saturations range between 7.5 % - 19.8 % which is 
characteristic for mixed to oil-wet carbonates as reported for example by Masalmeh [14]. 
However, the application of the Forbes First Solution resulted into remaining oil inlet 
saturations between 3 % - 16.8 %. Especially for the low salinity brine configurations, 
Table 1 shows a larger discrepancy between average and inlet saturations likely caused 
by the overestimation of the inlet saturations. 
 
Group I: Identical salinity of connate water and imbibing water: During the spontaneous 
imbibition tests, all the experiments which were performed using the same CW and IW 
showed non-water-wet behavior as the oil production ranged between 1.0 - 3.1 % of the 
OIIP. The imbibition capillary pressure curves for the same samples demonstrate a con-
nection between decreasing brine salinity and decreasing oil wetting tendency, i.e., the 
capillary pressure is less negative for the samples of lower salinity, as shown in Figure 6. 
In accordance, the endpoint of the capillary pressure curves demonstrates the effect of 
brine composition on the remaining oil saturation: Formation brine as CW and IW result-
ed in a remaining oil saturation (ROS) of 16.8 % and 14.2 %, sea water as CW and IW 
resulted in a ROS of 8.4 % and 7.4 % and diluted sea water as CW and IW resulted into a 
ROS of 3.0 % and 4.1 %, respectively.  
 
Group II/Group III: Injection of lower salinity brine into system at higher salinity: Due to 
the previous high spontaneous brine imbibition, the forced imbibition of formation brine 
as CW and sea water or diluted sea water as IW started at much higher water saturations 
around 42 % to 55 %, respectively. Compared to the imbibition of the high saline for-
mation brine, both lower saline combinations show a weaker oil wetting imbibition 
capillary pressure curves (i.e., less negative) as well as a lower remaining oil saturations 
(cf. Figure 7): Formation brine as CW and sea water as IW resulted in a ROS of 9.1 % 
and 13.2 %, respectively while formation brine (CW) and diluted sea water (IW) resulted 
in a ROS of 4.9 % and 6.5 %, respectively. 
 
The results of the forced imbibition of sea water (CW) by diluted sea water (IW) are dis-
played in Figure 8. In accordance to the spontaneous imbibition tests, the obtained 
remaining oil saturations of 12.0 % and 10.0 % are in the range of formation brine (CW) 
and sea water (IW). The experiments are indicating that, under the presence of a high 
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salinity connate water, the most efficient oil recovery is observed as the salinity differ-
ence between connate water and imbibition brine is maximized.  
 
Group IV: Injection of higher salinity brine into a system at lower salinity: The combina-
tion of a low-saline connate water and higher saline imbibition brine did not lead to any 
oil recovery during the spontaneous imbibition. The remaining oil saturation measured 
for the case of diluted sea water (CW) and formation brine (IW) was 16.8 % and for di-
luted sea water (CW) and sea water (IW) 10.6 % (cf. Figure 9). 
 
CORE FLOODING 
The spontaneous imbibition and centrifuge experiments showed promising potential of 
the sea water and especially of the diluted sea water to increase oil production. For the 
completeness of the study, three unsteady state displacement experiments were conduct-
ed: Injection of formation brine in secondary mode followed by sea water and diluted sea 
water in tertiary mode (1), injection of sea water in secondary mode followed by diluted 
sea water in tertiary mode (2), and finally, the injection of diluted sea water in secondary 
mode (3). Where the secondary injection mode represents the injection of brine at con-
nate water saturation and the tertiary injection mode expresses the exchange of the 
injection brine at mature recovery stage. All core floodings used formation brine as CW. 
 
A Vinci Autoflood 700 was used for the experiments. In line with the spontaneous and 
forced imbibition tests, the experiments were conducted at 70°C. After completing the 
centrifuge experiments, the outcrop samples were re-cleaned by an alternating injection 
of toluene and methanol. The samples were saturated, drained in the centrifuge to reach 
initial water saturation and finally aged as described earlier (cf. Table 2). To ensure the 
continuous and precise production monitoring, an automatized fraction collector unit was 
connected at the downstream of the core flooding device. Confining pressure was set to 
1500 psi, while a back pressure of 200 psi was selected. The injection rates used in the 
experiments are 0.05, 0.2, 1, 3 and 5 cc/min, respectively. Thereby, the first injection rate 
of 0.05 cc/min represents field rate equivalent of approximately 1 foot/day. However, in 
this case and due to the non-water-wet behavior of the core samples, strong capillary end 
effect is expected which will affect the oil recovery. The subsequent higher flowrates are 
used in order to overcome the capillary end effect and thus reach remaining oil saturation. 
The obtained saturations were validated by applying Dean-Stark extraction.  
 
Formation brine in secondary mode: The pressure and water saturation evolution for the 
injection of formation brine in secondary injection mode followed by sea water and dilut-
ed sea water is illustrated in Figure 10. Injecting formation brine at field rate, 21.9 % of 
the OIIP is recovered while the majority of the oil remains immobile possibly due to het-
erogeneity, unstable displacement, capillary end effect and capillary trapping. The 
stepwise increase of the injection rate resulted in a remaining oil saturation of 37.4 %. 
The subsequent injection of sea water and diluted sea water in tertiary mode did not im-
prove the oil recovery, although Figure 10 shows a decrease of the differential pressure: 
At 70°C, the viscosity of sea water amounts 74 % of the viscosity of formation brine and 
the viscosity of diluted sea water amounts 67 % of the viscosity of the formation brine. 
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Sea water in secondary mode: The second core flooding started with the injection of sea 
water in secondary mode followed by the injection of diluted sea water in tertiary mode 
(Figure 11). At the first injection rate of 0.05 cc/min, 30.1 % of the oil is recovered. After 
bumping up the injection rates, a remaining oil saturation of 35.5 % was obtained. The 
following injection of diluted sea water led to an additional oil recovery of 3.4 % at an 
injection rate of 1 cc/min, followed by additional 1.8 % oil recovery at an injection of 
3 cc/min and 5 cc/min. The oil saturation at the end of the experiment was 31.7 %.  
 
Diluted Sea water in secondary mode: Figure 12 shows an oil recovery of 38.5 % for the 
injection of diluted sea water at field rate. In accordance to the capillary pressure curves 
imbibition curve, the USS flooding experiments showed significant higher oil production 
at the same low injection rate (0.05 cc/min) compared to formation brine. The core flood-
ing resulted into a remaining oil saturation of 30.6 %. 
 
The flooding experiments show much higher oil saturation compared to the centrifuge 
experiments. This is mainly due to the adverse mobility ratio and the heterogeneity of the 
samples which have dominant effects on USS experiments while they have hardly any 
effect on the centrifuge experiments results. Although the USS results are still in line 
with the centrifuge data and show that oil recovery is correlated with low salinity, a se-
quence of ISSM core floodings is planned to gain an improved understating of the 
displacement process. 
 
CONCLUSIONS 
A comprehensive low-salinity study on limestone outcrop samples has been reported. The 
study combines spontaneous imbibition experiments, centrifuge method and unsteady 
state core floodings. The main conclusions of the study are: 

• Spontaneous imbibition experiments resulted in oil recovery in case the imbibing 
water had a lower salinity than the connate water. No oil production was observed 
in case the imbibing water had a higher or the same salinity as the connate water. 

• Formation brine as CW and diluted sea water as IW led to an approximately 
13.4 % higher spontaneous imbibition compared to formation brine as CW and 
sea water as IW. Diluted sea water (IW) spontaneously recovered roughly 22.4 % 
oil from initially sea water saturated cores. 

• The imbibition capillary pressure curves are characterized by increasing water-
wetting tendency and a simultaneous reduction of the remaining oil saturation, as 
the salinity of the imbibition brines decreases in comparison to formation brine.  

• Forced imbibition centrifuge experiments demonstrated the impact of the brine 
composition and concentration on oil recovery. Using formation brine as CW, di-
luted sea water (IW), sea water (IW) and formation brine (IW) led into a final 
average remaining oil saturation of 9.0 %, 13.1 % and 18.5 %, respectively. The 
highest oil recovery was observed when diluted sea water was used as CW and 
IW.  
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• Applying an injection rate of 0.05 cc/min in secondary injection mode, formation 
brine led to 21.9 % recovery, sea water to 30.1 % recovery and diluted sea water 
to 38.5 % oil recovery. While this is not representative of reservoir conditions due 
to capillary end effect, however, this demonstrates the impact of injection water 
on wettability and potentially relative permeability. 

• When comparing the secondary mode experiments, the final remaining oil satura-
tion for diluted sea water injection, sea water injection and formation water 
injection was 30.6 %, 35.5 % and 37.4 %, respectively. 
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Table 1: Core properties of the spontaneous imbibition and forced centrifuge imbibition section. 

Group Sample CW IW Porosity 
[%] 

Brine 
perm. 
[md] 

Eff. oil 
perm. 
before 
aging  
[md] 

Eff. oil 
perm. 
after 
aging 
[md] 

NMR 
 cut-off 

[%] 

Swi 
[%] 

Sw after 
spon. 
imb. 
[%] 

Sw 
average 

after 
forced 
imb. 
[%] 

I 

In3 FB FB 15.0 8.6 9.1 7.3 28.2 27.0 28.4 80.5 

In5 FB FB 15.3 10.7 12.6 7.9 28.2 24.5 25.2 82.6 

In7 SW SW 14.3 4.0 3.4 2.6 34.9 32.4 34.0 89.1 

In12 SW SW 15.2 7.9 7.1 4.9 28.8 32.9 34.3 90.6 

In4 DSW DSW 14.9 6.9 5.5 3.8 28.5 31.2 33.3 92.5 

In13 DSW DSW 15.4 14.5 9.9 7.0 27.8 29.8 31.8 92.3 

II 

In2 FB SW 15.6 15.0 12.8 11.1 26.2 26.4 45.1 88.3 

In10 FB SW 14.9 6.2 5.6 2.5 26.7 30.4 43.4 85.0 

In1 FB DSW 15.6 8.5 9.4 7.1 28.4 30.2 55.4 91.9 

In9 FB DSW 15.3 11.7 11.5 8.1 23.0 25.7 51.5 90.2 

III 
In16 SW DSW 14.4 4.8 6.4 5.6 32.5 28.6 44.6 85.2 

In17 SW DSW 14.9 14.5 11.2 10.2 29.9 25.8 42.4 87.4 

IV 
In14 DSW FB 15.3 11.8 11.2 8.9 26.8 24.0 24.0 80.2 

In15 DSW SW 14.9 5.1 5.5 4.9 29.0 26.3 26.3 85.7 
 

__________________________________________________________________________________________________________ 

Table 2: Core properties of the core flooding section. 
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Sample CW 
Secondary 
injection 

 brine 

Tertiary 
injection  
 brine (a) 

Tertiary 
injection  
brine (b) 

Porosity 
[%] 

Brine 
perm. 
[md] 

Swi 
[%] 

Sw after 
secondary 

Inj. 
[%] 

Sw after 
tertiary 
Inj. (a) 

[%] 

Sw after 
tertiary 
Inj. (b) 

[%] 

In2b FB FB SW DSW 15.4 14.8 21.8 62.6 62.6 62.6 

In4b FB SW DSW -- 14.5 7.4 26.5 64.5 68.3 -- 

In9b FB DSW -- -- 15.2 12.3 24.9 69.4 -- -- 
 

 
Table 3: Brine compositions. 

Brine Sodium 
[mol] 

Potassium 
[mol] 

Calcium 
[mol] 

Magnesium 
[mol] 

Strontium 
[mol] 

Chlorine 
[mol] 

Bromine 
[mol] 

Sulfate 
[mol] 

TDS 
(g/l) 

Ionic 
strength 

Formation 
brine 2.237 0.023 0.372 0.084 0.009 3.165 0.009 0.004 183.4  3.655 

Sea water 0.587 0.013 0.013 0.065 0.0001 0.680 0 0.037 43.8  0.870 

100-times 
diluted 

Sea water 
0.00587 0.00013 0.00013 0.00065 0.000001 0.00680 0 0.00037 0.438 0.0087 

 

 
______________________________________________________________________________________________________________________________________________ 
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Figure 1: Spontaneous brine imbibition at 70°C. A: Formation brine (CW) – Formation brine (IW), B: Formation 

brine (CW) – Sea water (IW), C: Formation brine (CW) – Diluted sea water (IW), D: Sea water (CW) – Diluted sea 
water (IW). 
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Figure 2: Spontaneous imbibition group I. Figure 3: Spontaneous imbibition group II. 
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Figure 4: Spontaneous imbibition group III. Figure 5: Spontaneous imbibition group IV. 

 
 
 

  
Figure 6: Forced imbibition group I. Figure 7: Forced imbibition group II plus In3 and In5. 

  
Figure 8: Forced imbibition group III. Figure 9: Forced imbibition group IV. 
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Figure 10: Injection of formation brine in secondary mode 
followed by the injection of sea water and diluted sea water 

(In2b). 
 

Figure 11: Injection of sea water in secondary mode 
followed by the injection diluted sea water (In4b). 
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Figure 12: Injection of diluted sea water in secondary mode (In9b). 
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ABSTRACT  
While Distributed Temperature Sensing (DTS) has become a commonly used tool in 
reservoir studies, the technology has not seen widespread use in SCAL projects. Most 
core-scale experiments attempt to control temperature at a constant value rather than 
monitor temperature changes within a sample during a test. High-resolution temperature 
arrays are available that measure changes in temperature of 0.1oC at 1 mm resolution. 
The Optical Backscatter Reflectance (OBR) fiber senses both temperature and strain that 
can be separated through experiment design and signal processing. These OBR fibers are 
sensitive enough to monitor temperature changes associated with endo- and exothermic 
chemical reactions associated with mineral dissolution/precipitation, or fluid front 
movements in steam-assisted gravity drainage of heavy oil tests. An example of the use 
of a distributed temperature array is in the monitoring of natural gas hydrate formation 
and dissociation in a sand pack as CO2 is exchanged with the naturally occurring CH4 in 
the hydrate structure. A fiber optic array was placed within a narrow diameter PEEK tube 
as the sand pack was constructed. The PEEK tube held the fiber optic in place so that the 
sensed signal was temperature only and did not include any strain effects. The OBR was 
set up to acquire a temperature array every 30 seconds during the test at 5 mm spacings. 
The core holder was placed in a MRI that provided additional spatial information on 
hydrate formation during the test that was compared with the OBR results. Initial hydrate 
formation resulted in a several degrees increase in temperature at the inlet end of the cell 
that with time progressed down the length of the cell. The temperature array and MRI 
images both showed the non-uniform nature of hydrate formation and subsequent 
dissociation of the hydrate when N2 was injected into the cell as a permeability 
enhancement step. The faster response of the OBR array compared to the time required to 
acquire MRI images provided additional detail in the sequence of hydrate formation and 
dissociation during CH4-CO2 exchange. The limitation to the OBR array was that it only 
sensed temperature fluctuations proximal to the fiber as a function of the hydrate 
system’s thermal conductivity.  
 
 
INTRODUCTION 
Measurable temperature changes are associated with a number of geochemical reactions 
in porous media that occur with phase changes connected with mineral precipitation and 
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dissolution. While thermodynamic data may indicate large temperature changes with an 
idealized geochemical reaction, the actual measured temperatures are often much smaller 
because of volume and heat flow constraints. Most experiments monitor a single 
averaged temperature of the reaction vessel and miss out on details of the geochemical 
processes that occur in heterogeneous porous media. Multiple temperature probes are one 
way to capture some of this detail. 
 
Natural gas hydrates are characterized by well-defined heats of formation that translate to 
measurable temperature changes observed during formation and dissociation. [1,2] Most 
of the observations on temperature change were collected on simple water-gas-hydrate 
systems measured in bulk. This study reports measurements of temperature changes as 
hydrates formed and dissociated in a porous medium. 
 
A series of laboratory experiments designed to support the field trial of CO2-CH4 
exchange mechanisms investigated the role of injection gas composition on the 
effectiveness of the injection process and the actual exchange. The success of the Ignik 
Sikumi #1 field trial in 2011-12 was in part due to these laboratory tests. [4] These 
experiments followed the design of earlier studies that formed methane hydrate in porous 
media, introduced CO2 into the system while using MRI methods to monitor the progress 
of the formation and dissociation. [3,5] The laboratory experiments became more 
elaborate as the interest shifted from simple formation and dissociation rates to questions 
involving the permeability of the porous media and the stability of the hydrate-bearing 
sediment. [6,7,8] These experiments included a series of sensors attached to the sample 
holder, (e.g. electrodes, ultrasonic transducers) that measured electrical conductivity and 
sonic velocities along with the standard monitoring of pressure temperature and fluid 
volumes for the duration of the test. The MRI images collected during many of these 
early experiments illustrated non-uniform hydrate formation and dissociation throughout 
the porous media. Only in rare cases under special conditions was hydrate formation 
observed to follow a simple front-like displacement down the length of the core. For 
several of these new experiments an additional temperature sensor was added to the 
design beyond the thermocouples attached to the sample holder. A fiber optic array was 
placed within the porous media and used to monitor small changes in temperature at 
distinct points along the length of the sample during hydrate formation and exchange 
processes.  
 
EXPERIMENTAL DESIGN AND SAMPLES 
The basic design was centered around a MRI-compatible core holder that had sufficient 
inlet and outlet ports on the end-plugs to connect to a series of pumps that controlled the 
introduction of various fluids to the sample. These pumps monitored the volumes of 
injected fluids, including water, methane and CO2, and their pressures. A separate 
dedicated pump controlled the confining pressure on the sample. The temperature of the 
sample was managed by controlling the temperature of the NMR-insensitive liquid 
(Fluorinert, 3M) that flowed in the space between the core holder and the sample’s 
confinement sleeve that also handled the confining pressure. A temperature probe was 
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located in this open space between sleeve and core holder that monitored the overall 
temperature of the system.  
 
A sand pack was used for these experiments rather than the pieces of sandstone core that 
were the focus of the first tests of the CO2-CH4 exchange mechanism. A mold using 
Teflon shrink wrap tubing was placed on top of one of the core holder’s end pieces and 
filled with ~100 grams of Ottawa F110 sand. This sand has an average grain size of 100 
microns and is used in a number of hydrates experiments. [9] A small diameter, 1 mm, 
PEEK tube was positioned in the center of the mold with one end inserted through one of 
the ports in the end piece. The sand was added in small amounts with intervals of shaking 
the mold to encourage closest packing of the sand grains, especially around the PEEK 
tube. Once the mold was filled with sand and a volume of water added to the sand, the 
top end piece of the core holder was secured to the shrink-wrap mold. Once the core 
holder was assembled and the various fluid lines connected to their pumps, the fiber optic 
line was threaded through the dedicated inlet port, through the PEEK tube in the sand 
pack and then out through its dedicated line in the outlet end piece (Figure 1).  
 

 
Figure 1. Core holder with four ports on each end that allows for multiple sensors to be 
included in the experimental design. Sand pack is located at the center of the holder. 

 
As with earlier experiments, MRI images were collected throughout the test as a way to 
monitor changes in fluid and hydrate saturations. The MRI (2.0T Varian) was sensitive to 
hydrogen nuclei in a liquid or dense gas state (e.g. water, methane at 8.4 MPa), but the 
limitations of that instrument’s probe made it insensitive to hydrogen nuclei in the solid 
state (ice, hydrate).  
 
A distributed temperature sensor probe was used to monitor temperature changes along 
the length of the sand pack during the hydrate formation and exchange processes. The 
Optical Backscatter Reflectance (OBR) fiber optic cable is sensitive to changes in both 
temperature and stress, the latter that might occur if the cable moved in the sample during 
the test. One consequence of using the PEEK tube to thread the fiber through the sample 
was that once the core holder was positioned in the MRI it did not move for the duration 
of the test. Data acquisition parameters were defined to collect stations every 0.5 cm at a 
time interval of 30 seconds during the entire experiment. The data acquisition was 
restarted at major transition points in the experiment as a data management precaution, 
but had the downside that sometimes the internal calibration was altered. Absolute 



SCA2018-014 4/11 
  

temperature values therefore are sometimes in error, though the relative changes in 
temperature are internally correct. The sensor has a sensitivity of 0.1oC. 
 
RESULTS 
The assembled sand packs had a length of roughly 11 cm and a diameter of 5.05 cm, 
creating a bulk volume of 225 cm3. The pore volumes ranged from 90 to 100 cm3, 
resulting in a porosity of approximately 40%. The initial water saturation created by 
adding water during the construction stage ranged from 58 to 75%. Initial permeability of 
the water saturated sand pack prior to cooling was 200 to 400 mD. The formation of 
hydrate dropped that permeability down to 30 mD. Permeability of the system remained 
above 10 mD even after the addition of more water to the remaining gas-filled pores and 
the introduction of CO2 that formed even more hydrate.  
 
The test included a period of methane hydrate formation after the cell was cooled to 4oC 
(Figure 2). MRI signal intensity averaged over the entire sample was used to monitor the 
progress of the experiment. Most of the water was converted to hydrate and the initial 
hydrate saturation was 72%. The effective porosity was 11% and the permeability was 30 
mD. After the hydrate formation slowed down a short stage of water injection increased 
the total MRI signal. This additional water filled most of the air-filled pores with liquid 
and created a situation that more closely simulated an actual hydrate reservoir. The N2 
injection stage was intended to dissociate some of the hydrate and increase the overall 
permeability of the sand pack. The increase in MRI signal resulted from the loss of about 
half of the initial hydrate. The final stage was the introduction of a CO2-N2 gas mixture 
that resulted in the formation of a CO2 hydrate and the production of some methane. 
Separate analyses of the produced gas composition verified the exchange. [4] 
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Figure 2. Overview of experiment that started with initial hydrate formation through the 
final step of injecting a CO2/N2 gas. MRI intensity indicates the amount of free water in 
the sample that has not converted to hydrate. 

 
The sand pack had an initial water saturation of approximately 60%, with the remaining 
pore volume filled with air. As methane was injected at the inlet end and the temperature 
of the cell cooled from room temperature to 4oC hydrate began to form. Temperature 
curves from the front and back platen in the core holder along with a temperature 
collected at the center of the sand pack provided several insights into the hydrate 
nucleation process (Figure 3). The volume of methane consumed as it first dissolved in 
the cold water then followed by actual hydrate formation was captured by the pump 
connected to the sample holder. The small heat of methane solution at four hours was 
observed in the temperature sensor located in the core, but not at the platen ends. The 
second event of methane consumption represented the formation of hydrate that was 
captured with a several degree increase in temperature monitored in the core and at the 
end pieces. A third temperature spike at fourteen hours corresponded to a decrease in the 
methane consumption rate as hydrate formation reached an end.  
 

 
Figure 3. Methane consumption (blue curve) along with temperature sensors in the core 
and at the end pieces define several stages in hydrate formation.  
 

The combination of MRI images and the profile temperature curves provided more 
insights into the hydrate formation process than could be discerned from the gas 
consumption curve (Figure 4). The MRI image at the earliest stage of the hydrate 
formation (top image) is dominated by “warm” colors that indicate the presence of 
sensible hydrogen (i.e. water). As hydrate formed during the cooling the MRI responded 
to a reduced signal intensity as water was converted to hydrate as illustrated with 
“cooler” colors on the images (2nd through 4th images). The initial image has a small spot 
in the lower portion of the sample, approximately one-third the distance from the inlet 
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(left side) that suggests the region where hydrate formation started. The subsequent 
images show that hydrate formation was localized on the bottom of the sand pack and 
slowly moved upwards during the several days of initial hydrate formation. The 
temperature profiles of the sand pack were averaged over the time required to collect the 
MRI images, approximately 2 hours. The profile for the initial image (1a-13r) was 
uniform along the length of the sand pack with a slight hint of temperature increase at 
slice 13. The subsequent temperature profiles had significant temperature increases at the 
inlet end of the cell, increasing from 1.4oC to 2.4oC as more hydrate was formed. 
 

 
Figure 4. MRI images of sand pack during initial hydrate formation collected over a two-
day period (top to bottom) along with temperature profiles collected at the same time. 
Hydrate formed initially at bottom of image on left side (inlet) as represented by blue 
(cooler colors).  

 
Injection of N2 was included in the experiment to remove hydrate from some of the pores, 
especially at the inlet end of the core. This resulted in the dissociation of some of the 
hydrate, accompanied by a drop in temperature and the release of some of the methane 
from the hydrate (Figure 5). The starting point of this stage was defined by the 
temperature profile 1c-01 and the top most MRI image. The N2 injection increased the 
sample permeability from the 30 mD created by the initial hydrate formation to 55 mD. 
The dissociation of hydrate during N2 injection over the next 64 hours was illustrated by 
the drop in temperature profiles (1c-25 and 1d-01) and the return of free water signal in 
the MRI images (2nd and 3rd images). The images suggested more hydrate dissociation 
closer to the inlet end of the sand pack, while the temperature profiles showed a smaller 
drop in temperature compared to the starting point. These 2D slices of the entire 3D sand 
pack volume were selected as the centermost (16 of 32) and often did not represent the 
total distribution of hydrate and free water phases in the sample.  
 
The N2 injection step was followed by the injection of a N2-CO2 gas mixture over the 
following 36 hours. The CO2 formed new hydrate and exchanged with methane in 
hydrate structure, releasing additional methane. The hydrate formation resulted in 
increased temperatures along the length of the core, with the larger change taking place 
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closer to the inlet end (profiles 1d-07 and 1d-15). MRI images collected during the N2-
CO2 injection showed the changes in hydrate saturation and the preferential dissociation 
near the inlet end during the N2 injection as the total hydrate saturation increased. The 
final hydrate saturation was approximately 80% and the measured permeability was 10 
mD after the completion of the N2-CO2 injection. Methane was collected at the outlet end 
and the mechanism of CH4-CO2 exchange was verified. [4] 
 

 
Figure 5. Temperature profiles and MRI images collected at start of N2 injection (1c-01, 
top image) and the dissociation that accompanied the injection (1c-25, 1d-01, 2nd and 3rd 
images). This was followed by N2-CO2 injection that reformed hydrate (1d-07, 4th image) 
to an end point (1d-15, bottom image). 

 
A second experiment investigated the thermal effects associated with depressurization 
below the hydrate stability (Figure 6). Pressure was dropped suddenly from the initial 
1200 psi to 600 psi and then an additional 400 psi down to 200 psi over an 18-hour 
period. The MRI intensity measurements were collected at an interval of 13 minutes. 
There was a large drop in temperature associated with the drop in large initial drop in 
pressure that was attributed to gas expansion. As the pressure was slowly dropped from 
600 psi the temperature continued to drop at a much slower rate. There was a lag of 
roughly four hours before there was sufficient MRI signal to show the dissociation of the 
hydrate into its constituent water and methane phases. The temperature stabilized halfway 
through the pressure decline and while the averaged MRI intensity was still growing. 
MRI profiles were acquired with very fast scans for this test compared to the 2.5-hour 
scans used in the initial test so the signal quality was not as good, but sufficient to 
observe general trends.  
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Figure 6. One-day depressurization experiment that followed temperature and MRI 
intensity trends after pressure was dropped below stability pressure and then slowly 
ramped downward. MRI 2D slices of Depressurization experiment collected at the 
beginning of dissociation (top), when the temperature stabilized (middle) and at the end 
of the depressurization period (bottom). 

 
DISCUSSION 
The increase in temperature of several degrees centigrade that was observed during 
hydrate formation was in agreement with an earlier study the monitored hydrate 
formation in a reactor vessel filled with sediment. [10] That experiment placed several 
thermocouples at various depths in the sediment mixture and monitored temperature 
during cooling and hydrate formation. That experiment also observed very rapid 
temperature transients during the hydrate formation that matched the temperature events 
recorded in this study (Figure 3).  
 
The combination of imaging and temperature measurements for monitoring hydrate 
growth and exchange reactions is complementary, each provides a distinct view of the 
process and the mechanisms. MRI imaging is ideal because it can easily distinguish 
between free water and hydrate, though it is limited in that it cannot resolve exchange 
reactions that occur in the hydrate state. Previous work showed that within the time frame 
of an MRI image, 15 to 180 minutes, the uniformity of the image during exchange of CO2 
for CH4 indicated that large-scale dissociation was not the mechanism of exchange. This 
was not to imply a solid-state reaction since the reaction rates were far too fast for that 
process. Instead, localized and rapid dissociation and reformation that took place at times 
much faster than MRI time resolution allowed.  
 
Temperature measurements also are sensitive to changes in state of the water – hydrate 
system, though perhaps not as robust as MRI imaging. The time constant for temperature 
measurements is much faster, essentially instantaneous. The introduction of a fiber-optic 
line into the reactor cell or sediment volume allows for high spatial resolution, fast-time 
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acquisition temperature data. The small perturbations in the temperature array eventually 
can be matched with even higher resolution MRI imaging.  
 
The images collected for this study were limited by capabilities of the older generation 
instrument and the demands of trying to capture water signals with their long T1 recovery 
times. A test that followed these temperature experiments showed how adjustments to the 
image acquisition parameters could improve the resolution of the images (Figure 7). The 
key adjustment was to dope the water used in the test with CuSO4, which dramatically 
decreased the T1 relaxation time constant of the water from 1.3 seconds to 50 
milliseconds. This allowed for a significant reduction in recovery time for the 
measurement, meaning more scans per unit of time. The second adjustment was to 
increase the applied magnetic field gradient, which resulted in more voxels per unit 
volume. In this study the original scan created a transverse slice of 32 x 32 voxels. As the 
resolution was improved to 64 x 64 and ultimately 128 x 128 greater detail was seen in 
the images. The pore space filled with free water was represented by “brighter” colors 
while the hydrate-filled pores were darker. The improved resolution highlighted the non-
uniform nature of the actual hydrate distribution in these sand packs.  
 

 
Figure 7. Comparison of a single transverse slice in a hydrate-bearing sand pack captured 
at 32 x 32 resolution (left), 64 x 64 (center) and 128 x 128 (right). Increased signal 
intensity denoted by brighter colors represents free water. Hydrate-bearing regions are 
darker.  

 
The temperature profile along the length of the sand pack has the potential to provide 
insights into the kinetics of hydrate formation in a porous medium, especially if the sand 
pack can be monitored throughout by imaging technologies to detect the presence of 
hydrate or its loss due to dissociation. High-resolution micro-CT or MRI methods are 
available to generate snap shots of the sample’s pore and grain volumes. The limitation 
lies in the positioning of the fiber optic within the sand pack. While it provides detailed 
information along the length of the sample, its radial resolution is quite limited. The 
temperature profile is essentially a 1D measurement in a 3D volume. Improvements in 
imaging technology should allow for improved comparison of the temperature and 
hydrate monitoring measurements. 
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CONCLUSION  
A high-resolution optical fiber used to monitor temperature fluctuations associated with 
geochemical reactions in porous media can be added to the experimentalists’ toolbox. 
This approach generates spatially resolved thermal data that can be used in turn to 
evaluate heat flow conditions in an experimental setup. The experiment design has to 
include a means to limit movement of the fiber during the test so that it responds only to 
temperature fluctuations and not strain. The combined temperature measurements and 
MRI images showed that hydrate formation and dissociation was non-uniformly 
distributed along the length of the sample, thus providing new insights not readily 
obtainable by other experimental techniques. The combination of spatial temperature 
measurements and sequential imaging opens up new opportunities to measure heat flow 
and heats of reaction in a wide variety of low-temperature diagenetic scenarios.  
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ABSTRACT 
SCAL parameters (i.e., Relative Permeability and Capillary Pressure curves) are key 
inputs to understand and predict reservoir behavior in all phases of development. 
Techniques to measure relative permeability and capillary pressure have been well 
established and applied to a wide variety of core samples both from sandstone and 
carbonate reservoirs. On the other hand, we frequently encounter quality compromised 
data due to challenges in experimental procedures, lack of understanding of measurement 
techniques, and poor quality of raw data. As a result, relative permeability is often 
viewed as a parameter with large uncertainties and a fitting parameter in history 
matching. 
 
A special core analysis program was recently carried out on selected core samples from a 
deep-water sandstone reservoir in the Gulf of Mexico. In this frontier, relative 
permeability has been ranked among the top subsurface uncertainties. It greatly impacts 
the production forecast and field development plan. However, due to the high 
temperature, high salinity and fluid compatibility issues, the core measurements faced 
very specific challenges and a good relative permeability dataset has not been obtained in 
the past for this area. In this work, we demonstrate that a quality set of relative 
permeability data can be obtained through close collaboration across disciplines, a 
properly designed protocol, adequate engagement with the laboratory, timely QA/QC of 
experimental raw data, and appropriate interpretation incorporating numerical 
simulations. Well-defined and constrained relative permeability curves have been derived 
with the combination of steady state and centrifuge techniques. The average trend can be 
described by a residual oil saturation of 22%, end-point relative permeabilities of 0.6 and 
0.2 to oil and water, respectively and Corey exponents between 2 and 3. 
 
 
INTRODUCTION 
SCAL parameters (i.e., Relative Permeability and Capillary Pressure curves) are key 
inputs to understand and predict reservoir behavior in all phases of development. SCAL 
plays a key role in the selection, design, and optimization of oil recovery processes e.g. 
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waterflood, enhanced oil recovery.  High quality SCAL data acquisition and application 
requires proper experimental program design: the use of state-of-the-art SCAL 
capabilities and techniques, timely monitoring of the experiments in progress and QC of 
the raw data. SCAL projects are highly specialized and require the leadership of 
professionals with the necessary qualifications and expertise.  
 
Techniques to measure relative permeability and capillary pressure include core flooding 
and centrifuge. In a core flooding test, oil and water may be co-injected into a core plug 
sample at controlled fractional flow rates. With stable pressure and saturation, relative 
permeabilities to oil and water can be derived simultaneously; the so-called Steady State 
(SS) test. Another type of core flooding test, ie. the Unsteady State (USS) test, involves 
injecting water only at a constant rate and recording the oil production. The centrifuge 
technique is a method to measure capillary pressure (multi-speed centrifuge) or relative 
permeability (single speed centrifuge). In a centrifuge test, a core plug is saturated with 
one phase and spun around in a core holder filled with the other phase. The production of 
the expelled phase from the core plug by the centrifugal force is measured as a function 
of time. 
 
Different techniques have their own advantages and limitations. In an SS or USS test, 
relative permeabilities for two phases are measured simultaneously. Note that very low 
flow rates are needed to measure the tail-end of relative permeability, and such low rates 
are often constrained by the equipment capability. As a result, SS and USS generally 
measure relative permeability of about 10-3 or higher. However, the measured saturation 
range can be increased by using a bump flood rate at the end of the experiment in 
combination with numerical interpretation of the data. In addition, in an USS test, only 
the data after breakthrough of the invading phase can be used. Moreover, viscous 
fingering at high mobility ratios could further complicate the measurement. 
 
Capillary pressure plays a key role in fluid distribution, but is not measured in a core 
flooding SS or USS test. The capillary pressure must be measured separately to interpret 
a flooding test. The centrifuge technique can measure relative permeability using single 
speed or capillary pressure using multispeed. It can achieve higher capillary pressure than 
a displacement (or flooding) test, measure very low relative permeability, and provide 
more accurate information on residual saturation. Besides, centrifuge displacement is 
gravity stable with no viscous fingering. A main limitation of the centrifuge method is 
that only relative permeability of the expelled phase can be derived. 
 
The abovementioned techniques have been well established and applied to a wide variety 
of core samples both from sandstone and carbonate reservoirs. However, in practice, we 
frequently encounter less satisfactory relative permeability data. Several factors could 
have contributed to the compromised quality, including challenges in experimental 
procedures, non-representative core sample selection, lack of understanding of 
measurement techniques, poor quality raw data, inadequate analysis or interpretation, etc.  
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As a result, relative permeability is often viewed as a parameter with large uncertainties 
and a fitting parameter in history matching. 
 
In this paper, we describe a relative permeability program carried out recently on core 
samples from a deep-water sandstone reservoir in the Gulf of Mexico. We first outline 
the protocol and highlight the importance of proper design of the experiments. We then 
describe the program in steps with the focus on timely data review and QA/QC. For data 
analysis, we use numerical simulations to interpret individual tests and combine results 
from different methods. We also discuss the possible impact of sample heterogeneity and 
large viscous pressure on the steady state tests. 
 
 
EXPERIMENTAL PROGRAM 
A SCAL program was recently carried out on selected core samples from a deep-water 
sandstone reservoir in the Gulf of Mexico. In this frontier, relative permeability has been 
ranked among the top subsurface uncertainties, as shown in the tornado chart in Figure 1. 
Both the initial oil production rate and the oil-water displacement efficiency are greatly 
driven by oil-water relative permeability due to the significant aquifer presence. From a 
field development point of view, evaluation of such important parameters as well 
productivity, and therefore well count and ultimate recovery requires a set of quality and 
representative oil-water relative permeability data.  
 
Quality relative permeability data has not been obtained in the past in this area for several 
reasons. In this new frontier, the reservoir temperature is over 300 ºF and in situ 
formation brine is saturated with total dissolved solids (TDS) of about 410,000 mg/l. 
These subsurface conditions have imposed specific challenges to the core measurements. 
In previous SCAL measurements, we experienced tubing corrosion and equipment failure 
because of those challenges. Besides, core tests were also compromised by missing raw 
data, less than optimal design, and lack of timely result review. Figure 2 contains 
examples from both SS and centrifuge tests previously performed on core plugs from this 
area. In the SS test, pressure data in Figure 2 (a) showed that the injection during some 
oil-water rate ratios was too short to assess if steady state was indeed achieved. At each 
injection ratio, only one saturation profile was reported with large variations as depicted 
in Figure 2 (b). The core plug was at non-uniform initial saturation, which could be 
caused by local heterogeneities in the sample or improper initialization. At each ratio, 
displacement probably did not reach steady state, resulting in a large saturation gradient 
along the plug. In a single speed centrifuge test in Figure 2 (c), the speed of 600 rpm 
(revolution per minute) was used. The corresponding capillary pressure (~1.2 psi) was 
too low to measure the true residual oil saturation. In a multi-speed centrifuge test in 
Figure 2 (d), speed selection could have been improved to better resolve the production. 
Moreover, manually recorded production data could not provide the full production 
profile. 
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In this program, we used both steady state and centrifuge techniques to measure relative 
permeability. A high-level protocol is listed below. 

1. Fluid and core plug selection 
2. Core cleaning 
3. Basic property characterization  
4. Core plug initialization 
5. Wettability restoration, i.e. aging 
6. Steady state and centrifuge tests 
7. Data interpretation 

 
Fluids and Core Plug Selection, Cleaning and Characterization 
Dead crude oil from the same well and same depth interval was used in wettability 
restoration. As the reservoir live crude is relatively light with low GOR (< 500 scf/bbl), 
dead crude is representative. Lab oil was used in initialization and in relative permeability 
tests to avoid any possible crude instability issues. The lab oil was selected based on its 
compatibility test results with the crude at different volumetric ratios. The in-situ TDS of 
the formation brine could not be achieved at experimental conditions with lower pressure. 
Instead, synthetic formation brine used in this program was diluted 40% with TDS to 
about 220,000 mg/L.  
 
Two main rock fabrics were observed on cores in this reservoir. One with fine 
laminations has a wide range of permeability and is the main contributor to reservoir 
flow. The other fabric shows less organized features and is associated with lower 
permeability (< 20 mD). We selected core plugs primarily based on permeability and 
coverage of the two fabrics. The main flow capacity in the reservoir is contributed by the 
formation with permeability 10 mD or higher. Core plugs lower than 10 mD were not 
included in this program. Besides, the porosity-permeability trend from selected plugs 
reasonably followed those measured from routine core analysis (RCA). Then, plugs were 
paired based on permeability, porosity and rock fabrics so that one plug was tested using 
the SS method and one using the centrifuge method. The goal was to combine the results 
from each method to obtain a set of fully defined relative permeability curves, as 
recommended by Masalmeh and Jing [1]. To achieve this goal, a plug pair should have 
the same or very similar properties. Fourteen core plugs were selected in this program. 
Figure 3 shows CT images of two plugs representing two types of rock fabrics. Figure 4 
compares the porosity and permeability of the selected plugs with those from RCA. 
 
Proper cleaning is necessary to remove any remaining hydrocarbon fluids and possible 
contamination of drilling fluid, and render core plugs water-wet. Core cleaning in this 
program was complicated by the existence of solid hydrocarbon (HC) in the pore space. 
Our previous experience showed that aggressive solvents normally used in core analysis 
would keep stripping some solid HC off, but could not entirely remove it. It left large 
uncertainties in how much solid HC was left in pores. The cleaning protocol was 
therefore updated using the relatively benign solvent cyclohexane to preserve the solid 
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HC. Thin section analysis on plug end-trims after cleaning confirmed the preservation of 
solid HC (Figure 5). 
 
Basic core properties were measured including dimensions, CT (computer-assisted 
tomography) scanning, porosity, permeability, XRD (X-ray diffraction), etc. CT scanning 
is essential to evaluate plug integrity and homogeneity. XRD provides minerology 
information. CT images and XRD data are available before start of the SCAL program. 
Plug dimensions, porosity, and stressed brine permeability are critical data in a relative 
permeability program. In a SCAL test, we prefer 1.5 inch diameter core plugs of 5 cm or 
longer. Larger size core samples help reduce the uncertainties in measuring small pore 
volume, and mitigate the impact from the potential capillary end effect during core 
flooding tests. In this program, due to limited availability of core samples, smaller core 
plugs samples were used with ~1.5 inch long and 1 inch in diameter. They are 10 – 780 
mD in permeability and 17% - 26% in porosity.  
 
Core Plug Initialization and Wettability Restoration 
Porous plate, centrifuge, and flooding are the most common methods to establish initial 
water saturation in core plugs. We used porous plate to obtain uniform initial water 
distribution along the plug. Brine was drained by a lab oil at pre-defined capillary 
pressure. This target water saturation was compared with that at the top of the reservoir 
from saturation logs. The core plug was considered initialized if its water saturation 
agreed with that from the saturation log (within ±5- saturation unit).  
 
Once core plugs were at representative initial water distribution, crude oil was injected 
into plugs to displace the lab oil at reservoir temperature and a pore pressure of 200 psi. 
The aging process started; core plugs with crude oil were maintained at reservoir 
temperature and net confining stress for four weeks, as suggested by a previous study [2]. 
After aging, the crude oil was displaced by the lab oil. Effluent and delta pressure across 
a core plug were monitored closely to ensure the complete displacement of the post-aging 
crude. Delta pressure approached stable reading with less noise when the crude oil in the 
core plug was displaced in the core sample. The clear effluent also confirmed it. Effective 
permeability to oil at initial water saturation was also measured before and after aging as 
QC check. At this stage, core plugs prepared at Swi with wettability restored were ready 
for the SS or centrifuge tests. 
 
Supplementary QC Tests 
As mentioned above, subsurface conditions like high temperature and high salinity have 
made core measurements very challenging. Before the actual relative permeability tests, 
we implemented a few so-called QC tests. The objective was not to measure 
representative relative permeability data, but to evaluate the test equipment and the test 
design. As such, crude oil and plugs from the same core were used. QC core plugs 
followed similar but accelerated preparation procedures. For example, the initial water 
saturation was obtained by centrifuge desaturation, and the aging duration was shortened 
to one week. Those QC SS or centrifuge tests were carried out ahead of tests on the actual 
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plugs, and the results were used to optimize test parameters, such as speed selection in 
centrifuge tests and oil-water injection ratios in SS tests. 
 
Relative Permeability and Capillary Pressure Tests 
Fourteen core plugs were split into two groups after aging: seven for centrifuge tests and 
seven for SS tests. Two centrifuge tests were performed on each of the seven plugs 
sequentially to measure imbibition capillary pressure and secondary drainage capillary 
pressure, respectively. Eight speeds were used in each multispeed centrifuge test ranged 
from 400 to 10000 rpm (revolution per minute). Bond number at highest speed was 
checked to avoid over-desaturation. In the previous program, a Bond number of 10-5 was 
used, resulting in a very low speed (< 4000 rpm) and over-estimated residual saturation. 
Study [3, 4] has shown that the critical Bond number could be orders of magnitude higher 
than 10-5 for a non-water-wet system. Besides, numerical simulations and QC test results 
were used to ensure those speeds were reasonably spaced to measure the full capillary 
pressure curve. During the measurements, we reviewed the automatic recorded raw 
production data at each speed to assess equilibrium, before moving to the next speed. 
 
In the SS tests, water and oil were injected into plugs at nine fractional flow rates: 0, 
0.01, 0.05, 0.15, 0.5, 0.85, 0.95, 0.99, and 1. Total injection rate was selected based on 
the permeability of each individual plug. In each test, once the pressure and saturation 
were stabilized at 100% water fractional flow, the injection rate was increased up to five 
times (ie. bump flood) to reduce any possible capillary end effect. During the test, 
pressure drop across the plug was closely monitored and multiple X-ray scans were 
performed at each ratio. The raw data at each ratio was reviewed to assess if a true steady 
state was achieved before proceeding to the next ratio.  
 
 
DATA ANALYSIS 
To obtain capillary pressure and relative permeability data from centrifuge and steady 
state tests, we started with the analytical calculation followed by numerical simulations. 
A one-dimensional numerical model was built in MoReS, a Shell in-house simulator, for 
data interpretation. There were 50 grid blocks along the flow/displacement direction (ie. z 
direction). Cross sectional area in the x and y plane matched that of a core plug. In a 
numerical centrifuge test, corresponding centrifugal acceleration was imposed at each 
speed, and production was simulated. In a steady state test, injection rate and oil-water 
ratio were imposed. Simulated pressure across a core plug and saturation profiles were 
monitored. See Maas and Schulte 1997 for more details [4]. 
 
As mentioned in the Introduction, SS technique can provide oil-water relative 
permeability in the intermediate saturation range. The data should be complimented by 
the residual oil saturation from a centrifuge test to define the full range of relative 
permeability values. On the other hand, only tail-end of oil relative permeability can be 
extracted from a centrifuge test. To extract a set of relative permeability and capillary 
pressure data that simultaneously matches both SS and centrifuge tests, data 
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interpretation was carried out in iterations. Capillary pressure (Pc) was first calculated 
from centrifuge production data using the Hassler-Brunner method [5]. Oil-water relative 
permeability (kr) was calculated from Darcy’s Law from SS data. The analytical results 
(Pc and kr) were then used as inputs and adjusted to match the actual production data 
using numerical simulation. 
 
Figure 6 shows the delta pressure across the plug and saturation profiles in steady state 
test on sample SS1 matched with numerical simulation. Figures 7 and 8 are the 
production data from multispeed centrifuge imbibition and secondary drainage tests on 
sample Cfg1 matched with numerical simulations. One common set of relative 
permeability and capillary pressure curves had been used to interpret the test results on 
SS1 and Cfg1 (Figure 9). In the Figure 9 (a), symbols with dashed lines are relative 
permeability used in simulations, where the residual oil saturation is obtained from 
centrifuge imbibition Pc measurement. Also shown in Figure 9 are the relative 
permeability curves derived analytically (open symbols). In this case, when the capillary 
end effect is small, the analytical and simulation solutions are very similar.  
 
DISCUSSION 
Imbibition Pc and Wettability 
Imbibition Pc curves are plotted in Figure 10. As shown in the figure, the Pc curve is 
negative with hardly any spontaneous imbibition of water. Average residual oil saturation 
is around 22%. Characteristics of imbibition Pc curves indicated non-water wet 
conditions. However, the curve shape and the absolute values did not suggest strongly 
oil-wet condition either. Figure 11 shows the secondary drainage Pc curves; no oil 
imbibition was observed. This is a common observation in many sandstone and carbonate 
samples. Any wettability index calculation from such imbibition and secondary drainage 
Pc curves may be misleading. It could even lead to a positive wettability index and the 
erroneous assumption that the reservoir is water-wet which is not the case.  
 
Relative Permeability 
Oil-water relative permeability curves combining SS and centrifuge results are in 
Figure 12. Seven sets of relative permeability curves appeared consistent. A range of 
Corey parameters could be extracted: Sor: 0.19 – 0.25, kro(Swi): 0.55 – 0.65, krw(Sor): 0.18 
– 0.24, no: 2.5 – 2.9 and nw: 2.0 – 2.6. Solid lines in the figure describe the average trend 
by the following Corey parameters: Sor ~ 0.22, kro(Swi) ~ 0.6, krw(Sor) ~ 0.2, no ~ 2.9, and 
nw ~ 2.3. 
 
Figure 13 compares kro(Swi) and Sor from this work with those from the previous 
programs. Both parameters from previous programs varied in wide ranges, leading to 
large uncertainties in reservoir wettability and flow evaluation. Such comparison for 
other Corey parameters could not be made due to compromised data quality in the 
previous programs.  
 
Reconciliation of Imbibition Pc and kr 
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For this set of core samples, measured imbibition Pc indicated that they were non-water-
wet. In SS tests, saturation profiles at each ratio appeared relatively flat. Possible 
interference from the end-pieces could have distorted the profiles near core end-faces. 
Relatively flat saturation profiles also suggest that the impact of imbibition Pc was 
minimal. Sample heterogeneity and the viscous pressure drop during steady state tests 
could have contributed to the observed flat saturation profiles. 
 
In steady state tests in this work, pressure drop across the core plug was higher than the 
imbibition Pc for water saturation up to ~70%. The impact of Pc on the fluid distribution 
was greatly reduced. CT images of core plugs also showed fine laminations (Figure 3), 
suggesting varying grain sizes. Thin sections of plug end-trims indicated the alternating 
coarser-grained and finer-grained laminae. Figure 14 is a thin section image of the end-
trim from sample SS1. The apparent bi-model distribution of grain sizes derived from the 
thin section confirmed this alternation. The laminations could have affected the flow 
during the SS tests. A centrifuge test, in contrast, is a gravity stable displacement and is 
less affected by heterogeneity. Further investigation is needed to evaluate the potential 
impact of fine laminations on fluid flow and relative permeability, and the effort is 
ongoing.  
  
 
CONCLUSION 
In this paper, we presented an experimental program to measure relative permeability on 
core plug samples from a deep-water sandstone reservoir in the Gulf of Mexico. Previous 
SCAL measurements showed data with compromised quality, due to challenging 
experimental conditions and lack of data QAQC. In the program execution, we found 
that: 

• Combination of steady state and centrifuge techniques better measures full 
relative permeability curves. 

• Saturation profiles are necessary to evaluate the fluid flow and distribution along 
the core sample. 

• Supplementary tests to assess fluid compatibility and measurement protocol add 
values to optimize the test design. 

• Numerical simulations include both capillary pressure and relative permeability 
effects, and provide representative interpretation. 

• Continuous and timely monitoring of experimental data is essential to obtain 
quality data. 
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Figure 1: Impacts of subsurface uncertainties on cumulative oil production in the relevant reservoir in this 

study. Relative permeability is the third most sensitive parameters. 
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Figure 2: Examples of steady-state (top row) and centrifuge (bottom row) test data previously measured on 

core plugs from the same area. Several issues were identified from those tests. See text for detailed 
explanation. 

 
Figure 3: CT images of core plug SS1and SS4, showing two types of fabrics. Gray scale was adjusted to 

highlight any fine laminations or density contrast in core plugs. 
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Figure 4: Porosity and permeability of plugs 
from routine core analysis (RCA) and those for 

relative permeability tests (Rel Perm). 

Figure 5: Thin section of the end-trim from core 
sample Cfg4, where “Chl+SHC, gc” marks the 

grain-coated chlorite and solid HC. 
 
 

 
Figure 6: Steady state test results for sample SS1. (a) The measured delta pressure (brown line) was 
matched by the simulated pressures (light blue and pink lines). (b) The measured water saturations 

(symbols) were matched by simulations (lines with corresponding colors). 
 

 

 

 

Figure 7: Oil production (in term of water 
saturation Sw) from centrifuge imbibition test on 
sample Cfg1 (yellow squares) was matched with 

simulation results (red line). 

 Figure 8: Water production from centrifuge 
secondary drainage test on sample Cfg1 (yellow 

squares) was matched with simulation results (red 
line). 
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Figure 9: Imbibition oil-water relative permeability (a) and capillary pressure (b) curves derived from 

steady state test on SS1 and centrifuge test on Cfg1. See text for explanation. 
 

  

Figure 10: Imbibition capillary pressure curves 
interpreted from multispeed centrifuge tests. 

Figure 11: Secondary drainage capillary pressure 
curves interpreted from multispeed centrifuge tests. 

 
 

 
Figure 12: Relative permeability curves combining both steady state and centrifuge test results in linear 

scale (left) and semi-log scale (right). 
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Figure 13: Comparison of kro(Swi) and Sor from this work with those from the previous programs.  

 
 

 
Figure 14: (a) Thin section image of the end-trim from sample SS1, where blue arrows mark the coarser-

grained laminae. (b) Grain sizes derived from thin section suggests bi-modal distribution. 
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ABSTRACT 
In this study, we have investigated the effect of two aging protocols (static and 
dynamic) on oil/water relative permeabilities. Experiments were conducted on a set 
of initially strongly water-wet outcrop sandstone samples (Bentheimer). The same 
measurements were also conducted on altered samples using the two different 
aging protocols. Steady-state relative permeabilities were measured using a state of 
the art experimental setup (CAL-X). The setup is equipped with an X-Ray 
radiography facility, enabling monitoring of 2D local saturations in real-time and 
thus giving access to fluid flow paths during the flooding. Aged samples relative 
permeability curves show clear differences when compared to water-wet relative 
permeabilities, hence suggesting that the wettability has been effectively altered. 
However, the two aging protocols were unable to produce the same results. The 
dynamic aging has led to an inversion of the original relative permeability curves 
asymmetry, suggesting a strongly oil-wet system, whereas the static aging protocol 
has altered the wettability to a lesser extent. The differences can be explained by 
analyzing a 2D saturation map. In the case of dynamic aging we observe a 
homogeneous distribution of fluid saturation during fractional flow. On the 
opposite, the static protocol results in heterogeneous flow paths, confirming that 
this protocol did not alter uniformly the wettability of the sample and generates a 
patchier mixed-wettability system. 

INTRODUCTION 
When evaluating the hydrodynamic behavior of hydrocarbon reservoirs for further 
production forecasts, a wide set of properties are needed to be fully described. 
These properties include the reservoir geometry (and its heterogeneities), extensive 
rock and fluids characterization (referred as SCAL and PVT analysis) and the 
pressure and temperature (P,T) conditions at which the reservoir is operated. At the 
laboratory scale, the multi-phase flow characterization is classically performed by 
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conducting two-phase coreflood experiments to measure relative permeabilities and 
capillary pressure, as a function of water saturation, as well as 𝑆!" and 𝑆!",! end-
points. In this work, these two end-points respectively refer to the initial brine-
water saturation left in the rock after the hydrocarbon displacement and to the 
quantity of hydrocarbon trapped after its displacement by the brine-water. All these 
properties strongly depend on the pore-scale geometry of the porous media, the 
fluids properties (at given P,T conditions) and what is generally referred as the 
Crude Oil - Brine - Rock interactions (COBR) [1, 2]. 
To be representative, relative permeabilities, capillary pressure and saturation end-
points have to be measured at reservoir conditions. Among these conditions, the 
core wettability has been demonstrated to be a first order parameter that will 
strongly affect and control the fluids distribution at the pore-scale in the porous 
media [3, 4]. In practice, original reservoir wettability is rarely preserved due to 
different core handling operations. Indeed,  cores drilling, storage and cleaning, can 
lead to wettability alteration due to core exposure to different P, T conditions along 
with contamination by various fluids (drilling fluids, atmospheric air, solvents …) 
[5]. Therefore, the restoration of the original reservoir wettability is a key issue to 
have representative SCAL measurements. Ideally, this is performed by aging the 
cleaned cores with the reservoir crude-oil, at reservoir P,T conditions and at a 
brine-water saturation 𝑆! as closed as possible to the 𝑆!" measured in the reservoir. 
Previous studies have demonstrated the dependency of the efficiency of the aging 
process to many parameters such as the crude oil composition, the aging time, the 
temperature, the fluid distribution and aging protocols [6, 7]. In addition, a major 
concern in the wettability restoration process is the impossibility to directly 
compare the restored wettability with the original one. Nevertheless, the impact of 
the wettability on both steady- or unsteady-state relative permeabilities has been 
well demonstrated in numerous studies [4, 8]. 

In this study, we have investigated the effect of two aging protocols (static and 
dynamic) on oil/water relative permeabilities using small core samples (10 mm in 
diameter and 20 mm in length) and High Throughput Coreflood Experimentation 
using CAL-X platform [9]. The use of such small samples allows to reduce 
coreflood experiment duration from few weeks to few days while respecting Darcy 
scale. The CAL-X setup is equipped with an X-Ray radiography facility, enabling 
monitoring of 2D saturation profiles in real-time and thus giving access to fluid 
flow paths during flooding. This equipment allows conducting steady-state relative 
permeability measurements typically in one day. In addition, the access to the 2D 
local saturations has demonstrated its potential for a better interpretation of global 
measurements [10, 11]. Experiments were conducted on a set of initially strongly 
water-wet outcrop sandstone samples (Bentheimer cores). 
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MATERIAL AND METHODS  
Rock samples and fluids 

Samples used in this work are water-wet outcrop sandstones from a Bentheimer 
quarry, with porosity ranging from 19% to 21% and permeability ranging from 930 
mD to 2500 mD (see Table 1). Samples were cored with a diamond core drill with 
1 cm internal diameter and cut to a length of 2 cm. After being cored, all the 
samples were dried in an oven for at least 48 hours at a temperature of 60 °C.  
The crude-oil used for aging has been chosen for its high asphaltenes and resins 
fractions (11.6% and 25.3% respectively). It is generally admitted that these two oil 
components are involved in the wettability alteration [6, 12]. The acid/base number 
is relatively low. From the chemical analysis of this crude-oil and the synthetic 
brine-water (30 g/l NaCl), polar interactions between the matrix and the polar 
components of the crude and surface precipitation of the asphaltenes are the two 
main mechanisms likely to occur during the aging. Acid/base interactions and ion 
bindings are not expected. All relative permeability measurements were measured 
using a synthetic brine at 30 g/l NaCl and dodecane.   

Aging Protocols 
The cores that went through aging were initially fully saturated with a synthetic 
brine of 30g/l NaCl then centrifuged with the crude-oil to residual water saturation 
referred as 𝑆!"#. The cores were centrifuged with a rotational speed of 2000 
rev/min. This rotational speed allowed to generate a differential pressure between 
the inlet and outlet of the cores of 350 mbars. Considering  HPMI curve this 
pressure is  sufficient to reach residual brine-water saturation lower than 15%. 

In the static protocol (Protocol 1), the core Bent2 at 𝑆!"# was immerged in the 
crude-oil and aged at 80°C for three weeks. In the dynamic protocol (Protocol 2), 
the core Bent3 was mounted at 𝑆!"# in a Hassler type cell and continually flooded 
with the crude oil at 80°C for 1 week. The dynamic ageing involves a constant 
supply of wettability altering components, expecting to alter the wettability of the 
core in a larger extent than the static protocol. 
  
Table 1: Core-dimension and petrophysical properties of the plugs used in this work. 

Plug 
name Origin 

Core dimensions Permeability 
(mD) 

Porosity 
(frac.) Aging protocol 

Diameter (mm) Length (mm) 

Bent1 

Bentheimer 

9.8 19.5 1490 0.23 Water-wet reference 
(Protocol 0) 

Bent2 9.9 21.7 930 0.22 Protocol 1 

Bent3 9.9 18.6 2500 0.22 Protocol 2 
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Steady state relative permeability measurement 

Steady-state kr measurements were conducted using the CAL-X set-up that has 
been recently designed for high throughput coreflood experimentation [9]. It is 
composed of an X-ray radiography facility, a fully instrumented multi-fluid 
injection platform and a dedicated X-ray transparent beryllium core holder. The 
local and averaged saturation S! is derived from the radiographs, captured every 
10 seconds, using Beer-Lambert law for multi-material. 

The different aging protocols described above are expected to alter the cores initial 
wettability from strongly water-wet to an oil-wet or mixed-wet behavior. In this 
study, this wettability alteration was indirectly evaluated using steady-state (SS) 
relative permeability measurement. This method has been preferred to the classical 
methods (i.e. contact angle measurement or spontaneous imbibition curves) 
because it gives access, using the 2D saturation map, to the phases partitioning in 
the core for intermediate phase saturations (ranging from 𝑆!" to 𝑆!",!) at transient 
and steady state. Thus providing access  not only to average core wettability (using 
the kr-curves), but also to the spatial wettability distribution. 
After aging, the cores were inserted in the core holder of the experimental set-up. 
Before conducting the relative permeability measurements, the crude-oil was 
removed from the samples by flushing first with cyclohexane to avoid asphaltenes 
precipitation and then with dodecane. The cyclohexane and the dodecane were 
flushed until differential pressure and phase-saturation stabilization. After being 
cleaned from the crude-oil, the cores were set to 𝑆!", through a displacement cycle 
involving a spontaneous water imbibition, a forced imbibition and a forced 
drainage with the dodecane. The drainage flow-rate was adapted so that 
comparable 𝑆!" values were reached for all the cores allowing an easier kr-curves 
comparison (especially the 𝑘!"# values). The kr measurements were conducted 
starting from this 𝑆!"  state of saturation. 

The SS method involves the simultaneous injection of both fluids at the inlet of the 
plug while monitoring the differential pressure and the saturation within the core. 
Starting from 𝑆!", the different points of the curves 𝑘!" 𝑆!  and 𝑘!"#(𝑆!)  are 
obtained by progressively increasing the fractional flow rate 𝑓! (𝑄!/𝑄!"!#$) from 0 
to 1. When steady-state is reached for a given 𝑓!, the values 𝑘!" 𝑆!  and 
𝑘!"#(𝑆!) are easily obtained using Eq.1. This analytical solving assumes the two 
conditions, negligible capillary effect and laminar flow (i.e. Reynolds number less 
than 10). Laminar condition is verified since a linear relation between flow rate and 
pressure drop is respected during mono-phasic injection. The condition of 
negligible capillary pressure can’t be completely verified here, but the uniformity 
of the 1D saturation profile at steady-state condition suggests a constant capillary 
pressure along the axis of the core (𝑑𝑃/𝑑𝑥 = 0); the high permeability of the 
cores allows us to assume a low capillary pressure. The relative permeabilities 
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calculated here were not corrected for the capillary pressure but the error was 

expected to be minor, allowing the kr-curves comparison. 

where 𝑞! is the volumetric flow rate of the phase i (m3/s), 𝐾! is the absolute 
permeability (m2), 𝑘!" is the relative permeability of the phase 𝑖, 𝜇! is the fluid 
viscosity (Pa.s), 𝑆! the saturation of the phase 𝑖, Δ𝑃! the differential pressure 
measure in the phase 𝑖, between the outlet and the inlet of the plug (Pa), 𝑃! is the 
capillary pressure defined as 𝑃! = 𝑃!" − 𝑃!, 𝐿 the length of the plug (m) and 𝑆 the 
cross section (m2).  

All the relative permeabilities were measured at ambient temperature (T~23°C) and 
under confinement pressure (Pconf=30bars and Ppore=5bars). They are fitted using 

Corey equations, using Eq.2 and a non-linear least squares regression: 

RESULTS AND DISCUSSION 
Steady-state relative permeabilities 

The SS relative permeabilities measured on the three Bentheimer cores are given in 
Figure 1. The fitted Corey’s parameters are summarized Table 2. The sample 
absolute permeability K! (see Table 1) has been used as reference value to compute 
kr-curves presented Figure 1. The end-points S!",!  reached during the last 
fractional flow (f! = 1) and the Corey’s parameters are compared Figure 2 and 
Figure 3 for the different aging protocol. 
The relative permeabilities measured on the water-wet sample (Figure 1, blue 
curves) confirm the cores initial strongly water-wet behaviour, accordingly to 
Craig’s rules of thumb [3]. The measurements show: 

- High values for the 𝑘!"# (above 0.5, in fraction). 
- Low values for the 𝑘!"# (below 0.13 in fraction). 
- A crossing point S!"  (S! when k!"  =  k!") slightly higher than 0.5. 

𝑘𝑟𝑤 𝑆𝑤 =
𝜇𝑤𝐿
𝐾𝑎𝑆

∗ 𝑞!
Δ𝑃𝑤

  𝑘𝑟𝑛𝑤 𝑆𝑤 =
𝜇𝑛𝑤𝐿
𝐾𝑎𝑆

∗ 𝑞!"
Δ𝑃𝑤 +𝑃𝑐

 Eq.1 

𝑘𝑟𝑤 𝑆𝑤 = 𝑘𝑟𝑤𝑚𝑆𝑤∗
𝑛𝑤

  𝑘𝑟𝑛𝑤 𝑆𝑤 = 𝑘𝑟𝑛𝑤𝑚(1− 𝑆𝑤
∗ )

𝑛𝑛𝑤

with 𝑆!∗ =
1 − 𝑆!"

1 − 𝑆!" − 𝑆!"#

 Eq.2 
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The strong asymmetry observed between the 𝑘!" and 𝑘!" curves shows that the 
pressure losses are more important in the water-phase at every saturation. This 
suggests a strong phase partitioning in the porous media with the trapping of the 
brine-phase in the small pores (poorly affecting the oil-phase flowing at 𝑆!") and 
the trapping of the oil-phase in the bigger pores (strongly affecting the water-phase 
flowing at 𝑆!",!). These two kr-curves, characterising the two-phase flow when the 
cores are at their initial wettability, are referred below as the native relative 
permeabilities.  
The kr-curves measured on the core Bent2 (static protocol) show noticeable 
differences with the native kr-curves (see Figure 1, red curves). The asymmetry 
between the two 𝑘!" and 𝑘!" curves has been reduced: the 𝑘!"! value remains the 
same at comparable saturation but the 𝑘!"# values is increased from 0.10 to 0.26. 
For any given saturation, the pressure losses in the oil-phase has increased: the kro-
curve is now more curved (i.e. it has a greater Corey exponent, indicating a more 
oil-wet character). In addition, the 𝑆!",! value is significantly reduced from 0.43 to 
0.25. Both these observations suggest that the two immiscible fluids distribute 
differently during the two-phase flow (compared to the native case), resulting in 
different pressure losses and fluids trapping. Although the original wettability has 
been altered, the kr-curves do not correspond to a strongly oil-wet system. The 
initial wettability may have been altered from strongly water-wet to intermediate-
wet or mixed-wet as defined by  Salathiel  [13]. The differentiation between an 
intermediate or mixed patchy wettability is not possible based on average 
properties. To get more insight on the nature of wettability alteration, local 
observations are needed. This can be achieved either using 3D µCT images that can 
be limited in resolution if large domain has to be imaged or the 2D local saturations 
that can give access to the dynamic flow pattern of fluids in the porous media 
during coreflood experiments.  

The kr-curves measured on the Bent3 core (altered by applying the dynamic 
protocol (protocol 2) are also shown in Figure 1 (green curves). Major differences 
can be observed compared to the native-core curves: the native kr-curves 
asymmetry has been partially reversed: the 𝑘!"# value is now lower than the 𝑘!"# 
(0.20 and 0.37 respectively) at comparable 𝑆!" and 𝑆!",! values. The pressure 
losses (measured differential pressure) are now more important in the oil-phase 
than in the water-phase at every saturation. This can be interpreted as a change of 
the initial phases partitioning in the porous media: the brine-water may now be 
trapped in the bulk of the biggest pores, affecting the oil-flow at 𝑆!" more severely 
than if the brine was trapped in the smallest pores. Such an inversion of the initial 
kr-curves asymmetry has been rarely observed in the literature when using the 
same pair of fluids in an altered system: most of the kr-curves stating a strongly oil-
wet system still exhibit 𝑘!"# value higher than the 𝑘!"# [1, 3, 4, 14].  
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Figure 1: Relative permeabilities normalized with the cores absolute permeabilities 𝐾 (see Table 1). 
The different curves correspond to the water-wet case (blue curves), the static aging protocol (red 
curves) and the dynamic aging protocol (green curves). 
 

Table 2: Corey fitted parameters on the measured relative permeabilities, using Eq.2. The subscripts 
w and o respectively indicate the synthetic brine and the oil (dodecane phase). 

Plug name Swi (frac.) Sorw (frac.) no nw krom krwm 

Bent1 (water-wet reference) 0.21 0.43 1.32 2.82 0.50 0.10 

Bent2 (static aging) 0.18 0.25 3.23 2.45 0.57 0.26 

Bent3 (dynamic aging) 0.24 0.20 3.25 2.13 0.20 0.37 

This kr-curves comparison shows that the two aging protocols have both altered the 
initial core wettability but to a different extent: the dynamic protocol appears to be 
far more efficient (considering also the reduced aging time for the dynamic 
protocol). This observation is confirmed by the evolution of residual oil saturation 
that decreases from 0.43 for the water wet case to 0.2 after the dynamic aging 
protocol (see Figure 3). The static aging results in an intermediate trapping value of 
0.25. 𝑆!" on the other hand shows an increasing trend, however a clear conclusion 
cannot be drawn at this stage, as drainage flow rates were adapted to reach 
comparable values of initial water saturation.  

Figure 3 shows the evolution of the Corey’s parameters as the system moves from 
strongly water-wet to oil-wet (from the left to the right): the asymmetry between 
the 𝑘!"#$ values and the Corey exponents is inversed from protocol 0 (water-wet 
reference) to protocol 2 (dynamic aging). As demonstrated in previous work, the 
crude-oil flooding has a major impact on the wettability alteration [11]. Two 
mechanisms may be considered: first the destabilisation of the water-films limiting 
the rock / crude-oil interactions, and second the constant supply of active 
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components responsible for the wettability alteration (asphaltenes, resins, and other 
surface active components with polar functional groups). 

 
Figure 2: Impact of the aging protocol on the residual oil saturation (Sorw) reached at the end of the 
kr-measurement (fw=1). The 𝑆!" values appear slightly impacted as the oil-flushing (𝑓! = 0) was 
adapted so that comparable values are reached. 

 

Figure 3: Impact of the aging protocol on the fitted Corey parameters (𝑘!"#$ on the left and Corey 
exponent on the right). 

2D local saturations 
The 2D local saturations imaged during the relative permeability measurements 
conducted on the two aged cores are given in Figure 5 and Figure 6. A color map is 
used to draw the phase saturations maps, with hot shades for the 100% oil-phase 
and cold shades for the 100% brine-phase. Each successive frame (from left to 
right) is taken at increasing fractional flow 𝑓!, from 0 to 1. The 1D saturation 
profiles 𝑆!(𝑋) are drawn on each frame to assess the saturation variation along the 
vertical axis. The spatial resolution of the saturation on the frame is about 0.25 mm. 
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The 2D saturation map captured on the originate water-wet sample Bent1 shows 
Figure 4 the uniformity of the saturation when the steady state is reached, in both 
the vertical and lateral directions, for all frames at the exception of the first frame 
(𝑓! = 0) that shows a small capillary end-effect. This confirms the hypothesis of 
constant capillary pressure mentioned above (for 𝑓! > 0). 

 
Figure 4: 2D local saturations map during the relative permeabilities measurement conducted on the 
core Bent1 (water-wet reference). The successive frames are taken at increasing fractional flow 𝑓! 
from 0 to 1. The 1D saturation along the axis is drawn on each frame. 

The 2D saturation maps captured on sample Bent2 (static protocol) reveal a strong 
heterogeneity on the flow pattern (see Figure 5). The brine-phase is mainly flowing 
at the center of the core for low and intermediate 𝑓!  values. When the water 
fractional flow is high enough, the flow pattern is fading and the sweeping appears 
more homogeneous. This heterogeneous flow pattern was also observed during 
spontaneous imbibition using the synthetic brine (see Figure 7, left) and a 
spontaneous drainage using the dodecane (see Figure 7, right) conducted on the 
same core. This was only observed for the core aged with the static protocol. The 
core aged with the dynamic protocol (Bent3) shows a more homogenous phase 
partitioning (see Figure 6). The phases partitioning observed during the kr-
measurement and the spontaneous displacements on Bent2 can be explained by a 
spatial heterogeneous wettability alteration (i.e. distinguishable zones with 
different preferential wettability), with the border of the core being more altered 
than the center. Similar observations have been made by [11] when altering a chalk 
sample wettability with a static protocol. Beside the lateral heterogeneity, the 
frames Figure 5 show a uniformity of the saturation along the vertical axis. 

At the end of the experiment, the core Bent2 has been cut along the axis. It shows a 
pattern of darker areas at the surface of the rock matrix (Error! Reference source 
not found.). This observation can be interpreted as asphaltenes and resin deposits 
on the porous surface. It should be noted that before being dismounted from the 
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flowing cell, the cores have been cleaned using Iso-propylic alcohol (IPA) that can 
potentially remove some of the asphaltenes and resins in the center of the core.  
All the results show that the static aging protocol generates a wettability pattern 
gradient that goes from more oil-wet surface at the border of the sample to more 
water-wet surfaces at the center of the sample. It is possible that the asphaltene and 
resin deposits at the border of the core is enhanced by the molecular diffusion of 
these molecules from the surrounding crude-oil toward the center the core. 

 
Figure 5: 2D local saturations map during the relative permeabilities measurement conducted on the 
core Bent2 (static aging). The successive frames are taken at increasing fractional flow 𝑓! from 0 to 
1. The 1D saturation along the axis is drawn on each frame. 

 
Figure 6: 2D local saturations map during the relative permeabilities measurement conducted on the 
core Bent3 (dynamic aging). The successive frames are taken at increasing fractional flow 𝑓! from 
0 to 1. The 1D saturation along the axis is drawn on each frame. 

The 1D saturation profiles measured on the core Bent3 (dynamic ageing) Figure 7 
show a non-uniformity of the saturation, with the oil saturation decreasing from the 
inlet to the outlet of the plug. This heterogeneity may not be explained by a 
capillary pressure since it was not observed on the core Bent2 (Figure 5). As 
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mentioned and observed by [10], the unidirectional crude oil flooding during the 
dynamic ageing can results in a non-uniform wettability alteration with the inlet 
more altered than the core outlet. This can be explained by a higher pore pressure 
at the inlet that help thinning the water film and thus the asphaltenes to adsorb on 
the pores surface. 

The 2D insight of the wettability alteration brings valuable information for the 
interpretation of the core wettability after being aged with the static protocol. The 
two spontaneous displacements (see Figure 7) suggested a mixed wettability, 
resulting from the combination of oil-wet and water-wet patches. These results 
demonstrate the added value of the present method to determine wettability 
behavior compared to more conventional measurements such as contact angle 
measurement on model surfaces, underestimating the complexity of the pore space 
and its impact on the wettability.   

        
Figure 7: 2D local saturations caught during a spontaneous imbibition with brine (left) and a 
spontaneous drainage, using the dodecane (right), both conducted on the core Bent2 (static aging). 

 
Figure 8: Along the axis cut of the core Bent2 after treatment following the static aging protocol. 
The darken areas at the outer part of the core are asphaltene and resin deposits. 

CONCLUSIONS 
In this work we have presented the impact of two aging protocols on the relative 
permeability measured using the steady-state method and high throughput 
experimentation methods. Different wettability alteration patterns have been 
observed to result from the static and the dynamic aging protocol. The aging has 
been demonstrated to be more effective when the crude-oil was continuously 
flooded in the core. A change of the phases partitioning in the porous media has 
been observed with the dynamic aging, resulting in an inversion of the native kr-
curves asymmetry. The 2D local saturation monitoring was shown to bring 
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valuable information for the core global properties interpretation, providing a tool 
to confirm assumptions and to qualify non-uniformly distributed properties (e.g. 
mixed-wettability patterns). It allows demonstrating that the static aging was 
leading to an incomplete and strongly heterogeneous wettability alteration. 
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ABSTRACT  
Wettability is a key parameter in the development of an oilfield as it strongly affects oil 
saturations, capillary pressures, electrical properties, relative permeabilities and oil 
recovery. Despite attempts have been made to evaluate wettability downhole, the 
standard methods to quantify it are still laboratory based; the two most commonly used 
are Amott-Harvey (AH) and U.S. Bureau of Mines (USBM). These techniques are 
expensive and very time consuming, requiring a sample to be retrieved from the well and 
analysed in the lab. In several cases, the results are obtained late and only after several 
decisions regarding the reservoirs had to be made, without this important piece of 
information. 

It is ubiquitously recognised that Nuclear Magnetic Resonance (NMR) is very sensitive 
to the strength of the fluid-rock interactions, and therefore has been considered as a good 
candidate for wettability determination since the '50s. The NMR signal, however, is also 
sensitive to several other fluid and rock properties, for example viscosity and pore size 
distribution, making the practical extraction of wettability information from NMR data 
not straightforward. NMR has, however, two considerable advantages compared to AH 
and USBM: it is much faster, allowing much faster turnaround of laboratory 
measurements, and can be measured in-situ downhole, with the result of the measurement 
being available in real time. These extreme advantages fuelled the research on the topic 
of NMR wettability despite the above-mentioned difficulties. 

There are at least three main NMR parameters measurable downhole: T1, T2 and 
Diffusion; with additional information extractable from the correlation between these 
three. Wettability affects all of these parameters, and the correlation between them. This 
means that there is not a single way to extract wettability information from NMR data, 
but there are different options. 
Here, we review 60 years of literature on the topic of NMR and wettability, from the first 
experimental observations in the 50’s to the most recent advancement. Also, this work 
aims at presenting strength and limitations of the techniques being developed nowadays, 
to help the audience make the best choice for each specific case. In this paper we focus 
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mostly on the lab applications, while we focused more on the downhole applications in 
another recent paper [1]. 

INTRODUCTION 
Wettability is a key parameter for a reservoir, it strongly affects residual oil saturations, 
imbibition capillary pressure curve, electrical properties, relative permeabilities and oil 
recovery. The knowledge of wettability is crucial to correctly interpret petrophysical 
properties, to correctly model the reservoir, and ultimately to make reservoir management 
decision which can make the difference between success or failure of a reservoir [2]. 
The definition of wettability in principle is simple: "the ability of a liquid to maintain 
contact with a solid surface in the presence of a third phase". This is a simple and correct 
definition. However, it is totally qualitative. In fact, where the complexity arises, is on the 
quantification and measurement of this property. For extremely simple and perfect 
geometries, as a capillary tube or a smooth and flat solid surface, the contact angle can be 
defined. This angle is an extremely good and fundamental quantification of the wetting 
properties of the surface. Still, geometrical imperfection and roughness of the surface 
may cause the measurement to be uncertain in practice. In the case of complex 
microscopic geometry, or solids with multiple phases, as is the case of porous media and 
rocks, the contact angle becomes impractical to measure accurately, and therefore loses 
its reliability. 

Wettability strongly affects the flow of fluids in the rock, as well as the distribution 
geometry and connectivity of the fluids in the rock. Because resistivity measurements are 
dependent on the connectivity of the fluid phases (specifically water), resistivity is also 
dependent on wettability. Simply described, wettability is one of several critical factors 
that affect the the Archie equation (1) parameter n, which represents the variation of 
resistivity as the saturation changes. This is equivalent to saying how the resistivity 
changes for different wettability values at constant saturation. 

𝑆!! =
𝑅!
𝜑!𝑅!

 (1) 

Sw represents the water saturation, Rw the resistivity of the water phase, φ the porosity of 
the rock, and Rt the resistivity of the sample. m is the cementation factor expressing how 
the resistivity is a function of porosity. Resistivity measurement is the oldest downhole 
logging technique, and still brings a lot of value, especially for its wide range of depth of 
investigation (DOI). 
The oil industry developed robust laboratory techniques to extract meaningful wettability 
information from rock core plugs, such as the US Bureau of Mines (USBM) and Amott-
Harvey (A-H) wettability indices. The same is not true for downhole applications, and, 
inferring wettability downhole is far from being a well-established answer product in the 
oil industry [3]. 
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Nuclear Magnetic Resonance (NMR) is well known to be extremely sensitive to the 
surface interactions between fluids and solids. However, in an NMR measurement, the 
effects of surface interactions are always averaged with the bulk properties. For this 
reason, NMR becomes an effective tool for surface properties characterisation only when 
the Surface of interaction over the Volume of the fluid (S/V) ratio becomes big enough. 
This is exactly the case of porous media in general, and rocks for what concerns the oil 
industry. NMR is an incredibly rich technique. In general terms, it spans from high field 
spectroscopy for molecular characterisation of compounds (used by chemists) all the way 
to earth field measurements for underground aquifer, passing through relaxation analysis 
used for materials and food characterisation, flow and diffusion measurements and fast 
field cycling for molecular motion determination. Although only a minimum subset of 
this extreme portfolio is applicable to the landscape of oil industry, still, in petrophysics, 
the experimentalist has a wide choice of parameters and experiments. On one side, this 
freedom introduces complexity and potential pitfalls if not carefully managed, on the 
other end, this freedom allows to optimise the experimental setup to maximise the value 
in different scenarios. Most if not all the NMR experiments are sensitive to surface 
interactions, and therefore wettability, but in different ways. This spectrum of 
possibilities leads to the fact that there is not a single NMR wettability technique for 
which "one size fits all". Rather, there are several different techniques, and each one has 
its own strengths and limitation. The aim of this paper is to give the reader a flavour of 
this techniques developed in six decades of studies with references to the published 
literature. 

INDUSTRY STANDARD (USBM and A-H) 
The A-H imbibition and USBM tests, or a combination of both, are commonly used in 
the industry and widely accepted for use with core plug samples. In the A-H test, a 
sample at irreducible water saturation placed into a water-filled tube spontaneously 
imbibes water over a period of time. Then the sample is placed in a flow cell and water is 
forced through, with the additional oil recovery noted. The sample is now at residual oil 
saturation and the process is repeated with an oil-filled imbibition tube and then an oil-
flooding apparatus. The result of the A-H test is given between +1 (strongly water-
wetting) and –1 (strongly oil-wetting). In a USBM test, a centrifuge spins the core sample 
at step-wise increasing speeds starting at irreducible water saturation to residual oil 
saturation and then to another series of measurements. The measurement range extends 
from +∞ (strongly water-wetting) to –∞ (strongly oil-wetting), although most 
measurements results are in a range of +1 to -1. The centrifuge method is fast, but the 
saturations must be corrected because the centrifuge induces a nonlinear capillary-
pressure gradient in the sample. Even though the USBM and A-H wettability indices do 
not always match, they are accepted in the oil industry considering there are no 
alternatives. These are laboratory techniques that cannot be applied downhole 
considering the required measurements. 
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NMR SENSITIVITY TO WETTABILITY 
The first publications we could find that NMR relaxation for liquids is dependent on the 
surface to volume ratio dated back to 1956, and can be found in several articles in the 
Bulletin of the American Physical Society [4–6]. This initial work addresses the 
relaxation enhancement of the fluid on the surface layer in terms of molecular dynamics 
only, without discussing the solid-fluid interaction characteristic of the porous media, 
such as rocks. The key aspect in this work, that will be relevant for the application of 
NMR in porous media, is the idea of the "fast exchange regime", which happens when 
the diffusion across the fluid body is fast relative to the relaxation time. In this case, 
despite the presence of two populations of molecules with different relaxation times (one 
for the surface molecules and one for the bulk molecules), the measured relaxation time 
is a single value equal to the average of the relaxivities, weighted by the volume of 
molecules on the surface (S·ε) and the volume of molecule in the bulk V-S·ε, where S is 
the surface of the pore, ε the thickness of the surface layer affected by the enhancement 
of relaxation, and V the total volume of the pore: 

1
𝑇!,!"#

=
V− 𝑆𝜀
𝑉

1
𝑇!,!"#$

+
𝑆𝜀
𝑉

1
𝑇!,!"#$

≈
1

𝑇!,!"#$
+
𝑆
𝑉 𝜀

1
𝑇!,!"#$

 (2) 

Strictly speaking, the volume of the molecule in the bulk is V-S·ε; however, since V>>S·ε, 
V-S·ε≈V. Note that equation (2) is valid for a single fluid wetting the pore surface, and 
there is no mention of wettability alteration or multiple fluid saturation yet. 

The first report in the literature that discusses the relationship between NMR relaxation 
parameters and wettability is Torrey [4]. Interestingly, publications about measurement of 
wettability by NMR [7] appeared in the literature before the measurement of Pore Size 
Distribution (PSD) and microstructure properties, despite PSD being the main application 
nowadays. We briefly summarised the differences, advantages and disadvantages 
between the different NMR based wettability techniques in a previous paper [8] where 
we presented the T1/T2 ratio technique. In this review, however, we will go more into 
detail of each technique and focus on log applications. 

T2 BASED WETTABILITY 
The first advanced wettability technique we present in this review is the one based on T2 
only. It is based on the concept presented in the previous section, but moved a long way 
forward since the early applications in the '50s. The main improvements of the recent 
techniques [9–14], compared with the early applications, is that more than a single pore 
size and fluid saturation, and therefore T2 component, is considered. 
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(3) 

T2 is determined by several parameters, and wettability is only one of the parameters, 
together with fluid viscosity, rock relaxivity and pore size distribution. This means that 
extracting reliable and quantitative wettability information from a relatively simple T2 
measurement requires several additional pieces of information. This information can only 
be available in the laboratory, and downhole application of this technique is usually only 
done on a qualitative and relative basis. 
The great advantage of this technique is that allows discrimination of two conditions with 
the same overall wettability, but where in one case the small pores are water wet and the 
big pores oil wet or vice versa. Same applies for overall saturation but oil in small pores 
and water in big pores or vice versa. The underlying principle is to consider equation (2) 
as a function of pore size, where Sr-o is the "effective" surface of interaction between oil 
and rock (which is taken as proxy for pore size dependent oil wetness) and VporeSw is the 
effective volume of water in the pore of given size (which leads to the pore size 
dependent saturation). The intrinsic relaxivity parameters ρw and ρo are also free 
parameters, but only its ratio affects the model [12]. 

The practical way of applying this technique (Figure 1) is to build a forward model based 
on the different parameters affecting T2, and then inverting it with a numerical method to 
determine the wettability and saturation functions. Aim of this paper is to give a quick 
overview of the different techniques, without claim of completeness, therefore we refer to 
the references for details, where real examples and case studies are shown.  

 
Figure 1: Forward model underlying the T2 based wettability technique. The green boxes are measurements 

available (inputs) and the blue box represents the inverted data. 

T2 at Sw=100% 
(Info on pore size distribution) 

T2 of bulk oil 
(Info on bulk oil properties) 

T2 of bulk water 
(Info on bulk water properties) 

Saturation and wettability 
distribution 

Forward model T2 at mixed wettability and 
saturation 
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T2 VERSUS SATURATION 
A different way of exploiting equation (3) to extract wettability is to make measurements 
at different saturation states (but same wettability condition). This technique can be, in a 
sense, considered a simplification and derivation of the T2 based technique. In this case, 
the effective fluid volume V changes with saturation, while the effective surface S does 
not. For a non-wetting fluid, the effective surface S is equal to zero (Sr-o=0 for 100% 
water wet) and therefore the second member of the addition in Equation (3) vanishes, 
thus making the observed T2 of the fluid equal to the bulk value, and independent from 
saturation. Examples of applications of this technique can be found in the literature [15–
17]. Although mostly qualitative, this technique has the potential to be applicable 
downhole, particularly when a tool with multiple Depths Of Investigation DOIs covering 
a range across the invasion profile is available. 

RESTRICTED DIFFUSION 
A more recent work focused on a technique applicable downhole is based on restricted 
diffusion [18]. Restricted diffusion for a specific fluid appears on experimental data when 
the size of the pore where the fluid is stored is smaller than the expected free diffusion 
path for the specific experimental parameters used. This means that, within some physical 
limitations imposed by relaxation parameters and fluid bulk diffusion coefficient, it is 
possible to adjust the experimental parameters to be able to see restricted diffusion for 
different pore sizes. The expected free diffusion path for a molecule can be predicted 
from viscosity (determined by salinity for water phase) and temperature. Combining the 
knowledge of the expected free diffusion parameter and the presence of restricted 
diffusion phenomena in the experimental data allows extraction of information on the 
true pore size, independent of relaxivity. Note that, because the expected free diffusion 
path increases to much more than the pore size, the information embedded in the 
restricted diffusion data becomes the interconnectivity of the pores or "tortuosity", which 
can be related to the resistivity parameter m. 
The Padé [19] model combines apparent relaxivity (rho), tortuosity (m), pore size (r) and 
free diffusion coefficient (D0) to predict the relationship between T2 relaxation time and 
measured diffusion (D). This appears on the D-T2 dataset as a curved line Figure 2. From 
the apparent relaxivity, the wettability can be estimated [18]. 

∆𝑥! = 2𝐷𝑡! (4) 

When a fluid is in a closed environment (as a pore in rocks), the maximum displacement 
is capped, and therefore is Δx2. This means that, increasing the diffusion time td over a 
certain value (dependent on the size of the environment) the linearity in (4) breaks. This 
is exactly the case called "restricted diffusion". Since maximum displacement, free 
diffusion coefficient and diffusion time are related, knowing two allows to determine the 
third. Typically, the two known parameters are td and D, and the information extracted 
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from restricted diffusion is a pore size derived from NMR data, but independent from 
relaxivity. Note that, when the free diffusion path is much longer than the pore size, the 
data become dependent to the connectivity between pores (tortuosity m), rather than the 
pore size. 

Practically, the starting dataset for this type of analysis is a Diffusion-T2 dataset (D-T2) 
with visible effects of restricted diffusion. The data dependency along the two axes are as 
follow: 

• Diffusion: D0 and pore size 
• T2: Pore size and apparent relaxivity 

The free diffusion coefficient D0 can be calculated, or at least estimated, from 
temperature and viscosity (for oil) or salinity (for water). The pore size dependency can 
be, using the Padé [19] model, eliminated to determine the apparent relaxivity and from 
this the wettability[18]. 

 
Figure 2 Dependency of the shape of the Padé line as a function of relaxivity rho and tortuosity m (from 

[18]) 

The practical way of applying the workflow in [18] is to visually determine the location 
of water and oil on a D-T2 map and fit restricted diffusion lines (Figure 2) to the fluid 
signals. This allows determination of the effective relaxivity of oil and water, and from 
this a determination of wettability (see [18] for detailed mathematical derivation). 

The limitations of this technique are the following:  
• it assumes uniform relaxivity across the pore spectrum. 
• it assumes that we are able to measure correctly the diffusion coefficient for all 

relaxation times. Limitations in measuring the diffusion coefficient depends on 
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the technique used (pulsed field gradients or constant gradients) but there is a also 
a dynamic limit. 

T1 FREQUENCY DISPERSION – FIELD CYCLING 
There is an entire branch of NMR, called fast field cycling (FFC), NMR dispersion 
(NMRD), or even NMR Relaxometry, which may cause confusion with the fixed field 
relaxometry that is based on the measurement and interpretation of the dispersion of the 
relaxation time T1. The demanding experimental conditions for this technique make the 
required equipment complex and bulky and the sample size relatively small. All these 
conditions restrict this technique to laboratory applications and make the technique 
impossible to apply downhole. However, the theory connecting motion at the micro scale 
with NMR properties is general to any NMR application in petrophysics and porous 
media more generally, and therefore also useful for understanding downhole data. The 
theory of T1 dispersion is useful to explain the T1/T2 ratio discussed below, which does 
have downhole applications. Further recommended literature on the theory of T1 
dispersion are [20–28]. 

Overall, the T1 dispersion in frequency is an indicator of the molecular motions at the 
pore wall, therefore the higher the dispersion, the higher the liquid/solid interactions at 
the pore wall, the stronger the wetting.  
If this technique is incredibly helpful to understand the physics involved in the dynamics 
of fluids at liquid/solid interfaces (i.e. wettability) it is quite complex to implement. 
Hopefully it is interesting to note that a T1/T2 experiment performed at a single frequency 
is a good proxy for the T1 dispersion curve. It is therefore interesting to study T1/T2 as a 
proxy for wettability.  

Reports on the fact that T1/T2 ratio depends on the effective surface relaxivity or 
wettability are abundant in literature. Many of the authors tie this parameter to the 
intrinsic properties of the surfaces, first and foremost the density of paramagnetic 
particles. Applications on cement [20] and rocks of different mineralogy can be found in 
literature [21]. Other authors refer the increased T1/T2 ratio to wettability effects in 
conventional rocks [22,23], or unconventional [24,25], where the porosity in the kerogen 
is expected to be strongly oil wet. 
The simplest but fundamental explanation of the increased T1/T2 ratio for wetting fluid 
can be derived from studies on the phenomenon of T1 dispersion. A detailed step by step 
explanation is presented in [8], here we will report only the schematic for the conceptual 
steps (Figure 3). 
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Figure 3 Schematic of the conceptual steps allowing explanation of the increased T1/T2 ratio for wetting 

fluids from T1 dispersion data. (From [8]) 

T1/T2 RATIO 
The latest technique presented discussed in this review is based on the ratio between the 
two relaxation parameters T1 and T2. It is well established in the NMR field that both this 
relaxation times are determined by the characteristic molecular dynamics. The connection 
between dynamics and relaxation times dates back to the work by Bloembergen Purcell 
and Pound (BPP theory) in 1948 [29]. Briefly, for molecules with fast anisotropic motion, 
the two relaxation times T1 and T2 are equal, and therefore T1/T2=1. For a molecule with 
complex or slow dynamics, T1 and T2 become different, diverging as the motion gets 
slower and slower. In fact, for crystal and solid material typically T2 extremely short and 
T1 very long, several orders of magnitudes apart. Note that in NMR jargon, "fast" and 
"slow" is always related to the precession of the spins (Larmor frequency). Translating 
the description in to the time domain, which is often a more immediate visualisation, 
"fast" dynamics means motion for which the characteristic correlation time τc is much 
shorter than the spin precession period T=1/fL where fL is the Larmor frequency. 

In a recent paper [8], we showed with a laboratory based workflow how the oil phase 
T1/T2 ratio is strongly correlated with the industry standard USBM wettability index 
(Figure 4). This technique is based only on relaxation times, and not diffusion 
measurement. This makes the experimental part of the technique simple and robust, 
ideally suited for downhole applications. One drawback is that T1 measurements are 
intrinsically more time consuming than T2 since they require waiting for polarisation. 
Furthermore, only a single point on the T1 recovery curve can be detected for each scan 
whereas several points on the T2 decay can be acquired for each scan. T2 is, therefore, 
always much better sampled, and therefore defined, then T1. Within this physical limit, 
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new NMR tools are making great progresses towards better determination of T1-T2 
correlation on the move. 

 
Figure 4 correlation between the average T1/T2 ratio for the oil phase and the measured wettability index 

USBM* (From [8]) 

The complexity into the applicability of the T1/T2 technique downhole is the separation of 
the two fluids. In fact, only one phase at the time must be analysed. Using the workflow 
suggested for the laboratory in [8] is not really feasible downhole for two reasons. First, 
doping the water phase is laborious and requires complete invasion for the entire 
investigated volume, which is not always verified when the formation is tight or the mud-
cake build-up very effective. Secondly, the T1/T2 ratio for the oil may deviate from unity 
due to intrinsic bulk oil properties. Interpreting this deviation as due to wettability would 
lead to wrong conclusions. A more robust approach would be to interpret the deviation 
from unity of the water phase, which is expected to always have T1/T2=1 for ideal non 
wetting condition. Because is not possible to dope the oil phase, other "dopant-free" 
techniques are required to separate the fluids. A workflow based on diffusion was 
presented in [8]. An alternative approach can be the use of a visual recognition technique 
of the kind presented in [30]. 

CONCLUSION: COMPARISON, STRENGTHS AND LIMITATIONS 
The current paper gives an overview of the different techniques and methods in the 
literature to extract wettability information from NMR data. Some techniques, for 
example field cycling, have virtually no applicability downhole due to the equipment 
required; others, such as the one based on T2, requires extremely good knowledge of the 
fluids and rock sample, which is knowledge that is only available in the laboratory. The 
most promising techniques with downhole applicability are, in our opinion, the one based 
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on saturation, the one based on T1/T2 ratio, and the one based on restricted diffusion. Each 
one of these techniques has strengths and limitations, and these are summarised in Table 
1. Shales rocks have not been discussed in this paper, since the entire concept of 
wettability in shales is very debatable if not meaningless, with oil in oil wet pores and 
water in water wet pores. 

Table 1: Strengths and limitations of the different techniques applicable downhole 

 Saturation T1/T2 Restricted Diffusion 

Strengths 
• Robust 
• Simple T2 measurement 

• Simple and robust 
measurement 

• Possible for short T2 (tight 
rocks) 

• Diffusion helps in fluid 
separation 

• Parameters need to be 
adjusted to see restriction 

Limitations 
• Requires DOI across 

invasion profile 
• Qualitative  

• Time consuming 
• Needs fluid separation 

• Impossible for short T2 
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Abstract 

Wettability is a crucial petrophysical parameter for determining accurate production rates 
in oil and gas reservoirs. However, industry standard wettability measurements (Amott 
Test and USBM) are expensive and time consuming. It is known that NMR response 
varies as a function of wettability change in rock core plug samples. This information 
was used to develop an NMR wettability index (NWI) based on T2 distributions. This 
NWI is capable of measuring changes in wettability as a function of oil/water saturations 
unlike traditional methods which are based on measurements at Swi and Sor only.  In 
addition, these oil/water saturations are determined without the aid of any special oil or 
brine, such as D2O.  This allows the NMR method to nondestructively monitor changes in 
wettability in real time (i.e. during a flooding experiment or an aging procedure).  In this 
work, we have coupled this T2-based NWI to spatially resolved T2 NMR measurements 
to monitor changes in wettability and saturation along rock core plugs.   

In order to derive an NMR wettability index, NMR T2 spectra of 100% brine saturated, 
100% oil saturated, bulk oil and bulk brine are needed.  These spectra are then mixed to 
give a predicted T2 spectrum which is compared (via a least squares fit) to a T2 spectrum 
recorded from a sample partially saturated with both water and oil and whose wettability 
is to be determined. 
For initial testing, three sandstone samples were employed along with 2% KCl brine and 
dodecane.  To achieve sample states of mixed wettability, 100% brine saturated samples 
had dodecane pushed into them via centrifugation.  Centrifugation at different speeds 
resulted in samples of varying bulk and spatial wettabilities from which NWI parameters 
and oil/water saturations were determined.  The bulk wettabilities were compared to 
measurements done using the standard Amott test and oil/water saturations were 
confirmed by repeating experiments using NMR invisible D2O. 

Introduction 
Wettability can be thought of as the tendency of a surface to maintain contact with a 
fluid.  Inside the pores of a rock, this tendency of the surface can either favor water or oil 
adherence to the surface of the pores.  Quantitatively this can be defined as [1], 

𝐼! =
!!!!!
!!!!!

   (1) 

where Aw is the surface area wetted by water and Ao is the surface area wetted by oil.  
From the equation it is obvious that if more surface area is wetted by water then Iw = 1 to 
0.  Conversely, if there is more surface area wetted by oil then Iw = 0 to -1. 
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NMR is well suited to measure wettability because surface area wetted by either water or 
oil can be derived from the transverse relaxation time, T2.  Quantitatively, T2 relaxation 
times of oil and water inside a pore network are defined as follows. 
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(2) 

Where T2w is the relaxation time for water in the pores, T2bulkw is the relaxation time of 
bulk water, Vw is the pore volume occupied by water and ρw is the surface relaxivity 
parameter for water.  T2o is the relaxation time for oil in the pores, T2bulko is the relaxation 
time of bulk oil, Vo is the pore volume occupied by oil and ρo is the surface relaxivity 
parameter for oil. 

There have been several attempts to exploit the ability of NMR to measure the surface 
areas occupied by oil and water and hence derive an NMR based wettability parameter 
[1-5].  We have chosen to employ the method developed by Looyestijn et.al. [6,7] 
because it allows wettability to be predicted during a flood as a function of water 
saturation. In this method, the observed T2 distribution from a sample of mixed saturation 
(i.e. partially saturated with both oil and water) is recorded.  This T2 distribution is then 
compared via a least-squares fit to a simulated distribution comprised of contributions 
from measured T2 distributions of 100% brine saturated, 100% oil saturated, bulk oil and 
bulk brine.  The various distributions are combined using mixing functions based on the 
assumption that at any given concentration the smaller pores have a lower oil saturation 
and are thus more water wet [6].  This assumption is a limitation of the method and may 
not be valid for all rocks (i.e. samples taken after water based mud invasion where water 
can be present even in the biggest pores).  The result of the fit is both the wettability and 
the relative oil/water saturation of the rock.  

We have furthered the work of Looyestijn by combining his method of determining 
wettability from T2 distributions to spatial-T2 measurements. Spatial-T2 distributions 
measure T2 distributions as a function of position in the rock.  This has allowed us to 
track both wettability and saturation as a function of position in the rock.  This new 
measurement opens a whole batch of new wettability-based experiments, including the 
ability to track wettability during a flooding experiment, as well as, measuring wettability 
at different saturation levels during one measurement from one sample. 
Experimental 

Three sandstone samples were chosen for this wettability study.  The characteristic 
information for each rock is shown in Table 1.  2% KCl Brine and dodecane were 
employed as the saturating fluids in this wettability study.  Dodecane was chosen as it has 
a simple T2 distribution as compared to many crude oils.  The disadvantage of choosing 
dodecane is that when coupled with brine it may not contain the necessary constituents 
(i.e divalent ions) to bring about a wettability change.  T2 distributions for each bulk fluid 
(Sw-bulk and So-bulk) were recorded using the NMR parameters outlined in the second 
column of Table 2. 
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To properly derive the wettabilities, the bulk T2 distributions of water and dodecane are 
combined with the T2 distributions of the three sandstone samples measured in the 
following states, 100% saturated with brine (Sw-100%), 100% saturated with dodecane (So-

100%) and a mixed saturation state (Smix).  To achieve each of these states on each sample 
the following procedure was followed. 
1. Each sample, initially in a clean and dry state, was first saturated with brine via 

vacuum saturation. 
2. T2 and spatial-T2 distributions were then recorded for the 100% brine saturated state 

(Sw-100%).  The NMR parameters employed for each of these measurements are 
outlined in columns 3 and 5 of Table 2. 

3. The Sw-100% samples were centrifuged for approximately 12 hours surrounded by 
dodecane.  This resulted in samples of mixed saturation (Smix) and spinning the same 
samples at different speeds resulted in samples of differing dodecane/brine 
saturations.  Samples 96S and 109S were spun at 700, 800, 3000 and 7500 RPM (78 
to 8968 times the force of gravity [8]). Sample 62A was spun at 1200, 3000, and 7500 
RPM (229 to 8968 times the force of gravity [8]). 

4. T2 and spatial-T2 distributions were then recorded for each mixed saturation state 
achieved via centrifugation.  NMR parameters for these measurements are again 
summarized in Table 2. 

5. After spinning at 7500 RPM, each sample was dried at 70C for 24-48 hours.  The 
drying removed any excess brine and/or dodecane from the sample.  As dodecane and 
water are volatile, drying the samples was sufficient for returning them to clean and 
dry state.  Since we employed low concentration brine (2% KCl in water), we didn’t 
expect any complications from the salt remaining after drying to have any effect on 
our wettability determination. 

6. The dry rocks were then saturated via pressure saturation at 5000 PSI for 12-24 hours. 
T2 and spatial-T2 distributions were then recorded for this 100% dodecane saturated 
state. NMR parameters for these measurements are again summarized in Table 2. 

How all this data is analyzed to yield wettability and saturation of bulk measurements 
along with spatially resolved wettability and saturations will be outlined in the next 
section of this paper.  All NMR measurements were completed on an Oxford Instruments 
GeoSpec 2+-75 rock core analyzer [9].  Acquisition and processing of the NMR data was 
achieved via Green Imaging Technologies software [10]. 

Data Analysis 
Looyestijn [6-7] has already discussed the derivation of his NMR wettability analysis.  
We will instead only present an overview of how we implemented his wettability analysis 
in this work.  Specifically, how we applied it to give spatially resolved wettability. 
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As shown in Equations 3 and 4, we employed the same functions derived by Looyestijn 
[6] to describe the saturation and wettability as a function of pore size. 
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(3,4) 

H describes the fraction of pores occupied by water and W describes the fraction of pores 
wetted by water. Following the work of Looyestijn [6] which found these constants to be 
the same for all rocks, we fixed a1 and b1 = 1, a2 and b2 equal to 0 as well as α and β equal 
to 2.  We also substituted r by T2 as transverse relaxation time is proportional to pore 
size.  The typical form of these equations are plotted as the light blue (H) and pink lines 
(W) in Figure 1.  These functions are like step functions, where for example, all pores to 
the left of the inflection point of the W function are wetted by water and all the pores to 
the right of the inflection point of the W function are wetted by dodecane.  Conversely all 
the pores to the left of the inflection point of the H function are occupied by brine and all 
the pores to the right of the inflection point of the H function are occupied by dodecane.  
As mentioned earlier, these functions act as mixing functions that combine the 100% oil 
saturated, 100% brine saturated, bulk brine and bulk dodecane T2 distributions to give a 
simulated mixed saturation T2 distribution which closely agrees with the measured mixed 
saturation T2 distribution.  How this mixing is carried out will now be explained. 
All the wettability analysis was carried out in a Matlab routine which read in the T2 
distributions from GIT systems [10].  It should be noted that all our analysis was done in 
the T2 domain.  As mentioned by Looyestijn [6], fitting in the time domain is acceptable 
and sometimes preferred.  However, we chose to fit in the T2 domain as we found the 
analysis was faster.  The speed of the analysis was important to us, especially for spatial-
T2 data which could contain as much as 64 times the amount of data compared with bulk 
T2 data.  We did however carry out a limited amount of analysis in the time domain to 
verify that the T2 analysis was consistent with the time domain analysis.  
The first step in the wettability investigation was to read in the Sw-bulk, So-bulk, Sw-100%, So-

100%  and Smix T2 distributions into the wettability analysis program.  The area under each 
distribution was then normalized to one saturation unit.  Figure 1 shows a plot of each of 
these normalized T2 distributions.  Next a predicted mixed wettability distribution (Spred) 
is generated according to Equation 5. 

𝑆!"#$ =𝑊𝐻𝑆!!!""% + 1−𝑊 1− 𝐻 𝑆!!!""% 

             + 1−𝑊 𝐻𝑆!!!"#$ +𝑊 1− 𝐻 𝑆!!!"#$ 

 
(5) 

How W and H act as mixing functions is now apparent.  By multiplying the step 
functions by the measured T2 distributions allows portions of each measured spectrum to 
be combined to give the predicted mixed wettability distribution.  The positions of W and 
H can be adjusted by varying ra and rb in Equations 3 and 4 giving different contributions 
to the predicted distributions from each measured distribution.  Specifically, a least-
squares fit (varying only ra and rb) is carried out to minimize the difference between Smix 
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and Spred. The black trace in Figure 1 shows the final predicted T2 distribution generated 
from the final H (Figure 1 – light blue trace) and W (Figure 1 – pink trace) functions 
derived from the least squares fitting. As can be seen the final predicted spectrum agrees 
quite well with the measured mixed saturation distribution (Figure 1- brown trace).  
Figure 2 shows the contributions to the final predicted T2 distribution from the Sw-bulk, So-

bulk, Sw-100% and So-100% distributions. 

Once the final H and W functions are known, the saturation and wettability can be 
quantitatively defined according to Equations 6 and 7.  For the data shown in Figure 1 
and 2, this corresponds to a Swett = 0.13 and Iwett = 0.89. 

𝑊𝑎𝑡𝑒𝑟 𝑆𝑎𝑡𝑢𝑟𝑎𝑡𝑖𝑜𝑛 = 𝑆!"## = 𝑆!!!""%𝐻
!!

  

(6) 

𝑊𝑒𝑡𝑡𝑎𝑏𝑖𝑙𝑖𝑡𝑦 = 𝐼!"## = 2 𝑆!!!""%𝑊 − 1
!!

 (7) 

The above explanation of the wettability analysis was for bulk T2 distributions but applies 
also to the spatial-T2 wettability analysis.  The spatial-T2 data was analyzed for 
wettability as follows 

1. Read in the Sw-bulk, So-bulk, along with the first T2 slice from the Sw-100%, So-100% and 
Smix spatial-T2 distributions into the wettability analysis program.  The area under 
each distribution was then normalized to one saturation unit.  Figure 3 shows a typical 
stack plot for a Smix spatial-T2 distribution along with an intensity plot (Figure 3-
inset) generated from the same data.  The data plotted in Figure 3 is the corresponding 
spatial-T2 data taken from the same sample as the bulk data plotted in Figure 1 and 2. 

2. Perform a least-squares fit, minimizing the difference between Smix (slice 1) – Spred 
using Equation 5 to generate Spred where Sw-100% and So-100% are now from the first 
slice of their spatial-T2 distributions.  The least squares fit will result in H and W 
functions for slice 1. 

3. Employ the H and W functions to calculate Iwett and Swett for slice 1. 

This procedure is repeated until each slice of the spatial-T2 distributions has been 
analyzed and Iwett and Swett as a function of position in the rock have been created.  It 
should be noted that the wettability and saturation derived from Smix bulk data is used as 
an initial guess for each slice in the spatial-T2 analysis.  Also, to ensure that the spatial 
wettability and saturation derived are free of discontinuities, the least square fit of each 
slice is restricted to not vary substantially from the results of the previous slice. 

Results 
Figure 4 shows the spatial-T2 wettability analysis completed on sample 109S.  The upper 
plots show the spatially dependent wettability (blue traces) and saturation (red traces) 
profiles derived for each centrifuge speed tested.  The rocks began at 100% brine 
saturated and had dodecane spun into them from left to right on the upper plots of Figure 
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4.  Also shown in the upper panels of Figure 4 are the saturation profiles (black traces) 
derived from separate measurements where the rock was initially saturated to 100% with 
D2O rather than H2O before having dodecane spun into them.  Employing NMR invisible 
D2O allowed the saturation profiles to be derived directly from the NMR data.  It should 
also be noted that because D2O is denser then H2O, the centrifuge speeds were reduced to 
match the capillary pressures employed with H2O.  These D2O profiles were then used to 
independently verify the accuracy of the profiles derived from the wettability fitting.  
There is no similar method for verifying the wettability as a function of position.  The 
lower panels of Figure 4 show the intensity plots created from the spatial-T2 data for the 
mixed saturation samples tested at each centrifuge speed. 

For 800 RPM, the saturation profile derived from wettability fitting agrees well with that 
measured using D2O.  There is clearly a saturation gradient along the length of the rock.  
The average saturation for the rock is 0.71.  The wettability on the other hand does not 
show the same variability with position.  It is relatively constant across the rock 
independent of both position and water saturation.  The average wettability across the 
rock is 0.73 making the rock water wet.  For 3000 RPM, the saturation across the rock is 
now relatively uniform and significantly reduced as compared to 800 RPM.  The average 
saturation is now 0.11 and the average wettability is now 0.82.  D2O data was not 
recorded at 3000 RPM so there is no comparison between the predicted and measured 
saturation profiles.  For 7500 RPM, the saturation and wettability are again uniform along 
the rock.  The average saturation is now 0.06 and the saturation profile agrees well with 
the corresponding D2O saturation profile.  The average wettability is now 0.73.  Both the 
saturation and wettability have decreased only slightly as compared to 3000 RPM. 
Figure 5 shows the wettability (blue traces) and saturation (red traces) spatial data 
derived from the wettability fitting along with the intensity plots derived from the spatial-
T2 data for sample 62A.  Again, the saturation profiles (black traces) derived from 
separate measurements where the rock was initially saturated to 100% with D2O rather 
than H2O are shown.  Unlike for rock 109S, there is not as good agreement between the 
predicted saturation profile and the D2O measured profile at each centrifuge speed.  For 
example, at 800 RPM, the average saturation derived from the wettability fitting (red 
trace) is 0.55 where as the average saturation derived from the D2O data is 0.77 (black 
trace).  While this corresponds to an over 20% difference in measured versus predicted 
saturations, the overall shape of the saturation profiles is similar meaning the relative 
changes in saturation predicted from the wettability fitting are good.  The difference 
between the predicted and measured saturations improves as the centrifuge speed 
increases and the water saturation decreases.  For 3000 RPM, the predicted saturation is 
0.20 whereas the average saturation from the D2O data is 0.28.  For 7500 RPM, the 
predicted saturation is 0.17 whereas the average saturation from the D2O data is 0.20.  
The reason for the improvement is that as the centrifuge speed increases the T2 spectra 
become less complex because two peaks (one for dodecane and one for brine) begin to 
separate.  This separation of the peaks leads to an improved quality of the least-squares fit 
and hence a better prediction of the saturation in rock.  Despite the inaccuracy of 
predicting the saturation of the rock as a function of position, the wettability predicted is 
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unaffected.  For each centrifuge speed the wettability is found to be water wet and 
relatively uniform across the rock. 

Figure 6 shows the wettability (blue traces) and saturation (red traces) spatial data 
derived from the wettability fitting along with the intensity plots derived from the spatial-
T2 data for sample 96S.  Again, the saturation profiles (black traces) derived from 
separate measurements where the rock was initially saturated to 100% with D2O rather 
than H2O are shown.  For 700 RPM, the wettability fitting was not good.  Clearly there is 
not good agreement between the predicted saturation profile (red trace) and the measured 
saturation profile (black trace).  In addition, the wettability fluctuates from one end of the 
rock to the other.  This 700 RPM data is clearly a case where the wettability fitting is a 
failure due to the complex T2 spectra of the mixed wettability sample. 
Luckily, the spectra for 3000 RPM and 7500 RPM where not as complex and accurate 
saturation and wettability profiles were derived from this data (Figure 6 – center and 
rightmost panels).  For 3000 RPM, the average saturation predicted from the wettability 
fitting is 0.08 and there is no D2O data for comparison.  For 7500 RPM, the average 
saturation predicted from the wettability fitting is 0.09 which compares well with the 
average saturation of 0.05 measured from the D2O data.  The wettabilities predicted at 
both 3000 RPM and 7500 RPM indicate that the rock is slightly water wet. 

While no other technique exists for measuring wettability as a function of position, the 
average wettability derived from the spatial-T2 data can be compared with wettability 
determined from other methods such as the Fleury NMR method [1] and an Amott test.  
These comparisons were completed for samples 109S and 96S and the results are 
summarized in Table 3.  For the sake of this comparison, the 7500 RPM data was used.  
While there is no reason to think the absolute value for the wettabilities derived from 
each method summarized in Table 3 should be equal, there should still be consistency in 
the wettability predicted for each rock.  This is true for the data summarized in Table 3 
where each method indicates that each rock is water wet.  These results are consistent 
with other studies [6,7,11] which have showed that the Looyestijn NMR wettability index 
is consistent with the Amott wettability. 
Conclusion 

A new method for determining the wettability as a function of position in a core sample 
has been presented.  This method couples the wettability determination via NMR T2 
distributions method [6,7] with spatial-T2 data.  Using this method, we have successfully 
determined the wettability as a function of position for three sandstone samples with 
mixed saturations.  The mixed saturation samples were created via centrifugation of 
dodecane into initially 100% water saturated samples.  In each case, the wettability was 
found to be relatively uniform across the rock.  Each rock on average was found to be 
water wet which is consistent with wettabilities determined for these samples via the 
Fleury method [1] and an Amott test.  In addition to determining the wettability as a 
function of position, the spatial-T2 wettability method presented here also predicts 
saturation as a function of position in a core sample.  The accuracy of this saturation 
prediction was tested in this work using the same mixed saturation samples used for 
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testing the wettability as a function of position.  The accuracy of the saturation profiles 
where confirmed using saturation profiles determined from separate measurements where 
the same rock samples were initially saturated to 100% with D2O rather than H2O.  
Employing NMR invisible D2O allowed the saturation profiles to be derived directly 
from the NMR data.  The saturation profiles derived via NMR didn’t always agree 
absolutely with the saturation profiles measured with D2O.  The difference in the 
predicted and measured saturation values could be as much as 20%.  However, the 
relative saturation values within one predicted saturation profile always agreed well with 
the measured profile.  Also, the quality of the least-squares fit improved and the accuracy 
of the saturation predicted got better if the T2 spectrum contained less complexity and 
overlapping of oil and water peaks.  Finally, the wettability showed little change 
correlated to saturation level of the rock. 

Based on our work, we have devised a procedure to derive the wettability (both bulk and 
spatial) of samples via NMR. 

1. Record T2 and spatial-T2 spectra of the mixed saturation sample of interest (as 
received or saturated in the lab). 

2. Clean and dry the sample.  Saturate the sample to 100% with brine.  Record the T2 
and spatial-T2 spectra of the 100% water saturated sample. 

3. Clean and dry the sample.  Saturate the sample to 100% with oil of interest.  Record 
the T2 and spatial-T2 spectra of the 100% oil saturated sample. 

4. Record the T2 spectra of bulk brine and oil. 
5. Apply the fitting methods outlined in this paper to derive wettability and saturation as 

function of position. 

The work presented in this paper was limited to saturation with only brine and dodecane.  
To truly observe wettability changes, experiments should be completed with crude oil 
rather than dodecane.  In addition, the aging process should be observed over extended 
periods of time at elevated pressure and temperature with crude oil.  The centrifuge 
method with dodecane presented here may not achieve measurable wettability changes. 
As a result, we have yet to test the spatial wettability method on an oil wet rock.   For 
future work, we propose furthering our study by repeating our experiments with crude oil 
and adding observation of wettability changes over time with this crude oil. 
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Tables and Figures 
Table 1: Properties of core plug studied 
Name 96S 109S 62A 
Core Diameter (cm) 3.81 3.81 3.81 
Core Length (cm) 4.91 4.81 5.38 
Dry Core Mass (g) 117.67 119.36 140.93 
Pore Volume (mL) 9.079 8.461 8.080 
Bulk Volume (mL) 55.97 54.838 61.337 
Porosity (p.u.) 0.1622 0.1543 0.1317 
 
Table 2: Acquisition parameters for T2 and spatial-T2 measurements 
NMR Parameter Bulk Brine/ 

Dodecane-T2 
Sample 
Saturated 
Brine/ 
Dodecane-T2 

NMR Parameter Spatial 
T2 

Recycle delay (ms) 22500 7500 Recycle delay (ms) 7500 
Tau (µs) 99 99 Tau (µs) 100 
Number of Echoes 75758 25253 Number of Echoes 24993 
Filter Width (kHz) 125 125 Filter Width (kHz) 125 
T2 Max (ms) 3000 1000 T2 Max (ms) 1000 
90º Pulse Length (µs) 11.22 11.22 Resolution 64 
180º Pulse Length (µs) 22.50 22.44 Gradient Duration (µs) 300 
 Resolution (cm) 7 

 
Table 3: Wettability Comparisons 
Sample Wettability – Looyestijn 

Method (This work 7500 
RPM) 

Wettability- Fleury Method Wettability- Amott Method 

96S 0.17 0.37 0.22 
109S 0.73 0.43 0.21 
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Figure 1:  Typical bulk-T2 spectra used for wettability determination (left axis). The water fraction (light 
blue) and wettability fraction (pink) are also shown (right axis).  

 
Figure 2:  Bulk T2 spectrum (black) predicted from wettability fitting along with the measured bulk T2 
spectrum (brown) are shown.  Also shown are the contributions to the predicted spectrum from the bulk 
dodecane (green), 100% dodecane saturated (orange) and 100% brine saturated (blue) spectra are also 
shown.  The water fraction (light blue) and wettability fraction (pink) are also shown (right axis).  
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Figure 3: Spatial-T2 spectra for the same sample as the bulk spectra in Figure 1.  The inlet shows the 
intensity plot generated from the spatial-T2 data.   

 
Figure 4: The predicted wettability (blue) and saturation (red) profiles for rock 109S are plotted in the 
upper panels.  The lower panels show the intensity plots generated from the spatial-T2 data from the mixed 
saturation samples. 
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Figure 5: The predicted wettability (blue) and saturation (red) profiles for rock 62A are plotted in the upper 
panels.  The lower panels show the intensity plots generated from the spatial-T2 data from the mixed 
saturation samples. 

 
Figure 6: The predicted wettability (blue) and saturation (red) profiles for rock 96S are plotted in the upper 
panels.  The lower panels show the intensity plots generated from the spatial-T2 data from the mixed 
saturation samples. 
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INTERPRETATION OF WETTABILITY – A CASE STUDY  

 
Velazco M.A, Bruce A., Ferris M, Reed J., Kandasamy R.  

Lloyd’s Register Energy Consultancy, Rock Properties Group, Aberdeen, UK 
 

This paper was prepared for presentation at the International Symposium of the Society of Core 
Analysts held in Trondheim, Norway, 27-30 August 2018 

 
ABSTRACT  
Clean sandstone, with minimal clay content, is expected to be strongly water wet once the 
rock has been through an effective cleaning process. Even samples containing significant 
clay minerals are usually expected to be water wet after appropriate cleaning. However, 
tests carried out on core samples from Fields in three different global locations show 
mixed indices, even for clean state samples where no aging with crude oil has taken 
place. A few hypotheses for this behaviour considered herein are: whether the cleaning 
method was adequate, whether wettability was altered by an external factor, or if 
wettability was due to mineral composition. This paper presents the results obtained from 
wettability studies on fresh, clean and restored state core plug samples from three 
different Fields. Wettability indices were obtained by using the combined Amott-USBM 
method. Petrography was performed on sample end-trims to investigate the possible 
presence of halite or barite in the clean state samples, thought to be from drilling fluid 
infiltration, which should have been removed by the methanol cleaning cycle. This 
showed no organic material or salt (halite), negating wetting change from inefficient 
cleaning. From a reactive clays [1] model perspective, these rock samples are considered 
clean-sand (i.e. illite/ smectites- as total clay content), determined by XRD analysis, are 
lower than 10%. SEM and XRD results showed the presence of grain-coating chlorite in 
one sample set and glauconite grains in the others. Only once the unusual wettability 
indices were obtained was the grain-coating chlorite identified as chamosite by 
SEM/EDX, which is an iron-rich form of chlorite. The presence of chamosite or 
glauconite appears to influence the wetting tendency. In summary, USBM vs Amott 
wettability indices of the analysed samples are consistent between both methods, showing 
a mixed to oil-wet tendency for all samples where chamosite was identified, regardless of 
the initial test condition. Samples with glauconite appeared to be more mixed wet after 
wettability restoration. The results suggest that iron rich clay/mineral content is the main 
contributor to the oil wet tendency of the evaluated rocks. 
 
INTRODUCTION  
Wettability is an important rock-fluid property that controls how fluids are distributed 
and flow within porous media [1]. It is the result of a complex interaction of forces, 
related to the reservoir fluid system and the rock composition, and has a major impact on 
capillary behaviour, core electrical measurements [2, 3, 4], relative permeability tests and 
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residual saturations [5]. Lab testing requires representative wettability conditions to 
ensure the results are representative for input to reservoir simulation.  
 
Anderson (Part 1) [2] presented in his paper the variables that control wettability: oil type 
and composition, brine chemistry and grain/mineral type. The general assumption, for 
conventional reservoirs, is that before hydrocarbons migrated into the reservoir, the rock 
was water wet because the grains were only in contact with water. As oil accumulated at 
the top of the reservoir, filling much of the porous media, adsorption of polar compounds 
(like resins and asphaltenes, the natural surfactants of the oil) can induce wettability 
change, away from water wet. In clastic reservoirs, clay minerals are present in variable 
amounts and will influence the wettability tendency. In oil saturated sandstones kaolinites 
are preferentially wetted by oil [6]; however, kaolinite changes wettability depending 
upon pH [7], while illite and other clays are essentially wetted by water. Bantignies et al. 
[8] found that the wettability contrasts between illite and kaolinite are related to structural 
differences between the two clay types. Knowledge about the effect of iron-rich minerals 
such as glauconite [9] and chamosite [10, 11] on the wettability in the literature is 
limited.  
 
There remains an industry debate about the best approach for considering wetting 
conditions during core analysis. Some companies/professionals would recommend the 
use of fresh (or native, or “as received”) state core samples, with protocols designed to 
maintain the wetting and saturation conditions of the core from reservoir to the lab. 
However, native wettability of reservoir core samples can be affected and altered by the 
coring and core handling processes: during coring and core recovery, through invasion of 
and contact with, drilling mud components/additives; pressure and temperature losses; 
and potential oxidation of oil and/or rock components. Probably the predominant, current 
recommended industry approach [1] is to restore the wettability by appropriate cleaning 
(to mimic pre-hydrocarbon migration, water-wet conditions), establish representative 
formation water saturation, introduce representative reservoir oil and apply pressure and 
temperature for “sufficient” time. Both techniques have pros and cons and require 
deliberation of what might be the most appropriate approach for a particular reservoir 
being studied, based on the core material and fluids available to testing and the contracted 
laboratory equipment limitations. 
 
In this paper, we will provide the results of wettability studies carried out on fresh state 
(FS), clean state (CS) and restored state (RS) core plug samples from three oil Fields, 
henceforth named A, B and C, in three global locations, together with mineralogical 
characterisation data using x-ray diffraction (XRD), scanning electron microscopy (SEM) 
and thin section analysis (TSA).  
 
WETTABILITY TEST METHODS AND RESULTS 
Combined Amott-USBM wettability tests were performed on core samples from the three 
sandstone reservoirs under the three wetting states.  
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Figure 1 shows a schematic illustration of the preparation processes used for these 
different wetting states. For simplicity, the interpretation of Amott and USBM wettability 
indices were performed using the scale presented in Table 1. 
 

Sample cleaned
chloroform and methanol 

azeotropic mix and humidity 
oven dried (60°C and 40% RH) 

Samples flooded with lab oil at 
backpressure (200 psi) to remove 

gas to Swi (no water was 
produced)

Sample saturated in synthetic 
formation water and desaturated 

to Swi under lab oil

Lab oil replaced with 
corresponding crude oil and aged 

for 40 days at elevated 
temperature and nominal 
backpressure (200 psi)

Amott-USBM testing 
carried out

Sample cleaned
chloroform and methanol 

azeotropic mix and humidity 
oven dried (60°C and 40% RH) 

Sample saturated in synthetic 
formation water and desaturated 

to Swi under lab oil

Clean State Restored StateFresh State

Base properties Ka and φ 
measured

Base properties Ka and φ 
measured

FS samples base properties 
Ka and φ measured after 

Amott-USBM   
Figure 1. Illustration of the sample preparation process for the wettability study 

 
Table 1. Interpretation of Amott and USBM wettability index  

WETTABILITY INDICES 
INTERPRETATION OF WETTABILITY 

INDICES 
  Water-Wet Neutral Oil-Wet 
Relative Displacement Index (Amott-Harvey) Positive value 0 Negative value 
USBM Wettability Number Positive value 0 Negative value 
 
FS samples were initially flushed at 200 psi back pressure with mineral oil to remove gas 
and to displace dead crude oil to a controlled laboratory mineral oil. To avoid potential 
clay damage, clean and restored state samples were prepared by warm constant 
immersion cleaning, using a chloroform and methanol azeotropic mixture as the solvent, 
and humidity oven dried (60°C and 40% RH) to constant weight. Basic properties: air 
permeability (Ka) and porosity (φ) of the samples are presented in Table 2. Ka was 
measured by steady state method at 400 psi and φ was calculated by Helium grain density 
and Helium pore volume. Ka and φ of FS samples were measured after completion of the 
wettability tests. One of the FS samples from Field B failed when measuring the air 
permeability. Thus, it was only possible to measure porosity allowing this the wettability 
calculations. Once clean and dried, the samples for CS and RS testing were saturated with 
their corresponding synthetic formation water (SFW in NaCl equivalent, Field A:46000 
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ppm, Field B: 190000 ppm, Field C:35000 ppm) were desaturated to Swi using synthetic 
lab oil (Isopar-L) by centrifuge in lower permeability samples (Ka <123 mD) and by 
porous plate in high permeability samples (Ka>370 mD). CS samples continued directly 
to spontaneous imbibition without ageing, and RS samples were flooded with their 
corresponding crude oil and aged at elevated temperature and nominal pore pressure (200 
psi of back pressure) for 40 days.  
 
Table 2. Sample properties 

Field  Region  Sample  State Air Permeability 
(Ka) Range (mD) 

Porosity (φ) 
Range (%) 

A Northern 
Europe 

1A Clean 

93 - 123 30 -32 

2A Clean 
3A Restored 
4A Restored 
5A Restored 
6A Restored 
7A Fresh 
8A Fresh 

B Central Europe 

1B Clean 

370 - 8600 25 - 32 

2B Clean 
3B Restored 
4B Restored 
5B Restored 
6B Fresh 
7B Fresh 

C Asia Pacific 1C to 10 C (10 samples) Clean 8 - 47 17 - 18 
 

 
Figure 2. Amott Wettability index (AWI) as function of USBM wettability index (USBM WI) by test state 
condition. CS-Clean State, RS-Restored State and FS-Fresh State 
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Combined Amott-USBM wettability tests were performed using synthetic lab oil for the 
oil drive part and synthetic formation water (for the respective field) for the water drive 
part on all samples from Fields A and B, and in two samples (out of ten) from Field C. 
Figure 2 presents the results of these tests, showing a relatively good consistency between 
the two methods for all samples under study. The range of USBM index results per Field 
are also presented in Table 3. Average clean state primary imbibition and secondary 

drainage USBM curves per Field, converted into J-Functions J S! = !.!"!!"# !"/∅)
!!"#!

, 

where σ (dynes/cm) is the surface tension and θ (degrees) is the contact angle, are 
presented in Figure 3. The average capillary pressure for the primary imbibition and 
secondary drainage cycles of CS samples for Fields A, B and C are presented in Figure 4 
(a) to (c). USBM [12] wettability index is obtained by calculating the natural log of the 
ratio of area under the secondary drainage (area A1 - blue) and imbibition curves (area 
A2 – red) as shown in Figure 4 (d), hence IUSBM=ln(A1/A2). The imbibition curves do not 
exhibit expected behaviour for a clean state water wet core for Fields B and C. Strong 
water wetness (expected from clean state samples) should produce USBM index values 
greater than +0.5 (often close to or greater than +1.0). USBM wettability indices results, 
summarised in Table 3, for Field B samples are between -0.5 and -0.6, indicating an oil 
wet tendency. Data from Field C samples produce values between +0.08 and +0.16 on 
most of the samples (8), with only two samples appearing to have strong water wet 
indices.  
 
Table 3. USBM wettability index range of clean state samples from Fields A, B and C 

Field Amott Wettability Index UBSM Wettability Index Wettability tendency 
A +0.5 to +0.74  +0.5 to + 0.8 Water wet 
B -0.7 to -0.6 -0.5 and -0.6 Oil wet 
C Not performed +.08 to + 0.16 Mixed wet 

 
Amott and USBM wettability indices as a function of initial water saturation (Swi) for all 
states (CS, FS and RS) are presented in Figure 5. This figure shows that samples with Swi 
lower than 0.2 exhibit a clear oil wet tendency whereas higher Swi values appear to be 
more scattered in the mixed to water wet region. Wettability tests on restored state and 
fresh state samples show a mixed to oil wetting tendency in most of the samples. 
 
Clean state wettability tests were performed to quality control if the cleaning method was 
effective in removing all hydrocarbon contaminants from the samples and resulted in a 
strongly water wet tendency in Field A, but not in Field B. Field C samples have a mixed 
to water wet behaviour. Inefficient cleaning time was ruled out as there were no 
fluorescence in the samples and petrography analyses did not show high halite, barite or 
organic content. Any halite present in a clean state sample is believed to be from the 
coring fluids and should have been removed by the methanol in the cleaning process [13].  
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(a) 

 
(b) 

 
(c) 

 
(d) 

Figure 3. Clean state average (per Field) primary 
drainage and primary imbibition capillary pressure 
curves, converted to J-Functions – One average curve 
per field is presented only  

Figure 4. Capillary Pressure – primary imbibition 
and secondary drainage (a) Field A, (b) Field B 
and (c) Field C. (d) USMB example calculation - 
One average curve per field is presented only  

 
Different coring fluid systems were used across the Fields: oil-based mud (OBM) in 
Fields A and B, and water-based mud (WBM) for Field C. No tracer analysis was 
performed in Field A for mud invasion. In order to investigate mud filtrate invasion into 
the core of Field B, the water phase of the OBM was doped with deuterium oxide (2H). 
Several mud samples were collected at the wellsite in conjunction with Dean-Stark (DS) 
plugs. The mud samples and the wellsite core plugs underwent DS analyses. Tracer 
analysis was carried out on the distilled water collected from the DS plugs and mud 
samples. The mean concentration of 2H in the mud was around 620 2H ppm and 150 2H 
ppm on the DS showing no evidence of invasion, which eliminated the influence of 
coring fluid in irreversibly altering wettability in samples from Field B. Water-based mud 
(WBM) systems historically have contained less additives. However, some modern 
WBM fluids may contain surfactant/emulsifying agent additives, thus increasing the 
potential for alteration of wettability. The use of additives in the WBM is uncertain and 
no tracer analysis was performed on cores from Field C.  
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Figure 5 (a) USBM wettability index and (b) Amott Wettability Index as function of initial water saturation 
(Swi)  
 
SAMPLE CHARACTERISATION BY XRD, SEM AND TSA 
Chlorite clays are phyllosilicates with the general chemical formula (Mg, Al, Fe)12 [(Si, 
Al)8 O20] (OH)16. In sandstones, these tend to represent grain coating, pore lining and 
pore bridging phases which are most commonly observed as platy, fibrous/ bladed 
crystals (Fe-rich) or sometimes display a honeycomb structure (Mg-rich). Chlorite clays 
are not considered to be particularly water sensitive but do have the ability, similar to 
illite, to retain water without swelling or potential fines migration. Chamosite is the iron 
rich (F2+) member of the chlorite group. 
 
Glauconite is a potassium iron phyllosilicate belonging to the mica mineral group with 
the following chemical composition (K, Ca, Na)2 (Fe3+, Al, Mg, Fe2+)4, [(SI, Al)4 O10)2 
(OH)4. It most commonly occurs as rounded pellets with an aggregated structure, flakes 
or as part of the rock matrix and can be confused with chlorite clays due to the similarity 
in colouration. The aggregated structure and internal geometry of this mineral gives it a 
high internal porosity which is not always connected to the main pore network. Where 
these are connected and depending on the exact composition and state of alteration, they 
can exhibit behaviour similar to some clay minerals such as smectite (associated with 
swelling) and are considered to be water sensitive. 
 
X-ray diffraction (XRD) analyses, performed on end trims from the samples under study, 
show chlorite as the most common clay among Fields A and C. For Field B the most 
recurrent clay (whole rock) is kaolinite followed by chlorite as presented in Table 4. 
Total clay content from Fields B and C is around 14% or lower, for Field A, total clay 
content is around 27%. High chlorite content is often associated with the presence of 
glauconite [14] and chamosite [15]; however, XRD data on its own does not allow the 
identification of the specific types of Fe-rich minerals. 
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Table 4. XRD analyses -summary of clay content average (Avg.) values by Field 

Field  Region 

XRD 
Iron rich 
mineral 
identify  

Total clay whole 
rock Average 

(mass %) 

Clay – whole rock (mass %) 

Illite Kaolinite Chlorite 
Average Average Average 

A Europe 27 2.50 <1 23 Glauconite 

B Central Europe 14 1 10 4 Chamosite 

C Asia Pacific 10 2.5 1 6 Chamosite 

 
Glauconite can be identified in a thin section (TSA) as it appears as round/oval peloids 
that are easily recognised by their bright green colour (Figure 6). However, in a black and 
white SEM image, glauconite appears as nondescript oval shape grains, as shown in 
Figure 7 Glauconite is difficult to identify without supplementary thin section and XRD 
analyses. Chlorite is clearly observed in Figure 8 (plate d) and then confirmed as 
glauconite grains by TSA as shown (plate e and f) in Field A samples. 
 

 
Figure 6. Example of a TSA containing glauconite (bright green colour) 
 

  
SEM – Glauconite detailed view showing the texture 

of glauconite pellets.  
SEM – Glauconite detailed view showing poorly 

chlorite blades coating glauconite grains. 
Figure 7. SEM illustrations of glauconite pellets and glauconite with chlorite coating 
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SEM – plate a SEM - plate b SEM -plate c 

   
SEM -plate d TSA –Glauconite plate e TSA – Glauconite plate f 

Figure 8. SEM images (plate a to d) and thin section example (plate e and f) from Field A 
 

   
SEM – plate a SEM – plate b SEM plate c 

   
SEM plate d TSA - plate e TSA - plate f 

Figure 9. SEM images (plated a to d) and thin section images (plate e and plate f) showing chamosite 
identified as chamosite rich concentric clay overgrowths 
 
Chamosite, on the other-hand, is identify by XRD and SEM energy dispersive X-ray 
spectroscopy (SEM-EDS). It can be seen as a green, grey-green or dark green coating on 
the grains in the thin section images (Figure 9). SEM performed from Field B (Figure 9) 
shows chlorite coating grains of quartz that were later identified as chamosite in the thin 
section image (plate e and f). In a similar way, chamosite is identified in Figure 10 on 
Field C samples. Chamosite coatings on wells from Fields B and C are not continuous 
and appear to be scattered on the petrography samples evaluated, which may explain the 
broad range of wettability indices obtained across the studied samples. An interpretation 
that combines XRD, SEM and TSA is required to identify glauconite and chamosite. 

chlorite

siderite

Ooid: Chamosite-
rich concentric 
clay overgrowths

ooid
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SEM - plate a SEM plate b SEM – plate c 

  

 

SEM – plate d TSA – plate e  
Figure 10. SEM images (plates a to d) and thin section analysis (plate e) from Field C 
 
RESULTS INTERPRETATION 
Field A samples exhibit a mixed wet condition for fresh state and restored state and a 
water wet condition for clean state samples, which indicates that even in the presence of 
glauconite, the cleaning process may have induced a water wet tendency. Ageing with 
crude oil induced a less water wet condition.  
 
Wettability results for Field B show that the rock is oil wet regardless of state (clean, 
fresh or restored). This is counterintuitive, as it is normally expected that a standard 
sandstone formation will become more water wet following cleaning. Kaolinite content in 
Field B is the highest among the three fields, and this could contribute with the oil wet 
tendency in FS and RS samples of this field. However, the oil wetness of kaolinite reverts 
to water wet after cleaning. Thus, the oil wet tendency in clean state is believed to be 
caused by the presence of grain-coating chamosite, which has an affinity to oil inducing 
an oil wet rock even after fully cleaned of hydrocarbons. During the cleaning process, all 
the organic compounds adsorbed in the surface of the grains are thought to be entirely 
removed, leaving the clays exposed, in this case the pore lining chamosite coating. Iron 
ions (present in the chamosite) are known to bridge with clean quartz [2, 16, 17] 
providing positive sites for the adsorption of organic compounds within the synthetic oil.  
 
Wettability tests on samples from Field C show a less oil wet tendency, than the samples 
from Field B. XRD of samples from Field C show a significant presence of illite, which 
are usually water wet after cleaning but can have significant impact on reservoir quality. 
This may have led to higher connate water saturation, hence, thicker water films and 
lower ability for oil to influence wetting tendency. Also, uncertainties in Field C coring 
fluid could have influenced the wettability. Thus, further investigation using mud tracers 
during coring and a full wettability study on fresh, clean and restored samples is 
recommended before a conclusion can be made. 
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It is likely that the degree of chamosite development (and/or presence) could lead to 
variance in wetting states, e.g. samples with poorly-developed chamosite coatings have 
less tendency to be oil wet than others.  
 
CONCLUSIONS  
USBM and Amott test results on three Fields two in Europe and one in Asia Pacific were 
consistent and showed a mixed to oil-wet tendency for fresh and restored state samples 
where chamosite was present. Some samples containing chamosite were also observed to 
be mixed to oil wet, even in clean state. Samples containing glauconite appeared to be 
water wet in clean state, and mixed wet either in fresh state or restored state.  
 
The results suggest that the presence of both glauconite and chamosite was the main 
contributor to the oil wet tendency of the evaluated restored and fresh state samples, and 
chamosite for the clean state mixed to oil wetness. However, for Field C the possible 
used of additives in the WBM during coring and how this could have influenced the 
wettability tendency is still uncertain, thus further investigation is recommended.  
 
Mineralogy has a significant role in wettability control, thus it is recommended that Field 
wettability studies include fresh state, clean state and restored state analysis as well as 
petrography: XRD, SEM and TSA on the tested sample end trims. Only by using these 
combined analyses can we begin to understand the wettability controls in each different 
Field. 
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ABSTRACT 
Wettability in chalk has been studied comprehensively to understand fluid flow 
mechanisms impacting coreflooding experiments. Wettability becomes paramount in 
understanding the parameters influencing chalk-fluid interactions. The main objective of 
this work is to evaluate as to which degree the wettability in chalk core samples can be 
controlled in the laboratory. Kansas chalk samples saturated with brine (1.1 M/64284 
ppm NaCl) and an oil mixture (60% - 40% by volume of Heidrun oil and heptane) were 
aged at a constant temperature of 90oC with aging time as the laboratory control variable. 
A multimodal method incorporating contact angle measurements, wettability index via 
USBM test, and SEM-MLA analysis was applied in evaluating wettability. A systematic 
approach was applied with the three different methods to quantify the degree of 
uncertainty linked to a) wettability estimation and b) the aging procedure to control 
wettability alteration of Kansas chalk. With a comprehensive suite of samples, we were 
successfully able to alter the wettability of chalk cores. 
 
 
INTRODUCTION  
Wettability is the tendency of one fluid to spread on, or adhere to, a solid surface in the 
presence of another immiscible fluid. Wettability is of paramount importance in oil 
recovery from low permeability chalk as it controls the flow and distribution of fluids [1]. 
In the past, numerous studies have indicated a number of factors influencing wettability 
including the composition of oil, rock mineralogy, fluid saturation, brine composition, 
temperature, and time of aging [2].  Although carbonate reservoirs tend to be intermediate 
to strongly oil wet, in the laboratory restoration to oil wet characteristics is fraught with 
uncertainties [3].  
 
One of the simplest experimental control variables is the aging time. Anderson [2] 
indicated that 1000 hours (40 days) of aging at reservoir temperature is sufficient for 



SCA2018-020  2/14 

2 	

wettability equilibrium for sandstones. In order to ensure that brine chemistry are not 
ignored during the aging process it is important to saturate the core with brine prior to 
any flooding of oil.  
 
Wettability can be quantified using contact angle measurements of a drop placed on top 
of the surface and/or the USBM method (United States Bureau of Mines). For a reservoir 
rock to be termed oil wet, the contact angle in an oil-brine-rock system should be greater 
than 105° [2,4,5], or the wettability index for the USBM method to be close to -1,  
calculated from drainage and imbibition capillary pressure vs saturation curves. Robin et 
al. [6] developed a qualitative description of how to differentiate between oil wet and 
water wet capillary pressure curves. In addition to the contact angle and USBM methods, 
Scanning Electron Microscopy (SEM) analyses using Cryo Scanning Electron 
Microscope (Cryo-SEM) and Environmental Scanning Electron Microscope (ESEM) 
methods [6,7] have been used to determine wettability in rocks and packed glass beads 
saturated with reservoir fluids. These analyses had uncertainties as it often compromised 
the sample integrity due to extreme changes in the physical state because of cooling and 
polishing. In a newly developed method [8], SEM-MLA (Mineral Liberation Analysis) 
has been applied by testing the samples without any changes to their physical state. 
 
In this paper we try to determine the threshold duration beyond which the aging does not 
change the wetting state of outcrop chalk. After aging the chalk cores at high temperature 
for varying periods of time, wettability determination was performed using contact angle 
measurements, USBM method and SEM-MLA analysis. Specifically, the study was 
carried out on outcrop chalk samples as laboratory core flooding and SCAL experiments 
are routinely performed on core samples from restored state [9]. Similar work had been 
carried out previously on Rørdal chalk samples [1] wherein the chalk samples were 
submerged into crude oil for wettability alteration, and then after aging the crude oil was 
flushed out by decahydronapthalene, which subsequently was flushed out by decane for 
imbibition tests. Graue et al. [1] reported that a stable wettability was obtained for cores 
aged more than 14 days using a different set of fluids. 
 
 
EXPERIMENTAL METHODODLOGY 
Porous Medium 
The porous media used for this work was outcrop chalk from Kansas, from the Niobrara 
formation, Fort Hays Member, USA (Late Cretaceous). The Kansas chalk used here 
displayed a permeability ranging from 1.90 to 2.10 mD, and a porosity ranging from 
36.93 to 38.57 %. Its carbonate content is approx. 95-97%, the Biot coefficient is 0.91 
and the induration is H3 [10,11], which imply that Kansas chalk is partially cemented 
compared to other high porous chalks. 
 
Fluids 
The physical properties of the 1.1 M NaCl-brine used to determine the saturation 
porosity, brine-permeability, and for initial saturation are presented in  
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Table 1. Heidrun (offshore Norway) dead crude oil with 6 cP viscosity and 858 kg/m3 
density was mixed with n-heptane (60% - 40% by volume) and used as the non-wetting 
phase. The total acid number (TAN) of the Heidrun crude oil was analyzed and found to 
be 2.82 mg KOH/g (reported to be 3 mg KOH/g in [12]), while the mixture obtained an 
acid number of 2.12 mg KOH/g using potentiometric titration method. The oil mixture 
was filtered (5 𝜇m filter paper) and degassed by vacuuming for 48 hours to prevent gas 
production during the drainage. The physical properties of Heidrun crude oil are tabulated 
in  

Table 2. The composition of the oil mixture was analyzed using Agilent 7890A Gas 
Chromatograph with Simulated Distillation (SIMDIS) system (see  

Table 3). 
 
Experimental Method 
Sample Preparation and Basic Sample Characterization 
7 full sized cylindrical core samples (‘cores’) of 1.5” (38.1 mm) diameter and 2” (50 mm) 
lengths, and 5 mm length end pieces from both ends (top and bottom, 14 in total) were 
drilled out from a single block. The cores and end pieces were sonicated to remove fines 
and then dried at 90oC for two days. Then the dry weight of the cores was measured 
before being vacuumed and saturated by NaCl brine for wet weight measurements. The 
saturation porosity could then be estimated (the porosity of the end pieces was assumed 
to be the same). The 7 cores were mounted in flow-cells and the brine-permeability was 
estimated from differential pressure measurements and Darcy’s law. The saturation 
porosity and brine permeability estimates are given in Table 4. 
 
Centrifuge for Primary Drainage 
The 7 brine saturated cores including the 14 top and bottom end pieces with filter paper 
in between, were mounted into the core holders of the centrifuge (Rotosilenta 630RS 
centrifuge from Vinci Technologies). An overburden/confining pressure of 200 psi (1.38 
MPa) was used, and the centrifuge was operated in drainage mode to displace the brine 
with oil to irreducible water saturation. Drainage was performed in 7 steps from 500 rpm 
to 3500 rpm in increments of 500 rpm with 3 hours of equilibration time for each step.  
The capillary pressure was calculated at any position, 𝑟, along the core length using the 
Hassler-Brunner equation [13]: 

 𝑃! 𝑟 =  
1
2∆𝜌𝜔

!(𝑟!! − 𝑟!) (1) 

where ∆𝜌 = 𝜌!"# − 𝜌!" is the density difference between the fluid expelled from the core 
(𝜌!"#) and the fluid entering the core (𝜌!"), 𝜔 is the angular rotation speed of the 
centrifuge, and 𝑟! ≃ 22.1 cm (for drainage mode of centrifuge) and 16.5 cm (for 
imbibition mode of centrifuge) and 𝑟 (varying from 0 to 5 cm) are the distances from the 
rotational axis to the outlet face and any point along the core length, respectively. In 
addition to Hassler Brunner method, Forbes and Forbes-splines method were also 
applied, but there was no significant improvement in the model fit. According to Forbes 
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[16], it is assumed that the pressure field in the core is linear, (neither radial nor 
centrifugal), and gravity is neglected. These assumptions can be satisfied for very short 
and narrow samples spun far from the rotation axis. In the case of Vinci centrifuge, the 
geometry is such that (sample being far from the rotation axis), the pressure field in the 
core is almost linear which is not the case with other centrifuge’s (Beckmans). Hence this 
was determined to be reason for very little difference between the results of Hassler 
Brunner and Forbes equations in our case. 
 
After reaching an equilibrium between the oil/water saturation and capillary pressure, 
hence when no more brine is being produced, the brine expelled from the core was 
measured and the average water saturation for each rotation speed was obtained. This 
water saturation (%) was plotted against the capillary pressure estimated from equation 
(1) to produce the capillary pressure curve. 
 
Aging 
After the centrifuge the confining pressure was reduced to 100 psi and then the core 
holders with cores and end pieces inside were placed in the oven to age at 90°C for aging 
time ranging from 6 to 30 days (Table 4).  
 
After aging, the 7 full sized cores were used for USBM wettability measurement, and the 
7 top and 7 bottom end pieces were used for the contact angle measurements and SEM-
MLA analyses, respectively. 
 
Wettability determination by USBM of cores 

After the primary drainage (oil displaced brine) and aging, the NaCl brine was forcibly 
imbibed (primary imbibition) into the cores using the centrifuge in imbibition mode to 
obtain residual oil saturation 𝑆!" – before a secondary drainage (oil displaced brine) was 
performed to reach the irreducible water saturation, as described by McPhee et al. [14]. 
The receiving tubes coupling cups to core holders, were saturated by the same fluid as the 
cups holding the fluid that enters the cores. A confining pressure of 200 psi and 7 
centrifugal steps from 500 to 3500 rpm at 500 rpm increments for 3 hours equilibration 
time was used. Areas under the secondary drainage curve (𝐴!) and primary imbibition 
curve (𝐴!), when plotting the capillary pressure against water saturation enabled us to 
estimate the wettability index 𝐼! via:  

 𝐼! = 𝑙𝑜𝑔 (𝐴!/𝐴!) (2) 
The trapezoidal method was used to estimate the area under the curves. In conjunction to 
the formula above, the wettability index 𝐼! is greater than 0 for water wet, smaller than 0 
for oil wet and around 0 for neutral wet systems.  
 
Wettability determination by Contact Angle Measurements of the top end pieces 
The top end piece of the aged core sample was mounted in a Vinci IFT 700 instrument to 
measure the contact angle by sessile drop method. The same NaCl brine ( 
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Table 1) was used as the droplet fluid and each droplet was of size ∼ 5 ⋅ 10!! ml (radius 
of 0.5 mm). The sessile drop method uses a contact angle goniometer, which allows the 
user to measure the contact using digital photography for immobile and permanently 
attached droplets placed by a syringe onto the chalk end piece surface. 8-10 photographs 
were acquired over 2 minutes each enabling us to observe how the droplet obtained a 
stable geometry over time.	The contact angle measurement was done on trimmings that 
were on top of the consolidated sample. These trimmings were at the oil front during the 
primary imbibition process. Hence it was assured that the saturation was uniform. 
Contact angle was measured at multiple spots (about 10 to 12) on the surface of the 
trimming and an average value was taken as the contact angle for that particular samples 
resulting in 150 to 300 data points for each sample. Initially, brine drops were left for a 
longer duration to observe the change in contact angle, but this largely due to evaporation 
of the brine droplet. Also, leaving the brine droplet for a longer duration resulted in 
formation of salt crystals on the surface causing discrepancies in the contact angle 
measurements. Hence, contact angle measurement at multiple spots on the rock surface 
was performed an average value of the contact angle measurement is reported. On the 
other hand it was understood that roughness will impact contact angle measurements. It is 
understood that the contact angles measured are effective and will vary depending on 
surface treatment. But in this case all samples were treatment the same way and that the 
contact angles can be compared. All the sample trimmings were cut with the same saw 
using SS blade (1/16”). The chalk samples that were used for contact angle and SEM-
MLA were also cut in the same way. We don’t believe the surface roughness influenced 
the contact angle measurement within our measurements as the shape of the droplet did 
not change from sample to sample or within a sample.	
 
Wettability determination by SEM-MLA analysis of the bottom end pieces 
In the last stage, the bottom end piece of the aged core sample was used for SEM-MLA 
analysis [8]. A FEI Quanta 650 FEG SEM, equipped with Bruker high throughput 
Energy Dispersive X-ray (EDX) system and backscattered electron detectors was used for 
this purpose. Imaging of the flat sample surfaces was carried out at very low vacuum 
conditions (0.6 Torr) [15]. Additionally, the end pieces were not subjected to any metallic 
or carbon coating on the surface, which is a standard procedure for SEM-MLA analysis, 
except for liquid graphite coating on the sample holder. The instrument conditions and 
parameters were: high voltage of 25 kV, spot size of 5.75, working distance of 13.5 mm, 
10 nA beam current, 16 µs BSE dwell time, 10-pixel minimum size (400-pixel frame 
resolution for 1 mm High Full Well (HFW) capacity), and 12 ms spectrum dwell for 
EDX. The MLA acquisitions were performed using the 3.1.4.683 MLA™ software and 
each acquisition took between 3 and 4 hours per sample. Minerals and fluids in the core 
sample were calculated through a custom classification script that accounted for porosity 
and mineralogy. The results for individual samples were acquired as a digital map of the 
minerals and a data table listing their mineral composition. Prior to testing the individual 
aged end pieces, two pure chalk pieces; one with a drop of the oil mixture and another 
with a drop of 1.1M NaCl-brine on it, were analyzed to determine the oil and NaCl-brine 
(termed ‘halite’) signature and added to the SEM mineral database. The aged end pieces 
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were then analyzed to determine the relative quantity of oil, halite and carbonate in 
percent. The premise is to link the oil/halite concentrations to the overall wetness of the 
mineral surface, which in this study is controlled by the aging time.  
 
 
RESULTS AND DISCUSSION 
The premise of this work was to measure wettability of aged Kansas chalk using three 
techniques at varying aging time while keeping brine and oil composition, and aging 
temperature fixed.  
 
Before aging, the samples were brought to irreducible water saturation (𝑆!") using the 
primary drainage method. From trial and error, it was found that a confining pressure of 
200 psi (1.38 MPa) was optimal to avoid disintegration of the cores during centrifuge 
tests. The irreducible water saturation was found to be 54.15 to 64.71% for all cores 
(Table 4).  
 
After the samples were aged they were imbibed by NaCl brine (primary imbibition) from 
𝑆!" to the residual oil saturation (𝑆!", see 

 

Figure 1 and Table 4). The area under the 𝑃! vs 𝑆! curve during primary imbibition is 
termed 𝐴!. Then, the cores were taken out of the holders which were switched to 
drainage mode before secondary drainage was performed (in which oil expelled brine). 
The area spanned by the 𝑃! vs 𝑆! curve is termed 𝐴!.   
 
The wettability index 𝐼! from USBM method was estimated using the log10 of the ratio 
𝐴! by 𝐴! in equation (2). From the WI reported in Table 4, it can be seen that, except 
from chalk number 5 (18 days), an increasing aging time leads to a lowered wettability 
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index, ranging from 0.36 and 0.51 for 6 and 9 days aging to around zero for 12, 15 and 21 
days, and -0.15 for 30 days aging. Figure 2 (left) gives a plot of wettability index 
estimated by USBM method as a function of aging time. The abnormality with result 
from sample aged 18 days is quite uncertain. But during the USBM tests it was observed 
that number of tests have to be repeated as the samples disintegrated due to excess 
overburden pressure. This resulted in additional tests to optimize the confining pressure 
required for successful drainage and imbibition tests on the samples. Even though the 
confining pressure was optimized by trial and error, and the confining pressure used for 
the sample with 18 days aging time is the same as the other samples, we suspect that this 
outlier may have been caused by natural fractures present in chalk which led to further 
disintegration during the primary imbibition and secondary drainage that was not visible 
during the initial tests.  
 
In summary each method provided a conclusion that could not be perceived as 
unanimous. This discrepancy in the experimental data may have originated mainly from 
the USBM method.  Although the data shows only 7 samples with 7 aging times, more 
than 30 samples were tested with almost half of them breaking apart. Initially the samples 
were not able to withstand the confining pressure and with that reduced and optimized, 
we had samples coming out intact in the primary drainage stage. The core samples (used 
for USBM) went through further damage during the primary imbibition and secondary 
drainage. Hence it was with great difficulty we were able to get reliable data for the 
USBM method. This was not the case for the trimmings used for the contact angle 
measurement and the SEM-MLA analysis. In these cases, the trimmings being just a few 
millimeters, we were able to get a saturated and a more reliable sample after few 
attempts. The trimmings for the SEM-MLA were selected once the primary drainage test 
was found to be reliable as the data was similar for all the samples. For SEM-MLA 
analysis, the trimmings being barely few millimeters were put though the primary 
drainage process and selected for aging. This again took number of attempts to eventually 
select the 7 samples and age them 
The top end pieces were analyzed with contact angle measurement in which a brine 
droplet was placed on the sample. It was found impossible to place a stable droplet onto 
the samples aged for 6 and 9 days, as the droplet initially had a maximal contact angle of 
around 65°, but within only a few seconds, it started to spread out and got sucked into the 
chalk developing into a contact angle of 0° in time.  Hence, obtaining a stable, time 
independent, contact angle measurement was not possible for samples with 6 and 9 aging 
days. For samples aged for 12 days and 30 days the sessile droplets formed enabling 
stable contact angle measurements. For the 12 and 15 days samples contact angles of 78° 
and 85° were found respectively. Increasing the aging time to 18, 21 and 30 days the 
contact angle increased to 102, 110, and 108°, respectively (Figure 2 (right) and  
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Sample 1 (𝜃 = 65°) Age time: 6 days 

 
Sample 2 (𝜃 = 66°) Age time: 9 days 

 
Sample 3 (𝜃 = 78°) Age time: 12 days 

 
Sample 4 (𝜃 = 85°) Age time: 15 days 

 
Sample 5 (𝜃 = 102°) Age time: 18 days 

 
Sample 7 (𝜃 = 108°). Age time: 30 days 

Figure 3, Table 4	

 
Sample 1 (𝜃 = 65°) Age time: 6 days 

 
Sample 2 (𝜃 = 66°) Age time: 9 days 

 
Sample 3 (𝜃 = 78°) Age time: 12 days 

 
Sample 4 (𝜃 = 85°) Age time: 15 days 

 
Sample 5 (𝜃 = 102°) Age time: 18 days 

 
Sample 7 (𝜃 = 108°). Age time: 30 days 

Figure 3). Hence, as the aging time is increased to 18 days and beyond, the contact angle 
reached a plateau of more than 100° which is in-line with oil wet characteristics, said to 
be greater than 105° [2,4,5]. Figure 2 (right) gives a plot of contact angle as a function of 
aging time. 
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The lower end pieces were analyzed using SEM–MLA in which the oil/brine content of 
the surface of the samples was determined (Table 5). The use of a pre-defined signature 
of the oil, calcite mineralogy and brine in the MLA-database simplified the analysis 
compared to a similar study using Berea sandstone [8].  Based on the individual surface 
measurements (reported in Table 5) for the amount of oil/brine/calcite of the aged chalk 
samples, we report the SEM-MLA wettability estimate in Table 4. Figure 4 provides two 
examples of mineral/fluid MLA maps and SEM images of samples aged for 6 days and 
30 days showing how an increasing aging time results in an increased oil signature on the 
chalk samples. 
  
The wettability measurements reported here, from all three methods, imply that an aging 
time exceeding 21 days was sufficient to ensure that the Kansas chalks are oil wet when 
the samples were saturated by 1.1 M NaCl-brine and 2.12 mg KOH/g oils and aged at 
90°C. 
 
 
CONCLUSIONS  
1. 7 outcrop Kansas chalk cores together with 5 mm thick top and bottom end pieces 

were acquired from the same block and their wettability were altered by aging for 
varying durations. The aging temperature, brine and oil compositions were kept fixed 
for all 7 aged samples.  

2. Wettability was measured using three different methods viz. contact angle, 
wettability index via USBM method and oil saturation using SEM-MLA analysis. 

3. USBM method: Increasing oil wet characteristics, i.e. close to zero meaning that the 
ratio of 𝐴! by 𝐴! equals 1, was observed with increasing aging time from 12 days 
onward. The 18 days’ experiment seemed to be an outlier result as it did not match 
the 12 and 15 days’ (close to zero, positive value), and 21 and 30 days tests (close to 
zero, negative value). To ensure that the sample remained intact a confining pressure 
of 200 psi had to be used to prevent disintegration of the sample. 

4. Contact angle measurement: With increasing aging time, the chalk samples indicated 
increasing oil wet characteristics, especially after 12 days aging and onwards. 
Contact angle values varied from 65° (unstable readings from 6 and 9 days tests – 
water wet) to 110° (very stable readings for 18, 21 and 30 days test – oil wet).  

5. The newly developed SEM-MLA method for oil/brine chalk surface determination 
provided a direct observation of the chemical composition of the end-pieces. An 
increasing amount of oil present on the samples was measured using MLA analysis. 
It was found that the oil fraction increased steadily from 10% to 46% when aging 
time was increased from 6 to 30 days. Interestingly MLA analysis on chalk samples 
was straight forward compared to Berea as the mineral list was limited. 

6. Based upon the three presented measures, an aging time exceeding 21 days, at 90°C 
saturated by 1.1 M NaCl-brine and 2.12 mg KOH/g oils, was sufficient to ensure that 
the Kansas chalks are oil wet. This conclusion was largely driven by the contact 
angle results indicating a wettability condition above 21 days.  The USBM method 
indicated oil wet characteristics starting from 21 days added to the discrepancy on 18 
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days was forcing us to lean towards 18 days timeline to ensure oil wet characteristics. 
Hence a timeline of 21 days have been conclude to restore oil wet characteristics in 
chalk. 

7. The tests can further be strengthened by varying brine salinity, aging temperature and 
the wettability tests broadened to include Amott tests in addition.  
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Table 1. Composition and properties of brine at 25oC 

Brine	Salinity	
(ppm)	

Density	
(kg/m3)	

Viscosity	
(cP)	

IFT	with	oil	
(Nm/m)	

64,284	 			1060	 1.05	 							70.8	
 

Table 2. Properties of Heidrun Crude oil at 25oC 

Color	
Density	
(kg/m3)	

Viscosity	
(cP)	

TAN	
(mg	KOH/g)	

Asphaltene	
content	(%)	

Light	brown	 858	 6	 2.82	 <	1	
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Table 3. Composition of the 60-40 Heidrun/Heptane oil mixture from GC-analyses 

 Component	 Mass	fraction	 	 Mole	fraction	 Volume	fraction	

 CO2	 0.0000	 	 0.0000	 0.0000	
 N2	 0.0000	 	 0.0000	 0.0000	
 C1	 0.0000	 	 0.0000	 0.0000	
 C2	 0.0000	 	 0.0000	 0.0000	
 C3	 0.0002	 	 0.0009	 0.0003	
 i-C4	 0.0003	 	 0.0012	 0.0005	
 n-C4	 0.0018	 	 0.0070	 0.0026	
 i-C5	 0.0028	 	 0.0086	 0.0040	
 n-C5	 0.0054	 	 0.0165	 0.0075	
 C6	 0.0163	 	 0.0427	 0.0206	
 C7+	 0.9732	 	 0.9231	 0.9646	

Table 4. Experimental measurements for Kansas chalk 

Core	
No.	

Sat.	
porosity	

(%)	

Brine	
Permeability	

(mD)	

Aging	
Time	
(days)	

𝑺𝒘𝒊	
(%)	

𝑺𝒐𝒓	
(%)	

Contact	
Angle	
(o)*	

SEM-
MLA	
oil	%	

𝑰𝒘		
(USBM)	

1	 38.57	 2.10	 6	 64.71	 19.23	 65	(29.4)	 10	 0.368	
2	 38.49	 1.90	 9	 54.32	 13.82	 66	(26.8)	 19	 0.510	
3	 37.76	 2.01	 12	 58.10	 6.10	 78	(9.1)	 27	 0.005	
4	 36.93	 1.92	 15	 62.61	 8.81	 85	(7.5)	 37	 0.053	
5	 38.04	 1.96	 18	 54.15	 4.13	 102	(6.2)	 37	 0.864	
6	 38.06	 2.00	 21	 54.33	 4.28	 110	(4.2)	 39	 -0.018	
7	 37.63	 1.95	 30	 58.64	 2.15	 108	(4.5)	 46	 -0.165	

* 150 to 300 data points were collected with average value presented and the standard deviation presented in brackets 

 
Table 5. Mineral list from the SEM-MLA analysis for Kansas chalk samples 1 to 7, 

number of aging days in parenthesis: 1(6), 2(9), 3(12), 4(15), 5(18), 6(21) and 7(30). 

	 	 %	Area	Coverage	by	Sample	

Colour	 Mineral	
#1	

6	days	
#2	

9	days	
#3	

12	days	
#4	

15	days	
#5	

18	days	
#6	

21	days	
#7	

30	days	
 Carbonate	 8	 21	 61	 3	 57	 50	 31	
 Halite	 82	 60	 12	 60	 6	 11	 23	
 Oil	 10	 19	 27	 37	 37	 39	 46	
 Others	 0	 3	 3	 4	 3	 1	 2	
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Figure 1.  Primary imbibition (brine displacing oil, 𝑃! < 0) and secondary drainage (oil displacing brine, 
𝑃! > 0) for Kansas chalk samples 1 to 7, number of aging days in parenthesis: 1 (6-yellow), 2 (9-blue), 3 
(12-orange), 4 (15-grey), 5 (18-black), 6 (21-purple) and 7(30-green).  
Note: For samples 5 and 6, the primary imbibition data was adjusted to 100% maximum saturation as the 
experiments overestimated the saturations to beyond 100%. The 𝑆!" reported for samples 5 and 6 in Table 
4 are assumed to be the penultimate points after the saturations were adjusted to 100%.  

 

Figure 2. Left: Wettability index measurement using USBM method as a function of aging time. 
Right: Contact angle on the top end piece of aged chalk cores as a function of aging time.	

 
Sample 1 (𝜃 = 65°) Age time: 6 days 

 
Sample 2 (𝜃 = 66°) Age time: 9 days 
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Sample 3 (𝜃 = 78°) Age time: 12 days 

 
Sample 4 (𝜃 = 85°) Age time: 15 days 

 
Sample 5 (𝜃 = 102°) Age time: 18 days 

 
Sample 7 (𝜃 = 108°). Age time: 30 days 

Figure 3. Brine droplet of size ∼ 5 ⋅ 10!! ml placed onto the aged top end piece. 
The contact angle is shown for differently aged chalk samples. 

  
 

 
 

Chalk sample 1 (aged 6 days) SEM Chalk sample 1 (aged 6 days) MLA 

 
 

 
 

Chalk sample 7 (aged 30 days) SEM Chalk sample 7 (aged 30 days) MLA 
Figure 4. SEM Images and MLA image of different aged chalk samples 



SCA2018-021																																																																																																																																											1/12	

	
	

TOWARD A MECHANISTIC UNDERSTANDING OF 
WETTABILITY ALTERATION IN RESERVOIR ROCKS 

USING SILICA NANOPARTICLES 
 

Saeed Jafari Daghlian Sofla, Lesley Anne James1, Yahui Zhang 
Memorial University of Newfoundland, St. John’s, Canada 

 
This paper was prepared for presentation at the International Symposium of the Society of Core 

Analysts held in Trondheim, Norway, 27-30 August 2018 
 
 

ABSTRACT  
Traditional concepts of simple liquid spreading may not apply to nanoparticle-fluids. 
Most investigations pertaining to the wettability alteration of solid surfaces due to the 
presence of nanoparticles in the fluid are oversimplified, i.e. nanoparticles dispersed in 
DI-water and smooth, homogeneous, and clean surfaces have been used. From a practical 
enhanced oil recovery (EOR) point of view, the nanoparticles must be dispersed in either 
seawater or high salinity formation water containing diverse types and concentrations of 
ions. These ions interact with the electrostatic properties of the nanoparticles. Likewise, 
the oil phase may contain many surface active components like asphaltene and 
naphthenic acids which can interact with nanoparticles at oil-water and oil-rock interface. 
In reality, the rock sample is a heterogeneous, non-smooth, mixed-wet substrate with a 
diverse mineralogical composition. The electrical charge of minerals can vary when 
contacted with an ionic fluid. This can alter the electrostatic repulsion between substrate 
and nanoparticles and consequently the substrate can either attract or repel charged 
particles, including nanoparticles. Hence, the role of nanoparticles must be evaluated 
considering multicomponent complex fluids and real formation rock.   

Despite numerous reports regarding the wettability alteration of reservoir rock from oil-
wet to water-wet by nanoparticles, some inherent limitations in the wettability alteration 
experiments prevent conclusions about the performance of nanoparticles in practical 
complex conditions. For instance, the wettability alteration by nanoparticles is often 
determined by contact angle measurements. In this method, the substrates are either aged 
with (immersed in) nanoparticle-fluids before conducting the experiments or contacted 
with nanoparticle-fluids before attachment of the oil droplet on the rock surface. Hence, 
in both cases, before initiating the contact angle measurements, the nanoparticles would 
already exist at the oil-rock interface possibly giving inaccurate measurements.  

																																																													
1	Corresponding	Author:	Department	of	Process	Engineering,	Memorial	University	of	Newfoundland,	St.	
John’s,	NL,	Canada,	A1B	3X9	(Lesley	A.	James)		Email:	ljames@mun.ca			
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The objective of this work is to investigate the mechanism of wettability alteration by 
silica nanoparticles pre-existing on the rock interface (conventional contact angle 
measurements) and using a new displacement contact angle method to better mimic the 
scenario of injecting a nanoparticle fluid into the reservoir already containing formation 
brine. The impact of pre-existing nanoparticles at the oil-rock interface (in the 
conventional contact angle measurements) on the contact angle measurements are 
examined for simple (n-decane, NaCl brine, and pure substrates) and complex (crude oil, 
seawater, and reservoir rock) systems on various wetting conditions of substrates (water-
wet and oil-wet). The nanoparticles are dispersed in seawater using our H+ protected 
method [1]. Then, the effect of surface and nanoparticle charge on the contact angle is 
evaluated by adjusting the aqueous phase salinity. We also differentiate between the 
disjoining pressure mechanism and diffusion of silica nanoparticles through the oil phase 
by testing the attachment of nanoparticles on the rock surface.   

INTRODUCTION 
Utilizing a modified aqueous phase to displace immobile oil is one method to improve 
pore  scale recovery during some chemical EOR methods such as smart water, low 
salinity water injection [2], surfactant flooding [3] , and potentially for nanoparticle 
enhanced water flooding [4]. This has led to a growing interest in understanding 
mechanism of oil removal from a solid surface in the presence of an aqueous solution 
containing different ionic strengths [5], micellar solutions [6, 7] and/or nanoparticles [8-
10]. Kao et al. [7] suggested the combination of “diffusion” and “roll-up” mechanisms to 
remove oil from a solid surface in the presence of a micellar solution. They mentioned 
that the receding of solid-oil-water contact angle is caused by the “roll-up” mechanism 
and the presence of the second contact line is due to “diffusion”. Roll-up, as shown in 
Figure 1a, can be simply defined as the removal of an oil droplet from a rock surface due 
to the decrease in contact angle between the aqueous phase and the substrate. Miller and 
Raney [11] presented the “solubilization-emulsification” mechanism for oil removal from 
oily soils. In this mechanism, as shown in Figure 1b, some portion of oil drop is detached 
from the surface by destabilizing the oil-water interface (reducing oil-water interfacial 
tension).   

 
Figure 1: Mechanism of oil removal from a surface by a) roll-up , and b) emulsification (after [11]) 

Wettability alteration due to nanoparticles (nanoparticle-fluids) is complex. The 
conventional concepts of simple liquid spreading [12], due to the complex interactions 
between the nanoparticles and the solid surface at the three phase contact region, do not 
apply to nanoparticle-fluids [9]. Kondiparty et al. [10] experimentally evaluated the 
dynamics of nanoparticle-fluids spreading by directly observing the self-layering of 
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nanoparticles. They reached the conclusion that the three-phase contact line 
spontaneously decreases to reach an equilibrium condition. Then, nanoparticles form 
ordered structures in the confinement of the three-phase contact region. This ordering in 
the wedge-like area causes an extra pressure in the film compared to bulk solution and 
separating oil drop from the surface, as illustrated in Figure 2. This pressure is known as 
“structural disjoining pressure”.  Sefiane et al. [13] reported that the change in the contact 
angle of oil, water, and rock surface can be due to combination of  “structural disjoining 
pressure” and “adsorption” of nanoparticles on the rock’s surface.  

 
Figure 2: Nanoparticle assembling in wedge film causes to structural disjoining pressure (After [14]) 

The wettability alteration of substrates using nanoparticle-fluids is sensitive to many 
factors including: nanoparticle size and concentration, initial contact angle [14], particle 
charge, surface wettability of nanoparticles [15], charge and roughness of the substrate 
surface, stabilizer concentration, type and concentrations of ions in the nanoparticle-
fluids, bulk pressure and temperature, etc. Wasan et al. [14] tested canola oil drop 
spreading on a glass surface when surrounded by a silica nanoparticles-fluid. They 
pointed out that by increasing the concentration of nanoparticles, the structural disjoining 
pressure and spreading rate of the nanoparticles-fluid increases. They also noticed that 
the spreading rate of nanoparticles-fluid decreased with a decrease in the drop volume. 
Analyzing the effect of the contact angle on the shape of the meniscus profile illustrates 
that by altering the contact angle from 4° to 2.3° the more pronounced nominal contact 
line displacement is observed, and the drop detached from the surface at 2.3°. They did 
not report the accuracy and precision of their experiments. Wang and Wu [15] examined 
the effect of particle charge and surface wettability of the nanoparticles on oil drop 
detachment from a surface by using molecular dynamic simulation. Their simulation 
showed that full detachment of an oil droplet from a solid surface by nanoparticles is 
possible when the charge of nanoparticles exceeds a threshold value. They concluded that 
high charged hydrophobic nanoparticles have the best performance in oil detachment. 
Lim et al.  [16] demonstrated that an oil drop detaches faster when the temperature and 
hydrophilicity of the substrate increases. In all these studies, the system was 
oversimplified i.e. nanoparticles were dispersed in DI-water and the substrate was a 
smooth, clean and strongly hydrophilic surface. From an EOR point of view, wettability 
alteration of reservoir rock, and finally detachment of oil drop from a rock surface, is 
complex and oversimplified models may not fully mimic the practical EOR conditions. In 
the EOR processes, nanoparticles would be dispersed in either seawater or high salinity 
formation water containing diverse types and concentration of ions. The oil phase 
contains many polar and nonpolar components which can affect the performance of 
nanoparticles. The substrate is a heterogeneous, non-smooth, mixed-wet rock composed 
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of various minerals. Furthermore, the existence of diverse minerals on the rock surface 
means that there are different electrostatic charges on the rock surface when contacted 
with an ionic solution.  

Despite reports on wettability alteration of reservoir rock from oil-wet to water-wet by 
nanoparticles [17-20], some inherent limitations in the contact angle measurements may 
prevent researchers from concluding about the performance and mechanism of wettability 
alteration by nanoparticles under realistic conditions. For instance, the wettability 
alteration by nanoparticles is normally determined by apparent contact angle 
measurements. In this method, the substrates used are either used “as-is” or “aged” when 
the contact angle measurements are made. The aged substrates are submerged in the 
nanoparticle-fluid for 2-3 hours [21]  or 2 days [22] before conducting the contact angle 
measurements. The unaged or as-is substrates are not aged but they are exposed to 
nanoparticle-fluid in the cell of the pendant drop apparatus before an oil droplet is 
attached to the surface (to conduct the contact angle measurement) [23-26]. In both cases 
as shown in Figure 3, in conventional contact angle measurements, the nanoparticles 
would already exist at the interfaces in both cases and possibly giving inaccurate 
measurements. However, under practical injection conditions, nanoparticles would not 
exist at the oil-rock interface before nanoparticle-fluids injection. Hence, the measured 
contact angles are not representative of practical injection conditions.  

 
Figure 3: Nanoparticles at oil-rock interface during conventional contact angle measurements  

In this study, the mechanism of wettability alteration by silica nanoparticles is 
investigated. The experiments are designed in a way to avoid inherent problems 
associated with conventional contact angle measurements. The effect of adsorbed 
nanoparticles at the oil-rock interface on the ultimate contact angle values in the simple 
(toluene, nanoparticles dispersed in 1 wt% NaCl, and pure minerals) and complex system 
(35ºAPI offshore NL crude oil, H+ protected nanoparticles in seawater, and reservoir 
rocks) with various initial wetting conditions (water-wet, and oil-wet) are examined. 
Then, the effect of nanoparticles and substrate charge on the wettability alteration 
performance of silica nanoparticles is investigated. Finally, the migration of silica 
nanoparticles through a continuous oil phase and its attachment at the rock surface is 
tested. Based on the results, the mechanism of wettability alteration by silica 
nanoparticles is discussed.  

MATERIALS 
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Nanoparticle-fluids: Amorphous hydrophilic silicon dioxide nanoparticles (SiO2) (25 
wt.% in deionized [DI] water) with the average diameter of 19.0±0.8 nm and purity of 
greater than 99.9% were supplied by US Research Nanomaterial, Inc. Nanoparticle-fluids 
are prepared by dispersing 0.15 wt% of silica nanoparticles in either NaCl brine (simple 
system) or seawater using H+ protected method [1] (complex system). Based on this 
method, H+ ions prevent the multivalent ions in seawater to accumulate in the electrical 
double layer of silica nanoparticles by forming an H+ layer at electrical double layer and 
thus stabilizing them in seawater. 

Oil phase: Decane (simple system) and 35ºAPI offshore NL crude oil (complex system) 
are used as the two oil phases.  

Rock Samples: For the simple system, pure calcite, dolomite, and quartz are used as rock 
samples. For the complex system, unpolished chalk, carbonate rock and Berea sandstone 
are used. The size of the samples were approximately 1×1 cm2. To obtain oil-wet 
samples, we aged the rocks in the crude oil at 60 °C for four weeks [27]. 

METHODS 

Contact angle measurements: As discussed before, the inherent limitations associated 
with conventional contact angle measurements can cause us to obtain misleading results. 
Hence, we modified the contact angle measurements in a way to have more consistency 
with practical EOR conditions. As shown in Figure 4, in real reservoir, first, the oil 
droplet is attached at rock surface while formation water is initially covering the surface. 
Then, the formation water is displaced by nanoparticle-fluids. To mimic this condition in 
contact angle measurements, first the solid surface is contacted with a nanoparticle-free 
aqueous phase, and an oil drop (with the volume of 3-5 mm3) is injected from the needle 
at the bottom of the cell. The drop is attached onto the rock surface and its side image is 
taken at a frequency of one image per second. After equilibrium (approximately 20 min 
after forming the drop based on dynamic contact angle measurements), the apparent 
contact angle (ɵ) is measured. This contact angle indicates the initial state of oil droplet in 
the reservoir. Then, the nanoparticles-fluid is injected very slowly into the measurement 
cell to displace the aqueous phase (displacement method). The water is displaced slowly 
enough to not dislodge the oil droplet. To ensure that the aqueous phase is completely 
displaced by the nanoparticle-fluid, the turbidity of outlet fluid is frequently measured 
and compared with the turbidity of original nanoparticle-fluid. When the turbidity of 
outlet fluid and the original nanoparticle-fluid are equal, we assume that the aqueous 
phase has been completely displaced by the nanoparticle-fluid. All experiments are 
conducted at ambient conditions. To check the repeatability of measurements, three 
distinct measurements are performed, and the average is reported.  

Zeta-potential measurements: The zeta-potential of substrates and nanoparticles in 
various aqueous solutions are measured by a Malvern Zetasizer Nano Series ZS 
instrument. To measure the zeta-potential of rock surfaces, the rock samples are milled 
and 1 wt% of milled rocks are dispersed in aqueous solutions and mixed with magnetic 
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mixer for 30 minutes. Then the zeta-potential of samples are measured as described in 
[28].  

 
Figure 4: Schematic diagram of modified contact angle measurements procedure: a) measure contact angle 

of oil-water-substrate, b) displace aqueous phase with the nanoparticle-fluid, and c) measure the contact 
angle of oil-nanoparticle-fluid-substrate  

Diffusivity experiments: A series of experiments are designed to detect the possible 
migration of silica nanoparticles through the oil phase. As shown in Figure 5, the rock 
sample is located at the top of the cell in the contact with a layer of oil with thickness of 1 
mm at ambient conditions (our rough calculations (considering diffusion coefficient as 
~10-10 m2/s) shows that the diffusion time of nanoparticles through an oil layer with 1 
mm thickness is in the order of couple hundred seconds. Hence, in the experiment 
duration (three weeks), nanoparticles have enough time to diffuse through this thickness 
of oil layer). First, the cell is filled with the aqueous phase (nanoparticle-free) and after 
three weeks, the images of the substrate contacted with an oil phase are taken by scanning 
electron microscope (SEM). Then, the aqueous phase is replaced by the nanoparticle-
fluid and after three weeks, another SEM image is taken from the same surface to detect 
possible nanoparticle attachments on the rock surface.  

 
Figure 5: Schematic diagram of diffusivity detection cells 

 
RESULTS AND DISCUSSION  

The impact of the experimental method on contact angle measurements for simple and 
complex systems is illustrated in Figure 6 and Figure 7, respectively. For each system, 
the apparent contact angle is measured for the three cases: nanoparticle-free fluid, 
nanoparticle fluid with the new displacement method, and nanoparticle fluid with the 
conventional methods. The initial conditions of the rocks are modified in a way to have 
an oil-wet and a water-wet surface for each rock type.  For water-wet simple system, as 
shown in Figure 6a, the initial contact angle (without nanoparticles) for dolomite, quartz 
and calcite are measured within the aqueous phase (in degrees) as 70.8 ± 1.5, 77.6 ± 1.8 



SCA2018-021																																																																																																																																											7/12	

	
	

and 55.6 ± 1.7, respectively.  By introducing silica nanoparticles in the system using the 
displacement method, the contact angles for three mentioned substrates decrease to 56.3 
± 1.7, 73.7 ± 1.8, and 47.4 ± 2.3, respectively. On the other hand, by adding nanoparticles 
using the conventional contact angle measurement method, the contact angles reduce to 
47.5 ± 1.5, 64.5 ± 1.6, and 37.9 ± 2.0, respectively. The difference in the contact angle 
values obtained by the displacement and conventional methods illustrate the effect of 
already adsorbed nanoparticles at the oil-rock interface on the contact angles values. The 
results show that more water-wet substrates are possible to obtain by nanoparticle-fluids. 
However, a substantial part of wettability alteration by nanoparticles in the water-wet 
rocks is solely due to the experimental artefacts (trapped nanoparticles in the oil-rock 
interface) which would not be representative of the real conditions. On the other hand, for 
oil-wet simple systems, as illustrated in Figure 6b, adding silica nanoparticles into the 
system by the displacement method had no significant change in contact angle. Whereas, 
the conventional method of contact angle measurements shows that nanoparticles can 
alter the wettability of the substrates from oil-wet to intermediate-wet condition. 
Obviously, the changes in the contact angle of the oil-wet conditions is due to 
experimental artefact, and nanoparticles do not have a significant effect on the wettability 
of oil-wet rocks.  

 
(a) Water-wet condition	

 
(b) Oil-wet condition 

Figure 6: Wettability alteration due to the presence of silica nanoparticles in simple systems 
 

 
(a) Water-wet condition	

 
(b) Oil-wet condition 
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Figure 7: Wettability alteration due to the presence of silica nanoparticles in complex systems  
 
Similar trends are also observed for complex systems. As shown in Figure 7a, for water-
wet conditions, by introducing silica nanoparticles in the system using displacement 
method, the contact angle value decreases. However, the reduction in contact angle is less 
than what is obtained using the conventional contact angle method. The contact angle 
measurements for oil-wet conditions in the complex system, again, show similar 
behaviour to the simple system where there is no significant change in contact angle for 
the oil-wet systems while the contact angles decrease using the conventional method. The 
contact angle measurements are summarized in Table 1.  

 
Table 1: The difference between conventional and displacement contact angle measurements  

Experiments Type Rock Type Oil Type Initial Contact Angle Difference between two 
measurements methods 

Simple water-wet 
Dolomite Decane 70.8 ± 1.5 8.75 ± 1.9 
Quartz Decane 77.6 ± 1.8 9.2 ± 1.9 
Calcite Decane 55.6 ± 1.7 9.53 ± 2.3 

Simple oil-wet 
Dolomite Decane 104.9 ± 1.8 30.4 ± 2.3 
Quartz Decane 139.2 ± 2.0 39.0 ± 2.1 
Calcite Decane 164.1 ± 1.4 38.3 ± 1.9 

Complex water-wet 
Chalk Crude oil  57.8 ± 1.3 9.6 ± 1.7 
Sandstone Crude oil 51.7 ± 2.2 8.2 ± 2.0 
Carbonate Crude oil 51.7 ± 2.2 10.6 ± 1.9 

Complex oil-wet 
Chalk Crude oil 168.5 ± 2.4 42.2 ± 2.7 
Sandstone Crude oil 138.9 ± 2.1 30.5 ± 2.4 
Carbonate Crude oil 153.4 ± 1.8 25.5 ± 2.3 

*Average values of three measurements with standard deviations are reported in the table 

In water-wet systems, the nanoparticles can interact at the three-phase interface in both 
the conventional and displacement methods since the surface is water-wet. The 
exaggerated reduction in contact angle using the conventional method is indicative of the 
nanoparticles pre-existing at the interface. The marked decrease in contact angles 
observed for the conventional contact angles measurements on an oil-wet surface 
indicates that the nanoparticles can interact with the oil covered mineral and rock before 
an oil droplet is attached. Whereas in the displacement, the nanoparticles have no way of 
forming a wedge since the oil droplet is in contact with the oil covered mineral or rock. 

Based on the disjoining pressure theory for wettability alteration by nanoparticles, for 
nanoparticles modify the oil-water-rock contact angle, the wedge-film must be formed in 
the three-phase interface. In the water-wet condition, as shown in Figure 8, there is a 
wedge-film, therefore, nanoparticles can accumulate in the confinement of oil-water-rock 
contact region and alter the contact angle by structural disjoining pressure. Furthermore, 
by introducing the nanoparticles in the system and their adsorption on the oil-water 
interface, the oil-water interfacial tension and subsequently the capillary pressure 
decreases. Decreasing the capillary pressure causes the wetting phase (here water) to 
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spread more on the rock surface. Based on the capillary pressure equation (𝑃! = 𝑃!" −
𝑃!), the reduction in the capillary pressure means an increase in the pressure of wetting 
phase, or decrease in the pressure of non-wetting phase, or combination of both.  In all 
cases, the equilibrium between the wetting and non-wetting phases on the rock surface 
collapses in the direction of excessive pressure from the wetting phase when 
nanoparticles introduced compared to previously equilibrated condition. Hence, as shown 
in Figure 8a, the capillary pressure and structural disjoining pressure affect the three-
phase contact line in the same direction making the substrate more water-wet.   

However, under oil-wet conditions, there is no wedge-film at the three-phase contact line. 
Hence, the nanoparticles cannot diffuse into the oil-rock interface due to the structural 
disjoining pressure. On the other hand, as shown in Figure 8b, the capillary pressure 
reduction leads to more spreading of the oil phase on the rock surfaces (wetting phase) 
and consequently slightly shifting the rock surfaces toward oil-wet condition.  

 
a) Water-wet condition 

 
b) Oil-wet condition 

Figure 8: Mechanism of wettability alteration in a) water-wet and b) oil-wet conditions. Red arrow 
indicates capillary pressure reduction forces and the blue arrow shows disjoining pressure alteration 

Effect of the surface and nanoparticles charge: The effect of substrate surface charge 
and the charge of the nanoparticles on the wettability alteration ability of silica 
nanoparticles is investigated. To accurately study the mechanism and avoid possible 
complexities such as the effect of mineral variety of the rock surface, oil composition, 
etc., a simple system of calcite, NaCl brine, and decane is employed.  For NaCl brine 
concentrations of 0, 1, 2, and 5 wt%, the surface charge of calcite rock, initial contact 
angle (before introducing nanoparticles), ultimate contact angle (after nanoparticles are 
introduced with displacement method), and the charge of silica nanoparticles are 
measured, and the results are illustrated in Figure 9a. By increasing the NaCl 
concentration, the surface charge of calcite mineral and silica nanoparticles become less 
negative. The calcite even switches to a positive absolute charge at ~ 3 wt% NaCl. On the 
other hand, the contact angle measurements reveal that by increasing the salinity, in both 
cases, with and without nanoparticles, more water-wet substrates can be achieved. 
However, as shown in Figure 9b, the wettability alteration of calcite substrate due to the 
presence of nanoparticles decreases with increasing salinity. By increasing the NaCl 
concentration, the absolute charge of calcite surface and oil-water interface decreases. 
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Hence, the electrostatic repulsion force between these two surfaces decreases and 
subsequently the disjoining pressure between the surface and the droplet increases. 
Furthermore, the excessive salinity compresses the electrical double layer of 
nanoparticles and consequently reduces the nanoparticle-nanoparticle and surface-
nanoparticle electrostatic repulsion. Hence, the extra pressure in the wedge-film 
(structural disjoining pressure) decreases. On the other hand, by increasing salinity and 
reducing the absolute charge of the nanoparticles, the number of adsorbed nanoparticles 
at oil-water interface increases. Therefore, the IFT value and capillary pressure decreases. 
Capillary pressure reduction can lead to more spreading of the wetting phase (in water-
wet conditions). However, the impact of structural disjoining pressure outweighs the 
influence of capillary pressure. Hence, less pronounced wettability alteration is observed 
by increasing the salinity. The interface geometries can be different than the simple 
drop/surface geometries. Hence, further research is required to evaluate the capillary 
pressure/disjoining pressure interactions in 3-D interfaces in pores. 

 
 

Figure 9: a) Effect of the nanoparticles and calcite surface charge on the wettability alteration ability of 
silica nanoparticles, b) Wettability alteration due to the presence of nanoparticles in various salinities 

Migration of nanoparticles through oil phase: The nanoparticles possible migration 
through the oil phase and its attachment on the rock surface is another uncertainty in the 
mechanism of wettability alteration due to the presence of nanoparticles. Our results are 
inconclusive. As shown in Figure 10, we cannot detect nanoparticles from the SEM 
images.  The presence of the oil layer on the calcite surface may shield the SEM from 
detecting the nanoparticles. Further, the insulating nature of the calcite sample only 
allowed us to resolve the SEM pictures to the micron scale as indicated in Figure 10. 
Hence, more research is required to investigate the possibility of nanoparticle diffusion 
through the oil phase.   
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Figure 10: SEM image of calcite surface before (left) and after (right) contact with nanoparticles 
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CONCLUSIONS  
 

1. A large part of the wettability alteration ability of nanoparticles reported in 
literature may be attributed to the method of measuring the contact angles where 
nanoparticles can adsorb on the rock surface before the introduction of the oil 
droplet. We show that the experimental methodology in how and when the 
nanoparticles and oil droplet are introduced is important in determining the 
wettability alteration capability of nanoparticles. If the nanoparticle fluid is in 
contact with the rock surface before the oil droplet is introduced, the reduction in 
contact angle may be skewed and overestimated compared to the more realistic 
situation of the nanoparticle-fluid being introduced into an already established 
three-phase equilibrium of oil-water-substrate.  

2. Silica nanoparticles injected in an aqueous based nanoparticle-fluid are shown to 
reduce the contact angle (make the substrate more water-wet) only when the 
initial conditions are water-wet. Under oil-wet conditions, there is no significant 
change in wettability when a nanoparticle-fluid is injected. 

3. Synergic effect of structural disjoining pressure and capillary pressure reduction is 
the mechanism of wettability alteration in the water-wet conditions. In the oil-wet 
conditions, the only possible mechanism is capillary pressure reduction.   

4. The wettability alteration of calcite substrates in the presence of nanoparticles 
decreases with increasing salinity due to reduction of nanoparticle-nanoparticle 
and surface-nanoparticle electrostatic repulsion.  

5. We did not observe nanoparticles diffusion through an oil film to attach to the 
rock surface. More investigation is required for conclusive results.  
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ABSTRACT 
Geochemical analyses of shale core samples from the Muskwa, Otter Park and Evie 
formations of the Horn River Group were undertaken using Inductively Coupled Plasma 
Mass Spectrometry (ICP-MS), and total organic carbon (TOC) was determined via 
combustion analysis. The results were compared with bulk volume magnetic 
susceptibility and anisotropy of magnetic susceptibility (AMS) measurements on the 
same samples. Strong positive correlations were observed between the bulk volume 
magnetic susceptibility and the weight percent of each of the following metallic oxides: 
Fe2O3, Al2O3, K2O and MnO. Furthermore, strong positive correlations between Al2O3 
and Fe2O3 and between K2O and Fe2O3 indicated that paramagnetic clays (especially 
illite), and not ferrimagnetic minerals like magnetite, are the main source of iron in the 
Horn River Group shales. In contrast, strong negative correlations were observed 
between bulk volume magnetic susceptibility and TOC, and between bulk volume 
susceptibility and SiO2 (i.e., magnetic susceptibility decreased as TOC and quartz content 
increased). The correlation between TOC and bulk volume magnetic susceptibility has 
not, to our knowledge, been reported in any other studies. Higher TOC and quartz 
concentrations in the Upper Muskwa and Evie formations are responsible for their lower 
bulk volume magnetic susceptibilities. The study suggests that in these shale samples 
bulk magnetic susceptibility measurements can be used as a proxy to rapidly and non-
destructively estimate TOC content and metallic oxide content. 
  
Significantly, a strong positive correlation was also found between TOC and anisotropy 
of magnetic susceptibility (AMS). This unexpected relationship has not been reported in 
any previous studies. The data suggested that organic matter content controls the 
preferred orientation of other key matrix minerals in the shales, especially paramagnetic 
clays such as illite. Further independent support for this came from thin section analysis 
of the samples. The relationship between AMS measurements and TOC can potentially 
be used to estimate TOC content, as well as providing insights into the controls on 
anisotropy. 
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INTRODUCTION 
Shales are a heterogeneous mix of diamagnetic, paramagnetic, and ferrimagnetic 
minerals, as well as organic matter. However, the general consensus of previous studies is 
that the concentration of paramagnetic clay minerals such as illite and chlorite control 
both bulk magnetic susceptibility and AMS [1-3]. As paramagnetic clay content 
increases, bulk magnetic susceptibility and AMS would normally be expected to increase.  
We have previously shown how rapid probe bulk magnetic susceptibility measurements 
on slabbed core can characterize variations in the mineral content of the different shale 
intervals in the Horn River Group [4]. The main aims of the present study were to extend 
previous work to: 
• Compare the magnetic results with geochemical data to understand the mineralogical 

controls on the magnetic susceptibility, and in turn evaluate whether magnetic 
susceptibility can be used to rapidly, non-destructively and cost effectively estimate 
mineral content. 

• Compare the magnetic data with TOC to evaluate the effect of organic matter, and 
also to see whether the magnetic measurements could be used to rapidly estimate 
TOC. 

• Compare AMS with paramagnetic clay content and TOC in order to evaluate the 
controls on anisotropy in the shales. Anisotropy in shales is rarely taken into account, 
but can be a potentially important parameter (for example, it can influence the 
efficiency in which different shales can be hydraulically fractured, and it can be a 
factor in determining the effectiveness of different shales as potential seals).  

 
SAMPLES AND METHODS 
Bulk volume magnetic susceptibility  
Magnetic susceptibility measurements of slabbed core from the Imperial Komie well of 
the Horn River Group in British Columbia, Canada, were undertaken using a Bartington 
MS2E probe surface scanning sensor connected to an MS2 meter, which provided a 
digital readout of the volume magnetic susceptibility. No additional sample preparation 
was required for the measurements of magnetic susceptibility as the cut faces of the 
slabbed core samples were suitable measurement surfaces. The probe sensor applies a 
weak magnetic field (80 Am-1) to the sample and detects the resulting magnetization 
produced. The magnetic susceptibility is the magnetization divided by the applied field. 
The applied magnetic field of the probe sensor interrogates an area of about 3.8 x 10.5 
mm and penetrates just a few mm into the core. The raw magnetic susceptibility values 
represent a reading on the core minus a background (in air) reading. Each reading 
(background or slabbed core reading) took around 1.5 seconds. We were able to use the 
less sensitive scale due to the relatively large signal in the shales, and this allowed a 
faster measurement time compared to using the sensitive scale (where measurement times 
are of the order of 15 seconds).  Volume magnetic susceptibility measurements were 
taken every 0.25m on a 182m section of the Horn River Group slabbed core from the 
Imperial Komie well.  
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Anisotropy of magnetic susceptibility (AMS) 
Anisotropy of magnetic susceptibility (AMS) was determined for fifty-seven 2.2cm × 
2.2cm × 2.2cm cubic Horn River Group samples: 10 from the Muskwa, 19 from the 
Upper Otter Park, 20 from the Lower Otter Park and 9 from the Evie. Core samples too 
fissile to cut into cubes, were first impregnated with an adhesive of weakly diamagnetic 
sodium silicate (Na2SiO3) before cutting under a jet of propylene glycol. Magnetic 
susceptibility was measured in 18 directions for each of the samples using a Bartington 
MS2B sensor connected to an MS2 meter. From the 18 directional susceptibilities, the 
AMS tensor and its ellipsoid were computed. The AMS ellipsoid for each sample consists 
of three orthogonal principal axes, k1 ≥ k2 ≥ k3, which are the maximum, intermediate, 
and minimum magnetic susceptibilities. The eigenvalues of the AMS tensor are the 
magnitudes of these principal susceptibilities and the eigenvectors of the tensor describe 
the directions of the principal axes. Using the principal magnitudes, the percent 
anisotropy of magnetic susceptibility for each sample was calculated as follows: 
 
% AMS = 100 [(k1-k3)/k2]                                                                                             (1) 
 
Geochemical composition 
For representative samples from the Muskwa, Otter Park and Evie formations, oxide 
concentrations were determined at Acme Analytical Laboratories using Inductively 
Coupled Plasma Mass Spectrometry (ICP-MS). This is a type of mass spectrometry that 
can detect extremely low concentrations, and has greater sensitivity, speed and precision 
compared to atomic absorption spectroscopy. The sample is ionized with inductively 
coupled plasma, and then a mass spectrometer is used to separate and quantify the ions 
[5]. Total organic carbon (TOC) was determined at Weatherford Laboratories using 
LECO combustion. The process involves treating ground up samples with hydrochloric 
acid to remove inorganic carbon (like carbonates), and then combusting the dried samples 
in an oxygen-rich atmosphere. The mass of CO2 released during the combustion of 
organic matter (organic carbon) is converted to percent total organic carbon (TOC) based 
on the dry sample weight [6,7].  
 
RESULTS AND DISCUSSION 
Correlations between Geochemistry, TOC and Volume Magnetic Susceptibility 
Figures 1(a)-(d) are crossplots demonstrating strong correlations between the volume 
magnetic susceptibility and the content of the metallic oxides Fe2O3, Al2O3, K2O and 
MnO from the geochemical analyses. Moreover, Figures 1(e)-(f) show strong positive 
correlations between Al2O3 and Fe2O3 and between K2O and Fe2O3 and indicated that 
paramagnetic clays (mainly illite), and not ferrimagnetic minerals like magnetite, are the 
main source of iron in the Horn River Group shales. Higher concentrations of these 
oxides in the Lower Muskwa and Otter Park resulted in higher bulk magnetic 
susceptibilities compared to the Upper Muskwa and Evie formations. 
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In contrast, Figures 2 (a) and (b) show that TOC and quartz content are negatively 
correlated with bulk magnetic susceptibility. As the TOC and quartz content increases the 
volume magnetic susceptibility decreases. This suggests that the high magnetic 
susceptibility shales are more clay rich and the low susceptibility shales are richer in 
organic matter and quartz.  
 
Correlations between Anisotropy of Magnetic Susceptibility (AMS) and TOC  
It has normally been assumed that increasing clay content also correlates with increasing 
anisotropy of magnetic susceptibility (AMS) [1-3]. However, Figure 2(c) shows that this 
is not the case in the Horn River Group shales. In fact the largest % AMS is seen in the 
Evie samples that have the lowest illite content, whilst samples with much higher illite 
content (about 30-95%) show a lower AMS with no discernible trend. Significantly, 
however, strong correlations are observed between TOC and AMS. Figure 2(d) shows a 
crossplot of TOC and a magnetic susceptibility anisotropy parameter (the ratio of bedding 
parallel to bedding perpendicular magnetic susceptibility determined from the Bartington 
MS2E probe) in the Otter Park formation. Since organic matter only makes up a small 
portion of the total composition in the shales studied (TOC is between 0.46wt % and 
6.85wt %), a likely explanation for the correlation would be that organic matter richness 
influences the extent of the preferred orientation of other matrix minerals, especially 
clays. Although no work showing the effect of organic matter on the AMS of shales or 
mudrocks was found, reference [8] reported that the presence of organic matter may 
enhance the preferred orientation of clay minerals in the mudrock matrix. References [9] 
and [10] suggest that organic carbon acts to minimize clay flocculation, allowing for 
better alignment of individually dispersed clay platelets. Thin section micrographs of 
some of our Otter Park samples (Figures 3(a)-(d)) lend some support to this view. 
Figures 3(a) and (b) show thin sections perpendicular to bedding where anisotropy is 
clearly evident. At higher magnification, Figures 3(c) and (d) show long, dark, thin 
stringers of organic material which appear to influence the overall alignment of the 
matrix minerals present. 
 
Figure 4 is a composite plot through the Muskwa, Otter Park and Evie formations 
comparing three normalized parameters with depth: % AMS, wireline gamma ray and % 
TOC. In this plot the % AMS was determined from 18 directional susceptibilities on each 
of the cubic samples as described in the Samples and Methods section above. Figure 4 
shows that the % AMS has quite a similar profile to the % TOC (middle profile). This 
adds further support to the suggestion that TOC is a control on the AMS. The % AMS 
and % TOC profiles also correlate well with the gamma ray (left and right profiles). The 
gamma ray to a large extent reflects the organic content in these shales, due to uranium 
adsorbed by organic matter. Higher gamma ray readings in the Upper Muskwa and Evie 
provided further evidence of increased TOC in these formations.     
    
CONCLUSIONS 
1. Strong negative correlations were observed between bulk volume magnetic 
susceptibility and total organic carbon (TOC), and between bulk volume magnetic 
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susceptibility and SiO2 (i.e., magnetic susceptibility decreased as TOC and quartz content 
increased). Strong positive correlations were observed between the bulk volume magnetic 
susceptibility and the weight percent of each of the following metallic oxides: Fe2O3, 
Al2O3, K2O and MnO.  The study suggests that in these shale samples bulk magnetic 
susceptibility measurements can be used as a proxy to rapidly and non-destructively 
estimate TOC content and metallic oxide content. 
2. Significantly, a strong positive correlation was also found between TOC and 
anisotropy of magnetic susceptibility (AMS). This unexpected relationship has not been 
reported in any previous studies. The data suggested that organic matter content controls 
the preferred orientation of other key matrix minerals in the shales, especially 
paramagnetic clays such as illite. Further independent support for this came from thin 
section analysis of the samples.  
3. Strong positive correlations between Al2O3 and Fe2O3 and between K2O and Fe2O3 
indicated that paramagnetic clays (especially illite), and not ferrimagnetic minerals like 
magnetite, are the main source of iron in the Horn River Group shales.  
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Figure 1. (a)-(d): Relationships between geochemical composition of various metallic oxides and bulk 
volume magnetic susceptibility.  (e)-(f): Relationships between iron oxide concentration and aluminium 
oxide and potassium oxide concentrations indicate that clays are the primary source of iron in the Horn 
River Group. 
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Figure 2. Relationships between (a) weight % TOC and bulk volume magnetic susceptibility, (b) weight % 
SiO2 and bulk volume magnetic susceptibility, (c) % illite determined from low temperature magnetic 
susceptibility measurements (using the methodology in reference [11]), and (d) % TOC and the ratio of 
parallel to perpendicular volume magnetic susceptibility in the Otter Park formation.  
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Figure 3. (A)-(D): Thin section images of Upper Otter Park samples taken under plane polarized light. 
Image (C) is a magnification of the rectangle enclosed area in (A). It shows bedding parallel, long, thin 
organic matter stringers, which appear to influence the overall anisotropy of the matrix minerals. (D) is 
another high magnification image showing long, thin organic matter stringers. 
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Figure 4. Profiles with depth through the Muskwa (top of section to 2275 m), Otter Park (2275-2363 m) 
and Evie (below 2363 m) formations. The profiles compare normalized % AMS (anisotropy of magnetic 
susceptibility, brown curve and square symbols), normalized % TOC (total organic carbon, blue curve), 
and normalized wireline gamma ray (black dashed curve). 	
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ABSTRACT 
This paper deals with a study of the gas relative permeability of tight sandstones under 
loading. Specific experiments have been designed and the experimental measurements 
obtained show that, not only the absolute permeability but also the gas relative 
permeability are sensitive to confinement and that the residual gas saturation (through 
permeability “jail”) increases with loading. This observation consists in an additional 
source of complexity in the evaluation of low permeable sandstone gas reservoirs. 

INTRODUCTION 
Low permeable gas sandstone reservoirs, also called tight reservoirs, are generally 
considered as stress-sensitive reservoirs. Numerous laboratory tests under single phase 
flow have shown that the absolute permeability of these reservoir rocks decreases 
strongly with confinement. This dependence to confinement is attributed to the existence 
of joints and interfaces in tight rocks, which close when loading increases as pointed out 
by Walsh and Brace [17] and Warpinski and Teufel [20]. 

As two-phase flow experiments are rather time-consuming and tricky for low permeable 
sandstone, gas relative permeabilities are most of the time estimated without confinement 
variations in SCAL studies. Various measurements show that the gas relative 
permeability rapidly drops for a water saturation of 0.3-0.4 and becomes negligible at 
higher saturation [13]. A saturation region is indeed observed, where water and gas 
permeabilities are practically zero: this phenomenon is called "permeability jail" in the 
petroleum literature [3, 4, 13, 19]. However, the relative gas permeabilities may also be 
modified under loading evolution with the reservoir depletion. At the pore scale, some 
pathways allowing the flow of the gas are likely to be blocked either by the presence of 
water or by the closure of joints due to loading. In addition, the closure of joints may also 
induce a redistribution of water phase in the pore network. An understanding of the 
effective permeability to gas as a function of both water saturation and loading is then 
interesting to fully evaluate tight sand reservoirs. 
In this study, specific experiments have been designed to characterize these effects for 
sandstone samples of a low permeable gas reservoir. The dedicated experimental set-up 
and protocol put in place make it possible to accurately control both the saturation of the 
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sample and the loading. The full measurements obtained on a series of 8 samples (from 
1.5 µD down to 0.08 µD) show that both the absolute permeability and the gas relative 
permeabilities evolve with confinement variations. The relative gas permeabilities 
decrease while the residual gas saturations increase with higher loading values. 

These results provide an additional complexity in the evaluation of low permeable 
sandstone gas reservoirs. On the one hand, the evolution of the end points of relative 
permeability, and mainly of the residual gas saturation, make the assessment of the 
recoverable volume more uncertain. On the other hand, a decrease of gas relative 
permeability under higher loading during depletion implies less favorable production 
forecasts. 

The paper is organized in two main parts: The first section is dedicated to a description of 
the specific experimental set-ups and protocols used for tight rocks. The second part 
presents the experimental results related to a specific tight gas field.  

EXPERIMENTAL DATA 

Porosity 

The total apparent volume Vtotal of a sample is measured by hydrostatic weighing. The 
dry mass mdry is obtained by oven-drying the sample at 105ºC. Mass stabilization is 
assumed using a mass variation criterion, i.e. when the mass variation is less than 
0.01g/week. 

The bulk density ρapp is then determined as the ratio of the dry mass mdry and the total 
apparent volume: 

dry
app

total

m
V

ρ =  (eq. 1) 

Water porosity of a sample is defined as follows: 
sat dry

w
w total

m m
V

φ
ρ

−
=  (eq. 2) 

where msat is the water-saturated mass and ρw is water density. The same mass 
stabilization criterion is used to determine the water-saturated mass msat, the samples 
being fully water-saturated under vacuum at room temperature. 

  
Sample saturation 
Intermediate water saturation Sw of a sample is related to its mass m by the following 
equation: 

( ) ( )drysatdryw mmmmS −−= /  (eq. 3) 

The saturation method developed by Rilem [10] for concrete samples was used to 
establish the initial water content. The dry sample is first water saturated until the 
required mass m (eq. 3) is reached. The sample is then sealed using three layers of self-
adhesive aluminum and one layer of paraffin and kept in a climatic chamber at 40 ºC for 
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at least 14 days. The time laps allows water distribution homogenization within the 
sample. It has been verified that homogenization times longer than 14 days do not lead to 
changes in measured effective gas permeability. 
The gas permeability measurement may lead to changes in the water saturation because 
of the production of water (due to mechanical loading and gas pressure pushing the water 
contained in the biggest pores). Therefore, the water saturation indicated in the following 
is the average saturation before and after permeability tests. It has been observed a 
maximum variation of 1-2% of pore space. 

Gas permeability 
Although the gas permeability of tight sandstone is low compared to conventional 
sandstone, it is nevertheless sufficiently high to be measured with quasi-stationary flow 
techniques [8, 15].  

Gas permeability Kg is measured using a uniaxial steady state gas flow apparatus (Figure 
1). The apparatus consists of a confining cell, which can reach confining pressures Pc as 
high as 100 MPa, together with a gas injection device. The gas used in the current study 
is 99%-pure Argon. 

A constant injection gas pressure (Pi) is applied on one end of the sample, while the other 
end is at atmospheric pressure (P0). The quasi-steady flow state method consists of 
measuring the average gas volume flow rate (Qm) injected in the sample during a slight 
decrease (ΔPi) of injection pressure (Pi), in a tank of known volume (Vt), connected at the 
entrance of the sample (see Figure 1). The mean injection gas pressure is then equal to Pm 
= Pi - (ΔPi/2). Using Darcy's law, gas permeability Kg can be estimated by: 

    (eq. 4) 

where μ is the dynamic viscosity of the gas, L the length of the sample and S the cross 
section of the sample. Steady state flow is assumed when two successive gas permeability 
measurements (at least 30 minutes between each one) lead to a difference smaller than 
3%.  

 

Figure 1 :  Test apparatus of gas permeability 
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Effective permeability and relative permeability 
In this study, gas permeability measurements have not been corrected from Klinkenberg 
effect [7]. All the presented effective and “intrinsic” permeability in this article are 
apparent permeability. Since all the permeability measurements have been performed 
using the same static gas pressure Pi, the comparison of apparent and “intrinsic” 
permeability can then be considered as relevant. To make the notations more readable, 
the term apparent will be considered implicit in the following. 
In order to measure the effective gas permeability at a given water saturation, the sample 
is first saturated and conditioned according to the protocol described in the previous 
section. The quasi-steady flow state method is then used to measure the effective 
permeability to gas. 
The relative gas permeability for a given liquid saturation state, denoted Kr,g(Sw), is 
estimated by dividing the effective gas permeability at the saturation of the sample Keff,g 
by the intrinsic gas permeability measured in dry state Ki,g: 

      (eq. 5) 
The experimental protocol aims at keeping measurement uncertainties as low as possible. 
The flow rate measurement using the pressure variation in a constant volume is accurate, 
and usually used to calibrate commercial flow meter apparatus. Moreover, the possibility 
of using various tank volumes Vt (Figure 1) allows to maintain the flow rate measurement 
accuracy for a wide range of gas permeability. The main source of measurement error is 
attributed to the variation of temperature during measurement. Therefore, adequate 
temperature regulation equipment has been installed and allows obtaining reproducible 
measurements with an accuracy of about ±2%. 

 

RELATIVE PERMEABILITIES OF A TIGHT SANDSTONE FIELD 

Reservoir description and characterization 
The samples investigated in this study came from four cored wells located in a gas field 
of the Sbaa Basin, SW Algeria. This field presents a large range of rock types, from 
conventional fair permeability-medium porosity to “tight reservoir” with low to very low 
permeability and porosity. 

             

Figure 2: size and cross view of sample 2335 

37mm 

60mm 
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All samples were collected in the “tight reservoir” facies of the glaciogenic Ordovician 
formation. These are quartzitic sandstones with little detrital clay content varying from 
0.3 to 12%, with rare heavy minerals and no feldspar. These rocks were deposited during 
the late Ordovician ice-house conditions period, in a glacial to subglacial environment 
[16]. They experienced a continuous burial during Paleozoic, reaching depth as deep as 
4500m and temperature of more than 160°C during Carboniferous, leading to substantial 
porosity decrease by quartz overgrowth cementation or chemical compaction diagenetic 
processes. They were then uplifted during Hercynian orogeny, remaining in a relatively 
stable structural position during subsequent times up to present, and are now lying at 
depth ranging from 2000 to 2500m. 

The samples are cylinders of 37 mm diameter and 60 mm long. Water porosity and 
“intrinsic” (dry) gas permeability (Ki,g) at 3 MPa of confining pressure have been 
measured (Table 1) for all samples. The water porosity varies between 1.5% and 5.0%, 
while the gas permeability ranges between 0.6-6 10–17 m2, confirming that these samples 
can be considered as tight sandstones (see for examples [1, 6, 21]). Measurements of the 
pore size distribution (and cross check of porosity) were obtained through mercury 
intrusion porosimetry technique. The volume of the end trim samples is of the order of 2 
to 3 cm3. Given the low porosity of the tight sandstones, the volume of mercury injected 
into some samples is very small and the experiments must be interpreted with caution. 
Nevertheless, a fair agreement was globally obtained between the MIP porosity and the 
sample water porosity independent measurements considering that the end trim properties 
can vary from the sample it is extracted from (Table 1). The MIP porosity appears 
systematically higher than the sample porosity measured through water saturation under 
vacuum. 
Table 1: porosity and intrinsic gas permeability of the samples 

Sample  
reference 

Depth 
(m) 

ϕw, Water 
porosity, 

(%) 

ϕMIP, 
(%) 

kt,g,,  Intrinsic gas 
permeability  

x(10-17 m2) 
2335 2358,95 4,96 5,44 3,80 

3248 2180,60 3,37 5,27 2,81 

3249 2080,25 3,83 5,38 0,66 

3250 2197,15 3,88 5,17 2,24 

3372 2500,70 2,05 3,28 6,23 

3375 2495,68 2,93 4,3 4,19 

3377 2511,47 1,81 2,82 3,19 

3379 2516,38 1,52 3,21 2,29 

4456 2311,70 2,54 4,32 1,36 

4458 2310,75 2,78 4,82 1,29 
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Gas relative permeability at low confinement 
Concerning tight sands, numerous experimental studies have been carried out to estimate 
the gas relative permeability [5, 2, 18, 19], which is most of the time estimated without 
confinement or at low confining pressure. These results show a strong decrease in relative 
gas permeability for a low water saturation value, typically of the order of 0.3-0.4. 
All the samples considered in this study show this trend at 3 MPa of confining pressure 
(Figure 3). For a water saturation Sw around 0.2, the gas relative permeability is reduced 
by more than 40% and for a saturation Sw around 0.4 the gas relative permeability 
reduction reaches a factor of 10 for most of the samples. 

 
Figure 3 : Relative gas permeability under 3 MPa of confining pressure 

This sensitivity to saturation is mainly attributed to the pore network structure composed 
of inter-grain pores connected by tight joints or cracks with an opening of the order of 
0.01 µm to 1 µm [4]. The gas relative permeability of tight sandstone seems mainly 
dominated by the effect of these micro-cracks and joints, which control the flow in the 
porous network. As water saturation increases, the micro-cracks, which correspond to the 
smallest connected pathways, are the first to be water saturated. Then some pathways 
originally allowing the flow of the gas are likely to be blocked by the presence of water. 
The strong decrease of relative gas permeability, when compared to more permeable 
sandstones, reflects the fact that the gas percolating network disappears rapidly, as water 
saturation increases.  
Increasing loading pressure is suspected to close easily tight joints and cracks and also 
induce a redistribution of the fluid phases in the pore network. Thus, the gas relative 
permeability may also depend on confinement. Nevertheless, this effect on tight gas 
relative permeability has not been widely studied probably because of the experimental 
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difficulties inherent to the measurements on tight samples. This is the goal of the next 
section; to evaluate gas relative permeability at different loading pressure. 

Gas relative permeability as a function of confinement 
The gas relative permeability is defined as the ratio of the effective gas permeability for a 
given saturation (Sw) and confinement (Pc), and the dry permeability under the same 
confinement:  

    (eq. 6) 

   

   

  

 

Figure 4: Relative gas permeability under confining pressures of 3MPa and 40MPa 

Figure 4 highlights the dependence of the gas relative permeability on the mechanical 
loading for the eight samples studied. Relative gas permeability curves are shown for two 
different confining pressures of 3 MPa and 40 MPa. For all samples, apart sample 4458, 
gas relative permeability is reduced with increasing confining pressure and the gas 
residual saturation (through permeability “jail”) is also shifted (the saturation end point of 
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gas relative permeability under loading at 40 MPa arises at a lower water saturation than 
for the case loaded at 3 MPa). 

To better view the combined effect of both saturation and loading pressure, we define an 
effective gas relative permeability normalized by the intrinsic dry permeability at 3 MPa. 
denoted  

   (eq. 7) 
For sandstones with low permeability, "jail" is identified in the literature [4] as the range 
of saturation where the gas and water relative permeability are less than 2%. The Figure 5 
shows the effective relative gas permeability at different loading and the 2% criterion 
motivated by ”permeability jail” studies.  

  

  

Figure 5: Keff,g(Sw,Pc )/ Ki,g(3MPa) and “2% permeability jail” criterion (solid line). 

These experimental results show that the relative permeability for tight rocks is sensitive 
to loading. The usual approximation in reservoir studies, which consists in considering 
only the influence of the loading on the absolute permeability and not on the relative 
permeabilities may then be a significant source of error. 
Residual or critical gas saturation under low confinement (3 MPa) 
Sticking to the objective of finding reliable and easily measurable parameters that allow 
predicting the behavior of sandstones rocks partially saturated and under mechanical 

Residual gas saturation or critical gas 
saturation through permeability jail 

Confining pressure 3 MPa Confining pressure 10 MPa 

Confining pressure 20 MPa Confining pressure 40 MPa 
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loading, we focus in this section on the lowest confining pressure (i.e. 3 MPa). We make 
the assumption that 3 MPa of confinement does not significantly modify the porous 
network when compared to the stress-free state. 
For each sample, the “threshold saturation” is defined by the saturation of “permeability 
jail” occurrence (Table 2). These threshold saturations cover a large range of values 
depending on the sample (Table 2). This dispersion should be related to the differences in 
porous structure between samples. 
Table 2: Threshold saturation for « permeability jail » (* Threshold saturations are estimated from the 
shape of the curve). 

Reference 2335 3248 3249 3250 3375 3379 4456 4458 

3 MPa 0,72* 0,68* 0,30 0,48 0,50 0,61 0,53 0,45 

 
A first attempt to predict this threshold saturation is to correlate water porosity and the 
2% threshold saturation under low confinement (Figure 6). However, it appears that there 
is no correlation between critical saturation and water porosity. The porosity accessible to 
water represents only the amount of porous volume connected and does not provide 
enough information on the connectivity of the porous network or on the size of the pore 
threshold. Those two last characteristics are much more susceptible to be linked to the 
“permeability jail” phenomenon. 

 

Figure 6: Critical saturation under 3 MPa of confining pressure as a function of water porosity. 

The mercury intrusion porosimetry (MIP) provides a measurement of the porous structure 
and connectivity in unloaded conditions. As there is a fairly good correlation between the 
porosity measured by mercury porosimetry and that measured with water, we will 
therefore assume that there is also a correlation between mercury and water saturations 
for a given saturated pore size. The mercury injected into the porous network is a non-
wetting fluid and begins by filling the larger pores. We can then use mercury porosimetry 
results to interpret and explain threshold saturations dispersion. On one hand, using the 
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critical saturations of "permeability jail" (Table 2) and the pore size distribution obtained 
by mercury porosimetry, it is possible to estimate the critical pore size (Table 3) 
associated to the threshold saturation, for which the pore network no longer percolates 
gas, i-e “permeability jail” has been reached.  
Table 3: Pore size at the critical saturation of « permeability jail » under 3 MPa of confining pressure. 

Sample 
reference 

Threshold 
saturation  

Pore diameter 
(µm) 

Sample  
reference 

Threshold 
saturation  

Pore diameter  
(µm) 

2335 0,72 0,68 3375 0,50 0,58 
3248 0,68 0,80 3379 0,61 0,80 
3249 0,30 0,23 4456 0,53 0,36 
3250 0,48 0,55 4458 0,45 0,40 

 

On the other hand, APEX represents the pore inlet diameter for which porous network 
connectivity is reached [14] and may be graphically determined using MIP results (Table 
4). According to the APEX definition, when the size of the pore opening which controls 
the permeability is close to the pore size of the APEX, the porous network loses its 
connectivity. Indeed, a fairly good correlation between the pore size associated to the 
appearance of permeability “jail” (see Table 4) with APEX pore size (Figure 7) is 
obtained (permeability “jail” pore size around 80% of APEX pore size). 

 

Figure 7: Correlation between pore size of « permeability jail » at 3 MPa and APEX pore size. 

Thus, the MIP curves could be used before any relative permeability measurements to 
predict the water saturation likely to cause an hydraulic cut-off at low confinement as 
shown in Figure 7.  
However, keeping in mind that the objective is to predict the apparition of “permeability 
jail” in in-situ conditions, the pore network characteristics for higher confining pressure 
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need to be known in order to predict saturation threshold at this confining pressure. A 
perspective to better characterize threshold saturations under loading would be to 
measure capillary pressure under loading or to estimate it using pore network modelling. 
Table 4: Pore size at the APEX 

Sample 
reference 

APEX 
diameter (µm) 

Sample 
reference 

APEX 
diameter (µm) 

2335 0,43 3375 0,55 
3248 0,55 3377 0,55 
3249 0,23 3379 0,83 
3250 0,43 4456 0,28 
3372 0,67 4458 0,35 

CONCLUSIONS 
Tight reservoirs, due to their high capillary pressures, have a very wide transition zone. 
Uncertainty about gas mobility may be responsible for incorrect evaluation of the 
recovery factor. A non-negligible uncertainty in the evaluation of the tight gas potential is 
related to the gas mobility dependence on both loading and water saturation. 

This experimental study shows that tight gas relative permeability is very sensitive to 
confinement. It may then be recommended to estimate tight gas relative permeabilities 
under loading, even if it remains time-challenging in the case of a reservoir study. 
These experimental results have been interpreted in terms of connectivity of the porous 
network, which is dominated by micro-cracks and joints. Under 3 MPa confinement, the 
threshold saturation for a relative gas permeability of 2% was successfully correlated 
with the APEX pore size determined from MIP results. This correlation remains to be 
confirmed under higher loading and it may be useful to have a characterization of the 
pore network properties under loading to predict the threshold saturation under in-situ 
conditions. This will be the subject of future works using either correction of MIP curves 
or pore network modelling allowing for loading evolution. 
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ABSTRACT 

Miscible Gas Injection has been proven to be amongst the few successful Enhanced Oil 
Recovery (EOR) techniques, which can be applied in unconventional reservoirs. Recent 
reports from Oil & Gas companies suggested this process can enhance 30% up to 70% of 
current recovery. An effective and economical project depends on the understanding of 
gas transportation during both injection and flow-back. Previous modelling and 
theoretical investigations have shown that diffusion could be one of dominant transport 
mechanisms in low permeability shales (microporous media). Despite the importance of 
diffusion as a transport mechanism in shales, direct measurements of diffusion 
coefficients in shales are not currently available. The main reason for the lack of 
currently available techniques due to the fact of pore volume in shale is generally small. 
This work summarizes a novel approach to measure of the diffusion coefficient of 
injected gases’ components into shale samples. The effective diffusion between methane 
versus nitrogen were simultaneously measured with Infrared Spectroscopy (IR) methods. 
IR captured the change in methane/nitrogen concentration at the outlet of the sample as 
function of time. The difference of effective diffusions without and without microporous 
media, provide sample tortuosity.  In the end, a simulation model was established based 
on the experimental setup to back-calculate diffusion rate.  

INTRODUCTION 

Hill and Lacy, 1934[1]; Bertram and Lacy, 1935[2]; Reamer et al., 1956[3] have shown 
that the rate of dissolution of methane in a body of hydrocarbon liquid is controlled 
primarily by the rate of diffusion of the dissolved gas from the gas–liquid interface into 
the body of the liquid phase. On the other hand, the tortuous features of porous media 
also govern how fast gas injected into matrix. Therefore, it is critical to understand the 
diffusion processes in any gas injection process in oil reservoirs. 
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Effective diffusion measurements in both dry and saturated porous media has been well 
established, although the availability of measurement data is limited (Chen, 1973[4]; 
Pandey et al., 1974[5]). Many different methods utilizing secondary parameters, 
including pressure decay (Chen et al., 2018[6]) or resistivity (Garrouch et al., 2001[7]) to 
capture diffusional characteristics. However, the most direct technique to measure 
diffusion rate is Wicke and Kallenbach, 1941[8] method, in which nitrogen is injected 
across one face of cylindrical porous media, and methane is injected across the other. 
Equation (1) developed by Evans et al., 1961[9] to back calculate diffusion rate by 
monitoring change in fluid composition on both side of the porous media.  

𝐷! =
𝑁!𝛼𝑅𝑇𝐿

𝑃𝐴𝑙𝑛(
1− 𝛼𝑌!"
1− 𝛼𝑌!"

)
(1) 

𝛼 = 1−
𝑁!
𝑁!

 

, in which De as effective diffusion coefficient; Nn and Nm are respectively molar 
diffusion rate of nitrogen and methane, mole/s; T is absolute temperature, oK; L is sample 
length, cm; R is gas constant; P is pore pressure, cm Hg; A is area of cross section, cm2; 
Ynf and Yni are respectively nitrogen mole fraction at final and initial points.  

Most of diffusion rates were computed or measured from previous methods for 
conventional rocks reasonably agree. However, for unconventional tight rock like shales, 
there are drawbacks from each of those methods mainly due to the small storage and 
transmissibility factor. One common method is the monitoring of pressure decay while 
injecting gases to saturated sample; one of assumptions to validate this method is the 
instant pressure transit from the sample borders to the sample center. This is very weak 
assumption for tight rocks. Wicke and Kallenback method theoretically can be applied 
for tight rock; however, the practical difficulty of this technique lies on how fluid 
composition should be examined without flow interference. Small transmissibility 
characteristics of shales make conventional fluid sampling impossible. Moreover, the 
time-discrete fluid sampling make it challenging to capture breakthrough time.   

In this work, we develop a new experimental approach, and introduce a new experimental 
set up to measure diffusion in tight rock like shales. 

EXPERIMENTAL APPROACH AND METHOD 

Previous diffusion measurement data on sandstones Chen et al., 1977[10] suggested 
diffusion factor (DF), the ratio of the diffusion coefficient across the porous media to the 



SCA 2018-024 3/10 
	
	

diffusion coefficient across open space, is a reverse function of samples tortuosity. The 
ultimate objective of the study is estimate effective diffusion coefficient of methane 
through liquid saturated tight rock samples. We propose the experimental approach, in 
which effective diffusion coefficient of methane through liquid saturated porous matrix 
can be estimated from bulk methane-liquid diffusion coefficient and diffusion factor of 
porous media.  

Many previous studies have been done on bulk methane-liquid diffusion. Riazi et al., 
1996[11] developed a method for determining diffusion coefficients of gases in liquids at 
constant volume and temperature using a PVT cell.  Jamialahmadi et al., 2006[12] 
proposed an interesting approach using oil swelling factor as a function of time to 
estimate methane diffusion rate into different alkanes at high pressure and temperature. 
 
The focus of the study is to measure diffusion factor of porous media. By modifying 
Wicke and Kallenbach method, we introduce novel approach to continuously monitor 
change in fluid composition on one face of cylindrical sample.  
 
Infrared Spectroscopy (IR) has been applied extensively to characterize materials in 
different forms, including solid, liquid, and gas phases. In oil and gas industry, this 
spectral analysis had been employed to measure mineralogy (Ballard, 2007[13]) and 
reservoir fluid composition (Livanos et al., 2016[14]). Typically, all of these 
measurement was prepared under ambient or low range of pressure condition. For our 
objective, high pressure IR cells with transparent IR windows (Zinc Selenium for 
maximum 2500 psi and Sapphire for maximum 5000 psi) was installed in line with rock 
sample holder to capture flow-through fluid signal. Thermo-Scientific Nicolet 6700® FT-
IR spectrometer (wavelength number ranges 600 – 4000 cm-1) was used to continuously 
measure and analyze fluid signal. The schematic experimental set up is presented in 
Figure 1. 

 
Figure 1. Experimental apparatus, in which porous media was filled with nitrogen for 24 hours, then 
methane was diffused through the porous media when the zero displacement valve was opened. Mercury 
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displacement pump was used to keep the system under constant pore pressure throughout the diffusion 
process.  
 
During experiments, methane was diffused though rock sample saturated with nitrogen, 
constant pressure was maintained from both ends using mercury displacement pump. 
Rock sample was confined with effective pressure of 3000 psi. 
 
FOURIER TRANSFORM – INFRARED SPECTROSCOPY (FT-IR) 
CALIBRATION 
Throughout the diffusion process, the dynamic change of fluid composition is due to the 
exchange of methane and nitrogen molecules. Single light beam shot across transparent 
IR windows; the spectrometer captures IR absorbance intensity, which is due to the 
vibration of gas molecules between IR windows. As a symmetric diatomic molecule, 
nitrogen does not yield IR absorbance. On the other hand, methane absorbance spectrum 
can easily captured with the main absorbance range of 2800-3100 cm-1 (Figure 2. 
Nistchem Webbook[15]) 
 

 
Figure 2. Mid-range FTIR absorbance spectrum of methane. The main absorbance range is from 2800-3100 
cm-1. 
Beer-Lambert law (Equation 2) proposes the linear relationship between IR absorbance 
intensity and gas concentration. Co, defined as IR absorptivity coefficient of a particular 
gas, is a function of pressure and temperature. In this study, every experiment was 
executed at room temperature. Therefore, for a single diffusion test at a certain pressure, 
methane concentration calibration need to be provided. 

𝐴 = 𝑙 𝜖!𝑐!

!

!!!

(2) 

, in which A is absorbance, l is the path length of the beam of light through IR transparent 
windows, 𝜖! is the absorptivity of each gas component at a particular pressure-
temperature condition, and 𝑐! is the concentration of each gas component within the 
gaseous phase. 
 
Rubotherm Flexidose® Gas mixer was used to generate three mixtures of methane – 
nitrogen with different concentrations. These three gas mixtures were used to estimate IR 
absorptivity coefficient at different pressures. Figure 3 presents the relationship between 
IR absorbance intensity versus pressure (pressure ranges from 100-500 psi) for different 



SCA 2018-024 5/10 
	
	

gas mixtures. Figure 4 present the relationship between IR absorbance intensity versus 
methane molar concentration at 500 psi. The slope of linear correlation provide methane 
absorptivity coefficient at 500 psi. Repeating the same procedure, we obtain methane 
absorptivity coefficients at 200 psi and 300 psi.  These coefficients later were used to 
convert continuous IR absorbance spectra to continuous methane concentration profile 
during diffusion tests.  

 
Figure 3. IR absorbance intensity of two methane-nitrogen mixtures at different pressures 

 
Figure 4.IR absorbance intensity of different methane-nitrogen mixtures at 500 psi, room temperature. The 
slope of linear correlation is considered as methane absorptivity, specifically at 500 psi. 
 
EXPERIMENTAL RESULTS AND DISCUSSION 
 
A horizontal 1” core plug was selected for this study; the sample has total Helium 
crushed porosity of 3% was dried at 100oC under vacuum condition for 72 hours before 
each measurement. Different diffusion measurements were conducted at different pore 
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pressures, and at the same effective pressure with the same core plug. Figure 5 present 
methane concentration profiles versus square root of time in minutes for methane-
nitrogen diffusion through a shale sample and open space at a constant pressure of 500 
psi. For bulk methane-nitrogen diffusion process, the breakthrough time is about 450 
mins; whereas for the diffusion within a shale sample, the breakthrough time is about 
3600 mins. The maximum molar concentration of methane at the end of each experiment 
(6400 minutes) is about 10%.  With these small concentration, conventional fluid 
sampling would not be able to provide robust concentration profile for diffusion rate 
calculation. However, IR spectrometer under stable background condition and filter 
denoising algorithm can detect methane signal down to the concentration of several ppm 
(Zhu et al., 2012[16].)  Using Equation 1, effective diffusion coefficients though open 
space and the shale sample are estimated as 3.25*10-8 and 0.4*10-8 m2/s, respectively. 
Applying these coefficients with second Fick’s law assuming 1-D model, we generated 
methane concentration profiles, which are agree reasonably with experimental data 
(Figure 6.) The slight difference between fitted data and measured data can be due to the 
fact this is a 3-D diffusion process in reality. However, the assumption of 1-D diffusion 
problem is not a bad assumption, due to the fact horizontal permeability is much larger 
than vertical permeability in shale.  Diffusion factor is about 0.125 for diffusion process 
at 500 psi. Diffusion factor data are presented in Figure 7, as a function of pressure. 
Calculated diffusion factors at different pressure point are the same with 90% confidence. 
This confirms diffusion factor represents tortuous characteristic of porous media.  

 
Figure 5. Methane concentration versus square root of diffusion time. The red curve is methane-nitrogen 
diffusion through open space. The blue curve is methane-nitrogen diffusion through a rock sample 
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Figure 6. Methane-nitrogen diffusion through open space (red) and a rock sample (blue). Solid lines are 
experimental data, while open circles are fit data using second Fick’s law with effective diffusion 
coefficients are 3.25*10-8 and 0.4*10-8 m2/s, respectively for bulk fluid diffusion and porous media 
diffusion. 

 
Figure 7. Diffusion factor, or the ratio of effective diffusion coefficient through porous media to diffusion 
coefficient through open space, is constant within pore pressure range 100-500 psi.  
 
Tortuosity for the shale sample is estimated as the reverse of diffusion factor; this shale 
sample has porosity of 3%. The result was plotted in combined literature data, show the 
negative exponential correlation between tortuosity and porosity (Figure 8.) Note the data 
include measured tortuosity values for sand pack, unconsolidated sands, and tight sands. 
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Figure 8-A. Effective methane-nitrogen diffusion coefficient from the tight rock sample used in this study 
(with porosity of 3%) was plot against literature data (Chen et al., 1977) 

 

Figure 8-B. Dimensionless tortuosity, or the reverse of diffusion factor –DF, from the tight rock sample 
used in this study (with porosity of 3%) was plot against literature data (Chen et al., 1977.)  

During huff-n-puff in shales, soaking time optimization is critical in both technical sense 
and practical sense. The common exercises reported by several companies, which gained 
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initial successes in Eagle Ford shale, is that they had tried to soak the formation for 1 to 2 
months. Assuming most of shale formations with porosity less than 5-7%, shale tortuosity 
factor is above 5, and methane-oil diffusion ranges 1-2×10-8 m2/s, this means injected gas 
does not move into the formation for than 1-2 ft after that typical soaking time. Most of 
injected gas-reservoir fluid interaction would happen near fracture/cracks surfaces. 
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Abstract 
Methane hydrate deposits world-wide are promising sources of natural gas. Magnetic 
Resonance Imaging (MRI) has proven useful in previous studies of hydrate formation. In 
the present work, methane hydrate formation in a water saturated sand pack was 
investigated employing an MRI-compatible metallic core holder at low magnetic field 
with a suite of advanced MRI methods developed at the UNB MRI Centre. The new MRI 
methods are intended to permit observation and quantification of residual fluids in the 
pore space as hydrate forms. 

Hydrate formation occurred in the water-saturated sand at 1500 psi and 4 °C. The core 
holder has a maximum working pressure of 4000 psi between -28 and 80 °C.  The heat-
exchange jacket enclosing the core holder enabled very precise control of the sample 
temperature.  

A pure phase encode MRI technique, SPRITE, and a bulk T1-T2 MR method provided 
high quality measurements of pore fluid saturation. Rapid 1D SPRITE MRI 
measurements time resolved the disappearance of pore water and hence the growth of 
hydrate in the sand pack. 3D π-EPI images confirmed that the residual water was 
inhomogeneously distributed along the sand pack. Bulk T1-T2 measurements 
discriminated residual water from the pore gas during the hydrate formation. A recently 
published local T1-T2 method helped discriminate bulk gas from the residual fluids in the 
sample. 

Hydrate formation commenced within two hours of gas supply. Hydrate formed 
throughout the sand pack, but maximum hydrate was observed at the interface between 
the gas pressure head and the sand pack. This irregular pattern of hydrate formation 
became more uniform over 24 hours. The rate of hydrate formation was greatest in the 
first two hours of reaction. An SE-SPI T2 map showed the T2 distribution changed 
considerably in space and time as hydrate formation continued. Changes in the T2 
distribution are interpreted as pore level changes in residual water content and 
environment. 
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Introduction 
Methane hydrates, in permafrost and oceanic deposits, are promising sources of energy. 
Hydrate formation is a complex process that can alter the pore structure and mechanical 
properties of the reservoir [1]. Considerable motivation exists for investigation of hydrate 
formation and dissociation in sediments to enhance gas production from such deposits.  

Magnetic Resonance (MR) and Magnetic Resonance Imaging (MRI) are non-destructive 
techniques that have proven useful for studying gas hydrates [2,3]. MR/MRI techniques, 
in principle, can directly quantify the residual water saturation, discriminate the residual 
water from pore gas, and characterize pore level behavior in situ, but this has not been yet 
demonstrated. High field MRI instruments have been previously employed for hydrate 
studies, but low field instruments are advantageous since they minimize susceptibility 
effects [4].   At low static fields, appropriate MRI methods can spatially and temporally 
quantify residual fluids [5] (water and gas) and reveal the growth pattern of gas hydrate. 

In recent hydrate publications, researchers employed glass bead samples to minimize 
magnetic susceptibility effects at 9.4 T [6,7]. Conventional frequency encode MRI 
measurements demonstrated that heat transfer to the sample region affects the hydrate 
dissociation process. Hydrate formation is exothermic. 3D images, obtained with 
conventional frequency encoded measurements, did not reveal the dynamic growth 
pattern of hydrate formation along the sand pack at 4.7 T [8].  

Stevens [3] and Ersland [2] utilized 1D and 3D frequency encoding MRI methods to 
image methane hydrate formation. They measured a Bentheimer core plug at 2 Tesla 
static magnetic field with an echo time of 3 ms [2]. Each 3D image was acquired in one 
to nine hours [2]. The MRI methods employed did not discriminate possible residual gas 
from the residual water in the porous media during hydrate formation.  

Previous studies reported significant MRI signal loss as hydrate formed. Moderate T2 
signal lifetimes [6,7] did not permit monitoring the early and late stages of hydrate 
formation.  In the present work, gas hydrate formation was monitored with advanced 
phase and frequency encoded MR/MRI measurements at 0.2 T in a metallic core holder 
[9,10].  Hydrate formation occurred in the water-saturated sand pack at 4 °C and 1500 psi 
[1]. 

A quantitative pure phase encode MRI technique, SPRITE, was employed to spatially 
and temporally monitor pore fluid saturation. Rapid 1D SPRITE MRI measurements [4] 
mapped the growth pattern of hydrate in the sand pack. π Echo Planar Imaging (π -EPI) 
[11] measured the 3D distribution of the residual water and the pore gas saturation along 
the sand pack. Bulk T1-T2 measurements [12] discriminated residual water from pore gas 
during hydrate formation. Bulk T1-T2 and T2 measurements are interpreted in terms of 
pore level changes in water saturation, pore gas content and pore environment.  
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Experimental 
An MR/MRI compatible metallic core holder [9] was utilized for 1H MRI measurements 
of hydrate formation at 8.52 MHz. The core holder was employed in the bore of a Maran 
DRX-HF, vertical magnet, operating at 0.2 T (Oxford Instruments Ltd., Oxford, UK). A 1 
kW 3445 RF amplifier (TOMCO, Sydney, Australia) and a three-axis magnetic gradient 
coil, driven by Techron (Elkhart, IN) 7782 gradient amplifiers, were employed.  

A sand pack (sand, mesh -50+70, Aldrich, MO, US), with length 38 mm, diameter 33 
mm and a porosity of 44% was employed as the porous media. A distilled water solution, 
with 500 ppm sodium dodecyl sulfate (SDS), (Fisher, ON, CA) [13] saturated the sand 
pack. The sand was saturated with 14.7 grams of water. The sand pack was contained in a 
sample vessel (2.5 mm wall thickness, length 51 mm) that was fabricated from PEEK. 
The PEEK vessel was immersed in the confining fluid that pressurized the core holder 
interior [9].  Fluorinert FC-43, (3M, MN, US) was employed as the confining fluid. A 
circulating jacket enclosing the core holder exterior [9] regulated the temperature of the 
confining fluid to 4°C. An ISCO pump (Teledyne ISCO, NE, US) held the confining 
pressure at 1650 psi. Methane gas (Praxair Canada Inc, NB, CA) was supplied at 1500 psi 
during hydrate formation. The sample vessel outlet was blocked as illustrated in Figure 
1(d). Low pressure methane gas was initially injected into the apparatus, then purged, to 
remove air. 

The SPRITE MRI method, as a pure phase encoding technique, is largely insensitive to 
internal magnetic field gradients and eddy currents, as well as T1 and T2 relaxation times 
[4]. 1D dhk SPRITE images, Figure 1, were acquired with 64 k-space points in 7 mins 
with 16 signal averages. The RF pulse length was 9° with a duration of 1.5 µs at 100% 
RF power. The encoding time, tp, was 150 µs with a repetition time, TR, of 2 ms. A delay 
time of 13 s, equal to 5× bulk gas T1, 2.6 s, was employed between each of the two 
halves of the k-space trajectory. This resulted in complete recovery of the sample 
longitudinal magnetization before acquisition for bulk gas, bulk water and the water in 
the pore space. The delay time of 13 s was not sufficient for complete recovery of the 
longitudinal magnetization of the pore gas during the first 26 hours after introduction of 
the gas. The field of view (FOV) was 96 mm with a nominal resolution of 1.5 mm.  

π-EPI is a fast 3D frequency encoding MRI method [11] with reduced gradient duty cycle 
and increased sensitivity compared to conventional MRI methods, yielding high quality 
3D images in short acquisition times [11]. Each 3D π-EPI image required 60 mins with 
16 signal averages. Individual π-EPI images were not smoothed. The nominal resolution 
was 1.4×1.4×1.3 mm3. A delay time of 14 s was employed between each of the 16 
interleaved k-space trajectories. The echo time was 3 ms. Bulk T1-T2 measurements [12] 
required 50 mins. SE-SPI T2 mapping [4], local T1-T2 [12] and 2D Spiral SPRITE [4] 
measurements were also employed to monitor the hydrate formation process. Bulk 
CPMG and inversion recovery measurements monitored pore level changes in situ during 
hydrate formation.  
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A series of rapid MR/MRI measurements were undertaken sequentially during the initial 
stages of hydrate formation. These measurements were 1D dhk SPRITE, bulk Free 
Induction Decay, and bulk CPMG. After the first four hours, bulk T1-T2  measurement 
was added to the series. These four measurements continued for the next ten days, with 
periodic 3D π-EPI, SE-SPI T2 mapping, local T1-T2, and 2D SPRITE measurements 
undertaken at specific times. Bulk inversion recovery measurements were undertaken 
periodically throughout the ten day period. 

Bulk CPMG T2 measurement and bulk inversion recovery T1 measurement revealed that 
the water (with SDS) saturated sand pack, before gas introduction, had T1 and T2 
relaxation times of 875 ms and 510 ms respectively. π-EPI and SE-SPI T2 mapping 
measurements confirmed that the initial water saturation was homogeneous before 
introduction of the gas. 

Results and Discussion 
The 1D dhk SPRITE [4] experiment was employed to monitor the longitudinal hydrate 
formation process. 1D dhk SPRITE profiles, Figure 1, spatially resolved the bulk gas in 
the reservoir head from water saturating the sand pack. Measurement parameters were 
chosen to yield 1H density weighted images for bulk gas, bulk water and water in the pore 
space, but not for gas in the pore space during the first 26 hours of reaction. Bulk T1-T2 
measurements show that during the first 26 hours, the pore gas T1 is on the order of 10 s. 
The delay time, 13 s, suppressed the pore gas magnetization during the first 26 hours. 
However, the last five dhk SPRITE profiles in Figure 1(c) yield a 1H density weighting. 
The pore gas T1 was on the order of 10 seconds shortly after hydrate formation 
commenced, but decreased to approximately four seconds after 26 hours, as seen in 
Figure 3. We discuss below our hypothesis that the long T1 species observed is pore gas.  
 
The 1D dhk SPRITE [4] profile images were readily able to monitor the system and 
observed a 2 hour induction period after introduction of the gas head. No change was 
observed in the dhk SPRITE profiles during the first two hours. A realistic porous media, 
sand, with an SDS surfactant in the water phase was employed to minimize the induction 
period [14]. Intensive gradient switching, causing vibration of the gradient coil and 
sample, seemed to catalyze hydrate formation. Gradient vibration was observed to 
catalyze hydrate formation in a replica experiment. 

Application of the pressure head resulted in displacement of some water from the sand 
pack into threads sealing the bottom of the sample vessel. This bulk like water was 
observed at 85 mm in Figure 1(a). The threads are located below the sample chamber 
above the O-ring, as seen in Figure 1(d). This water is visible throughout the experiment; 
methane did not convert this water to hydrate. It thus acted as a convenient internal 
reference throughout the ten day experiment. Hydrate formation in the sand pack is 
presumed to have sealed this region of the sample such that methane gas did not penetrate 
to the threads. In a replica experiment a similar water penetration was observed, but 
hydrate formation occurred and the signal was eventually lost.  
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Methane hydrate formation commenced at the interface of the sand pack and gas head as 
revealed by Figure 1(b). Loss of signal represents water in the pore space which is lost to 
the image as hydrate forms. The methane hydrate, as a quasi-solid [1], has MR lifetimes 
which are not amenable to observation and quantification even with the SPRITE method. 

The majority of water in the sand pack was converted to hydrate within four hours of 
introducing gas. The induction period was two hours. Hydrate formation became more 
uniform in space with additional time, Figures 1(b) and (c). From 2 hours to 2.25 hours 
after introduction of the gas, the water saturation decreased from 100% to 74%. The  
water saturation decreased to 32% at 2.75 hours after introduction of the gas. Water 
saturations were calculated based on the signal integrated from the sand pack area in the 
1D dhk SPRITE profiles, and referenced to the initial water saturated sand pack.  

 

Figure 1. Space and time resolved 1H fluid content profiles of hydrate formation. Methane penetrates the 
water saturated sand pack from a constant pressure gas head. Signal loss occurs when liquid water is 
converted to quasi solid hydrate. Hydrate forms first and most significantly near the gas head/sand pack 
interface. (a) profiles before and after introduction of the gas. The gas head is visible at left, 24 mm to 36 
mm, while a small amount of water is visible at right displaced from the sand pack into threads of the 
sample vessel below the sand pack. Observed signal intensity is normalized by the maximum signal in the 
time zero profile. (b) 1H fluid content profiles at 2, 2.25, 2.75, 3.45, 3.75 and 4 hours after introduction of 
the gas. (c) 1H fluid content profile at 4, 14, 44, 68, 118, 152 and 217 hours after introduction of the gas. 
Hydrate formation has largely ceased approximately 120 hours after introduction of the gas but residual 
fluids, water and gas, remain in the pore space. Not the change in the y axis range in (c). (d) Schematic of 
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the sample vessel. The gas head (orange region), connected to a constant pressure supply, is located on top 
of the water saturated sand layer (turquoise region).  

It is well known that the rate of hydrate formation in idealized systems, pure liquid or 
ideal porous media such as glass beads, is much slower than in more realistic systems 
such as a sand pack [14]. This phenomenon was observed in the present experiment. 
Within four hours of introducing gas, 30% of bulk water in the methane reservoir was 
converted to hydrate whereas during the same period 70% of the water saturating the 
sand was converted to hydrate as seen in Figure 1(b). 

Bulk CPMG T2 distribution measurements readily identified bulk methane gas in the 
reservoir, as well as water in the pore space, during hydrate formation. As hydrate 
formation proceeds, the T2 lifetime of water in the pore space decreases, and the signal 
amplitude of this component decreases. This behavior is anticipated for a water wet 
system where hydrate forms in the pore center leaving a residual pore water volume with 
an increased surface to volume ratio [15-17], and hence enhanced surface relaxation.  

 

Figure 2. 2D slices from 3D π-EPI images of 1H content in the methane hydrate system 26 hours after 
introducing methane gas. a) The strong methane reservoir signal is off scale at left in the image. No signal 
is apparent in the interface region of the sand pack. The water distribution is inhomogeneous reflecting a 
non-uniform distribution of hydrate in the sand pack. b) Four orthogonal slices from the data set of image 
(a) reveal the transverse inhomogeneity of hydrate formation. High image intensity is high water content 
and hence low hydrate conversion.  The signal from the gas reservoir exceeds the dynamic range of the 
chosen display scale in Figure 2(a). Signal is simply mapped to the highest intensity of the chosen display 
range. 

The 1D dhk SPRITE [4] profiles reveal that the initial hydrate formation is 
inhomogeneous longitudinally. Hydrate formation is also inhomogeneous laterally in 
planes transverse to the direction of gas penetration. 2D Spiral SPRITE [4] measurements 
and 3D π-EPI [11] measurements reveal that hydrate formation is greater near the vessel 
wall. Figure 2 shows 2D slices from a 3D π-EPI image of fluid saturation, residual water 



SCA 2018-025 7/12 
	

and pore gas, taken 26 hours after introduction of the gas. The lateral slice shows no 
signal near the gas head/sand pack interface. This suggests very significant conversion of 
water to hydrate in this region [20].  SDS is known to promote near complete hydrate 
formation [19]. Finite signal is observed displaced from the interface. This is due to 
residual water in the pore space. The lateral slice and the transverse slices in Figure 2(b) 
show more residual water present in the center of the sand pack and less near the 
periphery.  

Hydrate formation releases heat, increasing the temperature, while the sample vessel wall 
is in contact with the confining fluid at 4°C. Hydrate formation may be more favorable 
near the wall due to heat transfer effects [18].  It has also been reported [19] that adding 
surfactant to the water phase can create a surface growth pattern during hydrate formation 
in polymeric vessels. A loose sand pack near the exterior surface may also permit 
enhanced gas transport and hence enhanced hydrate formation near the sand pack 
exterior. 

One of the main goals of this work was to identify residual fluids present in the pore 
space as hydrate forms. In addition to residual water in the pore space it is reasonable to 
posit the presence of unreacted methane gas in the pore space [15]. The methane gas head 
was maintained at constant pressure throughout the ten days of hydrate formation to 
ensure an unlimited supply of methane to the system. 

Bulk T1 measurements undertaken throughout the period of hydrate formation identify 
the appearance of a long T1 signal component in the sample. The bulk T1-T2 [12] 
measurement is ideally suited to distinguishing multiple molecular species present in a 
sample such as the hydrate system. The long T1 species is not present prior to 
introduction of methane gas.  

Bulk T1-T2 measurements were undertaken at regular intervals throughout the ten day 
reaction. Selected results for four different time intervals are shown in Figure 3. Figure 
3(a) corresponds to 4 hours after introduction of the gas. The four distinct peaks, or 
clusters of peaks, may be assigned as follows, peak P1, is bulk methane gas in the gas 
head. This peak has constant integrated signal and fixed T1-T2 coordinates throughout the 
period of hydrate formation. The T1 and T2 of P1 are roughly equivalent suggesting high 
mobility and a 1H species in the extreme narrowing regime. Peak P2 is bulk-like water 
found in the apparatus threads, and in the methane gas head at early experimental times. 
This peak does not change in T1-T2 coordinates, but it does decrease in amplitude as 
hydrate formed with residual water present in the gas head.  

The cluster of peaks labeled P3 are assigned to water in the pore space. These peaks 
decrease in amplitude as hydrate formation proceeds but there is no decisive shift 
observed in the T1-T2 coordinates.  This is due at least in part to the fact there are 
multiple peaks. Spatially resolved T2 distribution maps determined from 1D SE-SPI [4] 
measurement and spatially resolved T1-T2 measurement unambiguously permit 
assignment of the P1 and P2 peaks based on their positions in space and their relaxation 
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times. The T1, T2 lifetimes of peak P3 are consistent with water in the pore space [21,22] 
and simple control measurements confirm the assignment. 

Peak P4 with a very long initial T1, Figure 3, was not anticipated prior to experiment. The 
long T1 signal component, on the order of 10 seconds, was confirmed by bulk T1 
measurement undertaken as outlined above. T1 lifetimes generally increase with pressure 
for spin ½ gases due to the spin rotation relaxation mechanism [24]. 

Since it is difficult to unambiguously assign peak P4 to pore gas through a control 
experiment we must consider alternate hypotheses. We consider first the possibility that 
P4 is due to (1) water closely associated with the hydrate network or (2) methane gas 
dissolved in the water phase. The first hypothesis seems unlikely. The integrated signal 
ratio of peaks P4/P3 is approximately 0.30 at four hours of reaction, as observed in Figure 
3 (a). Although the residual water saturation was only 27%, there is still significant water 
present.  In a water wet system it is difficult to imagine that a water signal this significant 
would not appear as part of peak P3. 

The second hypothesis must also account for the quantity of material in peak P4.  
Methane solubility in water is 0.1% [27-29] dramatically less than the quantity of signal 
observed in P4. Although SDS is a surfactant and might be considered to promote 
hydrocarbon solubility, it has been discounted as an aid to methane solubility [28] in 
hydrate studies. One might imagine supersaturation or Nano bubbles as a means of 
increasing the quantity of methane gas dissolved in water, but these mechanisms would 
seem more likely in the case of hydrate dissociation as opposed to hydrate formation. 
Neither of these hypotheses readily explains the unusual T1 and T2 values of peak P4. A 
very similar peak appears in analogous hydrate dissociation experiments (data not shown) 
so a viable hypothesis must work for both formation and dissociation processes.  

This leads us to a consideration of unreacted methane gas in the pore space as the third 
hypothesis. Pore gas (residual gas saturation) denotes the gas saturation in the pore space 
during hydrate formation [15]. We assume that  a small fraction of the pore gas dissolves 
in the water phase but the remainder remains in the pore space [29].  A 70% hydrate 
saturation will significantly occupy the pore space [26] but there is an unlimited supply of 
methane gas available to the system at 1500 psi.  

Important evidence in support of the pore gas hypothesis is the bifurcation in the T1 and 
T2 relaxation times of peak P4.  Pure methane gas, under the same bulk pressure and 
temperature conditions, has equivalent T1 and T2 as observed in peak P1 [24,25].  
Methane gas at elevated pressure in microporous solids is known to bifurcate in T1 and T2 
with T2 often substantially reduced from T1 [23,24].  Kausik [24] has studied this 
phenomena in detail in a model porous vycor glass. The reason for the decrease in T2 is 
interaction with the pore surface leading to slower motion [24] and a greater sensitivity to 
relaxation. The T1 of peak P4 is longer than that of the pure gas species P1 in Figure 3 (a). 
The pore gas hypothesis requires that the pore pressure increases as gas is trapped in the 
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sand pack while expansive hydrate is produced [16,26]. Such a pressure increase will 
increase T1. 

As hydrate formation proceeds, peak P4 shifts to shorter T1 and is reduced in amplitude as 
would be expected if the gas pressure in an isolated pore space were decreasing, as 
further hydrate formed with gas consumed. Figure 3(d) shows that peak P4 has a T1 of 1.4 
s after 200 hours. Figure 1(c) shows that water was homogenously distributed in the sand 
pack at this time. 212 hours after the introduction of the gas, the residual water saturation, 
Figure 3(d), was 2.8%. This must be close to irreducible water saturation precluding 
further hydrate formation.  

We emphasize that the T1-T2 results are semi-quantitative  since the long T1 value of 
these species was outside the range anticipated by the bulk T1-T2 measurement and its 
timing parameters. The long T1s of peak P4, during the first 26 hours after introduction of 
the gas, ensures that it will contribute minimally to the signal observed in the dhk 
SPRITE profiles of Figure 1(b) and the first two profiles in Figure 1(c) [4].   

The residual water saturations calculated based on bulk T1-T2 measurements and 1D dhk 
SPRITE measurements agree within the first 26 hours of gas introduction. This 
confirmed that the pore gas magnetization had a minimal contribution to the 1D dhk 
SPRITE images during early stages of hydrate formation.  
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Figure 3. Bulk T1-T2 measurement of the sand pack as a function of time after methane supply as hydrate 
forms. In each sub figure the residual water saturation in the pore space is at top right. (a) 4 hours (b) 14 
hours, (c) 26 hours and (d) 212 hours. The peak labeled P1 is bulk gas in the gas head, P2 is bulk like water 
including water in threads of the apparatus, P3 is residual water in the pore space. P4 is assigned to residual 
gas in the pore space. T1cutoff separates the gas phase peaks from those of water in the system. The P4 peak 
shifts from long T1 to shorter T1, as hydrate forms. Bulk T1-T2 measurements, represented in Figure 3(a)-
(d), have signal to noise ratios of 224, 154, 150 and 80. Variation in the regularization parameter did not 
change the major characteristics of the peaks [30].  

Conclusion 
In this study methane hydrate was formed in a water saturated sand pack, within a MRI 
compatible metallic core holder, at 1500 psi and 4 °C. 1D dhk SPRITE MRI 
measurements spatially and temporally monitored hydrate formation. 1D dhk SPRITE 
measurements produced 1H density weighted images for bulk gas, bulk water and water 
in the pore space during hydrate formation. A 2 hour induction period was observed with 
methane hydrate formation commencing at the interface of the sand pack and gas head. 
The highest rate of hydrate formation occurred between 2 hours and 4 hours after 
introduction of the gas. CPMG T2 measurements suggested that in this water wet system, 
hydrate occupies the pore center. Intense, rapidly switched magnetic field gradients may 
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initiate hydrate formation, through vibration, as often occurs with conventional phase 
transitions. 
 
1D dhk SPRITE profiles showed that the initial hydrate formation was inhomogeneous in 
the longitudinal direction. 3D π-EPI measurements revealed that hydrate formation was 
more significant close to the sand pack walls at early experimental times. 3D π-EPI 
images suggested a complete, or near complete, conversion of water to hydrate at the 
sand pack/gas interface.  Bulk T1-T2 measurements quantified the residual water 
saturation during hydrate formation. Bulk T1-T2 measurements discriminated the residual 
water from the pore gas during hydrate formation. The water saturation was 2.8% after 
ten days of hydrate formation.  
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ABSTRACT 
Polymer flooding is an enhanced oil recovery (EOR) method that reduces the mobility ratio 
between the displaced oil and the displacing injected water. The flow of polymer solutions 
through porous media is subject to some process-specific phenomena, such as the inaccessible 
pore volume (IAPV). Due to IAPV, polymer molecules move faster through the porous 
medium than smaller ones. Thus the IAPV value needs to be accounted for in experiments and 
field projects. Recent reports found that polymer in-situ rheology correlates with the IAPV. The 
objective of this paper is to develop a method for estimating IAPV based on the in-situ 
rheology of polymers. The methodology proposed here can be used in both single- and two-
phase experiments. The technique requires measurement of polymer resistance factor (RF) and 
residual resistance factor (RRF) at steady state conditions. Core permeability, porosity, and 
residual oil saturation, as well as water and polymer bulk viscosities, also need to be taken into 
account. Correlations for polymer in-situ viscosity and shear rate are solved simultaneously, to 
wield an estimative for the IAPV. Aiming at to prove the method, we report 16 core-flooding 
experiments, eight single- and eight two-phase experiments. We used a flexible polymer and 
sandstone cores. All the tests were run using similar rock samples. In the single-phase 
experiments, we compare the alternative method with the classic tracer method to estimate 
IAPV. The results show an average relative difference of 11.5% between the methods. The 
two-phase results display, on average, an 18% relative difference to the IAPV measured in the 
single-phase experiments. The difference between single- and two-phase results can be an 
effect of the higher shear rates experienced in the two-phase floodings since, in these cases, the 
aqueous phase shear rate is also dependent on the phase saturation. Additionally, temperature, 
core length, pore pressure, and iron presence on the core did not show any influence on the 
IAPV for our two-phase experiments. The method proposed in this paper is limited by the 
accuracy of the pressure drop measurements across the core. For flexible polymers, the method 
is valid only for low and mid shear rates, but, accoording to literature, for rigid polymers the 
method should be accurate for a broad range of shear rates. The method proposed here allows 
the measurement of polymer IAPV on two- and single- phase core-flooding experiments when 
a tracer is not used. 
 
INTRODUCTION 



SCA2018-026 2/13 
  

Polymer flooding is an enhanced oil recovery method (EOR) which consists in the addition of 
water-soluble polymers in the injection water. This polymer addition results in an increase of 
the injected fluid viscosity, and thus, the mobility ratio between displacing (water) and 
displaced (oil) fluids is reduced [1]. Mobility ratio reduction improves the volumetric sweep 
efficiency by reducing viscous fingering [2] and channeling effects [1]. Thus, polymer flooding 
can be advantageous for heavy oil recovery or heterogeneous reservoirs [1] and was 
successfully applied in sandstone and carbonate reservoirs [3]. Polymer flow in porous media is 
subject to specific phenomena, such as non-Newtonian viscosity and inaccessible pore volume 
(IAPV). 
 
Polymer IAPV is a phenomenon that results in the transport of polymer molecules through 
a smaller pore volume than the one available for small molecules (i.e., salts) [1]. That 
results in faster transport of polymer species through the porous medium than those small 
molecules [4]. There are two explanations for the IAPV: 1. IAPV is an effect of blocked 
pores and pores that are too small compared to the polymer molecular size [4], a concept 
similar to that of gel permeation chromatography [5]. 2. IAPV is a consequence of the 
depleted layer, a thin layer of polymer-free liquid resulted from entropic (or steric) 
exclusion of large molecules from the pore walls [6, 7]. Figure 1 represents the two 
interpretations for the polymer IAPV. 
 
Polymeric solutions for EOR applications are shear-thinning fluids, and their bulk 
rheology can be estimated through rheometers. However, polymer apparent viscosity 
when flowing through a porous medium (i.e., in-situ viscosity) differs from the bulk 
viscosity [8, 9]. There are four distinct in-situ viscosity regions for flexible polymers 
(e.g., HPAM) [8]: 1. Newtonian plateau at low shear rates; 2. shear-thinning region at 
medium shear rates; 3. shear-thickening region at high shear rates due to viscoelastic 
effects; 4. another shear-thinning region at very high shear rates due to mechanical 
degradation. For polymers with rigid structures (e.g., xanthan in its ordered state), the 
region 3 does not exist, since these polymers do not present viscoelastic behavior. Figure 
2 illustrates the bulk and in-situ viscosities for flexible polymers. The viscosity behavior 
of regions 1 and 2 are similar to bulk viscosity, however in-situ viscosity is lower than 
bulk viscosity due to an apparent slip effect caused by the depleted layer [9], and thus, 
linked to the IAPV. 
 
The conventional method for estimating polymer IAPV is based on the core flooding in 
the presence of a polymer and an inert tracer. Effluent analysis to determine the polymer 
and tracer breakthrough instants are required to estimate the IAPV. Determination of 
polymer concentration may require complex methods and/or equipment, and often the 
presence of oil is a contaminant to those measurements [3, 10, 11]. 
 
The objective of this paper is to develop a method for estimating IAPV based on the in-situ 
rheology of polymers. The method should require pressure drop measurements in core flooding 
and rheology experiments and could be used in both single- and two-phase experiments. 
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MATERIALS AND METHODS 
Rocks 
All the experiments were carried out in sandstone cores. The cores were obtained from an 
outcrop of the Botucatu formation (Paraná basin, PR, Brazil), which is similar to Berea 
sandstone and adequate for core-flooding experiments [12]. A total of ten samples were used in 
the experiments. Table 1 and Table 2 compile the sample characteristics. Before the core-
flooding experiments, all the samples were cleaned with methanol and toluene by soxhlet 
extraction and then dried overnight in a 100ºC oven. The Botucatu samples have iron oxide in 
their composition [13], and iron minerals are known to affect polymer adsorption [11], and 
degradation [14]. Therefore, some samples were chemically treated with hydrochloric acid to 
remove the iron [15]. 
 
Fluids 
Three fluids were used in our experiments: polymeric solution, brine, and oil. The 
aqueous fluids had high salinity and hardness. Table 3 summarizes the composition of 
both the polymer and brines used. The solvent for the water-phase fluids was deionized 
water. 
 
We used the polymer Flopaam 5115SH, a high molecular weight (15x106) terpolymer 
consisting of polyacrylamide, hydrolyzed polyacrylamide, and AMPS. This polymer is 
indicated for applications under high temperature and high salinity conditions [16]. The 
polymeric solutions were prepared following the procedures of API RP 63 [10]. The bulk 
rheology characterization of this polymeric solution was presented in a previous work 
[17]. 
 
In the single-phase (SP) experiments, two brines were used, one of 10.5% TDS, and 
another with 5.75% TDS. These compositions were used so that the difference in salt 
concentration would act as a tracer, and the IAPV could be determined by the 
conventional method. For the two-phase (TP) experiments, only one brine composition 
was used. 
 
In the experiment TP-5 (sample 14C7A), we used a mineral oil of 24cP viscosity. For 
every other two-phase experiment, we used a field oil with viscosity adjusted to be 180cP 
at the experimental conditions (regardless of temperature). The viscosity of the field oil 
was adjusted by mixing kerosene until the desired viscosity was achieved [15]. 
 
Core flooding 
The SP and TP core flooding were performed in similar workbenches, as illustrated in 
Figure 3. Following Figure 3, an ISCO syringe dual pump injected water into an oil 
container. The oil was then used to displace either brine or polymer or to be injected into 
the core (oil injection only for TP). The 3/2-way valves selected which fluid to be injected 
into the core, which was confined in a core-holder. The confining pressure was 3000psi for 
the long samples (>200mm) and 900psi for the short ones (~60mm). A series of sensors 
were used to measure desired properties, as summarized in Table 4. A back pressure 
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regulator and a heating apparatus were used in some experiments, as identified by Table 1 
and Table 2. 
 
The single-phase experiments consisted of a polymer injection followed by a brine one. These 
experiments were conducted in porous media that had been previously flooded with polymer to 
satisfy adsorption and then were re-saturated with brine. A virgin porous medium was not used 
because the classic method to measure IAPV leads to wrong results when adsorption is acting. 
 
A core saturated with brine, at residual oil saturation (sor), was used at the start of the two-
phase experiments. Firstly, an oil injection took place, followed by a polymer flooding, and 
lastly, a brine injection was done. The adsorption did not need to be satisfied in the two-phase 
core flooding experiments because we did not use the conventional method to measure 
IAPV. 
 
All the experiments were performed at constant injection rate, and each different fluid 
injection was done until steady state was observed for a long period. The steady state was 
determined in the two-phase experiment when the pressure had stabilized and no more oil 
was produced. For the single-phase experiment, steady state was considered when we 
observed pressure stabilization and produced concentrations of polymer and salt equal to the 
injected ones. 
 
IAPV Measurement – Single-phase Polymer Injection with Tracer (Classic Method) 
Dawson and Lantz proposed a method to measure the polymer IAPV in core-flooding 
experiments [4]. The method consists in the injection of a polymer bank in a core 
saturated with brine in the presence of an inert tracer. Polymer and tracer concentration in 
the effluents have to be measured periodically. The periodicity of the concentration 
measurements has to be enough so that multiple points of data are taken while polymer 
and tracer concentrations are raising (the more, the better). The IAPV is then estimated as 
the difference between the injected pore volumes of polymer and tracer breakthroughs. 
This difference needs to be taken in a threshold value. In our work, we used 5% of the 
normalized concentration as the point to estimate the IAPV. This calculation can be done 
using equation ( 1 ), and an example can be seen in Figure 4. 
 

 𝐼𝐴𝑃𝑉 = 𝐵𝑇! − 𝐵𝑇! ( 1 ) 
 

Where BT refers to the injected pore volume associated with the threshold concentration 
for breakthrough, t indicates tracer, and p indicates polymer. 
 
This method can be used in cores that contain oil. However, the oil has to be in its residual 
saturation, and any droplet of oil that enters the production system will harm the 
measurements. Polymer flooding is known to reduce residual oil saturation in some cases 
[18], so we did not measure the IAPV by the conventional method in the two-phase 
experiments. 
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We only used the conventional method to measure the IAPV in the single-phase 
experiments. In our experiments, we used salts as tracers, UV-spectrophotometer to 
measure polymer concentration, and a conductivity meter to measure tracer 
concentration. Both the UV-spectrophotometer and the conductivity meter used in our 
experimental apparatus provided inline and online measurements, ensuring enough data 
to perform a quality measurement, as shown in Figure 4. 
 
IAPV Measurement – Rheology-based Method (Alternative Method) 
The method to measure polymer IAPV proposed in this paper is based on the in-situ 
viscosity of polymer. To measure the in-situ viscosity of a polymer, one should first be 
familiarized with the concepts of resistance factor (RF) and residual resistance factor 
(RRF). RF is a measurement of mobility reduction by the polymer solution relative to 
brine. RRF is a measurement of permeability reduction caused by the polymer solution as 
seen by a brine post-flush. RF and RRF are defined by equations ( 2 ) and ( 3 ), 
respectively. 

 𝑅𝐹 =
∆𝑝!

∆𝑝!!"#$%"
 ( 2 ) 

 

 𝑅𝑅𝐹 =
∆𝑝!!"#$%

∆𝑝!!"#$%"
 ( 3 ) 

 

Where Δp is the pressure differential, w indicates brine, and “before” and “after” 
superscripts are relative to the polymer injection. Note that the brine pressure differential 
before the polymer (∆𝑝!!"#$%") denotes the pressure differential obtained in a virgin 
porous medium, i.e., before permeability reduction by polymer had taken place. It is worth 
noting that RF and RRF have to be measured only after steady state has been achieved, or 
they will be in error. 
 
The polymer in-situ viscosity can then be estimated by equation ( 4 ) [19]. 
 

 𝜂!,!" =
𝑅𝐹
𝑅𝑅𝐹 ∙ 𝜇! ( 4 ) 

 

Where η denotes apparent viscosity, µ refers to Newtonian viscosity, and “is” indicates in-
situ. 
 
Since the in-situ viscosity was obtained through core flooding, it is associated with a flow 
rate or superficial velocity. Bulk viscosity estimated through rheometry is associated with 
shear rate. Therefore, to compare in-situ and bulk polymer viscosities, one needs a way to 
estimate the in-situ shear rate (i.e., shear rate experienced by the polymer inside the 
porous medium) in function of the superficial velocity (u). This can be achieved by 
Cannella’s model [20], represented by equation ( 5 ). 
 

 𝛾!,!" = 𝐶 ∙
3 ∙ 𝑛 + 1
4 ∙ 𝑛

!
!!!

∙
𝑢
𝑘 ∙ 𝜙

 ( 5 ) 
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Where 𝛾 is the shear rate, C is a scaling constant often assumed to be equal to 6, n is the 
power-law fluid behavior index, k is the permeability, and 𝜙 is the porosity. 
 
Stavland et al. [8] developed an expression to calculate the polymer in-situ viscosity 
based on the IAPV. It can be expressed by equations ( 6 ) and ( 7 ). 
 

 𝜂!,!" =
𝜂!,!"#$ ∙ 1+ 𝐵

1+ 𝐵 ∙
𝜂!,!"#$
𝜇!

 
( 6 ) 

 

 𝐵 =
1

1− 𝐼𝐴𝑃𝑉 ! − 1 ( 7 ) 

 

Note that the polymer in-situ (𝜂!,!") and bulk (𝜂!,!"#$) viscosities have to be measured for the 
same shear rate. Since the polymer in-situ shear rate is difficult to control, one should do a 
bulk measurement in the same shear rate as the one experienced by the polymer in-situ 
(𝛾!,!"). If we manipulate Stavland equations and isolate the IAPV, we come up with equation 
( 8 ). 

 𝐼𝐴𝑃𝑉 = 1−
𝜂!,!"#$ − 𝜂!,!" ∙

𝜂!,!"#$
𝜇!

𝜂!,!! ∙ 1−
𝜂!,!"#$
𝜇!

 ( 8 ) 

 

Therefore, we now have an expression to estimate the IAPV based solely on polymer in-
situ (𝜂!,!") and bulk (𝜂!,!"#$) viscosities, as well as water viscosity (𝜇!). 
 
Rheology-based Method Limitations / Disadvantages Over the Classic Method 
Flexible polymers (e.g., HPAM) exhibit a shear-thickening behavior in porous media 
under high shear rates [8]. That is due to the viscoelastic behavior of the polymer and 
counteracts the depleted layer effect. Therefore, the in-situ rheology coupled approach 
can only be applied for flexible polymers flowing under medium to low shear rates. For 
rigid polymers (e.g., guar gum and hydroxyethylcellulose) and polymers with rigid 
structures (e.g., xanthan gum, schizophyllan, and scleroglucan), this shear-thickening 
behavior is absent, therefore, the model developed should be applicable in the full range 
of shear rates. 
 
Another limitation is that the precision of the rheology-based method is directly related to 
the precision of the pressure sensor used to estimate RF and RRF. Therefore, pressure 
sensors used to estimate IAPV by this method should be as precise as possible. 
 
One disadvantage is that on the classic method, the IAPV value is obtained by the breakthrough 
curves. Therefore there is no need to inject fluid until the steady state is reached. For the 
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rheology-based method, RF and RRF measurements have to be taken under steady-state 
conditions. 
 
Both the alternative and the classic methods require core flooding procedures, which 
require a lot of preparation and are time-consuming. In addition to that, the rheology-
based method require the operator to perform bulk viscosity measurements at the same 
shear rate as the in-situ one. However, bulk polymer viscosity is well behaved (often 
adjusted by power-law models), so this is not a major disadvantage. 
 
Polymer degradation can be a major issue for the rheology-based method. If the polymer 
degrades before or during the core flooding, the bulk rheological study have to be done with the 
degraded polymer. However, to reproduce the degradation of a polymer as it flows through a 
porous medium can be difficult. Therefore, IAPV measurements using the alternative method 
in the presence of oxygen or in high shear conditions (low permeability or high injection flow 
rates) should be done with extra care to avoid oxidative and mechanical degradations, 
respectively. 
 
Another disadvantage of the rheology-based model is the need to estimate the in-situ 
shear rate experienced by the polymer. There are several models to estimate this shear 
rate (the model proposed by Cannella [20] was used in this work). However, these 
models are dependent on core and fluid properties as well as some scaling factors (such 
as the constant C in Cannella’s model), which can be difficult to define and may have a 
large variation. 
Alternative Approach Advantages Over the Classic Method 
The classic method needs to satisfy the polymer adsorption, and then re-saturate the 
sample with brine before performing the polymer injection to measure IAPV. For the 
rheology-based method, the polymer solution can be injected in a virgin porous medium 
(100% saturated with brine or at sor) and, after steady state is reached, the IAPV can be 
estimated. 
 
One major advantage is related to the equipment. The rheology-based method only 
requires a pressure sensor, which is standard for core-flooding experiments. On the other 
hand, the classic method requires two pieces of concentration measurement apparatus, 
one for polymer and one for tracer. Related to that, the rheology-based method does not 
need the presence of a tracer and measurements are not affected by oil droplets in the 
production system. Also, the rheology-based method only requires the measurement of 
RF and RRF, while the classic method needs the produced concentration curve for 
polymer and tracer. Therefore, fewer data points have to be collected in the rheology-
based method. 
 
RESULTS AND DISCUSSIONS 
Figure 5 presents the pressure differential curves for some of the experiments. Experiments 
TP-6 and TP-7 were previously reported by Silveira et al. [15] as experiments A3, and 
A4 respectively. In Silveira’s work, the core-flooding experiments aimed to compare oil 



SCA2018-026 8/13 
  

recovery by waterflooding and polymer flooding. In this work, we use some that 
experimental data to estimate IAPV in those two-phase experiments. For the single-phase 
experiments, the classic method calculation of the IAPV has been previously reported by 
Ferreira and Moreno [21]. In this work, we estimate the IAPV by the rheology-based 
(proposed) method and compare the results with the tracer-based (classic) ones. 
 
We applied the rheology-based method to estimate the IAPV from the pressure 
differential curves of all the experiments. Table 1 and Table 2 compile the experimental 
conditions and the results of the two- and single-phase experiments, respectively. 
 
Single-phase Experiments (SP) 
Both the proposed and the classic methods present a noisy behavior of the IAPV. Using the 
classic method, we obtained an average IAPV of 23.5% and a standard deviation of 4.3%, 
while the rheology-based method indicated an average IAPV of 26.2% and a standard 
deviation of 7.4%. The average values obtained by both methods are similar, with a relative 
difference of 11.5%. The rheology-based method tended to overestimate the IAPV value. 
The standard deviation values also indicate that the classic method was more reliable for 
our cases. Both methods indicate that the IAPV varies little with the flow rate. 
 
Our injection system was composed of a syringe pump and a precision differential 
pressure sensor (error of 0.005psi). Therefore, the RF and RRF measurements are overall 
reliable. However, for the experiments with low flow rate (i.e., SP-1, SP-5, and SP-6), the 
differential pressure measurement for the RRF is less than 10 times higher than the 
equipment uncertainty, so this may have propagated some error in the IAPV estimates. 
 
Another reason for the differences between new and classic methods’ results may be related 
to the model used to predict the IAPV through in-situ viscosity. Stavland’s correlation [8] 
was developed and validated using different polymers and core permeability ranges. 
However, the Stavland’s experiment-model correlation present some spread, as shown in 
Figure 6. Additionally, our work uses a polymer that was not included in Stavland’s work, 
therefore some differences are expected. In fact, a previous works [21] showed that the 
polymer 5115SH displays a less shear-thinning in-situ behavior than the one forecasted by 
Stavland’s model. 
 
Two-phase Experiments (TP) 
The two-phase experiments show the same noisy behavior as the single-phase ones. The 
average IAPV obtained (rheology-based method) was 30.9% with a standard deviation of 
8.4%. The average value showed an 18% relative difference to the single-phase values 
obtained by the same method. On average, the two-phase experiments resulted in a higher 
IAPV and had a higher standard deviation when compared to the single-phase ones. 
 
One reason for the differences between single- and two-phase IAPV measurements may 
be associated with the reduction of residual oil caused by flexible polymers [18]. 
Silveira’s work report that experiments TP-6 and TP-7 reduced the residual oil saturation 
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when compared with waterflooding. This reduction can affect RF and RRF in different, 
and not accounted for, proportions. Consequently, the IAPV calculated by the rheology-
based method can be influenced by the reduction of residual oil saturation. 
 
The polymeric solution experienced higher shear rates in the two-phase core flooding than 
the single-phase ones (as high as 1300s-1). In these shear rates, some flexible polymers may 
exhibit a shear-thickening behavior [8]. However, this effect would have increased the RF 
and resulted in lower IAPV estimation by the rheology-based method. That would have 
happened because the method would be applied outside its valid range of shear rates and 
would be in error. However, the effect observed was the opposite (i.e., IAPV was higher than 
expected), so the polymer probably did not exhibit shear-thickening behavior in our 
experimental conditions. 
 
Table 5 presents the IAPV values of the two-phase experiments. The experiments were 
joined in groups regarding the temperature, sample size, oil type, back pressure presence, 
and iron removal. The experiments of higher temperature as well as the ones that had no 
iron removed indicated higher IAPV than their counterparts. However, we cannot 
confirm this due to the standard deviation associated with these groups. Sample size and 
back pressure presence did not seem to affect the IAPV measurements. 
 
CONCLUSIONS 
In this paper, we developed a new method for estimating the IAPV based on the in-situ 
viscosity of polymers. We validated the proposed method using a series of single- and 
two-phase experiments. The main conclusions are: 

- The rheology-based technique is successfully able to predict polymer IAPV for 
single- and two-phase experiments alike. The relative difference in the results 
compared to the classic method (tracer-based) was of 11.5%; 

- For flexible polymers, the new methodogy is limited for mid to low shear rates, while 
according to the literature there should be no limitation for polymers with rigid 
structures. 

- The reliability of the IAPV obtained applying the new method depends on the 
uncertainty of the pressure data; 

- The main advantages of the proposed approach over the classic one are: fewer and 
simpler equipment are required, fewer data points are needed, there is no need to 
inject a tracer, and it is not affected by oil droplets in the production system; 

- Reduction of the residual oil saturation by polymer flooding can affect the IAPV 
value determined by the proposed method. However, this will occur if the sor 
reduction is enough to change RF and RRF measurements; 

- Based on the experiments reported, flow rate, temperature, core size, pore 
pressure, and iron presence did not seem to affect the IAPV measurements. 
Although higher IAPV was observed for higher temperature and higher iron 
content, we cannot confirm this dependency. 
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Table 1. Summary of the conditions and results for the two-phase core-flooding experiments. 
Experiment1 TP-1 TP-2 TP-3 TP-4 TP-5 TP-6 TP-7 TP-8 

Rock ID 8A2A 14C8A 14C4A 14C6A 14C7A 14C3A 14C9A 14C3B 
Iron treatment No Yes No No Yes No No No 

Back pressure (psi) none none 400 400 400 none none none 
Temperature (ºC) 23 23 23 23 23 60 60 55 

Length (mm) 236 62.7 62.2 63.1 60.6 61.0 59.0 275 
Diameter (mm) 36.6 37.5 37.6 37.7 37.6 37.7 37.7 37.7 

Gas porosity 0.29 0.33 0.34 0.34 0.33 0.31 0.32 0.27 
Water absolute permeability (mD)2 8247 7436 5528 6829 9736 4104 4127 4267 
Water effective permeability (mD)3 43 101 88 28 20 79 113 62 

Residual oil saturation 0.36 0.42 0.47 0.31 0.27 0.25 0.41 0.41 
Flow rate (cm³/min) 0.38 0.71 0.7 0.7 0.7 0.72 0.71 0.41 
In-situ shear rate (s-1) 482 511 485 1204 1303 830 489 437 

Polymer bulk viscosity (cP)4 4.43 4.08 4.78 3.89 3.98 3.50 3.88 3.88 
Polymer in-situ viscosity (cP) 3.14 2.87 3.36 2.60 3.15 1.86 2.27 2.01 

Brine viscosity (cP) 1.130 1.218 1.287 1.296 1.287 0.610 0.632 0.620 
IAPV: rheology-based method 0.239 0.298 0.264 0.429 0.192 0.394 0.276 0.382 

1. TP indicates two-phase core flooding; 2. Absolute permeability measured before the sample had contact with any oil or polymer; 3. 
Effective permeability measured after the RRF effect and at residual oil saturation; 4. Bulk viscosity measured on the rheometer at the 
same shear rate as the one measured in the core flooding. 
 
 

Table 2. Summary of the conditions and results for the single-phase core-flooding experiments. 
Experiment1 SP-1 SP-2 SP-3 SP-4 SP-5 SP-6 SP-7 SP-8 

Rock ID 14C18A1 14C18A2 
Iron treatment No No 

Back pressure (psi) none none 
Temperature (ºC) 23 23 

Length (mm) 62 64.3 
Diameter (mm) 37.8 37.7 

Gas porosity 0.26 0.31 
Water absolute permeability (mD)2 5135 5360 
Water effective permeability (mD)3 2342 2576 1712 1906 1403 1456 1636 1849 

Flow rate (cm³/min) 0.4 0.6 0.8 1 0.25 0.4 0.6 0.8 
In-situ shear rate (s-1) 47 57 102 114 31 50 68 83 

Polymer bulk viscosity (cP)4 6.68 6.47 5.91 5.80 7.2 7.24 7.40 7.67 
Polymer in-situ viscosity (cP) 3.42 4.30 3.48 3.81 4.21 4.17 4.47 5.02 

Brine viscosity (cP) 1.103 1.103 1.103 1.103 1.103 1.103 1.103 1.103 
IAPV: rheology-based method 0.411 0.197 0.315 0.228 0.262 0.273 0.233 0.177 

IAPV: tracer-based method 0.297 0.239 0.233 0.255 0.173 0.246 0.173 0.263 
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1. SP indicates single-phase core flooding; 2. Absolute permeability measured before the sample had contact with any polymer; 3. 
Effective permeability measured after the RRF effect. 4. Bulk viscosity measured on the rheometer at the same shear rate as the one 
measured in the core flooding. 
 

Table 3. Composition of brine and polymeric solution for the single- and two-phase experiments. 

Fluid Experiment 5115SH1 NaCl KCl Na2SO4 CaCl2·2H2O MgCl2·6H2O 
ppm2 ppm2 ppm2 ppm2 ppm2 ppm2 

Brine Single-phase 0 43428 301 652 5015 3160 
Two-phase 0 86856 602 1304 10029 6319 

Polymer Both 1250 86856 602 1304 10029 6319 
1. Terpolymer of acrylamide, hydrolyzed acrylamide and AMPS; 2. Mass of solute per million mass of solution. 
 

Table 4. Summary of the measurement equipment used in the experiments and their purpose. 
Equipment Experiment Measurement 

Pressure sensor Single- and two-phase Pressure drop across the core 
UV-spectrophotometer Single-phase only Polymer concentration in the effluents 

Conductivity meter Single-phase only Tracer (salt) concentration in the effluents 
Beaker Single- and two-phase Produced fluid volume 
Scale Single- and two-phase Produced fluid mass 

 

Table 5. Grouped IAPV measurements for the 
two-phase experiments. 

 

 IAPV Exp. 
Count  Average Std. dev. 

60ºC1 35.1% 6.5% 3 
23ºC 28.4% 9.0% 5 

Long sample2 31.0% 10.1% 2 
Short sample3 30.9% 8.8% 6 
Back pressure 29.5% 12.2% 3 Figure 1. The two interpretations for the polymer 

IAPV. Left: illustration of a porous medium with 
blocked pores; Right: polymer concentration profile 
illustrating the depleted layer near pore walls 
(adapted from [6]). 

 

No back pressure 31.8% 6.9% 5 
Iron removal 24.5% 7.6% 2 

No iron removal 33.1% 8.0% 6 
1. Experiment TP-8 (55ºC) was considered in this statistic; 2. 
Length >200mm; 3. Length ~60mm. 
 

  
 

Figure 2. Synthetic bulk (line) and in-
situ (dash) viscosities for flexible 
polymer. Effects that change the in-situ 
viscosity: IAPV for low and medium 
shear rates (red), viscoelasticity for high 
shear rates (green), and mechanical 
degradation for very high shear rates 
(blue) (based on [8]). 

Figure 4. Example of IAPV calculation in 
a single-phase experiment using a graph 
of normalized produced concentration 
(produced concentration divided by 
injected concentration) of polymer (blue) 
and tracer (orange) by injected pore 
volume (injected volume divided by 
sample pore volume). 

Figure 6. Stavland’s results [8]: 
ratio between in-situ and bulk 
viscosities as measured 
experimentally versus 
predicted by the model of 
equation ( 7 ). A perfect 
correlation would match the 
green line (adapted from [8]) 
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Figure 3. Schematic of the experimental apparatus used in the core-flooding experiments. 
 

  
Figure 5. Pressure differential data of some single- (left) and two-phase (right) experiments. 
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ABSTRACT 
Lab-on-a-chip methods were used to visualize the pore-scale distribution of oil within a mixed-
wet, quasi-monolayer of marble grains packed in a microfluidic channel as the oil was displaced 
by water.  Water injection rates corresponding to microscopic capillary numbers between Ca = 5 
× 10-8 and 2 × 10-4 (Darcy velocities between 0.3 and 1100 ft/d) were considered.  As expected, 
early-time water invasion transitions from stable displacement to capillary fingering with 
decreasing Ca, with capillary fingering observed at Ca ≤ 10-5.  End-point oil saturation decreases 
with Ca over the entire range of Ca considered, consistent with the canonical capillary 
desaturation curve.  In contrast, Sor derived from approximate numerical simulations using 
reasonable Pc(Sw) do not display a strong dependence on Ca.  These results suggest that the Ca 
dependence of end-point oil saturation is largely due to capillary end effects which, under 
conditions considered presently, affect the entire length of the packed bed. 
 
 
INTRODUCTION  
Invasion of a non-wetting phase into a porous medium saturated with a wetting phase has been 
studied extensively in numerical simulation (e.g., [1]) and experiments using idealized 2D or 
quasi-2D microfluidic devices [e.g., 2, 3, 4, 5, 6].  Most of these studies have considered 
conditions characteristic of primary drainage that is, the invasion of the non-wetting phase occurs 
in a porous medium fully saturated with the wetting-phase, and pore-scale displacement 
mechanisms under these conditions have been stablished [1, 2, 7, 8]. In contrast, less attention 
has been given to secondary drainage relevant to oil recovery from oil-wet reservoirs and 
groundwater remediation, where the medium is partially saturated with the invading fluid. 
 
In this paper we present laboratory observations of oil displacement from mixed-wet beds of 
crushed marble by water injection.  We focus on injection velocities corresponding to 
microscopic capillary numbers between Ca = 5 × 10-8 and 2 × 10-4.  Contrary to idealized 
geometrical micromodels, the packed beds used in this study preserve grain surface roughness, 
intra-grain mineral heterogeneity and a relatively large grain size distribution.  Three invasion 
regimes are identified based on footprints observed at early-time and post-breakthrough 
displacements.  Front propagation dynamics, “average” oil saturation, and their dependence on 
flow regime are discussed.  The significance of capillary end effects are assessed by comparing 
observed end-point saturations to residual oil saturation estimated from numerical simulations. 
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MATERIALS 
Microfluidic carbonate analogues 
Displacement experiments were performed on quasi-monolayers of unconsolidated white marble 
grains (mean equivalent diameter of 53 ± 24 µm [11]) packed in a W = 1200 µm-wide, H = 55 
µm-deep channel etched in soda lime (Dolomite Centre Ltd.). The porosity and permeability of 
the packed beds were ϕ = 0.27 [9] and k = 690 mD [10], respectively.  The length of the packed 
beds ranged from L = 1540 to 2250 µm (Table 2).  Fresh grains were used for each experiment to 
avoid any ambiguity in wettability.  Details of the grain preparation and packing method are 
reported in Refs. [10, 11] and are thus omitted here.   
 
Fluids 
The brine was a solution of 5 wt.% NaCl and 1 wt.% KCl saturated with limestone, as used 
previously in Refs. [10, 12, 13, 14, 15, 16, 17].  The oil was a 6.6 × 10-2 M solution of 
cyclohexanepentanoic acid in n-decane dyed with Oil Red O (ORO) at a concentration of 9 × 10-

4 M [10].  The corresponding interfacial tension and static contact angle on a polished marble 
substrate are σ = 19.3 ± 0.1 mN/m and θs = 138 ± 3∘, respectively [16].  The density, ρ, and 
viscosity, µ, of the test fluids are summarized in Table 1. 
 
Table 1. Basic properties of the brine and test oil at T = 21∘C. 

test fluid ρ µ 
 [kg/m3] [mPa s] 
brine [17] 1040.2 1.109 
6.6 × 10−2 M cyclohexanepentanoic acid + ORO [16] 732.9 0.899 

 
 
METHODS 
Displacement experiments  
The procedure combines the coreflood protocol developed by Tanino & Blunt [12, 13], lab-on-a-
chip methods developed by Bowden et al. [11, 18], and the visualization method developed by 
Tanino et al. 2018 [10].  The experimental setup is the same as that in Tanino et al. [10] (Fig. 1). 
 
The displacement sequence consisted of two steps.  First, oil was injected into a brine-saturated 
packed bed to establish initial oil saturation Soi = 0.97 ± 0.03 [10], and left to age between ta = 50 
to 81 h.  Second, brine was injected using a high-precision microfluidic syringe (pump 11 elite 
nanomite, Harvard Apparatus) at a constant volumetric flow rate Qw.  The combination of the 
high Soi and large contact angle resulted in a predominantly oil-wet packed bed where waterflood 
was a secondary drainage process rather than imbibition.1 
 
In the present paper, we consider injection rates between Qw = 3.7 × 10-3 and 15 µL/min, which 
correspond to Darcy velocities of Uw = Qw/A = 0.95 to 3900 µm/s (Table 2).  The corresponding 
capillary numbers fall between Ca = 5.5 × 10-8 and 2.2 × 10-4.  With a viscosity ratio of µ /µo = w
1.2, these values of Ca extend from the capillary fingering-dominated regime to the transitional 
regime between stable displacement and capillary fingering as determined for primary drainage 
in the network of capillaries considered by Lenormand et al. [1] and microfluidic cylinder arrays 

                                                
1 Whether the organic acid alters the interfacial tension only or whether it also alters the surface of the grains – and 
if so, whether this reaction is permanent or reversible – remains an open question. 
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by Zhang et al. [2] (Fig. 2).  
 
Table 2. Summary of the displacement experiments. Sob  and Soe  were previously reported in Ref. [16].  

run ∆t L Uw Ca Sob  [16] Soe  [16] 
 [ms] [μm] [μm/s]    

M14 30 1910 3860 2.2 × 10-4 0.60 ± 0.008 0.48 ± 0.01 
M21 100 1880 1550 8.9 × 10-5 0.57 ± 0.03 0.45 ± 0.02 
M11 30 1870 1550 9.1 × 10-5 0.67 ± 0.02 0.50 ± 0.02 
M17 50 1680 773 4.6 × 10-5 0.73 ± 0.06 0.55 ± 0.03 
M5 100 1870 260 1.5 × 10-5 0.62 ± 0.04 0.62 ± 0.04 
M7a 100 2440 26 1.5 × 10-6 0.61 ± 0.02 0.62 ± 0.02 
M8 100 2250 26 1.5 × 10-6 0.60 ± 0.02 0.66 ± 0.03 
M6 100 1540 0.95 5.5 × 10-8 0.68 ± 0.01 0.72 ± 0.04 

a This experiment was first analyzed in Ref. [9] using a more basic post-processing algorithm. 
 
 
 
 

 
Figure 1. The microfluidic setup (left) and scanning electron microscope (SEM) image of the grains (right).  The 
dashed red rectangle demarcates the region downstream of the packed bed used to identify water breakthrough.  
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Figure 2. Mobility ratio-Ca regime map.  Marker shapes depict flow patterns observed in the displacement 
experiments: capillary fingering (cross), stable displacement (solid circle), and post-breakthrough sweep (squares), 
Superposed are regime boundaries for primary drainage proposed in the literature for uniformly wetting 
micromodels: a network of capillaries ([1], grey solid line) and a uniform cylinder array ([2], grey dotted). Adapted 
from [16]. 
 
Depth-averaged oil saturation and front progression 
The packed bed was back-lit using a variable wavelength light source (Lumen 1600-LED, Prior 
Scientific), and the depth-integrated fluid distribution was imaged using a high-speed 24-bit 
colour camera (Pixelink PL-B742F) coupled to an optical microscope (Nikon SMZ745T) in a 
sequence of RGB images.  The exposure time ranged from ∆t = 30 to 100 ms depending on the 
injection rate (Table 2); the image resolution was 3.0 µm/pix. 
 
Depth-averaged saturation was extracted from the ratio of the blue channel intensity to the red 
channel intensity, iB(x,y,t)/iR(x,y,t), in each pixel following the protocol proposed by Christensen 
et al. [16].  In brief: 

1. The ratio iB/iR was extracted from each image. 
2. A spatial 3 × 3 median filter was applied. 
3. iB/iR was further normalized by iB/iR on either side of the microfluidic channel to correct 

for instantaneous fluctuations in incident light. 
The mean oil saturation is then given by 

So t  = 
1- iB/iR
1- iB/iR min 

 , (1) 

 
where angular brackets denote a spatial average over x ± H and L (Fig. 1).  All post-processing 
was performed in MATLAB (Mathworks, Ltd.). 
 
Numerical simulation 
Approximate numerical simulations of the experiments were performed using core analysis 
software CYDARTM (CYDAREX).  Imbibition capillary pressure, PcC(Sw

*), measured on the 
same rock (Indiana limestone) by centrifuge [20], was used in the simulations after rescaling 
according to the Leverett-J function to account for differences in ϕ and k:  
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Pc(𝑆w∗ ) = PcC 𝑆w∗
kC/ϕC

k/ϕ  , (2) 

where superscript C denotes properties of the core used in the centrifuge experiment and             
( )

( ) ( )oior

oiw*
w 11

1
SS

SSS
−−−

−−
=  (3) 

is water saturation normalized to account for differences in Soi.  Irreducible water saturation was 
taken to be Swi = 0 in all simulations to reduce the number of fitting parameters.  Sor and relative 
permeabilities, modelled using Brooks-Corey correlations [21]: 

𝑘rw= 𝑘rw 𝑆or  𝑆w*
!w ,     𝑘ro= 𝑘ro 𝑆wi  (1-𝑆w*)!o , (4) 

where Sor, αw (≥1), αo (≥1), krw(Sor), and kro(Soi) were fitting parameters, were extracted by 
iterative history matching of simulated packed bed-averaged oil saturation, So t , to measured 
values.2  
 
 
RESULTS 
Water invasion dynamics 
Figure 3 presents snapshots of the packed bed at three instances during five waterfloods: 𝑡 =
!
!
𝑡b, 𝑡b, and 𝑡b + 100, where 𝑡b denotes water breakthrough time and the tilde denotes time 

normalized by the cumulative volume of water injected, 𝑡 = 𝑡 Uw / (L ϕ).   
 
At the largest Ca (= 2.2 × 10-4), the invading water front is compact and relatively flat across the 
entire width of the channel, characteristic of stable displacement as identified by Lenormand et 
al. [1].  At water breakthrough, the largest pockets of oil only span ~3dp.  After breakthrough, 
water saturation increases along the entire length of the packed bed, but oil-occupied pores 
remain largely so.  This suggests that additional oil was displaced from already swept pores, at 
length scales below or comparable to the image resolution. 
 
At low Ca ≤ 2 × 10-5, fingers form at the onset of water invasion (bottom two rows).  As is 
typical of drainage, water first bursts through the centre of larger pores, then expands outwards 
towards corners and into adjacent, smaller pores.  Fingers propagate laterally as well as 
backwards, characteristic of capillary fingering (arrows).  After breakthrough, clusters that 
remain bypassed generally remain so (yellow polygons); presumably the applied (macroscopic) 
pressure gradient is insufficient to exceed the capillary entry pressures of oil-occupied pores, and 
water simply flows through the network of water-invaded pores without displacing additional oil. 
 
In between (4.6 × 10-5 ≤ Ca ≤ 9.1 × 10-5), the invasion behaviour transitions between the two 
regimes (second and third rows).  At early times, the invading water front is less flat, and 
fingering is observed at the lower limit (arrows, Ca = 4.6 × 10-5).  Bypassed oil clusters vary in 
size from the order a pore diameter to almost half the channel width.  Furthermore, this Ca 
                                                
2 Pressure measurements are not available for these experiments.  Because only production volumes were used in the 
history matching, the extracted best-fit relative permeability curves may not necessarily be a unique solution. 
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regime is characterized by water invasion into initially bypassed, large clusters after 
breakthrough (dotted white polygons). 
 
In the present experiments, capillary fingering emerges at a critical Ca of Cac = O(10-5), which is 
about an order of magnitude larger than that observed for a Berea sandstone [22].  However, Cac 
is expected to be a function of the porous medium as well as wettability [23].  
 
 

 
Figure 3.  Snapshots of the packed bed at 𝑡 = 3𝑡b/4, 𝑡b, and 𝑡b + 100.  An image at the onset of waterflood has 
been subtracted from each image and a 2 × 2 median filter applied; bright pixels represent invading water.  Imposed 
flow is from left to right.  White dotted polygons demarcate regions invaded by water only after breakthrough. 
Yellow dotted polygons demarcate regions that remain unswept throughout the duration of the waterflood.  Yellow 
arrows depict the direction of finger propagation as determined by visual inspection.  From top to bottom: 
experiment M14, M21, M17, M5, and M7 (Table 2).  Adapted from Ref. [16]. 
 
 
The packed bed-averaged water saturation, Sw , is presented as a function of time in Fig. 4 for 
selected waterfloods.  It is readily apparent that as Ca increases (left to right), end-point 
Sw  increases, i.e., remaining oil saturation decreases, consistent with the classic capillary 

desaturation curve (e.g., Fig. 5).   
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Figure 4.  Evolution of the remaining oil saturation as measured in the packed bed (red ×) and simulated by history 
matching (solid line) for Ca = 1.5 × 10-6 (left, M8), 4.6 × 10-5 (middle), and 2.2 × 10-4 (right).  Where the solid line 
is not visible, it overlaps with the markers. 
 
 
Note that at Ca = 1.5 × 10-6, Sw  decreases after breakthrough.  This is a salient feature of the 
lowest Ca waterfloods; visual inspection of the images indicates that this is due to the counter-
current imbibition of produced oil from the downstream end of the packed bed. 
 
 
Capillary desaturation  
Figure 5 presents the classic capillary desaturation curve: packed bed (or core)-averaged end-
point saturation, normalized by its value at the lowest Ca, as a function of Ca.  Superposed are 
coreflood data from the literature previously compiled by Tanino et al. [24].  It is readily 
apparent that the end-point packed bed-averaged oil saturation, Soe , decays with increasing Ca 
throughout the range of values considered (red triangles).  Interestingly, there is no evidence of a 
Ca-independent regime at low Ca documented for (uniformly) water-wet conditions.  The 
absence of a Ca-independent regime is, however, consistent with coreflood measurements on 
Whitestone and Edwards limestone by Tie & Morrow [25] under mixed-wet conditions (open red 
markers, Fig. 4).  
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Figure 5.  End-point oil saturation normalized by its maximum value as a function of Ca under mixed-wet 
conditions (red) and uniformly water-wet conditions (blue) measured in Ketton (solid circle) and Indiana (solid 
square) limestones [24], in Whitestone and Edwards limestones by Tie & Morrow [25], in Berea sandstone by 
Chatzis & Morrow [23], and in five sandstones by Abrams [26] and Soe  from the present study (red triangles).  
Expanded from Tanino et al. [24]. 
 
 
Impact of capillary end effects 
Finally, we use the numerical simulations to evaluate the significance of capillary end effects.  A 
satisfactory match between simulated and measured saturation is achieved for most experiments, 
even though early time behaviour in not well captured at low Ca (e.g., Fig. 4).   
 
The best-fit coefficients for the Brooks-Corey correlations derived from history matching are 
summarized in Table 3.  Counter-intuitively, krw(Sor), kro(0), αw, and αo do not display a strong 
dependence on Ca.  However, without pressure drop and five fitting parameters, the best-fit 
kr(Sw) curves may be one of the many that can match the production data.  A more robust 
interpretation requires measurement of both pressure and oil saturation, which is an ongoing 
effort. 
 
Table 3. Summary of history matching of selected microfluidic waterfloods.  We were unable to achieve 
satisfactory agreement between simulation and measured data for M7 and M6.  

run Ca Sor krw(Sor) αw kro(0) αo 
M14 2.2 × 10-4 0.57 0.11 6.8 0.98 6.7 
M11 9.1 × 10-5 0.58 0.10 10 0.12 4.5 
M21 8.9 × 10-5 0.57 0.27 6.7 0.27 1.8 
M17 4.6 × 10-5 0.57 0.41 0.1 0.10 3.3 
M5 1.5 × 10-5 0.56 0.10 8.7 0.05 2.2 
M8 1.5 × 10-6 0.46 0.24 7.8 0.05 7.8 

 
 
Figure 6 presents the simulated equilibrium (end-point) saturation profiles for selected 
waterfloods.  At the downstream end of the packed bed, oil, which is the wetting phase for most 
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of the grain surfaces, is retained by capillary forces giving rise to the sharp drop in Sw near x = L.  
The extent of this region of rapidly changing Sw broadly increases with decreasing Uw.  
Nevertheless, under the conditions considered presently, capillary end effects span the entire 
length of the packed bed. 
 

 

Figure 6. End-point water saturation along the length of the packed bed at selected Ca: Ca = 1.5 × 10-6 (blue dash-
dotted), 1.5 × 10-5 (black solid), 4.6 × 10-5 (black dotted-dashed), 8.9 × 10-5 (black dotted), 9.1 × 10-5 (black dashed), 
2.2 × 10-4 (red solid). 

 
Contrary to 〈Soe〉 measured in the present experiments and in an array of cylinders by Zhang et 
al. [2], Sor estimated from history matching only displays a weak dependence on Ca, with Sor 
becoming Ca independent at Ca ∼ 10-5 (Fig. 7).  The difference between 〈Soe〉 and Sor increases 
with decreasing Ca, which is attributed to two factors.  First, physical reasoning suggests that 
capillary end effects become less significant as Ca increases.	 	Second, premature termination of 
the waterflood may affect lower Ca. 
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Figure 7.  Soe  (solid triangles) and Sor estimated from history matching (open) as a function of Ca, plotted along 
measurements by Lenormand et al. [1] and Zhang et al. [2]. 
 
CONCLUSIONS 
We presented depth-averaged distributions of oil in a quasi-monolayer of marble grains packed 
in a microfluidic channel as it was displaced by brine from maximum initial oil saturation.  Sor 
was extracted by matching simulation to measured oil production by adjusting krw(Sw), kro(Sw), 
and Pc(Sw).  The main findings are: 

• Under conditions considered presently, capillary fingering occurs at Ca ≤ 10-5. 
• Simulations suggest that capillary end effects span the entire length of the packed bed 

[O(1.5 to 3) mm] at all capillary numbers considered (Ca ≤ 2 × 10−4). 
• As expected, the difference between bed-averaged end-point oil saturation established by 

waterflood and best-fit Sor estimated from history matching increases with decreasing Ca. 
• Bed-averaged end-point saturation decreases with Ca over the entire range of Ca 

considered.  In particular, a Ca-independent regime is not observed at low Ca. 
• Sor does not display a strong dependence on Ca. 

 
The above results highlight the importance of using simulation to interpret micromodel 
experiments after water breakthrough.  We are not aware of any micromodel study of two-phase 
flow in the literature that do so.  
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ABSTRACT  

The advanced waterflooding technologies through salinity and ionic content 
adjustment can make favorable impacts on rock wettability and oil recovery. In carbonate 
reservoirs, SmartWater at low ionic strength showed strong chemical interactions with 
carbonate minerals and oil components. As a result, several hypothesis are proposed in 
literature as ionic exchange, rock dissolution, surface charges and others. The applied 
macroscopic and microscopic technologies have certain limitations in identifying the 
structures at interfaces especially at monolayers.  

In this paper, advanced Sum Frequency Generation (SFG) spectroscopy is utilized for 
the first time to characterize the chemical structures of molecules at the brine/oil 
interfaces. Different brines recipes and model oil are tested to determine the effects of 
individual and combined ions on the monolayer structures. Stearic acid is also mixed with 
hydrocarbons to mimic the acidity condition of fluids in the reservoir. The change in the 
chemical structure is monitored with time at a broad wavenumber range from 1,000 to 
3,800 cm-1. Distinct spectral signatures of oil components and water ions are detected at 
different pH conditions.  

The SFG data is compared with the previous macroscopic wettability results to 
predict the components that are highly affected during waterflooding and enhanced oil 
recovery (EOR) processes. This study brings new insights on understanding the chemical 
structures at the thin monolayers of flat and curved geometric at different aqueous 
interfaces. The measured spectra, coupled with a wide range of laser polarization settings, 
and signal intensity trends are discussed in terms of composition, and structure of organic 
and inorganic components. For example, the intensity for SmartWater at certain 
wavenumber is three folds higher when compared to high salinity water. This indicates 
that the interactions at oil/water interfaces are enhanced at lower ionic strengths. In 
addition, these findings are also confirmed with similar behaviors at a higher salinity 
brine as connate formation brines.     

The novelty of this interfacial study can provide better understanding of the reaction 
mechanisms altering the ionic strength and salinity of injection water and its impact due 
to the changes in geometric interfaces. Such understanding is also crucial to optimize the 
chemistry of injection water and its interaction with oil components and carbonate rock, 
to ultimately alter wettability toward water-wet.    
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INTRODUCTION  
Over the last decade, laboratory studies, single well chemical tracer tests and several field 
pilots, in clastic and carbonate reservoirs, have demonstrated that additional oil can be 
recovered after modifying the injection water chemistry [1,2]. The water salinity heavily 
depends on the nearest available water resources and it varies from one field to another 
accordingly. Therefore, there is a high contrast between the concentration of the 
monovalent and divalent ions as well as the dissolved ions ratios. Such variations can 
complicate the chemical interactions between fluids and reservoir minerals especially that 
certain ions comes in different forms as free and/or complexes. As a result, the ions can 
either directly adhere to the interfaces or form outer sphere bridges through water 
molecules [3].  

In general, water chemistry can be reformed in different ways either by dilution or 
increasing and decreasing individual ions’ concentration specially calcium, magnesium, 
sodium and sulfate. The aim of designing optimum recipes for waterflooding, as 
SmartWater and low salinity, is mainly to make a favorable impacts on the fluids 
interactions and rock wettability accordingly. Diverse hypothesis causes the observed 
changes in wettability and oil recovery as the following: 1) adsorption of sulphate ions 
associated with co-adsorption of divalent cations, 2) change in the surface charges at 
interfaces, and 3) microscopic dissolution of anhydrites [4]. 

Previous research studies focused on macroscopic/microscopic techniques 
(coreflooding, spontaneous imbibition, contact angles, NMR, zeta potential), which 
cannot assist in understanding the molecular interactions and reaction mechanisms in 
specific at interfaces [5,6]. Therefore, the objective of this paper is to characterize the 
chemical structures of oil and brine components in situ at oil/water interfaces.  

Multiple surface characterizing techniques have been applied to characterize the 
chemical interactions at interfaces. However, the interfacial layers in presence of oil 
systems are barely covered for emulsions only [7,8]. Most of the SFG studies are not 
directly related to the advanced waterflooding and focused more on topics related to 
air/water interfaces, hydrogen bonding, lubricant oil, polymers and surfactants, bitumen 
extraction, ionic liquids, lipids/water interfaces, and marine aerosols [9-12].         

Hu and Chou [13] conducted SFG spectroscopy studies at bitumen/water interfaces 
for different pH and ionic strength solutions. The vibrational peaks in the C-H region 
were determined for CH2 symmetric stretch (d+), CH3 symmetrical stretch (r+) and CH3 
Fermi resonance (rFR) at 2,850, 2,870, and 2,935 cm-1, respectively. The CH peaks did 
not provide enough information on the bitumen surfaces. The vibration peak of water in 
the OH- region, instead, was found to be useful in providing better understanding of the 
interaction mechanism between water molecules and bitumen. The SFG results indicated 
that the bitumen surfaces are overall negatively charged and induce an ordered water 
structure near the bitumen surface with averaged OH- orientation pointing toward the 
bitumen. Additionally, hydroxide adsorption may increase the negative charges in the 
bitumen surface. Increasing the salt concentration, NaCl and CaCl2, significantly 
decreased the SFG intensities as well as the order of the interfacial water molecules. The 
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SFG results showed also that Ca2+ is more effective than Na+ in terms of the surface 
charge screening because of its higher charge.        
 Watanabe et al. [14] analyzed the interfacial molecular behavior of n-dodecane 
with added stearic acid (0.05 wt%) at a friction interface of fused quartz surfaces. 
Methylene stretching peak was observed at the interfaces for the dynamic condition only. 
The results indicated that the adsorption film of stearic acid was highly aligned and 
subsequently caused drastic changes in the interfacial structure of n-dodecane (gauche 
defects). The stearic acid adsorption film behaved as solid-like.  
 C-H stretching mode frequencies of alkanes/air systems were thoroughly 
investigated from bulk measurements and at interface [15]. The ratio of r+/d+ is 
commonly utilized as an indicator to measure the conformational order at the surfaces 
containing alkyl chains. The stretching modes, overall, are classified as either symmetric 
(SS) or antisymmetric stretching (AS). For example, if the two hydrogen atoms that are 
connected to carbon in CH2 group are moving in the same direction, then it is called 
symmetric stretching. In the antisymmetric stretching, the hydrogen atoms are moving in 
opposite directions.  
 Understanding the chemical interactions and structures at monolayer from SFG 
spectra consider very complex and challenging procedures [16,17]. Researchers from 
different industries analyzed the results in terms of gauche defects, r+/d+ ratio, OH- band, 
hydrogen bonding, and CO- intensities. For perfect monolayers of alkyl chains at 
air/water interfaces, the peaks associated to the methyl group, r+, rFR, and r- are clearly 
identifiable. It is representing the situation where the monolayer possesses a perfect 
packing without any defects [9]. If the monolayer presents some gauche defects, then the 
related SFG spectrum of methylene groups (d+) should exist at the intensity chart. As the 
quantity of gauche defects increases, a decrease in the intensity from the –CH3 bands and 
an increase in the one coming from the –CH2 bands must be observed. Therefore, the 
ratio of the intensities (r+/d+) is commonly considered a semi-quantitative way in 
determining the number of gauche defects in the system (Table 1). The disturbance of the 
monolayer chemistry at interfaces increases the defects and so could make a favorable 
impacts on wettability.  

The broadband from 3,000 to 3,600 cm-1 is for the large distribution of OH hydrogen 
bonding stretching modes in which the oxygen is tetrahedral coordinated [18]. The 
energy region from 3,000 to 3,250 cm-1 is attributed to strong intermolecular in-phase 
hydrogen bonds of water molecules that give rise to a highly correlated hydrogen-
bonding network. 
  The sharp free OH- peak (due to non-proton donor OH bonds) near 3,700 cm-1 has 
been considered the most easily interpreted part of the water spectrum [19]. It is assumed 
to arise from only the topmost layer of water molecules. Therefore, dissolved salt ions in 
water can certainly make interfacial concentration gradients and disturb the chemical 
structure at interfaces. As a result, a decrease in the 3700 cm-1 peak intensity upon the 
addition of salt is commonly attributed to the displacement or rearrangement of water 
molecules by ions and ion pairs near the surfaces.     
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EXPERIMENTAL SECTION  
MATERIALS. The synthetic brine samples were prepared using the following ACS 
grades salts compounds: magnesium chloride hexahydrate, calcium chloride dihydrate, 
sodium sulfate anhydrous, sodium chloride and sodium hydrogen carbonate. Water 
purification system was utilized to purify and produce deionized water with a resistivity 
of 18.2 MΩ·cm at 25°C. The salt solutions were dissolved in deionized water according 
to the chemical recipes in Table 2 and then filtered through 1 µm filter paper. In addition 
to deionized water (DI water), three synthetic brines were tested including high salinity 
water (HSW), SmartWater and SmartWater enriched with sodium chloride (NaCl). 
Deionized water is used as a reference sample and baseline for comparison with other 
solutions.    

The used model oil is n-dodecane, 99%; the impurities were carefully extracted 
through using column chromatography and aluminum oxide adsorbents material. The 
purification procedures were repeated four times to ensure the impurities were 
completely removed. The stearic acid (SA), 99%, was thoroughly mixed with n-dodecane 
to simulate the presence of carboxylic acid in crude oil. The acid ratio was approximately 
0.0003 g/1 g n-dodecane, which mimic the acidity condition of oil in reservoirs.                  

The oil-in-water emulsion samples were prepared through sonicating 5 vol% of n-
dodecane/SA in brine solutions for 3 minutes. Then, the emulsions were gently 
transferred to the SFG sample holder. In addition to oil/water interfaces, SFG tests were 
conducted for dodecane/air, dodecane/SA/air, and water/air interfaces.  
 
APPARATUS AND PROCEDURE. IR-visible sum frequency generation 
spectroscopy is based on a nonlinear optical technique which provides vibrational spectra 
of the surfaces and interfaces (Fig. 1). In this study, picosecond laser pulses at a fixed 
visible wavelength and tunable IR wavelength are temporally and spatially overlapped at 
the interface of sample surfaces. The SFG spectrometer is based on picosecond pump 
laser and optical parametric generator (OPG) with difference frequency generation 
(DFG). Fundamental laser is split into several beams using the delivery unit. The outputs 
from the beam delivery are used for pumping OPG and DFG. One of the laser output 
beam, doubled in wavelength (532 nm), is directed to VIS channel of SFG spectrometer. 
IR wavelength of spectrometer is pumped by DFG output beam. The optical parameters, 
like beam diameter, pulse energy, delays between channels are aligned and matched.  

SFG spectroscopy module provides all adjustable components accessible within 
outspread hands for sample positioning and coupling. One of IR polarization rotation are 
motorized and two are controlled manually. The SFG geometry is with co-propagating, 
non-collinear VIS and IR beams accessing the sample from top side and the SFG beam is 
being caught reflected from the sample surface. The incidence angle of VIS and IR 
beams is around 60 degrees, which guarantee best SFG efficiency. Detection system 
consists of monochromator with gated PMT based SF signal detector. System 
components are controlled from single dedicated software, which also provides automatic 
SFG spectra recording, dynamics monitoring, sample mapping, azimuthal scan and 
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system parameters monitoring. The employed polarization in all of the SFG experiments 
is fixed at SSP.  
 
RESULT AND DISCUSSION  

All vibrational sum frequency spectra in this study were acquired between 1,000 and 
3,800 cm-1, a region in which CH2, CH3, CO and OH stretching band appears. The wide 
wavenumbers range was specifically selected for this studied oil systems, which 
composed of long alkyl chains (C12H26) and acidic components. In addition, the 
carboxylic group of stearic acid has a higher tendency to align at the oil/water interfaces. 
The hydroxide molecules in water forms a strong hydrogen bonding as well as forming 
free OH ions.  

The pH measurements were determined for all samples before and after the SFG 
experiments. As indicated in Table 3, the pH range was varied between 6.5 and 7.7 for 
NaCl brine and n-dodecane/SA/HSW emulsion sample accordingly. Minor changes in the 
pH observed after completing the tests and that could be due to the dissolved atmospheric 
CO2 effects. The n-dodecane droplet size distributions were determined using Zetasizer 
instrument which based on dynamic light scattering technology. The average droplet 
sizes of the n-dodecane/SA in brines fluctuated between 280 and 880 nm for DI-water 
and HSW systems accordingly. 

The dissolved ions effects on the interactions were evaluated first for the water/air 
interfaces for specific reasons. First, the salts mixtures might have some impurities which 
can adsorb at the interfaces and consequently alter the chemical interactions [20]. The 
second reason, for these tests, is to capture the ions behavior at different interfaces, 
air/water and oil/water. The SFG intensities of the tested brine solutions are compared 
along with the reference sample, DI-water (Figure 2). The results showed only three 
different peaks for hydrogen bonding, free OH and dissolved CO2. It confirmed that the 
used salts samples were pure and did not have any organic or inorganic contaminants. 
The ion interaction behaved differently in terms of hydrogen bonding network and free 
OH molecules and that will be discussed in more details in the next sections. The SFG is 
open system and, as such, atmospheric CO2 can easily dissolved in the brine samples. 
The impact of the CO2 on the chemical interactions was insignificant at 2,300 cm-1 and 
also confirmed from pH measurements pre and post each tests (Table 3).                  

Carboxylic acid in oil. The carboxylic acid group (C=O) in the oil considered by 
several researchers as the key component in most of the fluid/fluid and fluid/rock 
interactions. Because of its deprotonation nature, more emphasis was directed to C=O 
rather than COO- spectra. DI-water was solely used in this study to eliminate other ions 
effects especially the divalent ones as well as using this as a base-line. Figure 3 shows 
the SFG spectra of the dodecane/DI-water in presence and absence of stearic acid 
component. The SA evidently made a strong influence on the monolayer chemical 
structure in terms of CH3 and CH2 stretching bands. The C=O components significantly 
enhanced the alkyl chain intensities of dodecane by more than 2 folds. Nonetheless, the 
hydroxide intensities in presence of carboxylic acid were partially enhanced. This 
indicates a strong hydrogen bonding is formed at the monolayer interface. Strong ionic 
binding is also formed between HSW and dodecane/SA systems which resulted in a 
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slightly higher C=O intensities in compare to SmartWater (Figure 4). As a result, the 
C=O peaks were reduced as the ionic strength was decreased from 1.15 to 0.11. The 
current findings are in agreement with a previous study evaluating the deprotonation of 
the COOH headgroup in palmitic acid [21]. The SFG instrument accuracy was also 
validated and tested with pure systems only (dodecane/air). The reported r+/d+ ratio for 
dodecane in this study was 0.91 and showed a very close match with the published 
findings (0.8±0.1) by Esenturk and Walker [15]. 

Effect of ionic strength on the monolayer characteristic. The interactions of ions at 
oil/water interfaces were studied for HSW, SmartWater, SmartWater enriched in NaCl 
and DI-water. The ratio of stearic acid in the dodecane samples was kept unchanged for 
all emulsion tests. The conformational order of the components was investigated through 
calculating the r+/d+ ratio (Table 4). The symmetric stretches of r+, d+, d- were obtained 
from the intensity plots at wavenumbers 2876, 2848 and 2938 cm-1 accordingly.  
SmartWater revealed the highest r+/d+ ratio when compared to the other solutions 
(Figures 4 and 5). The results indicated that the DI-water had the lowest ratio and 
subsequently resulted in small number of alkyl chain defects. The chemical interactions 
between water molecules and dodecane/SA produced a very well ordered monolayer 
[22]. The strong and narrow r+ band also implies a net perpendicular orientation of the 
methyl groups [15].  

The methylene stretches intensities (d+/d-) shows the symmetric to antisymmetric CH2 
ratio as a function of ionic strength (Figure 5). The HSW, for example, displayed the 
highest ratio in comparison to the other brines. This indicates that symmetrical CH2 
stretches are more dominating. The d+/d- ratio significantly reduced once the ionic 
strength decreased from 1.15 to 0.11 (SmartWater). The orientation of the CH2 molecules 
in n-dodecane has been clearly affected by the salinity and ionic contents. In the absence 
of divalent cations and anions, NaCl revealed more CH2 antisymmetric stretches than the 
symmetric ones. These interactions between dissolved ions and hydrocarbons at 
interfaces are not similar while using similar ionic strength solutions (SmartWater and 
NaCl). Nonetheless, the reference DI-water sample produced the lowest d+/d- ratio with 
more antisymmetric stretches due to the hydrogen bonding effects.      

Hydrogen bonding and free hydroxide ions. The hydrogen bonding at the interface 
increases with decreasing the ionic strength of the solution. As a result, the water 
molecules were well aligned in a more ordered structure for SmartWater solution than 
others. The DI-water sample confirmed such findings and formed a very broadband peak 
from 3,050 to 3,500 cm-1 (Figure 2). This indicates that the presence of salts in water 
neutralized the surface charge at the interfaces and destroyed the ordered structure of 
water molecules [13]. Nonetheless, the disturbance in the hydrogen-bonding network was 
observed to depend on the valency and effective ionic radius of the salt species in 
solution [23]. The divalent cations (Ca2+, Mg2+) in water disrupted the hydrogen bonding 
structure around the carboxylate headgroup at oil/water interfaces [22]. In addition, both 
ions are known to have electrostatic interactions but Ca2+ showed slightly a stronger 
interaction with the carboxylate head group than Mg2+. In this study, the reduction in the 
hydrogen bonding network at the interfaces were more pronounced after using 
SmartWater and HSW. The hydrogen bonding network behaved similarly to other studies 
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for sodium halide/air interfaces [24]. The spectra intensity decrease also provides an 
evidence of ion bindings to COO- and CH components, as the water molecules become 
less aligned and the headgroup becomes less ordered with respect to orientation [25]. 
Although, having similar ionic strength, SmartWater revealed less hydrogen bonding 
network at the interfaces than NaCl. Therefore, mixing of different ions enhances the 
interactions at the monolayer in comparison to individual salt solutions. The contribution 
from water molecules to the ion interactions at monolayers believed to be inequivalent 
[19]. The current study confirmed some of the previous findings where the intensities 
decreased significantly while increasing Na and Ca concentrations accordingly. Sodium 
cations, for example, could interact with the dissociated acid groups and form –COONa 
salt [26].           

The free hydroxide (OH-) ions were thoroughly investigated for both air/water and 
oil/water interfaces at approximately band of 3,700 cm-1 [27]. Figure 6, shows that 
reducing the ionic strength of brines enhanced the intensity of free OH stretches at 
oil/water interfaces. Presence of cations and anions in HSW significantly reduced the 
intensity to 65. The DI-water sample showed higher intensities than that of HSW. This 
implies that the dissolved salt ions could displace some water molecules at the interfaces, 
and thus reduces the number densities of free OH bonds. The concentration of free OH 
ions increased more for SmartWater, NaCl, and DI-water than for HSW. On the contrary, 
more free OH molecules were observed at air/water interfaces in salt solutions (Figure 
2). As a result, ions disrupted the water hydrogen bonding network through orienting 
water molecules in the solvation shells [19,28]. The negative interfacial potential at 
oil/water interfaces is believed to be induced by hydroxide ion adsorption [29]. The less 
abundant hydroxide ions in the system may prevent any further adsorption at the oil-
water interface. The frequency of free OH band is commonly applied as an indicator of 
the presence of weak water-organic interactions present at the interfaces and relative 
strength of interactions [30]. The free OH frequency shifted from 3,708 cm-1 to 3,688 cm-

1 in air/water and oil/water interfaces accordingly. Since only one type of model oil was 
tested in this study, no differences were observed on the frequency although of using 
different brine solutions. 
  
CONCLUSION  
The chemical structures of molecules at oil/water interfaces were characterized using 
SFG spectroscopy. Different brines recipes and model oil were used to determine the 
effects of individual and combined ions on the monolayer structures. In addition, stearic 
acid was also combined with hydrocarbons to mimic the acidity condition of fluids in the 
reservoir.  Based on the SFG experiments performed at oil/water interfaces using 
different brines chemistries, the following major conclusions are drawn:  
1. SmartWater significantly enhanced the CH3/CH2 stretching results, which increased 

the conformation order of the hydrocarbon chains. Such disturbance at the monolayer 
can make favorable impacts on rock wettability towards water-wet. The resulted 
change on wettability could potentially lead to additional oil recovery.      

2. DI-water continuously displayed a strong hydrogen bonding network at both air and 
oil interfaces.   
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3. The carboxylic acid significantly enhanced the alkyl chain intensities of n-dodecane 
at the interfaces.  

4. The hydroxide intensities in presence of carboxylic acid were partially improved. It 
indicates that a strong hydrogen bonds formed at the monolayer interfaces. 

5. The interactions between dissolved ions and hydrocarbons at interfaces are not 
similar although of using similar ionic strength solutions (SmartWater and NaCl). 

6. The hydrogen bonding at the interfaces increased as decreasing the ionic strength of 
the solution. 

7. Mixing different ions at low ionic strength enhanced the interactions at the 
monolayer in compare to individual salt solutions and HSW. 

8. SmartWater revealed more free OH ions than HSW at the oil/water interfaces.  
9. Results for DI-water SFG spectroscopy, displayed much higher intensities when 

compared to HSW. This is a direct indication that dissolved salt ions displaces some 
water molecules at the interfaces, resulting in reduced OH bonds densities, and its 
wetting condition.  
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Table 2. Ionic composition of synthetic brine solutions at different salinities 
*. TDS: Total Dissolved Solids; ppm: part per millions 

 

Ions Synthetic Brine Solutions 
Cations/Anions NaCl Smart Water High salinity water (HSW) 

Na+ 
Cations 

2,802 1,830 18,300 
Ca2+ — 65 650 
Mg2+ — 211 2,110 
SO42- 

Anions 
— 429 4,290 

Cl- 4,367 3,220 32,200 
HCO3

- — 12 120 
TDS*, ppm 7,169 5,767 57,670 

Ionic Strength 0.12 0.11 1.15 

 
 
Table 3. pH measurements of pure brines and emulsion samples before and after the SFG tests.  

Table 1. IR vibration assignments of all the possible peaks present in an IR-VIS SFG 
spectrum of an alkyl-chain region, *: [9] 

Notation Description and chemical assignment 
Frequencies (cm-1) 

This study From literature* 

d+ Methylene symmetric stretch (CH2-SS) 2,848 ± 4 2,850 

d- Methylene asymmetric stretch (CH2-AS) 2,938 ± 6 2,915 

r+ Methyl symmetric stretch (CH3-SS) 2,876 ± 8 2,875 

OH Hydrogen bonds 3,000-3,500 

OH Free hydroxide 3,700 
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Salt Solutions 
pH 

Before SFG Test After SFG Test 
High salinity water (HSW) 

Pure brines 
7.7 7.2 

SmartWater 7.17 7.05 
NaCl 6.52 6.57 
Dodecane/SA+ HSW 

Oil in water emulsion 
7.5 7.52 

Dodecane/SA+ SmartWater 7.3 7.6 
Dodecane/SA+ NaCl 6.8 6.78 

 
Table 4. The intensities ratio of r+/d+ and d+/d- for different n-dodecane/SA emulsion 

samples dispersed in various brine solutions 
 

 DI-water NaCl HSW SmartWater 
r+/d+ 0.47 0.50 0.70 0.78 
d+/d- 0.28 0.61 1.21 1.03 

 
 
  

Figure 1. Sum Frequency Generation Spectrometer Setup 
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Figure 2. SFG results of different brines at 

air/water interfaces. 
 

 

 
Figure 3. The carboxylic acid effects on the 

SFG intensities of n-dodecane/DI-water 
 

 
Figure 4. The C=O intensities of different 

brines at oil/water interfaces 
 

 
Figure 5. The ionic strength effect on the SFG 

intensities of n-dodecane/SA emulsions. 
 

 
 
 

 



SCA2018-54 14/14 
 
 

 
 

 
Figure 6. Hydrogen bonding and free OH behaviors at n-dodecane/SA/brine interfaces  
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ABSTRACT  
Spontaneous imbibition processes can play an important role in oil production.  It can be 
enhanced or influenced by wettability changes generated by properly designed chemicals 
or by the natural surfactants resulting from reactive crude oils in the presence of alkaline 
solutions. The reaction of basic salts with some components of oil can, indeed, lead to the 
formation of natural soaps that reduces the interfacial tension between oil and brine. The 
latter scenario is studied herein on samples and oil from the St Ulrich oil field in the 
Vienna basin. To that end, spontaneous imbibition experiments were performed with two 
brines differing by the absence or presence of alkali. We first present a general novel 
technique to monitor saturation changes on small rock samples for the purpose of 
assessing the efficiency of a given recovery process. Samples of only 15 mm in diameter 
and 20 mm in length and set at irreducible saturation were fully immersed in the solution 
of interest, and  the evolution of the samples’ saturation with time was monitored thanks 
to a dedicated NMR technique involving the quantification of the sole oil phase present 
within the sample. A fully-3D imbibition configuration was adopted, involving counter-
current flows through all faces of the sample. The experimental method is fast for two 
reasons: (i) the kinetics of capillary imbibition process is proportional to the square of 
sample size, i.e. very rapid if accurate measurements can be acquired on tiny samples,  
(ii) the present 3D situation also involves  faster kinetics than the 1D configuration often 
used.  The NMR technique was crucial to achieve such conditions that cannot be satisfied 
with conventional volumetric methods.   
    
The kinetics of oil desaturation during spontaneous imbibition is interpreted with the help 
of an analytical 3D diffusion model. For the alkaline solution, the diffusion coefficient is 
reduced by a factor of only two compared to the non-alkaline brine, although the 
interfacial tension between the oil and the imbibing solution is reduced by a factor of 10. 
Hence, a wettability change to a more water wet state has to be assumed when the 
alkaline solution replaces the non-alkaline solution in the imbibition process. However, 
no significant impact on the final saturation was observed. 
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INTRODUCTION  
It is widely recognized that reservoir wettability affects the relative distribution of fluids 
within a porous medium, which in turn strongly affects the displacement behavior, 
capillary pressure and relative permeability characteristics and consequently, the 
production of hydrocarbons from petroleum reservoirs. 
 
Wettability change of rock samples can be achieved using injection of chemicals�

1,2 or 
low salinity brines�

3. The method studied in this report for the St Ulrich rock samples 
consists of the injection of alkaline brine�

4. The wettability change in this case is reported 
to be a combination of two phenomena�

5,6. First the brine composition changes, thus 
involving mechanisms similar to the ones invoked for low-salinity flooding effects. The 
second mechanism stems from the reaction of acid and/or basic oil components with 
alkali leading to the formation of in-situ surfactants (soaps) that can alter the wettability 
of the rock.  
 
The objective herein is to study the wettability change of reservoir rock samples under 
alkaline conditions via spontaneous imbibition experiments. Indeed, when wettability is 
modified, the spontaneous imbibition capillary pressure curve is a sensitive indicator. To 
do so, reservoir samples are first aged with reservoir oil at irreducible saturation, and the 
imbibition of a reference injection brine or of an alkaline brine is measured. It is expected 
that the difference between these two experiments will give the answer. Since imbibition 
experiments are well known to be time consuming when using plugs of standard  
diameter (40mm), it was decided to perform these experiments with smaller rock samples 
(15 mm dia) using low field NMR to monitor the oil saturation. We present an original 
method to measure oil saturation during imbibition, in which we acquire data at regular 
time intervals varying from 1 hour up to 1 day. Finally we analyze the recovery kinetics 
with an approach based on the equivalence of imbibition to a diffusion mechanism. 
Capillary diffusion coefficients are determined using an analytical formulation for both 
imbibition types (i.e. for the injection and the alkaline brines). In this paper, we also focus 
on the interpretation of this coefficient and the validation of some assumptions leading to 
the capillary diffusion approach.  
 
MATERIAL and METHODS  
 
Samples and fluids 
Brine recombination 
Two brine compositions were considered in relation to the field operating conditions: the 
reservoir connate brine composition and the composition of the brine used for field 
waterflooding (Table 1). The latter brine is denoted as the injection brine in the 
following.  
Three synthetic brines were reconstituted on the basis of these two compositions as 
explained hereafter. The reservoir connate brine composition was only used to restore the 
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initial saturation of rock samples, that is oil in the presence of irreducible brine. The 
injection brine composition was used to perform the reference imbibition experiment. It is 
similar to the connate brine but with a smaller total dissolved salts. Alkaline imbibition 
experiments were performed with the injection brine composition in which we removed 
the initials divalent ions and added sodium carbonate at a concentration of 15 g/l 
(divalent ions were removed to avoid precipitation).  Note that to remove the signal of the 
water from the NMR spectrum, D2O is used for the brine preparation instead of H2O. The 
brines compositions are summarized in Table 1. 
 
Oil and interfacial tensions 
Crude oil samples were collected from the producing well Saint Ulrich 65. The samples 
were analysed in terms of oil-water interfacial tension (IFT) to verify that no additive was 
present�

2 in the crude oil. Its water content was also measured using the Karl Fischer 
method, and checked to be low. API gravity, viscosity and density of that crude oil were 
determined to be respectively 31° API, 8.2± 0.1 cP (at 100 s-1 and 40°C) and  0.854 ± 
0,001 g/cm3 (at 40°C). The oil was then filtered at the reservoir temperature to avoid any 
plugging during the injection in porous media. The interfacial tension (IFT) was 
measured using the Wilhelmy plate method at 40°C (Figure 1). For the oil-alkaline brine 
system, the IFT is much lower (0.8 mN/m) compared to the oil-injection brine system (8 
mN/m). This is an expected effect since the presence of alkali in the brine may react with 
some components of the oil to form natural soaps.  
 

 
Figure 1 : Interfacial tension, determined by Wilhelmy plate method at 40°C, between oil and the injection brine 
(full lines) and alkaline brine (dashed lines). Experiments were repeated twice.   
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Plug selection and restoration 
Small cylindrical samples (“plugs”) have been drilled from turbiditic Flysch sandstones 
of Eocene age. The Flysch in Austria constitutes a fractured siliciclastic basement 
reservoir. Flow paths are mainly provided by fractures whereas some storage capacity is 
present in the matrix. The samples itself can be described as fine-medium-grained, 
moderately well sorted sandstones. Mineralogical composition is dominated by quartz 
with minor feldspar and low volumes of glauconite. The samples chosen for imbibition 
have not been used for porosity-permeability measurements. Matrix porosity and 
permeability from a nearby drilled plug are respectively 8.3% and 0.3mD. Reservoir 
properties of the matrix are mainly deteriorated by compaction and quartz cementation. 
To select samples as homogeneous as possible, plugs were scanned as received. Four 
sister plugs among the most homogeneous ones were selected for the study.  
 
Small cylindrical samples were cored through these plugs, dried and saturated with the 
connate brine. They were then set at Swi using centrifuge. Once at Swi, they were aged 
for 3 weeks at reservoir temperature. During that aging period, cores were flooded every 
week with one pore volume of dead oil. This aging time is considered adequate to restore 
the in-situ wettability.  
 
NMR experimental set-up  
The experimental set-up described in detail elsewhere�

7 is briefly summarized here. The 
spontaneous imbibition is done in a glass tube of outer diameter 18 mm closed with a 
plastic cap to prevent evaporation of the brine during the process as illustrated on Figure 
2. Imbibition cells remain in an oven at 40°C except during the measurements performed 
in the NMR spectrometer at 30°C (a MARAN 23.7 MHz from Oxford Instruments 
equipped with a 18 mm diameter probe). The experiment lasted two weeks and the 
interval between two measurements varied between 30 min at the beginning of the 
process and several hours at the end. This frequency of measurement is designed to 
capture the rapid evolution of the saturation during the first day of imbibition, followed 
by a much slower kinetics afterwards.  
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Figure 2 : Imbibition tube placed in the NMR spectrometer (outer diameter 18 mm). 

 
In these experiments, the aqueous solution imbibes through all the faces of the sample. 
As spontaneous imbibition process is known to have a slow kinetics, it is advantageous to 
work with small samples: the NMR technique is crucial, making possible the detection of 
some hundreds of micro-liter in the sample with reasonable accuracy (Table 2). During 
the spontaneous imbibition, oil is expelled out of the sample and segregates in the D2O 
brine that surrounds the sample, but above the sensitive volume investigated by the NMR 
probe. By using deuterium instead of hydrogen in the brine, all the measured NMR signal 
emanates from the oil held in the sample and we can obtain the oil saturation without the 
need for separating oil and water in T2 distributions. However, T2 distributions were 
needed to eliminate a small contribution of oil droplets temporarily sticking at the surface 
of the sample (Figure 2); a cut-off above 100ms characterizing these droplets has been 
found adequate and all T2 components above 100 ms have been removed to calculate the 
oil saturation. 
 
THEORY  
Darcy’s law governing two phase flow in porous media can be written in terms of a 
unique convection-diffusion equation�

8. The spontaneous imbibition of very small 
samples as the ones used in this study involves negligible convection and buoyancy 
effects, which yields the following equation:  
 
 
         � !!!

!"
= −∇ 𝐾 !!!!

!!
∇𝑃!(𝑆!)  with 𝐾! =

!!"
!!
,  𝐾! =

!!"
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in which K is the single-phase permeability, Sw is the water saturation, Kw,o are the 
relative mobility for oil (o) and water (w) and µo,w is the viscosity of oil and water 
respectively. Porosity is assumed constant. Introducing the imbibition capillary pressure 
curve Pc(Sw), the above equation can be rewritten as a diffusion equation: 
 
              !!!

!"
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!!!
!!!

 ( 2) 
 

where Dc is called a capillary diffusion coefficient to emphasize that capillary forces are 
presumably the driving forces in the present study.  When Dc is constant, the solution of 
the diffusion equation 2 in three dimensions corresponding to the experimental situation 
(a cylinder) is well known�

9. After normalizing, the oil saturation So* is given by:  
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where qn are the positive roots of the equation 0)(0 =nrqJ , J0 being the first type Bessel 
function of order zero, r is the radius of the cylinder and 2l its length. Soi and Sof are 
respectively the initial and final oil saturation at the end of spontaneous imbibition. The 
boundary condition associated with the above solution is a constant “saturation” outside 
the sample (Sw =1). This model has been used successfully in the past10 to analyze 
deuterium exchange experiments solely governed by molecular diffusion of water within 
a cylindrical porous medium in the context of tight very low permeability porous media.   
 

For the case of spontaneous experiments, the constant diffusion coefficient Dc for solving 
equation 2 is a significant simplification and is worth examining further. This coefficient 
depends obviously on saturation and is therefore not spatially constant within the sample. 
For this purpose and as in a previous work11, we calculated Dc taking standard Kr curves 
and an empirical imbibition Pc curve. The latter took into account the actual pore size 
distribution of the porous medium under consideration, as inferred from a mercury 
injection curve. The coefficient Dc is nearly constant within a large saturation range 
(Figure 3, Sw*∈[0.2-0.8]) and decreases sharply outside this range (the Dc value close to 
experimental ones is coincidental). Hence when fitting the data, we can expect some 
deviations from the data points in addition to experimental uncertainties. As an example, 
we simulated an oil desaturation curve for a coefficient Dc varying from 1 up to 3x10-10 
m2/s (Figure 4); in this case, one can expect deviations from the best fit by about ±10%.     
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Figure 3: Calculation of the capillary diffusion coefficient Dc using equation 2 taking typical Kr curves and an 
empirical imbibition capillary pressure curve.   

 
Figure 4: Sensitivity of the oil saturation decay curve when the diffusion coefficient is varied within a factor of 3 
using equation 3.  
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RESULTS 
All the measured desaturation curves are shown in Figure 5. The initial and final water 
saturation varies respectively from 8% to 17% and 46% to 52%, the variation of 
saturation being however similar for all samples (44%, Table 2). Data points were also 
collected after 150 h (up to 350 h, not shown) allowing to observe a very stable 
saturation. At the end of the tests, samples were removed from the glass tubes, oil 
droplets sticking on the surface carefully  wiped off, and oil saturation measured again. 
Hence we could verify that the cut-off approach mentioned above gives a reasonable 
estimate of the true saturation inside the sample; indeed the oil saturation inside (with 
droplets and signal correction) and outside (without droplets) the tube could differ by at 
most 4 saturation units (4%), while the contribution of the components above 100ms can 
be much larger.    
 
A careful examination of the curves reveals some differences when comparing data 
points 1a and 1b, and 2a and 2b: oil flows out faster from the samples without alkaline 
salt (samples 1a and 2a) than from the ones with alkali. Such behaviour will become 
more obvious when fitting the data with the capillary diffusion model.   
 

 
Figure 5: Desaturation curves obtained for all samples. Imbibition experiments on samples 1a and 2a was 

performed with the injection brine, and 1b and 2b with the alkaline brine.  
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We fitted the 4 data curves with the diffusion model (equation 3) by normalizing the oil 
saturation between 1 and 0 (Figure 6, the asymptotic oil saturation at infinite time was 
chosen as the value measured outside the tube and is indicated as a horizontal line). First, 
we note that the experimental kinetic trend is consistent with a diffusion approach of the 
imbibition process. At first glance, this was not obvious because all the coefficients Kw, 
Ko and Kt depend on saturation, yielding potentially a non-unique coefficient Dc. Second 
the capillary diffusion coefficients Dc can be split into two groups: the ones referring to 
imbibition with alkaline brine and the ones referring to imbibition without alkali. Dc 
values without alkali are between 1.5 and 2 times larger than Dc values with alkaline 
brine. That difference reflects qualitative observations that oil desaturation during the 
first 50 hours is slower with the alkaline brine than without alkaline. However, and 
despite these differences, the ultimate recovery reached after about 3 days of spontaneous 
imbibition, is similar whatever the brine type as already pointed out before.  

  

  
 

Figure 6: Desaturation curves fitted with the capillary diffusion model, equation 2.  

 
DISCUSSION 
Experimental data points are reasonably well fitted by a constant capillary diffusion 
model, indicating that the simplified equation can describe the kinetic of the process; the 
error is indeed mostly comprised within ±5% (Figure 6). We discuss below three aspects: 
the size effect on the experimental duration, the wettability modification by the alkaline 
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solution,  and the comparison between other processes occurring simultaneously during 
the imbibition process.  
 
Typical experimental durations are comprised between 50 and 100 hours (Figure 6) for 
the present sample sizes (D∼15mm, L∼18mm). By comparison with experiments made on 
standard plug size (D∼40mm, L∼60mm), the duration will be reduced by the square of 
the characteristic length Lc (as any diffusion process), where Lc can have several 
expressions depending on the author: 𝐿𝑐 = 𝐿𝐷/2 2𝐿! + 𝐷!  12 or 𝐿𝑐 = 𝐿𝐷/(2𝐷 + 4𝐿) 
13,11. With both formula, the experimental time is reduced by a factor of 8. Comparing 1D 
(opposite face open) to 3D imbibition experiments also reduces the experimental time. 
We similarly evaluated the experimental durations in 3D with equations 3 to 5 and found 
a similar factor. Hence, the experimental set-up used in this study is quite efficient for 
screening imbibition mechanisms influenced or not by chemicals.  
 
One has still to explain the kinetic difference between alkaline brine and injection brine 
(Table 2, Dc column). To that end, one has to consider the modification of surface and 
interfacial properties of the rock-fluid system in the presence of alkali. If one assumes a 
fixed wettability of the rock-fluid system, then the decrease of water-oil IFT in the 
presence of alkali reduces the imbibition kinetics in the same ratio because the intensity 
of the driving capillary forces is proportional to the capillary pressure gradient (equation 
2) and therefore to the interfacial tension. Herein, the IFT is reduced by a factor close to 
10 (Figure 1), however the imbibition kinetics as quantified by the capillary diffusion 
coefficient Dc is reduced by a factor not exceeding 2.  To explain that apparent 
discrepancy, one has to assume that a rock wettability change was induced under alkaline 
conditions�

2. That wettability alteration impacts the intensity of capillary pressure but not 
the residual oil after imbibition (Figure 7). Note that this comparison is valid because 
samples have nearly the same porosity and permeability.  
  

 
Figure 7: Schematic of the wettability change to a more water-wet situation after imbibition with alkaline brine.  
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Finally, we can also discuss the various time scales of processes occurring simultaneously 
during the spontaneous imbibition mechanism. First, the effective molecular diffusion De 
of the alkaline brine solution into injection brine; it can be estimated using Archie 
relationships as De∼ΦSw (m=n=2). Hence De will be initially 100 times smaller than the 
bulk molecular diffusion coefficient of water, i.e. of the order of 4x10-11 m2/s, much 
smaller than the measured coefficient Dc. Second, the change of interfacial tension as the 
alkaline solution imbibes can be considered as instantaneous, as shown by measurements 
(Figure 1). Third, the time scale of the change of wettability must also be fast compared 
to the observed imbibition process.   
 
CONCLUSION  
During this study, spontaneous imbibition experiments have been performed to evaluate 
the ability of an alkaline brine to increase the oil recovery. The use of small samples 
(D=15 mm and L= 18mm) together with NMR volume measurements provided a 
significant speed-up of the experimental duration without loss of accuracy. Oil saturation 
has been measured as a function of time during the imbibition process occurring across 
all the surfaces of the sample. Using a simplified equation in 3 dimensions, a capillary 
diffusion coefficient Dc is calculated from the experiments to quantify the dynamics of 
the process. At the end of the experiments, the oil saturation is the same for the two sets 
of samples. However, the dynamics of the process is not the same. In the case of an 
alkaline brine, the oil production is slower (Dc is smaller) compared to the reference 
experiments performed with injection brine. However, since the interfacial tension is 
divided by about 10 in the presence of the alkaline solution and Dc only by a factor of 2 
at most, we conclude that a wettability change occurred simultaneously during the 
imbibition process governed by capillary forces.   
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Table 1: Composition of the different brines used in the experiments ; connate brine at Swi, injection brine for 
imbibition experiments on samples 1a and 2a, and alkaline brine for experiments on samples 1b and 2b 

 Synthetic brine 
composition 

Concentration (g/L) 
Connate brine Injection brine Alkaline brine 

NaCl 15 10.5 10.5 
KCl 0.145 0.09 0.09 
MgCl2 0.52 0.28  
CaCl2 0.5 0.34  
Na2CO3   15 

 



SCA2018-029 12/12 
 

Table 2: Samples characteristics (sizes, porosity and porous volume), brine type, initial and final saturation. 
Capillary diffusion coefficient (Dc) from diffusion analysis (see text and Figure 6). 

Sample Brine 
type 

Initial Recovery Dc 

n° H Diam. Φ Vp 
 Voi Swi ΔVo ΔVo/

Voi 
Sor  

  [mm] [mm] [%] [µL]  [µL]   [µL]   [cm2/s] 
1a 18.3 14.7 10.0 310 Injection  277 11% 123 44% 50% 1.2 10-6 
1b 18.1 14.7 10.0 307 Alkaline  265 14% 117 44% 48% 6.0 10-7 
2a 17.1 14.7 10.2 295 Injection  246 17% 109 44% 46% 9.8 10-7 
2b 18.2 14.7 9.1 282 Alkaline  261 8% 114 44% 52% 6.6 10-7 
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ABSTRACT 
In 2014, Gupta and Maloney1 introduced a novel method of measuring steady state relative 
permeability, called the Intercept Method. The Intercept Method entails a modification of a 
standard steady state procedure that incorporates multiple total flow rates at each fractional 
flow rate. The objective of the method is to measure data at each fractional flow rate that will 
permit simple analytical calculations to correct differential pressure (hence relative 
permeability) and saturation data for the effects of capillary pressure. The Intercept Method 
is intended to provide a corrective technique without the need for additional supportive 
analyses, such as capillary pressure and in situ saturation monitoring (ISSM), or as an 
alternative approach to the current considered best practice of numerical coreflood 
simulation, which generally requires the specified additional data.  
 
Consequently, the Intercept Method is of interest to the global industry in regions and/or 
laboratories that do not possess state-of-the-art equipment, or for its cost saving potential.  
However, before employing this new method, it was important to the authors to investigate 
its validity across the range of rock properties, sample dimensions and wettabilities 
experienced in commercial SCAL coreflood experiments. This study thus draws on a variety 
of relative permeability curves (and supporting data) from various global core studies, 
originally derived by typical relative permeability methods plus coreflood simulation. From 
these data, we use SCORES to simulate the expected results of multi-flowrate steady state 
experiments and use the Intercept Method to derive and compare the corrected relative 
permeability curves. Results highlight criteria under which the method does not provide fully 
corrected data. The paper explores these criteria in more detail. 
 
INTRODUCTION 
Core analysis is designed to provide quantitative information of reservoir properties, from 
limited available material, that can be used to aid interpretation of more widely available but 
more qualitative measurements such as seismic data and log measurements.  The reservoir 
properties of interest to petroleum scientists, can be split largely into two main categories: 
static properties, such as capillary pressure, and dynamic properties, like relative 
permeability.  Static properties describe reservoir endpoints achieved through geological 
timescales, such as connate water saturation driven by hydrocarbon migration, or after 
substantial human intervention, such as expected final saturations in fully swept layers or 
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regions; whilst dynamic properties describe the movement of fluids during a changing 
environment, such as water influx during production because of water injection or because of 
an active aquifer.  In a hydrocarbon reservoir, due to the large length-scales, these properties 
are mostly independent of one another; however, in laboratory based core analysis these 
properties exhibit mutual interference due to the small length-scales.  Mutual interference 
means that static and dynamic properties are inextricably linked during laboratory testing, 
i.e. capillary pressure measurements are impacted by the relative permeability of the fluids 
and relative permeability measurements are influenced by capillary pressure.   
 
To achieve static capillary pressure conditions in laboratory tests, fluids must first be 
displaced, e.g. for primary drainage, water must be displaced from the fully water saturated 
core plug under the influence of pressurised hydrocarbon. Fluid displacement rates change 
dependent upon relative permeability at specific saturation values: e.g. as water saturation 
decreases, relative water permeability decreases and hence, effective water permeability 
decreases, slowing water production rates and extending test time.  It is essential in static 
property analysis, to allow sufficient time to achieve static (or near-static) conditions, else 
error will be introduced to the results.  Thus, static property test times will be impacted by 
relative permeability and the results will be impacted by the actual length of time employed 
by labs, compared to what should be required to extend to static conditions. 
 
Relative permeability experiments are impacted by capillary pressure, such that fluid 
saturations are determined as a function of pore throat (and/or pore) radii, core wettability 
and the balance of fluid pressures during flow conditions.  Hence, the influence of capillary 
pressure becomes a function of differential pressure (dP) which is decreasing from the inlet 
face (largest viscous displacement force for the given test conditions) and tending to zero at 
the outlet (production) face, where capillary forces will dominate.  This results in an outlet-
face saturation which will always be determined by spontaneous wetting forces and a 
potentially changing saturation with sample length towards the inlet-face (increasing dP), 
giving rise to the capillary end effect.  During relative permeability analysis, the impact of 
capillary pressure will vary dependent upon the method, average saturation and flow rates. 
 
Various methods have been considered to attempt to reduce these effects: using scaling 
criteria to increase the ratio of viscous to capillary forces; increasing flow rates, increasing 
sample length (Rapoport & Leas3, Batycky4); using pressure taps along the sample  
attempting to keep the capillary end effect outside so that unaffected data lies within the 
pressure capture region (e.g. Chen & Wood5 and van der Post, et al.6); using core pieces as 
endstems attempting to capture the end effect within the core pieces; but capillary end effects 
may not be sufficiently minimised or fully removed by these methods, particularly where 
composite cores are used which may exhibit capillary end effects occurring at core 
intersections.   
 
Simulation methods, that derive relative permeability by accounting for capillary pressure 
and matching test measurements, can be difficult and require additional data inputs: capillary 
pressure and preferably in situ saturation monitoring (ISSM). The use of additional input 
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data requires stringent quality control measures throughout all stages of the core analysis 
process to ensure that relative permeability and capillary pressure data are performed on 
correlated, representative samples.   
 
The intercept method provides a potential alternative method to acquire relative 
permeability, without the additional capillary pressure or ISSM data, using simple analytical 
calculations to derive relative permeability by correcting for capillary end effects. 
 
DISCUSSION OF PHYSICAL PRINCIPLES OF THE METHOD 
To understand the intercept method, we will first review the physics of the capillary end 
effect. In a flooding experiment, just outside the end face of the core plug, the meniscus 
between two escaping fluids has little or no curvature, because the fluid collection system in 
the end flange of the apparatus has channels of a dimension much larger than the pore sizes 
in the plug. Consequently, the capillary pressure just outside the plug will be close to zero, 
i.e. the pressures in the two phases will be identical. Because of pressure continuity, the 
pressures of the two phases near the exit face just inside the plug will then also be close to 
identical. 
 
Inside the core plug, the capillary pressure plot links the difference in phase pressure to a 
local saturation. So, near the exit, the local saturation is likely to be almost a constant value 
given by Pc=0, throughout the experiments. Upstream in the core plug the saturation values 
likewise are determined by the balance between viscous and capillary forces. 
 
Near the entry face, saturation is driven by the injected fractional water flow (fw), while 
viscous forces and capillary forces are keeping their balance. The capillary pressure linked to 
the saturation, “asked for” by the governing fw curve, cannot surpass the viscous pressure 
drop in the more mobile phase. If it would, a negative pressure gradient would come about in 
the displaced phase at the entry face. In effect, any flooding experiment, whether steady-state 
or an unsteady-state (Welge) experiment, is limited in the maximum capillary pressure it can 
probe due to limitations in the laboratory. High flow rates will interfere at some point with 
the integrity of the core plug due to the migration of fines or the plug may just break down at 
a high pressure drop. This is the reason that true residual oil or connate water can never be 
achieved in a flooding experiment. 
 
Gupta and Maloney1 suggested that with increasing total flow rate (Qt), at a given constant 
fractional flow, the saturation distribution in the core plug approximately will maintain a 
constant average saturation. With the saturation at the entry point being constant because it is 
governed by a constant fw, the saturation profile in the plug gets compressed in shape, but 
the total saturation range does not change. Based on that assumption they were able to derive 
two correction procedures: one to correct the pressure drop for the impact of capillary forces 
and another one to correct the average saturation (as observed from material balance) for the 
impact of the capillary forces on the saturation profile. For details, see Refs. 1 and 2. 
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It is not a priori clear when this approximation of the water saturation being a constant in the 
end-effect zone may break down. For that reason, we have tested the method on cases with a 
large variety of wettability, i.e. of curvature of the capillary pressure function. 
 
CASE STUDIES 
A review of the intercept method was performed by simulating in SCORES7, the multi-rate 
steady state technique using relative permeability and capillary pressure data from a number 
of case studies, on core plugs of varying dimensions, reservoir properties and wettability and 
various fluid properties.  The samples represented a variety of dimensions often used in 
commercial laboratory analysis, from below 5 cm and up to 9 cm on single plugs, and a 
composite core. 
 
Six cases were reviewed: Case0 - the original data from Gupta and Maloney1; Case1 -  core 
from UKCS sandstone, mixed wet; Case2- core from South American sandstone, slightly 
water wet; Case3 –core from UKCS sandstone, mixed to water wet; Case4 –core from 
UKCS sandstone, Brent formation, slightly oil wet; Case5 – middle east carbonate, slightly 
water wet.  Table 1 provides the core plug and fluid properties input to the simulations. 
Relative permeability (kr) and capillary pressure (Pc) curves were obtained from model data; 
Corey and Skjaeveland models, respectively.   The Corey and Skjaeveland model parameters 
for each case also are provided in Table 1, and plotted on a combined graph in Figure 2.  For 
each case (Case1 – Case5) relative permeability had been derived by simulation of 
experimental data using capillary pressure from a representative plug (from the same rock 
type with similar properties – see Table 1).  The simulation history match data of cases 1 
through 5 are provided in Figure 3 through Figure 7. Table 1 also provides the total flow 
rates used for each case.  NB. Bracketed values are those used in the final fraction (fw=1), 
where deemed necessary, attempting to decrease the impact of capillary end effects. 
 
Case 0  
Figure 8 shows the results of repeating the analysis by Gupta & Maloney1. Figure 8 (left) 
shows the resultant relative permeability curve and (right) shows the saturation profiles. The 
data provided a match to the input relative permeability. Expected Sor was 0.2; IM predicted 
0.203 (well within laboratory measurable saturation error). Krw endpoint was expected to be 
0.65; IM predicted between 0.637 and 0.647, a maximum 2% error (again, well within 
measurable laboratory error). However, an impractical time of at least 1000 years (!) was 
required to achieve stable conditions during fw=1, owing to the extremely low oil relative 
permeability (< 10-10) in the final few saturation units, but achieving stable conditions was 
discovered to be essential for the intercept method (IM) to successfully derive corrected 
relative permeability and saturation close to residual conditions. 
 
Case 1  
Figure 9 (left) shows the results of Case1 relative permeability curves from UKCS mixed 
wet sandstone. The lines are the input relative permeability curves.  The open circles are the 
results that would be obtained from the conventional (Darcy) calculations from standard 
steady state data.  The filled diamonds are the results using the intercept method (IM).  These 
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show dependable corrected data through all fractions, except at the final fraction, fw=1.  
Figure 9 (right) shows saturation profiles, where each Qt is plotted using different line 
formatting. The plot indicates that the capillary end effect (CEE) has been captured within 
the sample length for most of the saturation profiles, except at fw=1 (the upper 4 lines).  At 
fw=1, the CEE extends beyond the length of the sample so that regression of dP versus Qt 
will not produce a correct offset, thus true kr and true Sw cannot be extrapolated. As an 
improved example of this phenomenon, Figure 14 shows two different plots of saturation 
profiles; one capturing the entire CEE within the sample (left) and the other (right) not 
capturing the CEE within the sample length. 
 
Case 2 
Case 2 is a slightly water wet plug from a South American sandstone.  Relative permeability 
results are shown in Figure 10, again showing excellent corrected data, though again failing 
to extrapolate to true residual oil saturation, since the CEE (captured within the sample 
length for all previous fractional flow rates) is not captured within the sample. 
 
Case3 
Case 3 (see Figure 11) was a water to mixed wet high permeability (almost 3D) composite 
core plug, created from 4 individual samples from a single, homogeneous whole core 
preserved section.  Results were excellent until Sw increased above approximately 0.70, 
which required high fw rates (0.999). As can be observed in the saturation profiles, the CEE 
was not captured within the sample length for the final two fractions, despite the sample 
being 32 cm in length.  In addition, the simulations do not account for the potential for 
multiple internal end effects between the 4 composite stacked core samples.  Residual oil 
saturation is not achieved. Initial attempts to simulate this case, failed due to insufficient time 
provided for certain fw, particularly at high fw values, to achieve steady state. If steady state 
had not been sufficiently reached, the IM calculations did not work well for the unstable 
fractions.  Times and flow rates (fw and Qt) were adjusted and optimised to achieve the final 
simulations presented.  However, Qt was limited to 480 cc/h, since many commercial 
laboratories use pumps with limited flowrates, and very high flow rates may be detrimental 
to the core material, possibly promoting fines or grain migration, or turbulent flow.   Time 
optimisation for Case 3 implies that 20 days would be required, merely to complete fw=1 at 
all 4 fractional flow rates (see Figure 15 – right).  An earlier simulation of Case3 (Figure 15 
– left) shows that fw=1 does not stabilise within a coreflood lasting 23 days in total.  
Subsequent (and previous) simulations were performed using various parameters to attempt 
to optimise the steady state conditions.   
 
Case 4 
Case4 (Figure 12) was a slightly oil wet sandstone.  Early fractional flow rates produce 
results (filled diamonds) not quite matching the expected relperm curves (lines). IM 
calculations appear to overestimate kr at these lower saturations, although they are a much-
improved correlation over those that would be derived from standard steady state analytics 
(open circles).  The open circles can be observed to fall in 4 distinct curves, each relating to a 
particular flow rate.  As fw increases, the IM krw curve begins to fall below the expected 
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curve, whilst kro remains higher than expected kro.  Residual oil saturation was not 
achieved. 
 
Case 5 
Case5 (Figure 13) is a slightly water wet carbonate from the middle east.  IM calculations 
produced a good correlation to the expected relative permeability curves.  However, there is 
a small mismatch in krw at the higher saturations – IM krw is slightly lower than expected, 
but within ±5% error expected in measurements for this permeability range. However, final 
water saturation (Swf) at residual oil saturation was correctly regressed (0.79).  It is worth 
noting that this is the only case (of those studied) where true residual oil saturation was 
achieved, even after increasing total flow rates of certain cases during the fw=1 fraction, 
trying to reduce the CEE impact. In practical terms, it may not always be possible to increase 
laboratory total flow rates: for instance, differential pressure limits, pump limits, fines 
migration (and other clay sensitivity issues), etc., may prohibit further increase. 
 
DISCUSSION 
The intercept method is a very interesting tool for determining relative permeability data, and 
was a good method to predict relative permeability under many conditions.  However, it can 
fail when the capillary end effect (CEE) is not captured within the length of the core plug, 
i.e. the capillary regime extends beyond the injection face.  This potential drawback was 
described in the original paper by Gupta and Maloney1, and was the impetus to this review; 
since, in the experience of the authors, many commercial corefloods use short core plugs, 
with significant capillary artefacts observed in saturation profiles measured by in situ 
saturation monitoring (ISSM). 
 
Failure to capture the CEE in the sample can derive from fractional flow rates that have not 
achieved steady state conditions (stable saturation and stable differential pressure).  
Laboratories should ensure that steady state is achieved by plotting production volumes and 
differential pressure as a function of time (most appropriately logarithm time or square-root 
time).  Various scales should be employed for graphical axes when determining stability.  
Failure to capture CEE may also derive from inadequate viscous forces, i.e. Qt is too low and 
a laboratory should consider increasing Qt for that current and future fractional rates. 
 
IM calculations are easy to implement, using graphical regression analysis as the functional 
process.  Table 2 provides data results from standard Darcy calculations and IM calculations, 
from selected fractional rates of Case 3.  The main functional regressions performed are: 

• dP vs Qt  
• Sw/(1-β) vs. β/(1-β) 

 
Figure 1 shows examples of these functional regressions from three different fractional flow 
rates.  The left plot shows an example where IM predicted kr, at low fw (0.1), with an 
excellent correlation.  In Table 1 at this fraction (and other fractions that correctly predicted 
kr), a unique value of krw and kro can be observed for each Qt, except fw = 0.99 which 
exhibits a small error (± 0.0001mD = ± 0.25 %).  The middle and right-hand plots show 
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examples when IM has failed to predict (fw = 0.999 & fw = 1). The tabular krw at these 
fractions are observed as non-unique values.  For example, for fw = 0.999, the average krw is 
0.0903 with a maximum error of 16.7%.  However, it must be noted that average value is not 
the correct relative permeability (regression of just the higher Qt rates may improve the 
prediction).  Observation of non-unique IM krw and/or kro can be used as a device to 
determine whether additional stabilisation time might be required or an additional, higher Qt 
may be required. 
 
CONCLUSIONS 
• The intercept method (IM) is a good prediction of relative permeability for a wide range 

of wetting states, relative permeability curves and capillary pressure, over a wide range 
saturation values.  However, for certain systems, the validity of IM degrades at higher 
water saturations, most often in the krw curve. 

• The successful application of IM is dependent on capturing the full capillary end effect 
within each flow rate at each fraction flow step. 

• The validity of IM calculations at specific fractional flows is dependent upon each total 
flow rate achieving steady state conditions at that fractional rate step.  This is 
particularly necessary at early and late fractions. 

• It is easy for a laboratory to assess whether results correctly predict saturation and 
relative permeability at each fractional flow rate, i.e. results should be unique for each 
total flow rate at that fw.  If not, the steady state criteria and/or total flow rates should be 
reviewed. 

• In such circumstances, it may be necessary to increase total flow rate to achieve viable 
inputs for deriving correct values, however, laboratory limits and/or core sensitivities 
may preclude the practicality of this. 

• Residual oil saturation cannot be guaranteed by performing these experiments.  It thus 
remains, that residual oil saturation by purely flooding techniques may not be realised. 

• It is strongly recommended to design the experiments using a flow simulator to assess 
what fractional flows and flow rate programming should be used to achieve reasonable 
results. 
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Table 1: Summary of core properties, fluid properties, relative permeability and capillary pressure inputs 

Case Case 0 Case1 Case2 Case3 Case4 Case5 
Core Properties 

Length [cm] 30.0 9.00 6.42 32.07 4.94 6.70 
Diameter [cm] 3.81 3.81 3.75 3.704 3.80 3.74 

Area [cm2] 11.40 11.40 11.04 10.77 11.34 11.01 
Bulk volume [cc] 342.03 102.61 70.84 345.50 56.03 73.69 

Porosity [v/v] 0.250 0.215 0.231 0.333 0.245 0.277 
Pore Volume [cc] 85.51 22.06 16.35 115.06 13.75 20.41 

Reference permeability, kref [mD] 15 20 191 2800 2000 2.5 
RQI [µm]  0.30 0.95 2.88 2.84 0.09 

Corresponding Plug for Pc Data 
Klinkenberg permeability [mD]  13.88 175 2600 1700 2.7 

Porosity [v/v]  0.204 0.236 0.315 0.214 0.204 
RQI [µm]  0.26 0.86 2.85 2.80 0.11 

Fluid Properties 
Water density [g/cc] 0.987 1 1.001 0.99 1.001 0.93 
Water viscosity [cp] 0.332 1 0.901 0.58 1.301 0.38 

Oil density [g/cc] 0.78 0.85 0.92 0.80 0.87 0.72 
Oil viscosity [cp] 1.645 1.45 10.81 11.27 5.0 0.35 

Relative permeability input – Corey model 
Swi [v/v] 0.100 0.250 0.131 0.150 0.077 0.122 
Sor [v/v] 0.200 0.05 0.140 0.180 0.05 0.210 

Krw’ 0.65 0.40 0.40 0.25 0.75 0.62 
Kro’  1.00 0.48 1.00 0.80 1.00 1.00 
Nw 2 2.5 4.0 6.75 1.88 3.51 
No 6 3.8 4.5 3.2 3.40 2.20 

Capillary pressure input – Skjæveland model 
Cw Tabular 

Input per  
SPE 

171797 

0.06 1.1 1.0 0.0 0.38 
aw 0.50 0.3 0.25 0.25 0.25 
Co 0.25 0.6 0.46 0.102 2.03 
ao 1.60 1.2 0.74 1.46 0.45 

Total flow rates employed in the Intercept Model simulations 
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Total flow rate 1 [cc/h] 30 30 30 30 30 5 (10) 
Total flow rate 2 [cc/h] 60 60 60 60 60 10 (20) 
Total flow rate 3 [cc/h] 120 90 (120) 90 (120) 90 (120) 90 (120) 20 (30) 
Total flow rate 4 [cc/h] 240 120 (480) 120 (480) 120 (480) 120 (360) 30 (40) 

NB. The bracketed total flow rates were those used at fw=1, in order to increase viscous forces and reduce 
the influence of capillary end effects. 
 
 
 
Table 2: Case3 data table showing test parameters and Darcy analytical results 

 
 

 

Total Q fw Avg Sw dP
cc/h v/v psi krw kro ΔPI Corr.DP β β/(1-β) Sw/(1-β) SwT kew keo krw kro
120 0.000 0.150 7.349 0.000 0.798 Swi 7.349 0.00 0.15 2235 0.00 0.80
30 0.050 0.416 8.8 4.26E-04 0.158 0.306 8.53 0.035 0.0359 0.431 0.412 1.235 457 4.41E-04 0.1633
60 0.050 0.414 17.370 4.33E-04 0.160 fw1 0.306 17.06 0.018 0.0179 0.422 0.412 1.235 457 4.41E-04 0.1633
90 0.050 0.414 25.902 4.36E-04 0.161 0.05 0.306 25.60 0.012 0.0120 0.419 0.412 1.235 457 4.41E-04 0.1633

120 0.050 0.413 34.435 4.37E-04 0.162 0.306 34.13 0.009 0.0090 0.417 0.412 1.235 457 4.41E-04 0.1633
30 0.100 0.438 9.994 7.53E-04 0.132 0.268 9.73 0.027 0.0275 0.450 0.435 2.166 380 7.74E-04 0.1357
60 0.100 0.437 19.719 7.63E-04 0.134 fw2 0.268 19.45 0.014 0.0138 0.443 0.435 2.166 380 7.74E-04 0.1357
90 0.100 0.436 29.446 7.67E-04 0.134 0.10 0.268 29.18 0.009 0.0092 0.440 0.435 2.166 380 7.74E-04 0.1357

120 0.100 0.436 39.172 7.68E-04 0.135 0.268 38.90 0.007 0.0069 0.439 0.435 2.166 380 7.74E-04 0.1357
30 0.980 0.636 2.596 0.028 0.011 0.148 2.45 0.057 0.0603 0.674 0.640 84.32 33.5 0.0301 0.0120
60 0.980 0.638 5.044 0.029 0.012 fw7 0.148 4.90 0.029 0.0302 0.657 0.640 84.34 33.6 0.0301 0.0120
90 0.980 0.638 7.493 0.030 0.012 0.98 0.148 7.34 0.020 0.0201 0.651 0.640 84.33 33.5 0.0301 0.0120

120 0.980 0.639 9.941 0.030 0.012 0.148 9.79 0.015 0.0151 0.648 0.640 84.33 33.5 0.0301 0.0120
30 0.990 0.653 2.079 0.036 0.007 0.233 1.85 0.112 0.1264 0.736 0.662 113 22.3 0.0404 0.0079
60 0.990 0.657 3.915 0.038 0.007 fw8 0.233 3.68 0.060 0.0634 0.699 0.662 113.3 22.3 0.0405 0.0080

120 0.990 0.659 7.597 0.039 0.008 0.99 0.233 7.36 0.031 0.0317 0.680 0.662 113.3 22.3 0.0405 0.0080
480 0.990 0.661 29.702 0.040 0.008 0.233 29.47 0.008 0.0079 0.666 0.662 113.2 22.3 0.0404 0.0080
30 0.999 0.694 1.327 0.057 0.001 0.614 0.71 0.462 0.8603 1.292 0.715 295 5.76 0.1053 0.0021
60 0.999 0.695 2.503 0.060 0.001 fw9 0.614 1.89 0.245 0.3250 0.921 0.715 222.8 4.35 0.0796 0.0016
90 0.999 0.707 3.249 0.069 0.001 1.00 0.614 2.64 0.189 0.2329 0.871 0.715 239.6 4.68 0.0856 0.0017

120 0.999 0.714 3.930 0.077 0.001 0.614 3.32 0.156 0.1851 0.847 0.715 253.9 4.95 0.0907 0.0018
30 1.000 0.694 1.326 0.057 0.000 1.119 0.21 0.844 5.4015 4.445 0.784 1017 0 0.3634 0
60 1.000 0.719 1.980 0.076 0.000 fw10 1.119 0.86 0.565 1.2987 1.652 0.784 489.2 0 0.1747 0

120 1.000 0.742 3.007 0.100 0.000 1.00 1.119 1.89 0.372 0.5923 1.181 0.784 446.2 0 0.1594 0
480 1.000 0.779 7.723 0.156 0.000 1.119 6.60 0.145 0.1694 0.911 0.784 510.5 0 0.1823 0

Darcy
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Figure 1: Case3 - example of Qt versus dP and Sw/(1-β) versus β/(1-β) at 4 total flow rates for 3 of the 
fractional flow rates (fw = 0.1, 0.9999 and 1), indicating the breakdown of the regression, particularly in dP at 
higher fw, hence breakdown of the intercept method 
 
 
 

 
Figure 2: Summary of relative permeability and capillary pressure data for the case study samples, input to 
intercept method simulations 

 

 
Figure 3: Case1 experimental data with simulated history match 
 

 
Figure 4: Case2 experimental data with simulated history match 
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Figure 5: Case3 experimental data with simulated history match 
 

 
Figure 6: Case4 experimental data with simulated history match 
 

 
Figure 7: Case5 experimental data with simulated history match 
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Figure 8: Case0 relative permeability curves (left), saturation profiles (right) 
 

 
Figure 9: Case1 relative permeability curves (left), saturation profiles (right) 
 

 
Figure 10: Case2 relative permeability curves (left) and saturation profiles (right) 
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Figure 11: Case3 relative permeability curves (left) and saturation profiles (right) 
 

 
Figure 12: Case4 relative permeability curves (left) and saturation profiles (right) 
 

 
Figure 13: Case5 relative permeability curves (left) and saturation profiles (right) 
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Figure 14: Case0 (left) and Case3 (right) saturation profiles for each total flow rate at fw=1, Case0 showing 
CEE effectively captured within the sample length (i.e. saturations resolving to a unique value at the injection 
face), Case3 showing unresolved saturation profiles. 
 

 
Figure 15: Example of production data (Case3) using different run times to attempt to achieve steady state 
conditions, thus optimise the IM results.  The final 3 rates in the shorter run (left) have not achieved steady 
state, additional time was used for the next simulation (right). However, note the final rate in the longer run 
(right – 44-54 days) yet may not have achieved steady state. 
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ABSTRACT  
We conducted relatively long duration core-flooding tests on three representative core 
samples under reservoir conditions to quantify the potential impact of flow rates on fines 
production/permeability change. Supercritical CO2 was injected cyclically with 
incremental increases in flow rate (2─14 ml/min) with live brine until a total of 7 cycles 
were completed. To avoid unwanted fluid-rock reaction when live brine was injected into 
the sample, and to mimic the in-situ geochemical conditions of the reservoir, a packed 
column was installed on the inflow accumulator line to pre-equilibrate the fluid before 
entering the core sample. The change in the gas porosity and permeability of the tested 
plug samples due to different mechanisms (dissolution and/or precipitation) that may 
occur during scCO2/live brine injection was investigated. Nuclear magnetic resonance 
(NMR) T2 determination, X-ray CT scans and chemical analyses of the produced brine 
were also conducted. Results of pre- and post-test analyses (poroperm, NMR, X-ray CT) 
showed no clear evidence of formation damage even after long testing cycles and only 
minor or no dissolution (after large injected pore volumes (PVs) ~ 200). The critical flow 
rates (if there is one) were higher than the maximum rates applied. Chemical analyses of 
the core effluent showed that the rock samples for which a pre-column was installed do 
not experience carbonate dissolution. 
 
INTRODUCTION 
Carbon capture and storage (CCS) has been identified as transformative technologies to 
achieve deep reductions in CO2 emissions specified under the Kyoto Protocol. Geological 
storage has been a major attractive options for CO2 disposal owing to its reasonable 
capacity, secure and longer retention times and technical feasibility1. Among all the 
elements that qualify geological media as viable storage options, injectivity is one of the 
key parameters that determine the success of CO2 storage in field operations. CCS project 
operators seek to sequester large amounts of CO2 into subsurface reservoirs using a 
minimum number of wells to minimize costs and to reduce leakage risks. Therefore, 
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within the constraint of maximum allowable wellhead pressure limits, a high injection 
rate is often desired. However, this might prompt injectivity-related problems due to: 
salting-out effects at the near-bore region due to brine vaporization by injected CO2 2-5, 
multiphase-flow effects6; 7 and scale/fines formation and mobilization caused by 
geochemical effects and mechanical dragging8. To date, no study has been reported 
investigating the injectivity issues for highly heterogeneous and complex carbonate 
fields, though there are some studies that have been conducted on parameterizing CO2 
injectivity in carbonates9-12.  
 
In this study, we aimed to evaluate the effect of supercritical CO2 (scCO2) flow rates on 
fines production/permeability change and particle mobilization caused by geochemical 
effects, which might occur during storage operations in a carbonate gas field with 
approximately 70% CO2 content (called A field) located in East Malaysia’s waters. CO2 
injection has been planned for the aquifer zone which is highly saturated with dissolved 
CO2 due to the high CO2 partial pressure. scCO2 was injected cyclically in a number of 
increments (2─14 ml/min) with live brine flooding until a total of 7 cycles were 
completed. Furthermore, to avoid unwanted geochemical reactions (dissolution and/or 
precipitation) when the live brine flows into the samples and to mimic deep reservoir 
conditions, a mineral-packed column (based on the calcite and dolomite percentage 
mineralogy of the cores) was developed and installed upstream of the core.  
 
In addition to the main coreflood experiments, a number of auxiliary diagnostic 
measurements were conducted on pre-and post-flood samples, i.e., gas porosity and 
permeability, NMR T2 and X-ray CT imaging, to better understand dissolution and/or 
precipitation mechanism that could occur during scCO2 /live brine injection. Furthermore, 
core effluents during scCO2 injection (2-14 ml/min) were collected for ICP (Inductively 
Coupled Plasma) analysis. 
 
EXPERIMENTAL MEASUREMENTS AND PROCEDURES 
Experimental Apparatus  
A three-phase, steady-state core-flooding apparatus was used to carry out the injectivity 
experiments13. A schematic of the core-flooding apparatus used in this study 14 is shown 
in Figure 1. 
 
The apparatus is designed for pressures up to 15,000 psi (1,000 bar) and temperatures up 
to 200oC in one stand-alone integrated system. More information about the apparatus, 
data logging and monitoring/controlling system is provided in Saeedi 15. The core-holder, 
fluid accumulators and flow-lines carrying the fluids are located in a convection oven 
with three fans to keep the temperature constant during the experiments (with an 
accuracy of +/- 0.2oC).  
 
As mentioned earlier, a calcite-dolomite packed column was installed on the inflow 
accumulator line immediately before fluid enters the core-samples (highlighted in red in 
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Figure 1). The column, made with thick walled 1 inch outer diameter corrosion resistant 
alloy tubing, was made with the correct proportion of calcite and dolomite grains, as per 
reservoir mineralogy provided by PETRONAS. The column length is 30.5 cm and total 
volume of the packed sediment in the tube was 48.7cm3.  
 
Core Samples and Brine Composition  
Three carbonate core samples were chosen from aquifer zone in the A field. Mineralogy 
of the samples indicates the rock composition was dominated by 44% calcite and 54% 
dolomite and sporadic quartz (1%) and clay (1%). Table 1 shows the pre-test properties 
of the core samples.  
 
Live brine was prepared in a high pressure-high temperature stirred Parr reactor using 
high purity CO2 (99.99 wt%) and a synthetically prepared formation water (SFW). Base 
salinity of the composition (pre-flood) was 21,056 mg/L. Table 2 shows major ions 
composition of SFW generated at CSIRO’s laboratory in comparison with formation 
brine provided by PETRONAS. React program (Geochemist’s Workbench® Version 8.0) 
was used to ensure the salts remain soluble at P-T reservoir conditions (Table 3) used in 
these experiments. The model shows high concentration of HCO3 at ambient condition 
might cause some precipitates during brine preparation, and thus we decided to reduce 
bicarbonate concentration (HCO3) to 400 mg/l (see Table 2), avoiding incompatibility 
issue during brine preparation.   
   
Experimental Protocol  
Details for the other auxiliary diagnostic measurements (listed above) conducted pre- and 
post-flood samples are given below.  
 
X-ray CT imaging was used to check the degree of heterogeneity inside each sample as 
well as the potential changes to the core-scale and, to some extent, the pore-scale features 
in each sample due to the flooding procedure. In this study, all scan procedures on the 
samples (pre- and post- test) were performed at room temperature and atmospheric 
pressure using an X-ray energy beam of 140 kV and 1500 mA. A helical acquisition 
mode (pitch at 350 µm) was used to enable the reconstruction of 3D X-ray images with a 
voxel size of about 110 µm × 110 µm × 400 µm (DICOM 2D images format with 512 × 
512 pixels).  
 
The plug samples were then vacuum saturated16 in SFW using a pressure saturator at a 
pressure of approximately 2000 psi for 48 hours. To assist the saturation, a vacuum pump 
was used limited to around 30 mins to prevent water evaporation which would increase 
the brine salinity16. The liquid pore volume is calculated from gravimetric measurements 
before and after saturation. NMR measurements were collected, on this fully brine-
saturated, using Oxford-GIT Instruments Geospec 2 Plus Analyzer. The NMR acquisition 
that were used parameters are provided in Table 4.   
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For every coreflood experiment, the fully SFW saturated core-sample was wrapped in 
Teflon tape to prevent the rough surface of the rock from damaging successive layers. 
The sample was then inserted into heat-shrink sleeve which was then heated using a 
heating gun to shrink into position and anchor the sample and any spacers in line with it. 
The sample was then wrapped in aluminium tape to provide an impermeable barrier such 
that CO2 could not migrate into the confining sleeve (to prevent the high likelihood of 
supercritical CO2 explosive decompression related damage) and then inserted into a 
Viton sleeve while placed on the core-holder’s inlet end plug (Figure 2). The sleeve 
dimensions are engineered to perfectly fit the outer diameter of the plugs while leaving a 
small annular space between the outer diameter of the sleeve and the inner diameter of 
the core-holder. The assembly was then inserted into the core-holder body and the inlet 
end cap was screwed into place. In order to minimise the effect of gravity segregation 
during coreflood experiments, the fluid was injected vertically (bottom to top) with pretty 
high rates. An overburden pressure was applied using a syringe-type pump and care was 
taken not to increase the overburden pressure above the desired reservoir net effective 
pressure. This was achieved by increasing the confining pressure in stages, with each 
stage having the pore pressure also increased in order to keep the net overburden pressure 
similar to the reservoir condition. It should be mentioned that the temperature inside the 
oven where the fluid bottles, separator, the core-holder and the collection pumps’ 
reservoirs are located, was maintained at ~150oC.  
 
After the desired in-situ reservoir conditions were reached (see Table 3), pre-equilibrated 
live brine (fluid passed through the packed column, except sample 17-012) was injected 
at 1 ml/min to displace dead brine. Then cyclic scCO2– brine flooding was injected until 
a total of 7 cycles were completed for each tested sample. scCO2 injection rate was 
increased in a number of increments (2 - 14 ml/min) to examine the effect of flow rates 
on fines production/permeability change, i.e., the minimum flow rate at which small 
particles detach and migrate within the pores of the formation 17-21. Then the CO2 
injection rate was returned to 2 ml/min (except 17-012) after each incremental stage of 
high flow rate in order to calculate any permeability impairment in the Darcy flow 
region. Live brine was injected at a constant rate of 1 ml/min to displace scCO2 
(imbibition). A simplified diagram of the applied cyclic floods is illustrated in Figure 3.  
 
The core effluents were collected for ICP (Inductively Coupled Plasma) analysis. It is 
worth nothing that we were not able to collect effluents from the packed column, before 
the fluids entered the core sample, during the experiments. Due to fluid sample bottles 
capacity, we decided to inject an average of 25 pore volume each cycle (total injected PV 
of ~ 200) before we switched the pumps. For some cycles, differential pressure 
fluctuation was observed even after a long period of injection.  
 
At the completion of each experiment, confining pressure and pore pressure were 
released gradually and the core sample was removed from the core-holder. After 
unloading the sample, it was placed in a vented oven to dry at 80°C so it could undergo 
the post-flood characterisation (gas porosity, gas permeability and XCT). It should be 
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mentioned that no salt cleaning process was performed after flooding as the expected 
amount of salt in the pore volume is < 2%. Finally, the tested samples were re-saturated 
with SFW for the post-test NMR T2 measurement.  
RESULTS AND DISCUSSION 

Figures 4a&b show an example of differential pressures (Δp) during cyclic CO2- brine 
flooding for 17-012 (without the packed column) and 17-016 (with the packed column). 
Fluctuations in the scCO2 differential pressure during the first few cycles were observed, 
and these decreased as the scCO2 flow rate increased. These fluctuations are likely due to 
either the difficulty associated with low flow rate operation of back-pressure regulators 
during two-phase flow or due to small scale dissolution or/and precipitation. Higher 
scCO2 flow rates seem to displace more live brine, as the end-effect becomes less 
pronounced. As mentioned above, some cycles showed differential pressure fluctuation 
even after a long period of injection (~ 25 pore volumes passed through the core); this 
could be as a result of CO2 bubble/clusters trapped in the pore space which put a strain on 
the brine flow.    
 
Figures 4c-e show differential pressure response at different scCO2 injection rates 
throughout the test. Darcy’s law was obeyed over the time averaged measurement even 
when flow was unstable over the short term.  It should be mentioned that samples 17-011 
& 17-016 showed around ±5% deviation from the regression line and this could be 
attributed to differential pressure fluctuation during the first cycles of the test (Figures 
4a&b).  
 
Effective brine and scCO2 permeabilities were calculated using Darcy’s law (shown in 
Fig. 5). Please note that injection rates were kept at 1ml/min (imbibition tests) for brine 
and 2 ml/min (drainage tests) for scCO2 (expect 17-012 where the scCO2 injection rate 
did not return to 2 ml/min after each incremental stage) during all the tested cycles. 
Result shows scCO2 permeabilities change was relatively minimal at a given saturation 
(except 17-011 where the back-pressure regulator was unstable at 10 ml/min until the end 
of the test). On the other hand, brine permeabilities for 17-011 & 17-016 show substantial 
decrease, which might be expected from krw as saturation decreases with higher scCO2 
injection rate. During imbibition phase, a fraction of CO2 will become disconnected and 
immobile and thus, it is not possible to drive all of the CO2 out of the pores. Brine 
permeability of 17-012 shows unusual values that could be due to high scCO2 rates used 
prior the imbibition cycles (scCO2 rate did not return to 2 ml/min after each incremental 
rate as in 17-011 & 17-016). 
 
As mentioned earlier, core effluents were collected during scCO2 injection (2-14 ml/min). 
The result of calcium mobilisation in the three plugs is shown in Figure 6. Results are 
adjusted with respect to the base brine composition, so any positive number is a net 
increase in dissolution. Sample 17-012 was compared with 17-011 and 17-016 to 
understand the effectiveness of the packed column (pre-treated live brine) to reduce 
dissolution (Figure 6). Clearly, 17-012 was much more reactive than the other two 
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samples. Unfortunately, due to technical limitation during the experiments, we were not 
able to collect post-packed column effluents (before the fluids entered the core sample) to 
compare with the injected FSW composition. Therefore, further experiments will be 
needed to clarify the effect of the packed column on brine composition.   
 
As stated above, dimensions, gas porosity and gas permeability of the tested samples 
were measured before subjecting them to the flooding procedure. These measurements 
were repeated again on the post-flood samples. Table 1 summarises the results of these 
measurements. Sample 17-012 (without the packed column) shows porosity enhancement 
of about 7.8%, while 17-011 & 17-06 (with the packed column) show porosity reduction 
of 0.4 & 0.9%, respectively. The porosity enhancement in 17-012 could be due to 
dissolution reaction we observed in Figure 6. Permeability, on the other hand, has slightly 
decreased for all the tested samples and the change ranged from 2.2 to 5.4%. Such 
alterations are the results of one or several mechanisms such as mineral precipitation, 
possible fines migration released by mineral dissolution in the inlet face and/or 
mechanical compaction. 
 
X-Ray CT Scan Imaging   

X-ray CT images were generated for all the tested samples before and after flooding at 
ambient conditions. CT imaging was used to qualitatively (due to low signal to noise 
ratio from the subtraction between pre- and post-XCT images) analyse possible spatial 
changes of the bulk density along the plug axis and directly threshold pores in 3D due to 
possible simultaneous mechanisms (e.g. dissolution, precipitation and/or compaction) 
which might occur during flooding experiments. The CT-value profile computed from 
transversal x-ray images (every 400 µm along the plug axis) was converted into an 
apparent dry bulk density profile from calibration with standard solid minerals (Figure 7). 
The CT profile of 17-012 (without packed column) shows lower CT number/bulk density 
than would be suggested from either dissolution reactions or damage, while 17-016, 
where the live brine was pre-treated in the packed column, shows negligible CT 
number/bulk density changes after flooding (within the CT scan resolution > 0.1 mm). 
Furthermore, 3D X-ray CT pre- and post-flooding images (Figure 8) were generated for 
the core samples and shows some low-density areas (corresponding to a light grey 
colour) due to voids (i.e. cracks and pores).  
 
Nuclear Magnetic Resonance (NMR) 
NMR measurements were conducted on all samples twice at 100% brine saturation; pre 
(blue line) and post-test (red line), and an example is shown in Figure 9. The NMR T2 
relaxation times recorded are used to calculate the connected porosity filled by brine and 
demonstrate (qualitatively) the pore size distribution of brine saturated samples. The T2 
value of a single pore is proportional to the surface-to-volume ratio of the pore, which is 
directly related to the porosity and pore size distribution of the rock, scaled according to 
surface relaxation strength, normally considered to be constant for a particular rock-fluid 
pair22. Results indicate a decrease in the amount of large pore sizes, i.e., decrease of the 
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intensity of the long T2 centred near 500 ms and evolution of new smaller pores centred 
near 40 ms. This observation suggests two possible scenarios: (i) dissolution mechanism 
occurred in small pores and precipitation mechanism in some of the large pores, (ii) fines 
dislodgement from smaller pores which could clog pore throat access to large pores.  
 
 
CONCLUSION  
We examined the effect of scCO2 flow rates on fines production/permeability change by 
looking for the minimum flow rate at which small particles detach and migrate within the 
pores of the formation. The change in the petrophysical properties of the core samples 
due to different mechanisms (dissolution, precipitation, and mechanical compaction) that 
may occur during scCO2/live brine injection was investigated. The occurrence and 
intensity of these mechanisms was evaluated using non-destructive observation 
techniques conducted on the tested core samples (NMR, X-ray CT-scan, gas porosity, 
and gas permeability) and also the chemical analysis of the produced brine. Based on the 
data and information gathered from the measurements and analysis conducted the 
following conclusions can be drawn: 
1. No clear evidence of formation damage (reduction or enhancement in permeability) 

occurred for the selected core samples, when flooded at high rates with the potential 
to move fine particles.  

2. If there is a critical flow rate (CFR) for the onset of formation damage, it is higher 
than the maximum achievable laboratory flow rates for the presented samples.  

3. Within the resolution of the CT scan machine, we observed minor (at inlet face) to 
no dissolution; a small level of pore enlargement was noted but this did not penetrate 
into the sample more than a few mm (except 17-012, where we did not use pre-
treated CO2-saturated brine) even after large injected pore volumes of approximately 
200.   
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Table 1. Pre- and post-test values of the core samples used in the study 

Sample ID# 17-011 17-012 17-016 
 Pre-test Post-test Pre-test Post-test Pre-test Post-test 
Length (cm)   6.650 7.136 5.567 
Diameter (cm) 3.750 3.750 3.812 
Gas porosity (%) 27.0 26.9 27.0 29.1 22.6 22.4 
Gas permeability (mD)   27.7 27.1 29.7 28.1 13.3 13.0 
 

Table 2. Concentration of major ions of formation brine and synthetic brine prepared at CSIRO laboratory 

Major ions Formation water 
(mg/l) 

SFW 
(mg/l) 

Calcium, Ca 246 247 
Magnesium, Mg 47 46 
Potassium, K 311 311 
Sodium, Na 7653 7653 
Strontium, Sr 73 73 
Bicarbonate, HCO3 2140 400 
Chlorite, Cl 12348 12348 
 

Table 3. Experimental P-T conditions 

Reservoir parameter value 
Pore pressure (psi) 5250 
Net confining pressure (psi) 1390 
Reservoir temperature (oC) 150 
CO2 partial pressure (psi) 3500 
 
Table 4. NMR acquisition parameters used during the NMR measurements 

Recycle delay 
(ms) SNR Number of 

echoes 
Tau 
(ms) 

Number of 
point per echo 

7500 100 43860 1000 1 
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Figure 1. Schematic diagram of coreflooding apparatus used in this study 14 

 
 

 
 

Figure 2. An example of core-sample preparation and assembly for coreflooding experiment 
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Figure 3. Schematic of the protocol used for this study 

 
Figure 4. (a) & (b) differential pressure evolution across 17-012 & 17-016 during cyclic CO2-brine flooding. Live brine 
(black line) and scCO2 (blue line) base flow rates were constant throughout the test, and (c-e) shows scCO2 differential 
pressures response vs flow rates. Darcy’s law was obeyed 



SCA2018-031 12/13 
 

 

0 50 100 150 200 250
0.1

1

10
Live	brine	injected	at	1	ml/min
scCO2	injected	at	2	ml/min

E
ff

ec
tiv

e 
pe

rm
ea

bi
lit

y 
[m

D
]

Injected pore volume [-]

	17-011	(live	brine)
	17-011	(CO2)
	17-012	(live	brine	without	packed	column)
	17-016	(live	brine)
	17-016	(CO2)

 
Figure 5. Effective brine and scCO2 permeabilities calculated 
using Darcy’s law. Live brine was injected at 1 ml/min and 
scCO2 was injected at 2 ml/min during all the cycles. Please 
note that scCO2 permeability at 2 ml/min was not measured 
for 17-012 
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Figure 6. Calcium concentration in the core effluents 
collected during scCO2 injection for the flooded plugs. 
Calcium mobility was adjusted for background brine 
composition for all the plugs 

 

 
Figure 7. CT value distribution before and after flooding. The CT number profiles show obvious signs of dissolution in 
17-012 (without the packed column) while 17-016 (with the packed column) shows no visible dissolution reaction 
along the plug at the XCT resolution (> 0.1 mm) 

 

 
Figure 8. 2D view of x-ray images of both 17-012 and 17-016 
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Figure 9. Change in the incremental and cumulative NMR T2 distribution of 17-016 before and after flooding 
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ABSTRACT 
In the context of digital rock analysis, pore-scale imaging of multiphase flow experiments 
using X-ray microtomography can be used to obtain fundamental insights into pore-scale 
displacement physics. This provides a basis to better calibrate numerical pore-scale 
simulators, or it can be used to understand local fluid distributions, while simultaneously 
measuring average properties, equivalent to a traditional SCAL experiment. 
 
Imaging studies in the literature have historically been conducted on water-wet micro-
plugs, using kerosene, or another refined oil, as the non-wetting phase. Prior to 
conducting waterflood experiments, the initial water saturation has been established by 
dynamic flooding. The disadvantage with this is that a non-uniform saturation profile is 
established due to the capillary end effect. This will result in a higher average initial 
water saturation compared with, for instance, standard SCAL techniques such as the 
porous plate method or centrifugation. 
 
In this paper, a methodology for initializing multiple micro-plugs to connate water 
saturation has been developed by adopting best SCAL practices, namely the porous plate 
method or centrifugation using crude oil, followed by ageing. We drill multiple micro-
plugs from a full size SCAL core sample, without losing capillary continuity with the 
base of the original sample.  In the example presented, for Bentheimer sandstone, the 
initial saturation was established using centrifugation. The experiment is designed to 
prevent a non-uniform saturation profile in the micro-plugs.  We use in situ imaging to 
determine the water saturation after primary drainage and show that it is indeed uniform 
across the micro-plug with a value consistent with large-scale SCAL measurements and 
the measured mercury injection capillary pressure. We also show that a significant 
wettability alteration had occurred by measuring in situ contact angles. 
  
INTRODUCTION 
Flow experiments using X-ray micro-tomography (also called micro-CT) are commonly 
used to gain insights into rock properties and pore scale displacement physics [1-12], to 



SCA2018-032 2/12 
  

calibrate numerical simulators [13-19], or to directly determine wetting properties by 
measuring the in situ contact angles [20-22]. These flow studies have generally used 
water-wet rocks, where the initial water saturation was established by flooding, and the 
waterflood experiments were conducted with inert model fluids. Recently, some 
experiments have been conducted with crude oil to obtain a representative reservoir 
wettability [23-24]. This requires preparation of micro-plugs, a few mm in diameter and 
2-2.5 cm length. 
 
The procedure by which samples are prepared, including oil injection to connate water 
saturation (Swc), is expected to have a major impact on ageing. The initial water film 
thickness in the pore space affects the ageing potential of a given crude oil–rock–brine 
combination [25]. With thick water films or layers, the rock is expected to remain more 
water-wet [26], preventing any direct interaction between crude oil and rock. For thinner 
water films, polar crude oil components can either diffuse through the water and adsorb 
on the rock, or the film becomes unstable due to attractive electrostatic forces between 
rock/brine and brine/crude oil interfaces, which brings crude oil directly into contact with 
the surface [26]. During a primary drainage process, the water distribution is controlled 
by the capillary pressure [27]. For low (connate) water saturation, the film thickness is 
controlled by the disjoining pressure as illustrated in Figure 1. Depending on the salinity 
of the water phase and other parameters, the water film thickness ranges between 100 nm 
and 1 nm [28], which is below the imaging resolution of micro-CT scanners (which is 
about 1 µm). Such thin films have practically negligible hydraulic conductivity compared 
to the corner menisci (layers) which are much thicker and have long-range connectivity. 
The corner menisci provide the main hydraulic conductivity for the water phase at low 
water saturation [29]. 
 

 
Figure 1. (a) Water film thickness controlled by capillary pressure. (b) Water film thickness controlled by 

disjoining pressure. 
 
An initial water saturation can be established by the porous plate method, centrifugation, 
or by dynamic displacement [30]. Most oil companies recommend the porous plate 
method or centrifugation as the standard for SCAL. Dynamic flooding is not usually 
recommended, since the capillary end effect is likely to lead to a non-uniform saturation 
distribution in the sample. 
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The porous plate method is a direct technique, where a water-saturated core and a 
ceramic plate are installed in an isostatic core holder under stress [30-31]. The purpose of 
the ceramic plate is to prevent the non-wetting phase being produced during primary 
drainage. Primary drainage is conducted by imposing a capillary displacement pressure 
limited by the entry pressure of the ceramic plate. The only disadvantage of the method is 
that it is time consuming. This approach should not be mistaken with the large porous 
plate technique where multiple samples are placed on a large porous plate in a pressure 
chamber without stress [30-31]. The centrifugation method [32] is an alternative 
technique in which oil is forced to flow into a core at a specified rotational speed. This 
method is fast and provides an effective method to reach connate water saturation for 
permeable core plugs. However, for low permeability rocks, there may be a noticeable 
saturation profile in the core plug at the end of the experiment [30]. For the dynamic 
displacement method, oil is injected at constant pressure or rate to displace water in the 
sample. The main disadvantage is that drainage core floods are affected by the capillary 
end effect, which cannot easily be prevented, resulting in a non-uniform and higher 
average initial saturation than other methods [30]. 
 
In micro-CT flow experiments, dynamic displacement by high flow rate flooding is 
currently the prevailing approach for pore-scale imaging. The initial wetting phase 
saturation is established by injecting the non-wetting phase (crude oil) into the core at an 
incrementally increasing flow rate [33], followed by in situ ageing to restore rock 
wettability inside the core holder at reservoir conditions for about four weeks [24]. The 
main limitations for this method are two-fold. Firstly, the established initial water 
saturation is not necessarily the connate water saturation. Furthermore, the distribution of 
initial water saturation, from inlet to outlet end, is non-uniform in most cases. This is 
mainly caused by the capillary end effect where the wetting phase is retained near the 
outlet of the sample. Consequently, water films are too thick to allow for efficient ageing 
[27] and the wettability distribution may not be representative, particularly tending to 
under-state the degree of wettability alteration. The results from micro-CT flow 
experiments therefore cannot be directly compared with SCAL measurements. Secondly, 
this method is time consuming since it occupies flooding loop equipment throughout 
flooding and ageing. 
 
In this paper, a methodology for initializing micro-plugs for flooding experiments has 
been developed by adopting best SCAL practices. Multiple mm-scale micro-plugs were 
drilled from a 1.5-inch (38 mm) core without breaking capillary continuity between the 
distinct micro-plugs and the base of the core. The benefit of this approach is a systematic 
and repeatable way of establishing Swc for all the micro-plugs. This protocol is aligned 
with SCAL practice, which can be used as validation for the pore-scale experiments. In 
addition, it becomes possible to prepare a large number of samples with the same 
properties, given that the rock is homogenous, for micro-CT flow experiments. By 
deploying this protocol, up to 45 micro-CT samples can be prepared simultaneously in 
the same centrifuge batch, followed by ageing. A strict protocol needs to be followed 
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with respect to mounting/dismounting the micro-plugs in sleeves and core holders prior 
to waterflooding experiments in the micro-CT apparatus. The only disadvantage of the 
new initialization protocol is that dry scans of the micro plugs cannot be obtained at the 
beginning of the experiment. If a dry scan is needed to assist segmentation, or needed as 
an input for modelling, it needs to be obtained at the end of all flow experiments after re-
cleaning. 
 
The water saturation was measured by imaging.  The saturation was uniform along the 
core with an average value of 8%, consistent with independent SCAL experiments. We 
also show that a significant wettability alteration had occurred by measuring in situ 
contact angles. In contrast, dynamic flooding in similar micro-plugs resulted in an 
average saturation of 14%.   
 
MATERIALS AND METHODS 
Rock samples and fluid properties 
The rock sample used in this study was Bentheimer sandstone (containing 98% quartz, 
1% kaolinite/chlorite and 1% microcline), the average porosity was 0.24, and the brine 
permeability was 2.4 Darcy. For the initial primary drainage step, the brine was 
comprised of deionised water with various salts added, see Table 1.  The sample was 
aged using crude oil from a producing field in the Middle East, supplied by Shell Global 
Solutions International BV. 
 
The aged mini-cores were then extracted from the larger core under crude oil (see later).  
The crude was replaced by refined oil, followed by waterflooding. For these experiments 
a doped brine was used to enhance the phase contrast for imaging; we added potassium 
iodide (KI). The oil phase was decalin (cis and trans decahydronaphthalene mixture with 
a dynamic viscosity of 3 mPa⋅s at 20 °C, supplied by Alfa Aesar). We performed a 
steady-state waterflood experiment to assess the wettability alteration. The viscosity of 
the oil, 𝜇! was 3 times higher than the brine. 
 
Table 1. Ion concentration for the brines used. 
 
 
 
 
 
 
 
 
 
 
Preparation of the micro-plugs 
Standard size core samples were cleaned and saturated with formation brine. Permeability 
and porosity can also be measured on these samples.  The micro-CT samples were drilled 

 
Ion concentration (g/l) 

Brine Doped brine 
Na+: 4.27 4.27 
K+: 7.24 8.22 

Ca2+: 0.30 0.30 
Mg2+: 0.02 0.02 
Cl-: 13.74 7.12 
I-: 0 26.99 
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to approximately 2.4 cm length from a larger core 3.8 cm diameter and 4 cm long. The 
diameter of the micro-CT cores used in this study was 6 mm. Figure 2 shows the samples, 
which remained attached to the base of the original sample.  
 
 
 

 
Figure 2. Drilled micro-plugs.  The plugs were 2.4 cm long and remained attached to the base of the sample 

which retains capillary continuity during primary drainage. 
 
Then the entire arrangement was flooded with crude oil [30]. In this study, centrifugation 
was used. Since the micro-plugs were attached to the core base during centrifugation, 
non-uniformities in saturation were largely confined to the 1.6 cm at the base of the rock 
that was not part of the micro-plugs. For low permeability material it is therefore 
important to break capillary continuity as soon as centrifugation is completed, before 
continuing with ageing, to prevent re-distribution caused by releasing capillary pressure.  
In this case, using high-permeability Bentheimer, this was not necessary. 
 
Primary drainage 
Speed design for centrifugation, or capillary displacement pressure design for the porous 
plate method is based on converting mercury injection capillary pressure (MICP) 
measurements to equivalent oil/brine systems. In this study, for the centrifuge, two 
capillary displacement pressures were used. The centrifuge speeds are listed in Table 2. 
From mercury injection tests and SCAL experiments, it was demonstrated that connate 
water saturation is reached at a capillary pressure of approximately 20 kPa. Therefore, a 
maximum speed of 3200 rpm, which represents an imposed capillary pressure of 60 kPa, 
was sufficient to reach Swc.  
 
The crude oil injected into the system (TAN = 0.09 mgKOH/g, TBN = 0.270 mg/g, 
SARA analysis: Sat=44.0, Aro=44.0, Res=9.69, Asp=2.31) had a density of 0.85 g/cm3 
and a viscosity around 8-10 mPa.s at room temperature. 
 
Ageing 
After completing centrifugation, the entire rock assembly with multiple micro-CT cores 
was submerged in the same crude oil. The sample was kept in crude oil at 3 MPa pressure 
and 80°C for four weeks to complete ageing. 

4 
mm 
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Table 2. Centrifuge speeds and saturation for primary drainage. 
 

Centrifugation rpm Sw from centrifugation 
0 1 

1000 0.432 
3200 0.078 

 
 
VALIDATION OF THE INITIALIZATION PROTOCOL 
This initialization protocol was validated using the following criteria: 

1. Confirming by imagining that Swc is uniform along the entire micro-plug length. 
2. Verifying that the average Swc from the micro core is consistent with Swc from 

SCAL experiments, or with mercury injection measurements. 
 
In addition, to demonstrate that wettability alteration occurred, a steady state experiment 
waterflood experiment was performed on a micro-plug sample, and compared to an 
experiment where initial conditions were established by dynamic flooding without ageing 
[5]. 
 
Experimental procedure for waterflooding experiments 
The experiment was conducted using the following procedure: 
1. A micro-CT core (6 mm in diameter and 24 mm in length) was taken from the larger 

core.  The micro-plugs were easily broken off from the larger core.  The small sample 
was then loaded into a micro-CT core holder surrounded by crude oil. 

2. A confining pressure of 2 MPa was applied and maintained within the cell to 
compress the Viton sleeve around the core sample to avoid fluid bypass. 

3. With a back pressure of 3 MPa, decalin was injected to replace crude oil in the 
system. 

4. Decalin was injected at a flow rate of 0.03 ml/min (𝑓! = 0). After reaching steady 
state, which was indicated by differential pressure transducer measurements, scans 
were taken to obtain the initial water saturation. 

5. Brine and oil were both injected at the same time with a water fractional flow 
𝑓! = 0.5, with a total flow rate of 0.03 ml/min. Injection continued until steady state 
was achieved indicated by a stable pressure differential. Scans were taken after steady 
state was reached. 

6. The differential transducer used in this study was a Keller PD-33X, with an accuracy 
of ±0.3 kPa. A back pressure of 3 MPa was applied throughout the entire experiment. 

All the scans were taken using a Zeiss Versa 510 with a flat panel detector. Before 
waterflooding the entire sample was imaged at a voxel size of 6.6 µm. At fw = 0.5, a scan 
with a smaller voxel size (3.58 µm) was taken to characterise the wettability. The 
wettability characterisation was compared with an unaged sample at steady state, again 
with fw = 0.5. 
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Initial saturation 
The results of the image segmentation and the saturation profile for each slice (6.6 µm 
per slice) of the oil phase for the sample prepared following the procedure above are 
shown in Figure 3. A uniform saturation can be observed and the average water 
saturation for the sample is 0.082 (computed from the entire volume).  This compares 
well with the average for all the micro-cores plus the larger core base of 0.078 obtained 
after centrifugation. Figure 4 shows the comparison between the average Swc from the 
micro-core with MICP. 
 
Using the flooding method to establish initial saturation in a Bentheimer micro-core gave 
an average value of 0.14 [5] which, as expected, is higher than that established with our 
new protocol.  The value we obtain is, however, similar to that found on larger core 
samples following standard SCAL protocols: in three replicate experiments on entire 38-
cm cores Swc values of 0.094, 0.080 and 0.068 were obtained, consistent with our values. 
 

 
Figure 3. Tomographic image of a Bentheimer micro plug initialized to Swc, following the protocol 

described in this paper. (A) Grey-scale two-dimensional cross-section of the three-dimensional image of 
the sample after applying a nonlocal means edge preserving filter. (B) Segmented oil phase shown in blue. 

(C) The saturation per slice along the direction of flow. The thickness for each slice is 6.6 µm. 
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Figure 4. Comparison between the average Swc (0.082) from the micro-core with the scaled mercury 

injection capillary pressure.  We imposed a capillary pressure of 60 kPa in the centrifuge experiments. 
 

Comparison of results with and without ageing 
Figure 5 shows two-dimensional grey-scale images extracted from a 10003-voxel cube 
image after applying a nonlocal means edge preserving filter for both aged and unaged 
samples. The scans were taken after steady state was reached with a fractional flow of 
0.5. It can be observed that, as expected, in the unaged, water-wet case, the large pores 
are mainly occupied by the non-wetting oil phase. The brine mainly remains in the small 
pores. In the aged sample, the oil phase is seen in both small and large pores. A negative 
capillary pressure (Pc = Pnw – Pw, where Pnw is the pressure in the non-wetting phase and 
Pw is the pressure in the wetting phase) is inferred from the curvature of the brine and oil 
interface, which indicates the wettability of the rock surface is oil-wet in many places. 
Parts of the rock surface still remains water-wet, suggesting mixed-wet conditions. 
 
Figure 6 shows in situ contact angle measurements for the highlighted region in Figure 
5B.  Here we used the manual contact angle method [20]. We see values greater than 90°, 
indicative of a significant wettability alteration, meaning that the sample preparation 
procedure was effective.  In contrast, for the unaged, water-wet sample, the contact 
angles are all below 90°. 
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Figure 5. Grey-scale two-dimensional cross-sections of three-dimensional images after applying a nonlocal 
means edge preserving filter. The dimension of both images is 10003 voxel cubed and the voxel size is 3.58 
µm. In both figures, the dark phase represents oil, the intermediate grey phase is brine and the bright phase 
represents rock grains.   The images are taken after steady-state waterflooding as a fractional flow of 0.5. 
(A) Unaged, water-wet case. (B) Images of an aged sample, following the protocol in this paper. Some 

regions with contact angles larger than 90° with negative capillary pressure (from interfacial curvature) in 
the brine phase are highlighted. 

 
 

 
Figure 6. In situ contact angles for the highlighted region in Figure5B were measured showing that the 

wettability of the rock surface had been altered. In the figures, the dark phase represents oil, the 
intermediate grey phase represents brine and the bright phase represents rock grains. 

 
CONCLUSIONS 
A novel methodology for preparing micro-plugs to desired representative initial 
saturation has been developed. The methodology is based on following best SCAL 
practices for establishing Swc, i.e. the porous plate method or centrifugation. The main 
concept is based on drilling several mm-scale micro plugs with approximately 2.4 cm 
length from a larger standard SCAL core plug without breaking capillary continuity.  
 
The initialization protocol has been validated by confirming a uniform saturation 
distribution along the entire micro-plug length. Furthermore, the average water saturation 
is similar to that of the whole assembly of micro-plugs and the base, and on independent 
experiments on intact full-sized cores.  Dynamic ageing leads to a higher initial 
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saturation.  We also confirmed that a substantial wettability alteration had occurred 
through measuring in situ contact angles and observing negative interfacial curvatures 
during waterflooding.   
 
The main benefits of deploying the new initialization protocol for micro plugs can be 
summarized as follows: 

a) It secures a uniform saturation distribution as a starting point for waterflooding, 
consistent with SCAL requirements. 

b) It is possible to prepare a large number of micro-plugs simultaneously. 
Establishing Swc by centrifugation takes approximately 2-3 days, while the porous 
plate method takes approximately 4-5 weeks. After this, core plugs need to be 
aged for 4 weeks.  

c) Applying the methodology for homogenous rocks means that a sizeable number 
of micro-plugs have the same initial properties. This gives unique possibilities 
with respect to integration of different types of experiments in research. 

d) Micro-CT flooding units are not occupied for preparation and ageing of the 
micro-plugs. This means that it is possible to conduct more flow experiments in 
research studies. 
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ABSTRACT 

Microtomographic rock and fluid imaging under in-situ conditions is applied for reservoir 
wettability characterization. The investigation entails careful sample preparation and 
cleaning of mini-plugs, operation with reservoir fluids, wettability restoration, centrifuge 
wettability testing cycles, repeated sample scanning and image analysis, parametrization 
of wettability and digital rocks simulation for input into reservoir modeling. The results 
are compared to conventional Amott testing performed in core laboratories. 
Determination of saturations from image analysis, instead of centrifuge production, 
allows the use of stock tank crude, rather than exchanged mineral oil. Doping of the 
synthetic formation water (here with 1 M sodium iodide) was applied for enhancement of 
the X-ray contrast. The digital imaging workflow offers insight on the liquid distributions 
from the plug scale down to the pore-scale, linked to applied pressure gradients and 
resulting pore fluid occupancies in the sequence of displacement states. An example is 
given with the investigation of a North-German oil field, where the image-based 
workflow led to a revised view of the reservoir conditions for spontaneous imbibition and 
drainage, and the overall wetting behavior. 
 
INTRODUCTION 

A conventional study of reservoir wettability relies on standard, well-established, 
laboratory testing procedures, such as Amott [1] or USBM [2] index determination or 
new methods based on cutting-edge approaches as the one proposed by Strand et al. [3]. 
The former methods macroscopically measure spontaneous water imbibition and/or 
spontaneous oil drainage to characterize the wetting state of core plugs. The latter 
methods compare the fractional pore surface area covered by water or oil. Cumulative 
volumes of produced oil, respectively produced water or adsorbing / non-adsorbing 
tracers, are used as semi-quantitative, mostly qualitative, indicators. The wetting behavior 
of a reservoir derives from the electrostatic interaction of surface active compounds in 
crude oil with the brine/rock system (CBR) [4-5], and consequently, wettability is 
conceived as an attainable alternating condition of the CBR system and not as a physical 
property of the rock. The more recent investigations of pore-scale processes and pore 
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fluid distributions via direct imaging aim at a fundamental characterization of reservoir 
wettability [e.g., 6-8]. The current study employs micro computed tomographic imaging 
(micro-CT) to relate macroscopically observed production to underlying wetting 
characteristics and detailed information on saturation distributions.  
 
The studied North-German oil field is a shallow, weakly consolidated mid- to coarse- 
grained sandstone reservoir of Upper Valangian, Cretacious age. Reservoir permeability 
can reach up to several Darcy, with porosities from 18 to 30%. The field was discovered 
in the early 1950s and currently still produces, with a high water cut of 96%. Based on 
numerous laboratory studies concentrating only on half-Amott wettability tests and 
delivering an Amott water index αw greater than 0.5 for aged, as well as cleaned, state 
samples, the reservoir is historically assumed to be water-wet. 
 
A recent core analysis study was performed between 2012 and 2014 on newly drilled 
core material, covering wettability measurements on aged samples, and for the first time 
covering a full Amott test cycle. The measured water index αw confirmed the legacy data. 
As the oil index αo obtained was greater than αw, the resulting combined Amott-Harvey 
index falls between -0.1 and -0.3, characterizing the reservoir as mixed-wet towards 
slightly oil-wet. As these results contradict the existing view on the reservoir conditions, 
digital rocks analyses were initiated to further investigate the laboratory results.  
 
IMAGE-BASED WETTABILTIY CHARACTERIZATION  
For this latest laboratory study, a set of core plugs (1.5” diameter) from three wells of the 
reservoir was restored for combined USBM/Amott wettability and capillary pressure 
determination. The workflow involved primary drainage and aging in stock-tank crude oil 
(STO), exchange of the STO for laboratory mineral oil, forced imbibition of synthetic 
formation water (SFW) and secondary drainage of mineral oil via centrifugation. 
 
Additional plugs, of 44-48 mm length, that had not been used in the SCAL studies were 
selected as candidates for the image-based wettability study. Micro-CT scans of the plugs 
revealed that all comprised a moderately heterogeneous packing of poorly-sorted quartz 
grains, sporadically interspersed with clusters of dense mineral cement, and with 
preparation damage in the vicinity of the plug ends. From the best candidate plug, a sub-
plug of 12mm diameter was cored to achieve (1) sufficiently small voxel resolution of the 
pores and throats over a representative lateral field of view, and (2) a sufficiently tall and 
robust sub-plug that would remain intact through coring and centrifugation at capillary 
pressures Pc corresponding to the standard plug investigation. 
 
The weakly consolidated sandstone plug was immersed under ambient pressure in pre-
cleaned, molten paraffin wax, which was then hardened at 4°C. The sub-plug was cored 
from the wax-supported plug with water as lubricant, and then sleeved in fluoropolymer 
heat-shrink with a mesh at top and bottom, and flow-through cleaned with heptane to 
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remove residual wax. The cleaned, dried sub-plug was scanned by helical micro-CT at 
100 kV with 5.0 µm voxel size, covering nearly the entire height of 31.7 mm. A central 
longitudinal slice of the dry-state tomogram is shown in Figure 1a, verifying the relative 
homogeneity of the sample and the adequate sample size. 
 
The sub-plug was then re-scanned at multiple stages of its laboratory restoration and 
centrifuge wettability testing. Forced displacement steps were performed in a rock ultra-
centrifuge (Beckman L8) for 30 hours at 40°C. Sub-plug tomograms were acquired at the 
following stages: 

(0) Brine saturation (SAT): Using doped SFW with 1.0 M of sodium chloride 
substituted for 1.0 M of sodium iodide (yielding density of 1.20 g/cm3); 

(1) Primary drainage (PD): Centrifugation in STO (density 0.8928 g/cm3) at 3500 rpm 
(Pc = 96 kPa); 

(2) Aging (AG): Statically, in STO for 28 days at 54°C; 
(3) Spontaneous imbibition (FI_0): Immersion in doped SFW for 14 days at 54°C; 
(4) Forced imbibition (FI_1): Centrifugation in doped SFW at 450 rpm (Pc = -3.0 kPa); 
(5) Forced imbibition (FI_2): Centrifugation in doped SFW at 3650 rpm (Pc = -198 

kPa); 
(6) Spontaneous secondary drainage (SD_0): Immersion in STO for 14 days at 54°C; 
(7) Forced secondary drainage (SD_1): Centrifugation in STO at 400 rpm (Pc = 1.3 

kPa). 
 
Each of these eight tomograms of the sub-plug was registered into geometric alignment 
in 3D with the dry-state tomogram, which verified that grain movement during these 
steps was not perceivable. Tomogram grayscales were then linearly normalized to match 
between the different states. The dry-state tomogram (Figure 1a) was then segmented 
using a converging active contours algorithm into three phases: (1) resolved pores (dark 
voxels), (2) resolved grains (bright voxels), and (3) remaining fraction, comprising sub-
resolution features and partial volume effects.  
 
The porosity at each voxel of this intermediate phase was quantified from the difference 
tomogram of the brine-saturated state minus the dry state, in which the registered, 
normalised mineral contributions cancel so that the signal at each voxel is directly related 
to the volume of doped SFW filling the pore space there. This results in the quantitative 
porosity map of the sub-plug, where black is 100% resolved porosity, white is 100% solid 
mineral, and the intermediate grayscales represent sub-resolution volumes with a porosity 
value between 0-100% in direct proportion to the voxel grayscale. This calibrated 
difference imaging workflow strongly reduces the impact of image resolution on the 
presented quantitative fluid contents.  
 
The calibrated porosity map forms the basis of all saturation calculations on the series of 
oil-containing tomograms collected during the wettability workflow. In these states, STO 
is readily segmented, as it is much darker than the doped SFW and tends to reside in 
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resolved pores and throats. The segmented oil phase was then overlain onto the porosity 
map to quantify the oil occupancy of resolved and sub-resolution pore voxels. 
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Figure 1. Central longitudinal slice (10.0mm x 27.5mm) of the 12mm diameter sub-plug in dry state 
(a) and (b-h) longitudinal profiles of SFW bulk volume fraction for PD = primary drainage, FI = 
forced imbibition, and SD = secondary drainage. Black curves are the volume contribution from 
resolved pores and red curves represent total values from resolved und sub-resolution pores. 
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Figure 2.  Zoom into sub-area (1.9mm x 2.6mm) of the sub-plug tomograms corresponding to Figure 
1, illustrating varying pore fluid occupancy, as well as showing the segmentation color legend. 

 

OBSERVED FLUID DISTRIBUTIONS 

The dry-state tomogram of the sub-plug, represented by the longitudinal slice in Figure 
1a and the sub-area in Figure 2a, shows the range of grain sizes and intergranular pores 
and throats. Quartz grains are abundant, along with weathered and lithic grains and 
agglomerates that comprise a mixture of clay minerals. Denser minerals, likely siderite 
cement and pyrite, are relatively sparse in this sample. The segmented porosity map of 
the sub-plug gives a resolved porosity of 20.7 volume % at voxel size of 5.0 µm, while 
sub-resolution porosity amounts to 3.9%. This yields an image-based total porosity of the 
sub-plug of 24.6%. Thus, the majority of the intergranular pore space, i.e. pore space 
contributing to flow in the sample, could be resolved. Non-resolved porosity is present 
within the lithic grains and clay regions; the remainder of this sub-resolution porosity 
stems from partial volume effects at grain edges. The total porosity value of the sub-plug 
is somewhat lower than the Helium porosity measured at 26.9% on the closest 
neighboring core plug. This may be attributed to sample variability in local porosities, or 
partially to the exclusion of identified damaged plug ends in the image-based workflow. 
 
The sequence of oil-containing states of the sub-plug was acquired in steps 1-7 of the 
wettability testing workflow. Their tomograms after registration to the dry state and 
segmentation are represented by the longitudinal profiles of SWF bluk volume fractions 
in Figures 1b-h (averaged over each tomogram cross-sectional slice ), and by the same 
sub-area in Figures 2b-h (illustrating pore-scale details). The top of the profiles in Figure 
1 is the inner end of the sub-plug in the centrifuge during forced displacement, or the top 
of the sub-plug when standing immersed for spontaneous displacement. The direction of 
gravitational force is thus always downwards. Blue and brick red in the color 
segmentation in Figure 2 correspond to water (doped SFW) and oil in resolved pores, 
while cyan and bright red represent water and oil in sub-resolution porosity. White is 
resolved solid mineral. Within voxels of the cyan and bright red phases, water and oil 
only occupy the pore volume fraction given by the porosity map. Table 1 lists the 
tomogram average of the bulk volume fractions of each of these four fluid fractions in the 
seven oil-containing states. 
 
At the end of primary drainage (Figure 1b and 2b), average saturation in the sub-plug is 
Sw = 0.123. The sub-resolution porosity within clay aggregates mainly stays water-filled. 
Water is also observed as necks bridging intergranular throats and as films lining rougher 
grain surfaces, whereas the vast majority of the pore space is oil-filled. This oil 
occupancy includes most intergranular slot pores, throats and corners, often segmented as 
sub-resolution porosity (bright red) due to partial volume effects. Water saturation is 
slightly higher near the bottom in Figure 1b, where capillary pressure was lowest in the 
centrifuge. The increase in water saturation at around one-third of the sub-plug height 
corresponds to a local siderite band with adjacent non-resolved porosity. The fluid 
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occupancy after ageing (Figure 1c and 2c) is nearly identical to the primary drainage state 
with an image-based average saturation of Sw = 0.120. Ageing does not give rise to much 
resolvable change in menisci, nor to self-driven advance of oil into porosity associated 
with lithic grains and clays. Wettability alteration cannot be directly visualized, since the 
underlying brine thin-film rupture and adsorption of oil polar components lie well below 
the imaging resolution. 
 
Spontaneous imbibition at zero applied capillary pressure (FI_0) in Figure 1d and 2d 
results in an increase in water in both resolved and sub-resolution pores (equal to 
0.4%BV in each category in Table 1). This translates to a change in average water 
saturation to Sw = 0.154. Spontaneous imbibition is due to connected water in the aged 
state advancing to displace oil from adjacent locations. The observed imbibition does not 
extend to displacement of oil from pore bodies, as oil apparently retains sufficient 
anchoring to grain surfaces. 
 
Forced imbibition at low spin speed (FI_1) already gives a strong overall increase in 
average water saturation to Sw = 0.772 (cf. Table 1), with a clear gradient along the sub-
plug in Figure 1e. Water saturation decreases from bottom to top, especially steeply 
innermost in the centrifuge, in response to the decreasing magnitude of capillary pressure. 
Although it is conceivable that the centrifuge-induced saturation gradient could change 
by liquid redistribution during scanning, no liquid movement was observed from the 
radiographs over the 12-hour scanning duration. The high oil saturation towards the top 
end is a result of decreased displacement, rather than accumulation. Instances of oil 
entering and becoming stranded in brine-filled pores during imbibition are rarely 
detected. Oil is generally displaced from larger pore bodies, but is retained by smaller 
intergranular pores, corners and slots.  
 
At the highest centrifugation speed of forced imbibition (FI_2 in Figure 1f and 2f), 
residual oil saturation is uniformly very low at Sor = 0.030. The capillary pressure 
gradient is no longer apparent from saturation imaging; even the smallest pressure 
magnitude at the top end of the sub-plug suffices to displace oil from all but the tightest 
locations. 
 
Spontaneous secondary drainage at zero applied capillary pressure (SD_0) is substantial 
(cf. Table 1), yielding an average water saturation of Sw = 0.636 from the tomogram 
analysis.  Figure 1g exhibits a slight gradient of decreasing water saturation from bottom 
to top. This is attributed to gravity and capillary end effects. Oil spontaneously enters 
small pores and throats (except clay associated water-filled porosity) and extends into 
larger pores to fully or partially displace water, or leave water-filled individual pores or 
clusters behind. The observed spontaneous drainage state is not as strongly oil-wet as to 
result in snap-off of brine in the center of pores.  
 
Forced secondary drainage at low spin speed (SD_1) results in further increase in oil 
saturation and Sw = 0.221. As was also the case for FI_1, water saturation decreases, 
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respectively oil saturation increases, from bottom to top in Figure 1h due to the capillary 
pressure increase in that direction. Oil is observed to advance further into water-filled 
pore spaces, either partially near the bottom end or completely towards the top. At 
resolution scale, water appears isolated, remaining in constricted small pores or at grain-
to-grain contacts. Although phase connectivity may not be directly resolved, related 
volumetric changes can be quantified.  
 
A higher centrifugation speed of the secondary drainage cycle to low Sw was omitted.  
 
Table 1.  Tomogram-averaged water and oil volume fractions (percentages of total bulk volume) 
given as resolved (Res), sub-resolution (Sub-res) pores and total (Tot) for the 12mm diameter sub-
plug volume in the brine-saturated (SAT) state and the seven oil-containing states in Figure 1 b-h. 
 

Fraction water oil 

State φw Res 
(%BV) 

φw Sub-res 
(%BV) 

φw Tot 
(%BV) 

φo Res 
(%BV) 

φo Sub-res 
(%BV) 

φo Tot 
(%BV) 

SAT 20.7 3.9 24.6    
PD 1.3 1.8 3.0 19.5 2.1 21.6 

Aged 1.3 1.7 2.9 19.5 2.2 21.7 
FI_0 1.7 2.1 3.8 19.0 1.8 20.8 
FI_1 16.5 2.5 19.0 4.3 1.3 5.6 
FI_2 20.4 3.4 23.9 0.3 0.4 0.7 
SD_0 13.0 2.6 15.6 7.7 1.3 9.0 
SD_1 3.5 2.0 5.4 17.3 1.9 19.1 

 

INFERRED CAPILLARY PRESSURE CURVES 
Figure 3 combines all Pc(Sw) data from the image analysis of the sub-plug and compares 
these to the results from combined USBM/Amott wettability testing of the closest 
neighboring plug. For the sub-plug, the seven curve segments are obtained from the 
longitudinal profiles of total (resolved plus sub-resolution) Sw in Figure 1. The distance 
along the sub-plug axis is converted to the corresponding Pc value given by the 
centrifugal force difference. This Pc calculation used the uncorrected centrifuge equation 
with distances from the rotation axis to the sub-plug bottom. Pc was assumed to be zero at 
the sub-plug bottom in drainage and sub-plug top in imbibition, located 2.1 mm below 
and above the section displayed in Figure 1. 
 
The line intervals of saturation at Pc = 0 for spontaneous imbibition and secondary 
drainage span the variability between slices that arise at various scales: from pore-scale 
local heterogeneities, such as microporous clusters with high Sw, to registered gradients 
along the sub-plug (for SD_0). The mean values of Sw for FI_0 and SD_0 are indicated 
by unfilled circles in Figure 3. For the three curves PD, FI_1 and SD_1, the above-
mentioned centrifuge-induced gradients along the sub-plug reveal the trend of the Pc(Sw) 
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relation, with local variability superposed. The observed spike in PD at around 40 kPa in 
Figure 3 relates to the above-mentioned siderite band-associated porosity in Figure 1b. 
The curve for FI_2 shows rather uniform saturation distribution of Sw along the sub-plug.  
 
These recovered trends from the image-based experiments are compared with the 
conventional plug measurements included in Figure 3. The conventional laboratory 
testing substituted spontaneous imbibition and drainage by centrifuge measurements at 
300 rpm, i.e., Pc = -4.3 kPa and Pc = 2.1 kPa, respectively. The resulting saturations are 
contained in the image-based saturation trend obtained at low centrifugation speeds. The 
Sw range of the imaged PD curve from the sub-plug, and the almost superposed AG 
curve, is lower than the corresponding plug endpoint before aging (PD Meas) and more 
in line with the saturation point after aging (AG Meas). This significant drop in plug 
measured Swi seems to be due to water displacement during exchange of mineral oil for 
STO or during flow-through aging, but does not appear to be a direct consequence of 
wettability alteration based on the sub-plug results. Sor from the imaged FI_2 curve is 
also lower than the corresponding plug endpoint (FI Meas). The measured FI and SD 
curves are somewhat steeper than the corresponding imaged curves, as noticeable in the 
expanded plot in Figure 3. 

 

 
Figure 3.  Plot of water saturation versus capillary pressure from image analysis of the sub-plug 
(solid curves) and from the traditional laboratory measurement on a nearby plug (Meas, points and 
dashed curves). The curves in the left plot at low pressures are shown expanded in the right plot. 
 
The discrepancies may partially stem from differences in the respective experiments. The 
Pc range of the plug measurements is broader, owing to the larger plug length (49 mm) 
and fluid density difference (SFW-mineral oil). This limits the scope for measurement at 
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low pressures and weakens the assumption that the lowest spin speeds of forced 
imbibition and secondary drainage are good approximations to spontaneous recovery, 
especially for such highly permeable samples of intermediate wettability. Accordingly, 
the resulting estimates of Amott indices for water and oil in Table 2 are both higher from 
plug measurement than from sub-plug imaging. The combined Amott-Harvey index is yet 
similar, and both studies classify the investigated oil/brine/rock system as moderately oil-
wet. As the experiments used differing fluid combinations and plug samples, J-Function 
scaling yields better comparability of the results. Nevertheless, the curves from sub-plug 
imaging and STO as oil remain slightly flatter over the intermediate saturation interval, 
suggesting also some variation in the pore size distribution of the two neighboring 
samples. 
 

Table 2.  Amott index for water and oil and combined Amott-Harvey and USBM indices from Figure 
3 for the imaged sub-plug and measured plug systems, together with their simulations. 
 

Wettability 
Index 

Sub-plug Plug 
Image-based Simulated Measured Simulated 

αw 0.04 0.07 0.60 0.08 
αo 0.39 0.40 0.87 0.24 
IAH -0.35 -0.33 -0.27 -0.16 

IUSBM  -0.66 -0.28 -0.56 

 
DIGTAL ROCKS SIMULATION AND ANALYSIS 

From the image-based porosity map, a pore network was derived for digital rocks 
simulations. The cylindrical sub-plug volume was therefore cropped into an rectangular 
column. The commercial e-Core software [9] was used to extract the pore network 
representation and perform corresponding numerical simulations of the Amott-tests.   
   
 

(a) (b) (c) 
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Figure 4.  Digital rocks simulations matching Amott test results for image-based wettability study 
(left) and for traditional laboratory Amott test on nearby core plugs (right). Corresponding Amott 
and USBM wettability indices are reported in Table 2.  
 
Figure 4 displays the simulation of imbibition after primary drainage to Swi, and 
secondary drainage from Sor, for the image-based sub-plug (left) and laboratory plug 
measurements (right). Anchoring of the simulations was made with regard to the 
saturation endpoints, i.e. Swi, Sor, as well as tomogram-averaged saturations at Pc = 0 kPa 
for spontaneous imbibition (corresponding to Figure 1d and 2d) and spontaneous 
secondary drainage (corresponding to Figure 1g and 2g). The match to the sub-plug 
capillary pressure–saturation data required a wider contact angle range with θo from 110 
to 160 for the oil during imbibition, compared to a contact angle range θo from 110 to 
138 for the core plug measured data.  
 
The wettability indices derived from the digital rock simulation are compiled in Table 2. 
The agreement of simulated and image-based wettability indices relates to the anchoring. 
Additionally, a USBM index could be obtained from simulation, indicating with IUSBM < 
IAH that preferentially small pores are oil-wet in accordance with theoretical 
investigations [10]. The same holds for the simulated wettability indices for the 
laboratory core plug, whereas laboratory-reported IUSBM and IAH are nearly equal, 
implying no pore-size preference for wetting alteration. 
 
The resolution of the acquired 3D tomograms would allow further analysis into the 
image-recorded contact angles. An extraction of in-situ contact angle ranges [11-12] can 
provide a directly measured indication of the wetting behaviour of the sample and 
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modeling input parameter, and would be a consequent next step in the image-based 
wettability characterization and digital rocks analysis.   
 
CONCLUSIONS  
This study investigated the wettability characterization of a poorly consolidated, high 
permeable sandstone. Conventional laboratory testing procedures try to limit sample 
handling, such as moving samples to an Amott cell for spontaneous imbibition/drainage, 
to avoid damage. We applied a complementary image-based workflow on a smaller sub-
plug, with the use of Amott cells for such samples and allowing the use of crude oil 
throughout the testing cycle. 
Findings of this comparison are as follows: 

• The presented image-based wettability study confirmed a mixed wet to slightly 
oil-wet condition of the reservoir, with low spontaneous imbibition of water and 
significant spontaneous secondary drainage of oil, and according water and oil 
wetting indices. 

• Digital rocks analysis can give additional insight from direct saturation 
determination in a centrifuge Amott-test procedure, avoiding average or end-face 
saturation estimation, as well as extension of results to well-anchored dynamic 
flow functions for reservoir simulation. 

• 3D imaging techniques enable the direct visualization and image-based, 
quantitative characterization at the pore scale, adding value to traditional 
laboratory measurement procedures by direct observations. The envisioned goal is 
to establish a new workflow for fluid imaging during laboratory wettability 
testing under in-situ reservoir conditions. 
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ABSTRACT 

Image processing of high-resolution 3D images to create digital representation of pore 
micro-structures for Image-Based Rock Physics simulations remains a highly subjective 
enterprise, despite the seemly precision associated with improving imaging resolutions 
and intensive parallel computations. The decisions on how to identify pore space, both 
macro- and micro-pores, and various mineral components remain very much dependent 
upon user choices and biases. A set of shaly-sand samples with significant amount of 
authigenic chlorite/smectite that lines the larger pores was tested to identify uncertainty 
quantification (UQ) requirements associated with image-processing steps, segmentation 
in particular. This sandstone provides several challenges in that the dominant clay 
mineral lining the pores has a high surface area and cation exchange capacity, which in 
turn influence hydrocarbon mobility, reservoir quality, and stimulation approach. Two 
segmentation strategies, conventional thresholding based and artificial intelligence (AI) 
based, are employed with different UQ parameter space. The pore structure extracted 
from these different iterations is the basis of simulations of basic petrophysical 
properties. Upon cross-validation with measured core properties, a UQ framework is 
proposed to assess the differences between the different measurements from three angles: 
sampling, numerical and physical.  

INTRODUCTION 

There has been considerable recent attention on how Image-Based Rock Physics (IBRP) 
can reduce uncertainty in SCAL measurements by running multiple iterations of a core 
analysis simulation that help evaluate the relative importance of various input parameters 
[1] There is less discussion on how the image processing procedures contribute to the 
uncertainty of the calculated properties [2,3]. The importance of characterizing the 
connected pore space is often reduced to the distinction between using a hypothetical 
pore network model (PNM) of pores and throats versus only the image-based pore 
volume where the distinction between pores and throats is less explicit. The latter is 
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restricted by the image resolution where the narrowest constrictions between observed 
pores that fall below resolution are not always included in any transport calculations. In 
contrast, a PNM based on skeletonization of the image volume leads to a geometrical 
characterization of pore bodies with connecting throats of finite length and volume that is 
often constructed from information additional to the images. The non-uniqueness of PNM 
construction process leads to uncertainties in the subsequent simulation of transport 
properties that are difficult to quantify [4]. In addition to accuracy and measurement-
independency considerations, direct use of imaging data without PNM simplification 
allows the quantification of uncertainties in terms of choices made on gray-scale intensity 
values.    

Experimental uncertainties are often expressed as an error bar. Computational physics 
results, however, are further challenged with coming up with an error bar due to the much 
greater number of parameters involved [5,6]. Many numerical tools never pass the 
validation and verification phase. An early study illustrated where computational tools 
are used to quantify the uncertainties in experiments, which in turn confine the parameter 
space of the numerical domain [7]. In this study, we illustrated how a highly interactive 
and seemingly subjective task, such as image segmentation, can have its uncertainty 
quantified.  

SAMPLES AND METHODS 

Four samples were selected from a 40m interval of reservoir sandstone noted for a pore-
lining interstratified chlorite/smectite clay mineral that affected various petrophysical 
properties including permeability and electrical conductivity. The mineralogy of this 
interval was 60-70 wt% quartz, 15-20 wt% feldspars, mostly Na-plagioclase, and 10-15 
wt% clay minerals, mostlly authigenic chlorite/smectite. Diagenetic siderite cement 
occluded some of the pores in these samples. Routine core measurements revealed a high 
porosity sandstone with a range of permeability values (Table 1). Sample D was selected 
to represent the lower range of porosity and permeability observed in this interval. The 
actual mini-plug cut from the sample D interval cut through a tight stringer of rock where 
all of the visible pore space was filled with the siderite cement and therefore was not 
representative of the larger core plug used for original petrophysical properties.  

Table 1. Basic petrophysical properties.  

Sample Analysis ID Porosity Permeability 
(mD) 

Grain Density 
(cm3/g) 

MICP Median 
Diameter (microns) 

A D0000450: 2µm 
D0000452: 4µm 0.144 3.1 2.68 0.8 

B D0000465: 2µm 
D0000466: 4µm 0.175 58.5 2.69 6.8 

C D0000467: 2µm 
D0000468: 4µm 0.159 23.4 2.68 5.8 

D D0000469: 2µm 0.070 0.5 2.66  
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D0000470: 4µm 
Low-field NMR relaxation measurements show a broad distribution of pores for the three 
samples with viable porosity (Figure 1). Conventional interpretation of these T2 
relaxation time distributions indicate that the large component faster than 10-20 msec 
corresponds to micro-porosity while the slower component represents the larger macro-
porosity. The conversion of relaxation to pore dimensions requires the linear correlation 
term that represents the surface relaxivity [8]. Surface relaxivity values of 10 to 50 
microns sec-1 were determined in an earlier study.  

  

Figure 1. NMR T2 relaxation time distributions show predominantly bi-modal 
distribution of pore sizes. MICP throat size distributions for samples in this study. 
Vertical dashed-line represents the 4-micron resolution of the microCT images. 

Mercury injection porosimetry measurements were acquired on samples A-C with an 
AutoPore 9220 (Micromeritics) set up to acquire data between 0.5 and 60,000 psi. Throat 
size distributions generated from the Hg/air drainage curve showed that for these samples 
the dominant throat size was in the range of the resolution of the microCT images (Figure 
1). The distributions were predominantly uni-modal, though sample A had the suggestion 
of a second mode of much smaller throat sizes than the dominant mode. Note that the 
modal throat diameter was larger than the median size reported in Table 1.  

Mini-plugs, 4.0 mm in diameter and 6-8 mm in length, were drilled from core material 
adjacent to where the original routine core plugs were taken. The plugs were cleaned and 
dried. MicroCT images were collected in the dry state on a Versa 510 instrument (Zeiss) 
to acquire 4.0- and 2.0-micron resolution images. The absence of images acquired at 
different saturation states limited the detection of sub-resolution features [9]. The images 
were processed with the instrument’s software and exported in *.tiff format. The total 
image package consisted of 1000 stacked images in the Z direction, 992 by 1014 voxels 
in the X and Y directions. These image stacks were cropped to 400x400x400 and 
680x680x900 volumes to remove edge effects and poor-quality images at the ends of the 
sample. The cropped volumes were centered on the sample’s center such that the middle 
slice for each cropped volume matched.  
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The cropped images were segmented with a Machine Learning engine optimized for a 
proprietary image-management cloud [9]. Specifically, a random forest algorithm was 
used. The workflow started with a set of seed voxels selected from the image’s 2D 
training area that represented the pores and grains. In addition to gray-scale intensity and 
its gradient, a basket of statistical features was computed on the training data that 
included first and second derivatives of intensities, along with sensitivity information on 
the size of the neighborhood and edges. Iterative refinement of the seed voxels on the 
small training image ensured all important features were identified and correctly 
segmented. The segmentation procedure used on the training image was then 
automatically applied to the full 2D field of view and subsequently to the full 3D stack. 
The training image can cross multiple 2D images at different locations and orientations. 
A high-performance computing cluster was designed optimally for both such image 
processing and image-based numerical simulation [10].  

Image resolution made it difficult to characterize sub-resolution pores associated with 
clay minerals. Consequently, a decision was made to combine the observable macro-
pores with sub-resolution pores associated with the clay mineral lining for the purpose of 
this study. The highly subjective segmentation operation was repeated several times by 
two different operators with different backgrounds in geoscience and image processing. 
No effort was attempted to constrain image segmentation with core-derived porosity and 
clay mineral abundance values.  

A number of petrophysical properties were calculated from these segmented images 
using direct numerical simulations on the voxels [11-13]. A spatial distribution REV was 
calculated to confirm that the sample volumes were representative of the larger samples 
used for the conventional core measurements. The calculated properties included total 
volume fractions, pore size distributions, electrical conductivity (Ohm’s law solved with 
finite volume method), effective permeability (Multiphase Darcy’s equation solved with 
finite volume method), and mercury/air capillary pressure (Youngs-Laplace equation 
solved with a morphological method), with a workflow based upon a previous validation 
effort [10].  

RESULTS 

The results from the highest porosity – permeability sample were the focus of this 
analysis, but all samples had similar results. All of the quantitative segmentation results 
and subsequent simulations on these three samples were generated from ML-based 
segmentation. Sample B was characterized by CT intensities that ranged from 2000 to 
10,000 units, dominated by a mode around 7000 and a distinct shoulder on the 
distribution around 4000. The operators had different strategies to select seed points for 
the ML-based segmentation of the low intensity pore space (Table 2). Some chose short 
traces with only a few voxels while other runs included a larger number of voxels. While 
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the mean intensity value for each run was roughly the same, the larger range of values 
sampled with the longer traces produced a slightly broader histogram of segmented pores 
(Figure 2).  

Table 2. Seed properties for porosity in Sample B 4-micron resolution images 

Run Porosity No. Traces No. Voxels Mean Std Dev Max Min 
118 0.103 2 35 3859 514 5154 2975 
123 0.110 2 25 3985 703 4996 2931 
128 0.132 3 137 3965 575 5625 1924 

 

Subtle features (red arrow in Figure 2) representing pore throats closer to imaging 
resolution could only be picked up via iterative seeding. Also note all voxels to the right 
of the red dashed line in Figure 2 would be assigned as grain using a conventional 
threshold-based method. 

Quantitatively, different segmentations resulted in different estimates of pore volume. 
Run 128 generated an image porosity of 0.132, higher than the 0.103 and 0.110 values for 
runs 118 and 123. The difference in segmentation of a larger pore volume was driven by 
a broader range of seed values, not the mean value of the selected voxels. It was apparent 
that additional seeding from Run128 increased segmentation accuracy (Figure 3).  

 

Figure 2. Histograms of segmented pores from different runs compared to the 
original sample intensity distribution. 
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Raw CT Run_118, phi=0.103 Run_123, phi=0.110 Run_128, phi=0.132 
Figure 3. Comparison of Image Segmentation by various operators. Sample B, 4-

micron resolution, 680x680x900 volume, slice 450.  

In general, the image-based porosity value was 10-50% less than the value from routine 
core measurements. Image porosity for Sample B from different segmentation iterations 
ranged from 0.103 to 0.132, which was 59-72% of the total porosity of 0.175. The 
proportion of the T2 distribution slow component was ~50% of the total signal intensity, 
which suggested that the image segmentation captured all of the larger pores. 

The pore-size distributions generated from the microCT images were limited at the lower 
end by the resolution of the measurement. The different segmentation efforts did not 
generate large differences in calculated pore-size distributions. In large part this was due 
to the similarity in observed pore volume and the limited range of sizes detected by the 
microCT images. This was illustrated by the different segmentation runs on Sample B 
and their calculated pore size distributions. The two segmentation runs on 4-micron data 
set, runs 118 and 123, had no significant difference in the calculated pore-size 
distribution and the median size (Figure 4). The pore-size distribution associated with 
Run 128 captured some larger pores as the segmentation included more porosity. An 
additional segmentation run on the 2-micron resolution, small volume (400x400x400) 
had a distinct shift towards smaller pore sizes. The range of sizes was the same, roughly 
1.5 orders of magnitude that illustrated how calculated pore size information was 
dependent upon image resolution. The limited range of observed pore sizes was 
illustrated by the calculated pore-size distributions for the three samples. Sample C had a 
distinctly smaller pore size that reflects the smaller grain size observed with this sample 
relative to the other two samples.  
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Figure 4. Comparison of pore-size distributions generated from different 

segmentation runs on 4-micron resolution images on Sample B (left) and for the three 
samples (right) 

The overlay of the image-based pore-size distribution and the slow component of the T2 
distribution was observed for all samples and illustrated for Sample B (Figure 5). The 
MICP-based throat-size distribution was 1.5 orders of magnitude smaller than the pore-
body sizes computed from microCT images. 

 

Figure 5. Comparison of image-based pore-size distribution for Sample B (4 
micron resolution) with NMR and MICP results. 

Calculation of transport properties was dependent upon the connected pore volume. 
Connected porosity values for each segmentation run for every sample in this study was 
> 90% of the total image porosity value. This was not affected by the size of the 
computed volume (680x680x900 versus 400x400x400) nor by the resolution of the image 
(4-micron vs 2-micron). The calculated permeability values were dependent upon the 
input permeability value for the porosity, which limited its value as a predictive tool since 
this starting value was somewhat arbitrary. The calculated permeability was slightly 
lower in the Z-direction than in the X and Y axes. No large-scale laminations were 
observed in the microCT images for Samples B and C that might create anisotropic flow 
patterns. In contrast, Sample A had distinct cementation patterns perpendicular to the Z-
axis that reduced calculated permeability by a factor of 2-3.  

Sample B 
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Calculated electrical conductivity values were converted into Formation Factor by 
normalizing against the input conductivity value for the porosity. The resultant Formation 
Factor and image porosity determined the cementation exponents for these samples to be 
between 1.9 and 2.5. Replacing the total image porosity with connected image porosity 
reduced the scatter of points around a cementation exponent of 2.0. In general, the 
calculated conductivities for Samples B and C were higher in the Z-direction than in the 
X and Y, though the increase was less than 10%. Sample A with its distinct cementation 
pattern was less conductive in the Z-axis by a factor of 2. 

Calculated MICP curves for these samples illustrated the limitations of IBRP methods. 
The small range of pore sizes and explicitly resolved pore throats observed in the 4-
micron resolution images was reflected in the range of calculated pressures in the Hg/air 
system (Figure 6). The calculated MICP curve for Sample A did not begin to match the 
measured entry pressure, in large part due to most of the pores (and throats) being smaller 
than the resolvable pores in the microCT images and the presence of significant pore-
filling cement. The somewhat larger pores and throats in Sample C generated a calculated 
entry pressure that was more agreement with the measured MICP curve, but the absence 
of small pore information limited its value at higher capillary pressures. Only with 
Sample B did the observed porosity system generate a MICP curve that showed good 
agreement with the measured results, and even there the low Sw behavior was 
incomplete. Calculations with the 2-micron resolution images were no better in that while 
they included smaller pores and throats, higher pressures, they lost information with the 
larger pores.  

   
Sample A Sample B Sample C 

Figure 6. Comparison of mercury capillary pressure curves generated from experiment (red) and 
image-based calculations (blue) for the low permeability (A), high permeability (B), and 
intermediate permeability (C) samples.  

Several steps to evaluate uncertainty of resolvable intergranular porosity were followed 
in this study. Evaluation of the uncertainty of the micro-porosity was compounded by the 
absence of higher resolution data such as those obtained with scanning electron 
microscopy or synchrotron tomography, that made it much harder to quantity. This study 
also chose not to separate intergranular porosity from micro-porosity by using an 
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independent estimate of porosity partitioning such as can be extracted from the NMR 
relaxation measurements. While this second approach to evaluate the uncertainty 
associated with distinguishing two types of porosity has its adherents, the choice here was 
to focus on a combined porosity distinct from the grains.   

This project assumed fixed imaging resolution, image preprocessing, segmentation post-
processing and simulation, and that no true reference value existed for the ML 
segmentation. The focus in this study was on image segmentation of intergranular 
porosity and the uncertainties generated by threshold segmentation and supervised ML 
segmentation in identifying intergranular porosity. 

In contrast, a global threshold segmentation approach incrementally changed the intensity 
segmentation threshold to match the core-based porosity, which defined a variation 
threshold (i.e., 5% from the known porosity). The corresponding intensity value 
normalized by the threshold intensity value produced an error bar [12]. Since the ground 
truth porosity value remained unknown, a directional derivative model was employed.  

Porosity was calculated with varying threshold gray-scale values that ranged between 
4000 to 7000 for the 4-micron resolution images of Samples A, B and C. An increased 
threshold value improved the resolution of the intergranular pore space for Sample B, but 
at the expense of adding a significant contribution of single-voxel pores within the grains 
(Figure 7). As a reference, the gray-scale range of the grain phase based on a single 
quartz particle was between 4200 and 8500, with a standard deviation of 1230. The gray-
scale range of pore phase on a selected intergranular pore was between 2300 and 5700, 
with a standard deviation of 980. 
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Figure 7. ML segmentation versus threshold segmentation for Sample B, 4-micron resolution images. (a). 
Gray-scale image with intensity range 945-15000. (b). Machine learning segmentation, run128. (c). 
Threshold 4500. (d). Threshold 4800. (e). Threshold 5100. (f). Threshold 5400. (g). Threshold 5700. (h). 
Threshold 6000. 

The comparison of resolved porosity as a function of threshold value indicated two linear 
slopes, a lower slope at gray-scale value of 5200 or smaller (line 1), the other higher 
slope at gray-scale values of 6200 or higher (line 2) (Figure 8). The gray-scale values 
between 5200 and 6200 represented the uncertainty zone for threshold segmentation. The 
intersection of the two linear slopes anchored a normal to the intensity threshold curve, 
which intersected with the intensity threshold curve at point 3. The tangential slopes 1 
and 2 deviated from the curve at point 4 and 5 respectively. Points 3, 4 and 5 defined the 
threshold porosity, and its upper and lower limits (Table 3). 

The threshold values measured with this method agreed well with the core porosity value. 
However, this good agreement was misleading since the goal of this thresholding 
exercise was to segment out intergranular porosity. The good agreement indicates that the 
threshold segmentation is effective in estimating a bulk porosity with averaged effect 
from micro-porosity, but erroneous in defining the distribution of the porosity. 
Consequently, using this segmentation to make any rock physics study is risky at best, 
and wrong most often. Micro-porosity has distinctive physical properties that has to be 
treated differently. This is reflected by the large range of uncertainties for all three 
samples. 

(a) 

(b) 

(c) (d) 

(e) (f) 

(g) (h) 
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Figure 8. Relationship between image porosity and intensity for all three samples.  

The computation of ML-based segmentation resulted in a statistical probability for each 
voxel. This probability function was used to estimate uncertainties from ML 
segmentation. These results illustrated how ML segmentation reduced uncertainty, 
particularly on the boundary between intergranular porosity and mineral grains. 
Uncertainties were slightly larger when differentiating intergranular porosity from micro-
porosity. 

Table 3. Porosity and its uncertainties assessed with the proposed framework 

Sample ID Method Porosity Lower Limit Upper Limit 
A Threshold 0.14 -0.06 +0.15 
A ML 0.10 -0.01 +0.01 
B Threshold 0.16 -0.07 +0.11 
B ML 0.13 -0.03 +0.02 
C Threshold 0.15 -0.05 +0.15 
C ML 0.11 -0.01 +0.02 

 

It is also important to note that the reference value was also subjective to the particular 
workflow. The segmentation strategy can be very different for inter-granular porosity 
characterization and for multi-scale upscaling. In the latter case, for example, porosity 
phase will need to be segmented into a volume fraction that is higher than the total 
porosity, to allow higher resolution properties to be distributed.  

DISCUSSION 

An outstanding challenge of IBRP is its uncertainty associated with various steps in the 
process, which limits its adoption for practical engineering decision-making. Lack of 
systematic effort to quantify uncertainty, and sometimes even recognize the importance 
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of uncertainty, further underscores the gap that needs to be filled by the research and 
development community. In this project, a set of shaly-sand samples with significant 
amount of authigenic chlorite/smectite that lined the larger pores was tested to identify 
uncertainty quantification (UQ) requirements associated with image-processing steps. We 
focused on segmentation in particular, with two operators using two popular 
segmentation methods.  

Images from a conventional microCT are limited in the range of features that can be 
extracted. In this study the size range was less than 2 orders of magnitude. The lower 
limit was defined by image resolution of the instrument and the upper limit controlled by 
sample size. Even with these constraints, the image volumes in this study contained 
~2*105 pores, which was sufficient to provide a statistical representation of pores in these 
samples. The significant clay mineral volume found lining the pores of these samples has 
a major impact on petrophysical properties because of its high surface area and 
interparticle porosity yet could not be evaluated in this instance due to the limitations in 
the images. The strategy in this exercise was to focus on the larger intergranular porosity 
and to leave the micro-pores associated with the clay minerals to a later study.  

Threshold segmentation can mis-leadingly reach porosity matching the core analysis 
data. The petrophysical properties derived therein, however, will be completely 
erroneous. The uncertainty framework presented in this paper reflected the large, over 
100% uncertainty.  

ML segmentation limits uncertainty to 30% or lower. The impact of individual operator 
can also be quantified, which is within the 30% uncertainty range. It clearly offers more 
flexibility and does a better job dealing with pore-grain interfaces. 

It is important to emphasize that segmentation is only one step among many in IBRP 
workflow. The uncertainty of the workflow strongly dependent upon image quality, 
image modality, image filtering/pre-processing, segmentation post-processing, and the 
numerical simulation technique. As the value of imaging is dictated by resolution, in 
order to extend the pore size information from image-based methods in order to match 
the 3-4 order of magnitude range associated with NMR methods, other imaging tools 
must be added.  

 

REFERENCES 

[1] Schembre-McCabe, J., Kamath, J., “Using digital rock technology to quality control 
and reduce uncertainty in relative permeability measurements,” Proceedings of the 
2017 International Symposium of the Society of Core Analysts, Vienna (2017) SCA 
2017-014. 



SCA2018-034 13/13 
 

[2] Idowu, N., Nardi, C., Long, H., Øren, P., Bondino, I., “Improving digital rock physics 
predictive potential for relative permeabilities from equivalent pore networks”, 
Proceedings of the 2013 International Symposium of the Society of Core Analysts, 
Napa Valley, (2013), SCA2013-017. 

[3] Schembre-McCabe, J., Salazar-Tio, R., Ball, G., and J. Kamath, “A framework to 
validate Digital Rock Technology,” Proceedings of the 2011 International 
Symposium of the Society of Core Analysts, Austin (2011), SCA 2011-028.  

[4] Idowu, N., Nardi, C., Long, H., Varslot, T., and Oren, P., “Effects of segmentation 
and skeletonization algorithms on pore networks and predicted multi-phase transport 
properties of reservoir-rock samples”, Jour. Reservoir Evaluation & Engineering, 
(2014) v.17, no. 4, pp. 473-83.  

[5] Al-Taie, A., Hahn, H.K., Linsen, L., “Uncertainty estimation and visualization in 
probabilistic segmentation,” Computers & Graphics, (2014) v. 39, pp. 48-59. 

[6] Wu, J.C., Halter, M., Kacker, R.N., Elliott, J.T., Plant, A.L., “Measurement 
uncertainty in cell image segmentation data analysis,” (2013) NIST Internal Report 
7594, https://dx.doi.org/10.6028/NIST.IR.7954 

[7] Zhang, S., Zabusky, N.J., Peng, G., and Gupta, S. Shot gaseous cylinder interacytions: 
Dynamically validated initial conditions provide excellent agreement between 
experiments and numerical simulations to late-intermediate time. Physics of Fluids. 
(16) 5, May 2004, pp1203. 

[8] Dunn, K-J., Bergman, D., and LaTororraca, G., “Nuclear Magnetic Resonance: 
Petrophysical and Logging Applications, (2002) Pergamon Press, Amsterdam. 

[9] Lezoray, O., Charrier, C., Cardot, H., and Lefevre, S. (Eds) “Machine Learning in 
Image Processing” EURASIP Journal on Advances in Signal Processing. 
2008:927950, 2008. 

 [10] Long, H., Nardi, C., Idowu, N., Carnerup, A., Oren, P., Knackstedt, M., Varslot, T., 
and Sok, R., “Multi-scale imaging and modeling workflow to capture and 
characterize microporosity in sandstone”, Proceedings of the 2013 International 
Symposium of the Society of Core Analysts, Napa Valley, CA (2013), SCA 2013-013. 

[11] DigiM I2S, http://www.digimsolution.com/products/enterprise-solution/ (2018) 
[12] Byrnes, A., Zhang, S., Canter, L. and Sonnenfeld, M., “Application of integrated 

core and 3D image rock physics to characterize Niobrara chalk properties including 
relative permeability with bound water effect”, Proceedings of the 2017 
Unconventional Resources Technology Conference, Austin (2017), URTeC 2670963.  

 



SCA2018-035 1/12 
  

A DIGITAL ROCK PHYSICS APPROACH TO EFFECTIVE 
AND TOTAL POROSITY FOR COMPLEX CARBONATES: 
PORE-TYPING AND APPLICATIONS TO ELECTRICAL 

CONDUCTIVITY  
 

Christoph H. Arns1, Han Jiang1, Hongyi Dai1, Igor Shikhov1, Nawaf Sayedakram1, and 
Ji-Youn Arns2 

1School of Petroleum Engineering, University of New South Wales, Sydney, Australia 
2Department of Applied Mathematics, Research School of Physics and Engineering, 

Australian National University, Canberra, Australia 
 

This paper was prepared for presentation at the International Symposium of the Society of Core 
Analysts held in Trondheim, Norway, 27-30 August 2018 

 
 
ABSTRACT 
Recent advances in micro-CT techniques allow imaging heterogeneous carbonates at 
multiple scales and including voxel-wise registration of images at different resolution or 
in different saturation states. This enables characterising such carbonates at the pore-scale 
targeting the optimizing of hydrocarbon recovery in the face of structural heterogeneity, 
resulting in complex spatial fluid distributions. Here we determine effective and total 
porosity for different pore-types in a complex carbonate and apply this knowledge to 
improve our understanding of electrical properties by integrating experiment and 
simulation in a consistent manner via integrated core analysis. 
 
We consider Indiana Limestone as a surrogate for complex carbonate rock and type 
porosity in terms of macro- and micro-porosity using micro-CT images recorded at 
different resolution. Effective and total porosity fields are derived and partitioned into 
regions of macro-porosity, micro-porosity belonging to oolithes, and micro-porosity 
excluding oolithes’ rims.  
 
In a second step we use the partitioning of the micro-porosity to model the electrical 
conductivity of the limestone, matching experimental measurements by finding 
appropriate cementation exponents for the two different micro-porosity regions. We 
compare these calculations with calculations using a single cementation exponent for the 
full micro-porosity range. The comparison is extended to resistivity index at partial 
saturation, further testing the assignment of Archie parameters, providing insights into 
the regional connectivity of the different pore types. 
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INTRODUCTION  
Electrical resistivity measurements of partially saturated rock are commonly used to 
estimate the productivity and size of oil and gas reservoirs. While the empirical Archie’s 
laws [1] describe the resistivity behavior of clean sandstones -- 

 𝐹𝐹 = !!
!!
= !

∅!
 (1) 

 𝑅𝐼 = !!
!!
= 𝑆!!! (2) 

where FF is Formation Factor, RI is Resistivity Index, Rw is fluid resistivity (water), R0 
and Rt are the resistivity of the fully and partially water-saturated rock respectively, φ is 
porosity, Sw is water saturation, a is a constant, m is cementation exponent and n is 
saturation exponent -- carbonate rocks frequently display non-Archie RI behavior 
attributed to porosity at different length scales, e.g. “micro-porosity” and/or heterogeneity 
[2-10]. A good summary of different behavior types has been given by Fleury [5] 
including ‘type II’ (Fig. 1) with an initially lower slope bending up towards lower water 
saturation, and then flattening again. 
The author introduced a triple 
porosity model to explain the 
behavior where a series of conductors 
consisting of micro-porosity and 
macro-porosity are in parallel to a 
micro-porous conductor. Sen [4] 
modeled micro-porous grain 
assemblies using effective medium 
approaches, where different RI 
shapes with n being a function of 
saturation resulted, but no ‘type II’ 
curve was evident. 
 
In recent years digital core analysis has made significant advances in particular for the 
analysis of heterogeneous rocks with complex micro-structure like carbonates. Numerical 
capabilities to carry out electrical conductivity calculations directly on tomographic 
images were established [11-15] and morphological transforms applied to carry out 
resistivity index calculations [16-18]. Integrated approaches combining experiments with 
tomogram-based numerical modeling were presented for non-Archie behavior of clean 
sandstones [19-21] including for pressure-dependent return to Archie behavior of 
Fontainebleau sandstone at high confining pressures [21] and more recently also 
carbonates [22], where the effect of films on the RI behavior of dual-porosity carbonate 
rock is assessed with network models derived from tomograms acquired via micro-CT. 
 
The analysis of transport properties like electrical conductivity for heterogeneous 
carbonates via digital core analysis requires balancing field of view (FOV) and 
resolution. Given the heterogeneity of carbonates, we consider core plugs of 1in  

Figure 1: Schematic of different RI curve types after 
Fleury [5] with type II bending at intermediate 
saturation, then flattening again with lower water 
saturation. 
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[a]  [b]  
Figure 2: Microstructure and porosity types of Indiana limestone. [a] SEM image illustrating the 
main porosity types and solid phases; Ach: allochems, detrital skeletal remains of marine 
organisms, CaCm: athigenic calcite cement. Squares 1-4 have side length of 40µm and depict 
various states of the environments of outer shells of ooliths (rims, 1-3) and isolated vugs (4). [b] 
Slice (1000x1000 voxel) through a 10003 subdomain of a tomogram of a 1in diameter core with 
cubic voxel size of 10.7µm. 

diameter. Calculation of resistivity index behavior from tomographic images then 
requires the application of effective medium type approximations for unresolved porosity 
at image resolution and the ordering of micro-porosity in terms of fluid invasion; e.g. 
where different micro-porosity types exist one of the micro-porosity types may be 
invaded preferentially (at lower pressure) by a non-wetting fluid. In this work, we 
distinguish between two micro-porosity types that are prominent in terms of their X-ray 
density and geometrical features in order to assess their relative impact on resistivity 
index behavior (see Fig. 2). In particular, we test the hypothesis that type II RI behavior 
can be reproduced directly from tomographic images by carefully addressing associated 
numerical problems originating from the choice of resolution; namely strong partial 
volume effects at partial saturations. 
 
SAMPLE DESCRIPTION 
The samples used in this study originate from an outcrop block of Indiana limestone 
(ILS) sourced from the Salem formation near Bedford, Indiana. We carried out XRF 
elemental analysis showing that ILS is basically a monomineralic rock with 98.8% calcite 
and spurious amounts of quartz (0.5%) and clay minerals (0.7%). SEM images of ILS 
were acquired of resin impregnated polished samples after bubbles were carefully 
removed by an applied vacuum and surfaces polished to roughness below 40 nanometres, 
using an FEI Nova NanoSEM230 system. A series of SEMs at different resolution were 
acquired and one SEM at intermediate resolution (200x magnification) is depicted in Fig. 
2a. In addition to macro-scale intergranular porosity different micro-porosity types are 
clearly visible. Due to their spatial extend, we select the most striking low density 
boundaries of ooliths, sometimes partially dissolved or collapsed, as separate micro-
porosity class termed ‘rims’ in the following. Other micro-porosity types are more  
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[a]   [b]   
Figure 3: Accessible porosity of Indiana limestone. [a] Mercury intrusion capillary pressure 
derived pore accessibility distribution. [b] Poorly connected or isolated porosity quantified by 
thermogravimetric means, derived by drying with temperature increments over 24h for two sets 
of intact cores and crushed core. 

difficult to distinguish in the micro-CT images (see Fig. 2b) and therefore combined as 
‘non-rims’. Fig. 2a shows regions of cementation extending significantly into the macro-
porosity, and which may make some of the macro-porosity inaccessible through larger 
porosity pathways connected to the outer boundary of the sample. Mercury intrusion 
capillary pressure (MICP) measurements (Fig. 3a) indicate a bi-modal pore accessibility 
distribution function with significant micro-porosity accessible at invasion radii below 2 
micrometre [23]. 
 
To distinguish between total and effective porosity we measure porosity on 12 Indiana 
limestone cores via the so-called resaturation method (a setup utilising a desiccator and a 
vacuum pump) resulting in an effective porosity of 16.26% ± 0.25%. The SEM image 
suggests that there may also be very poorly connected or disconnected porosity present. 
Consequently we measured porosity both on intact and crushed cores using essentially a 
thermogravimetric method to evaporate the connate water (capillary bound and surface 
adsorbed water); comparing methods we find connate water of 0.28% ± 0.02%. Crushing 
the core frees another 0.32% of water that was not dried even at 160°C; we therefore 
assume that fluid inclusions may exist and total porosity may indeed be larger than 
effective porosity for this rock (Fig. 3b).  
 
ELECTRICAL MEASUREMENTS 
Cores of 25.4mm diameter and length were drilled from the Indiana limestone block and 
cleaned by Soxhlet extraction [24] for 9-12h with a 50/50 solvent mixture of methanol 
and toluene, then placed in a humidity-controlled oven at 60°C. All cleaned and dried 
cores were vacuumed in a desiccator at 0.005 kPa over 12 hours and then submerged and 
soaked in brine (2% NaCl by weight), followed by pressure saturation at 2,000 psi to 
assure 100% saturation. Electrical resistivity measurements were carried out with a 
modified Coretest® AEP-710 Electrical Properties System and resistance measured by a 
1920 Precision LCR Meter at frequencies of 100Hz, 1kHz and 10kHz. We report 
measurements at 1kHz. Measurements on fully saturated cores were repeated every 6-12h  
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[a]  [b]  
Figure 4: Measurements of electrical properties of Indiana limestone. [a] Formation factor 
measurements for a series of 1in diameter plugs compared to experiment, [b] Resistivity Index 
measurements for one of the plugs depicted in [a] and comparison to literature data. 

until resistance values varied less than ±3%. The resultant Formation Factor 
measurements are shown in Figure4a and compared to the data of [24]. While the actual 
FF values are different, they are on trend with similar cementation exponent. Resistivity 
index measurements were performed using the same electrical property measurement 
system where desaturation was achieved using a gravimetric capillary pressure system. 
To ensure stable water saturation, electrical measurements at each desaturation point 
were performed once observed pipette volume of the produced fluid did not change over 
an 8h period. A switch to the next desaturation point occurred once subsequent 
desaturation values were within ±2% saturation after another 12h. Water saturation at 
each desaturation point was determined by weight to avoid dead volume effects. The RI 
measurements including a repeat run are reported in Fig. 4b and compared with literature 
[8]. We find repeatable results which agree well with literature. Type II behavior [5] is 
clearly evident with an inflection point of the RI curves at a water saturation of SW = 
45 %. This approximately coincides with the partition of porosity into macro- and micro-
porosity (e.g. their relative fractions from MICP measurements). 
 
X-RAY MICRO-CT IMAGE ACQUISITION AND PROCESSING 
A micro-CT image of Indiana limestone was acquired at a resolution of 10.67µm [22]. 
The tomogram of 2394 x 2385 x 3800 voxel covers the full core plug; here we consider a 
10003 central cubic subdomain (see Fig. 2b). Image segmentation is carried out using an 
active contour method [25] seeded by initial thresholds followed by an additional 
segmentation of the non-resolved porosity into n micro-porous phases (Fig. 5b). Given 
this n-phase segmentation, we select a high porosity range of the micro-porous voxels as 
seed voxel set to detect voxels corresponding to the ‘rim’-type micro-porosity. The rims 
are made compact by applying a morphological closing operation on the selected seeds 
(Fig. 5a). Such defined micro-porosity classes and n-phase micro-porosity field are 
overlaid in Fig. 5c and relabeled to continuous labels (Fig. 5d). The resulting labeling 
scheme is given in Table 1. To introduce partial saturations, we model drainage into 
water-wet ILS using the morphological capillary drainage transform (CDT) [15,16];  
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[a]  [b]  

[c]  [d]  

[e]   [f]  
Figure 5: Integration of pore-typing and micro-porosity assignment and modeling of non-wetting 
phase saturation. [a] 4-phase segmentation into macro-porosity, macro-solid, and two micro-
porosity phases, [b] micro-porosity (n-phase, n=102) segmentation. [c] overlay of 4-phase 
segmentation and porosity maps, [d] combination of porosity field and porosity type to label field 
(202 phases, see Table 1), [e]: non-wetting phase saturation when all macro-porosity connected at 
voxel resolution is invaded and [f]: macro-porosity invaded by simulated capillary drainage at 
invasion radius of rCDT=1.4; slices depict a 1000x1000 voxel cross-section (10.7µm resolution). 
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Table 1: Macro- and micro-porosity classes and associated labelling scheme.  
Major	phases	 Porosity	[%]	 Remarks	 Labels	

Macro-porosity	 100	 Fully	resolved	 1	
Class	1	micro-porosity	 0.5,1.5,…,99.5	 Rims	–	unresolved	 2,3,…,101	
Class	2	micro-porosity	 0.5,1.5,…,99.5	 Non-rims	–	unresolved	 102,103,…,201	
Solid	 0	 Mineral	matrix	 202	
Invaded	macro-porosity	 100	 Modelled	by	CDT	threshold	 203	

 
boundary effects  are avoided by calculating the CDT on a larger 12003 subdomain which 
symmetrically enclosed the 10003 subdomain. The light blue in Fig. 5e highlights macro-
porosity not connected to the 12003 domain boundary through macroporosity. Fig. 5f 
depicts a cross-section of the domain at intermediate water-saturation. Motivated by the 
high porosity of the rims and larger-scale porosity showing on the SEM images we model 
still lower water saturation by desaturating class 1 micro-porosity for the final water-
saturation point. This allows considering saturations below the measured RI inflection 
point (Figure 4b).  
 
FORMATION FACTOR CALCULATIONS 
We solve for electrical conductivity using a Laplace solver previously described in 
[11,12,15,20]. In particular, we use a MPI-parallel conjugate gradient finite element 
method directly on the segmented image (labels given in Table 1) to solve the Laplace 
equation with fixed voltage gradient aligned to the z-axis of the domain. For the 
assignment of voxel-scale electrical conductivity we apply Archie’s law (Eqn. 1) with 
independent cementation factors m1 and m2 for each micro-porosity class. The prefactor a 
in Eqn. (1) is set to 1. Due to a mismatch between imaged porosity (for the full imaged 
core) and experimental porosity, we scale the image porosity of each voxel proportionally 
to its solid fraction, considering an additional porosity of the macro-solid of φm (voxel 
porosity φv (v=micro) is rescaled according to φv’ = φv + φm (1-φv). A value of φm =0.02% 
is in agreement with the difference measured between effective and total porosity. 
Scenarios for the resulting voxel-scale electrical conductivity with fully effective or 
partially disconnected porosity are given in Fig. 6a, while Fig. 6b depicts the respective 
calculations on the 10003 domain for different cementation exponent pairs. Fig. 6b shows 
that without connected background porosity the experimental Formation factor 
measurements cannot be matched. For RI calculations we select reasonable combinations 
of m1-m2 pairs, e.g. the cases (m1 = 1.75, m2 = 2.00), (m1 = m2 = 2), and (m1  = 2.00, m2 
= 1.75) with background porosity φm = 0.02%. 
 
RESISTIVITY INDEX CALCULATIONS 
Consider now the results of RI calculations given in Fig. 7a. Qualitatively there is a good 
match to experiment for the higher saturation range. It is also notable that the 
cementation exponent m1 of the rims has a relatively small effect on RI behavior with m2 
playing a much more important role. This is not surprising given that the relative fraction 
of class 2 micro-porosity is significantly larger than for class 1. However, the inflection  
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[a]  [b]  
Figure 6: [a] Voxel-scale effective conductivity for different cementation factors against original 
porosity-bin values (see Table 1), m=mi (i=1,2): cementation exponent, and [b] resulting 
Formation factor of Indiana limestone, considering both different cementation exponent scenarios 
for each micro-porosity type and connected background porosity; σmicro/σfl=1/F: conductivity via 
Archie’s law normalised to fluid conductivity mi: cementation exponent of class i. 

point of RI is not present for any of the of m1-m2 pairs. The reason for this behavior can 
be found by close inspection of Figure 5d: the bluish color is associated with boundaries 
between the macro-porosity and micro-porosity of class 2 and indicates the presence of 
strong partial volume effects. The latter do not matter significantly in FF calculations 
since neighboring voxels in the macro-porosity offer higher conductivity and there is 
some continuity. However, for increasing depletion of water with increasing non-wetting 
fluid saturation these high-porosity boundary layers offer an effective shortcut for 
electrical current and thus result in artificially low RI values (Fig. 7a). We correct this 
effect by selecting voxels with high porosity of micro-porosity class 2 and set those 
voxels to zero conductivity for the lowest water saturation. This is justified since the 
micro-porosity of class 1 is already non-conducting for that saturation point as it is 
invaded by non-wetting fluid; the voxels to be invaded next are logically the ones on the 

[a]  [b]  
Figure 7: Resistivity Index simulations for different cementation factor pairs and background 
porosity of φm = 0.02%. [a] partial volume effects present (not corrected); [b] partial volume 
effects corrected for the lowest reported water saturation (solid filled symbols corresponding to 
the respective open symbols). 
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surface of micro-porosity regions of class 2, which have an artificially high water 
saturation. Removing those high conductivity values while respecting the non-wetting 
fluid invasion order results in the RI values of Fig. 7b, which exhibits a transition of type 
II in RI behavior according to [5]. Finally, we compare in Fig. 8 the computed RI values 
to the experimental data, resulting in an excellent match to experiment. From this we can 
conclude that an excellent match is possible with the inflection point essentially located 
at the right water saturation value and slopes matched both at high and lower water 
saturation. 

 
 

DISCUSSION 
The above derivation is based on an analysis of a subdomain of the full 1in diameter plug 
and as such still subject to heterogeneity effects at a scale greater than (10.7mm)3, which 
was the sample size considered here. This analysis is ongoing as well as a further 
tightening of model parameters utilizing a registered 8mm diameter sample at higher 
resolution. Here we base our analysis using effective parameters to work with the 
different scales of the sample, but constrain these effective parameters to reasonable 
values both in terms of background porosity (measured) and effective conductivities 
(extracted from sensitivity analysis). High resolution modeling will give additional 
clarity/confirmation on both the argument about the order of fluid invasion of the micro-
porosity by drainage (including for the water-wet case considered here) and the effect of 
partial volume effects, which can be reduced by increasing resolution. Furthermore, 
voxels with strong partial volume effects were located here on the basis of a micro-
porosity cut-off (>50%). While this is a reasonable approach, the set of voxels affected 
can be constrained further by selecting only voxels a distance smaller than √2 away from 
the macro-porosity boundary saturated by the non-wetting fluid which are also part of 
one of the micro-porous regions. An indication of such a filter based on Euclidean 
distance is given in Fig. 9. Visible in Fig. 9 are thin boundaries between the macro-
porosity saturated by the invading fluid and the micro-porous layers, which are treated as 
extra phases. While in Fig. 9a these are combined with the non-wetting phase (since they 
do not contribute to conductivity and thus conductivity calculations are possible on this 
basis) in Fig. 9b these are represented as separate micro-porosity types with an associated 
expansion of the label range by an additional 202 phases. 

Figure 8: Resistivity Index calculations 
compare to experiment for a background 
porosity of φ = 0.02% and the cementation 
exponent pair of m1 = 2.00 and m2 = 1.75 
leading to an excellent match with 
experiment. 
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[a]  [b]  
Figure 9: Illustration of micro-porosity typing including the selection of boundary voxels of the 
invading fluid saturating macro-porosity. [a] labeling using 205 labels (all invaded micro-porosity 
boundary voxels relabeled to same label) and [b] 405 labels (allowing to keep porosity scales 
consistent for convenience). This boundary assignment is a function of invading fluid saturation. 
Without going into detail about the color scheme, the main point to observe here is the boundary 
around the yellow- ([a]) and red-toned ([b]) macroporosity, which is the distinguishing factor to 
Fig. 5. In particular, that boundary is located within the micro-porosity, and does not exist in the 
water-saturated macro-porosity; macro-porosity invaded by simulated capillary drainage at 
invasion radius of rCDT=1.5; slices depict a 1000x1000 voxel cross-section (10.7µm resolution). 

CONCLUSION 
A careful analysis of resistivity index behavior of Indiana limestone was achieved by 
separately considering the properties of two different micro-porosity types, which show a 
distinct behavior in saturation order. This may be thought as being akin to the 
parallel/serial interpretation of ‘type II’ RI behavior [5], but taking into account the 
spatial distribution of these elements. The match to experiment was excellent and 
achieved through sensitivity studies varying both cementation factors of the two micro-
porosity regions and global background porosity (proportional to voxel-scale solid 
fraction). We can draw the following conclusions: 
 
1. The occurrence of partial volume effects has a significant effect on RI calculations 

and if not addressed is giving erroneous results. 
2. The cementation exponent of the majority micro-porosity type (class 2, excluding 

rims) has a significant impact on RI behavior. 
3. Adaption to mixed-wet systems will require a capability to model fluid distributions 

at high resolution over a large field of view. 
4. The previous point may require the introduction of super-resolution techniques for 

resistivity modeling to capture both necessary detail and field of view. 
 
In future work we will extend this analysis to high resolution registered images which 
were used before in other work [22] and consider partially saturated voxels.  
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ABSTRACT 
 
Capillary desaturation experiments are combined with high-resolution micro-tomography 
imaging to understand the impact of wettability on the global and local distribution of 
fluids in the pore space of sandstone outcrops. Small cylindrical rock samples are cored, 
imaged in dry state then successively prepared at irreducible water saturation before steps 
of waterflood. Several samples also go through a wettability alteration phase in order to 
expand the range of wettability conditions: namely, oil-wet to mixed-wet. Waterflooding 
is done at various capillary numbers and injected brine volumes, depending on the case. 
The entire rock is imaged at voxel resolutions of typically 2 or 4 micrometers, to ensure a 
high-quality segmentation. 
Global oil saturation results show how the wettability impacts the shape of capillary 
desaturation curves, in particular the existence of a critical capillary number. In the non-
water-wet experiments, oil saturation is controlled by a large, highly-connected oil cluster 
percolating from the inlet to the outlet of the sample. Such results are important for pore-
scale flow modeling strategy and validation.  We demonstrate that the wettability is not 
always uniformly distributed along the core despite of the use of classical wettability 
alteration protocols, highlighting potential biases in traditional SCAL tests. 
 
INTRODUCTION  
Experimental waterflooding on cores drained with reservoir oil have long been used by 
reservoir engineers, as a key tool to study the impact of capillary forces and viscous 
forces on the amount of oil that remains microscopically trapped in a well-swept porous 
medium [1,2]. This information is essential for the oil and gas industry to design efficient 
production processes as well as EOR techniques that will target mobilization of the 
trapped oil. Most of capillary desaturation studies were carried out on water-wet systems, 
though most of the oil fields are oil-wet to intermediate-wet. Capillary desaturation 
curves (CDC) used to represent the evolution of oil saturation with respect to the 
capillary number (balance of viscous and capillary forces) may greatly vary with the 
system wettability as recently suggested by [3,4]. Pore network characteristics (pore 
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geometry and mineralogy) also appear to have an impact on the shape of the capillary 
desaturation curves.  
For strongly water-wet systems, the residual oil saturation Sorw remains constant in the 
lowermost range of capillary numbers up to a critical number above which oil starts to be 
mobilized with Sorw decreasing. For non-water-wet systems, experimental works reported 
in the literature show a more gradual change of oil saturation with increasing capillary 
number or critical values of these numbers significantly different from the strongly water-
wet case ([3,4,5,6,7]). 
 
CDC are the averaged results of local microscopic processes that take place at the pore 
scale. It is therefore very important to study the oil saturation in a more local manner. 
Experimental biases such as capillary-end-effects, preferential flow pathways, also need 
to be verified to ensure high experimental quality. One technique used by oil companies 
is to obtain saturation profiles using radiographies of the core during the waterflooding 
[8]. Recent advances in X-ray tomography can greatly help us characterize the trapping 
patterns with much higher precision, at the pore scale, at various stages of the capillary 
desaturation process ([9, 10,11,12]). This is achieved by visualizing the distribution of 
fluid phases within the pore space of a small core plug (typically a few mm wide and cm 
long) during stationary stages of a water-based flood. Similarly to what has been done in 
the past with respect to the macroscopic characterization of capillary desaturation curves, 
pore scale investigations using X-ray tomography focused first on strictly water–wet 
cases and only recently results were reported on non-water wet cases, without imaging 
the entire sample [13,14]. 
 
In this work, we carry out capillary desaturation experiments on sandstones at various 
wettability conditions combined with x-ray imaging in order to visualize and analyze the 
trapped oil phase within the pore structure. The entire rock sample is imaged at the end of 
each waterflood (static conditions) at micrometer voxel size to well resolve the pore 
structure. Sub-micron resolution imaging is also carried out to better see details of the 
distribution of fluids according to the wettability.  
The water-wet test is an interesting case to start with in order to compare with literature 
results. We focus on three other experiments for which the rock wettability was altered 
towards an oil-wet system. Our analysis is based on the comparison between water-wet 
and oil-wet cases, from a macroscopic point of view (capillary desaturation curve) to 
local investigation of the trapped oil phase.  
 

 
MATERIALS AND METHODS 
We chose to work on Fontainebleau and Bentheimer sandstone outcrops as they have 
been widely used in petrophysics studies [12]. Their advantage also stands in their pore 
sizes that are large enough for a good quality x-ray imaging. Figure 1 shows region-of-
interest tomographies on both rocks, at very high resolution done on TOTAL’s micro-
tomograph (ZEISS Versa 520T). The main mineralogy difference is the presence of clay 
in the Bentheimer rock. 
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Figure 1: Images of our Fontainebleau (left) and Bentheimer (right) samples obtained from high resolution 
region-of-interest micro-tomography (image resolutions respectively 590 nm and 409 nm/voxel). Pores 
appear dark, grains appear bright. The scale bar indicates 100 µm.  
 
For each experiment, a sample of approximately 4 mm in diameter and 30 mm in length 
is mounted in a microfluidic flow-cell developed at TOTAL. This apparatus constitutes a 
microfluidic Hassler cell that can be positioned on the sample stage of the micro-
tomograph enabling high resolution 3D imaging as well as precisely-controlled 
microfluidic flow of oil or brine at high pressure and temperature (up to 100 bar, 100 °C). 
For the experiments described in this article, the operating conditions were: 20 bars of 
internal pressure, 40 bars confining pressure, 28°C temperature (temperature inside the 
micro-tomograph). 
The wettability alteration is obtained by heating up the sample at 90°C for two weeks, 
following a recipe developed at TOTAL specific to the crude oil used. The temperature 
inside the flow cell is regulated, as well as the pressure of the oil phase, throughout the 
entire time. The flowcell is kept inside the micro-tomograph. A similar technique was 
applied in [3]. 
 
The cell is connected to a microfluidic flow circuit dimensioned for the precise flow of 
crude oil, brine and solvents in pressure and temperature (mainly computer-controlled 
syringe pumps, sensors, valves from CETONI, https://www.cetoni.de/). The flowrates 
used in these experiments ranged between 0.84 µL/min up to 5 mL/min. We also 
designed our flowcell so that we could control the flow circuit while continuously 
acquiring radiographs of the sample and the inlet/outlet tubings. We are therefore able to 
detect the arrival of brine just before it enters the sample in order to measure our dead 
volumes, then detect it as it flows out of the sample to obtain the brine breakthrough 
point. 
Table 1 details the experimental conditions of each experiment analysed in this article. 
The capillary number (Ca) is computed with the injected fluid viscosity, flowrate and 
measured brine/decane or brine/crude oil interfacial tension: Ca=νV/γ. 
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EXPERIMENTAL PROCEDURE 
 
The entire sample, mounted in the flow-cell, is first scanned dry at 2-µm voxel size. We 
then vacuum-saturate it with brine and drain it with oil until Swi is reached (irreducible 
water saturation) at a capillary number of 10-5. See table 1 for details on the fluids used. 
The samples used for the oil-wet experiments are directly oil saturated (Swi=0) before 
going through the wettability change step. We then perform a series of successive 
waterfloods and scans of the entire sample. For the water-wet experiment, the 
waterfloods consist in injecting 1.5 pore volumes (PV) of brine, at increasing flowrates 
(capillary number). The oil-wet experiments differ as, for a given flowrate, we have 
several steps of brine injections, using increasing volumes of brine. Then the flowrate is 
increased, and we again flow at steps of brine volumes.  For example, in the first oil-wet 
experiment, we successively injected 0.24 then 1 then 4 PV of brine, etc.   
 
After each waterflood, we perform a series of tomography to capture the fluid distribution 
in the entire sample. The voxel resolution varies between 2 and 4 µm depending on the 
operational constraints. Over all, flooding steps are never longer than a few hours, 
accelerating to only tens of seconds for the highest flowrates. The scanning time is 
however of the order of 20 hours for a 4-µm voxel resolution image, reaching two days 
for a 2-µm voxel resolution scan. During this waiting time, the internal pressure of the 
flooding phase is regulated using the microfluidic flow system. 
 

 
Table 1 Experimental conditions for the water-wet and the three oil-wet experiments 
 
IMAGE PROCESSING 
The processing of each scan follows a multi-step workflow (see Figure 2) and is done 
using TOTAL’s supercomputer and ANU’s image processing software MANGO 
(https://physics.anu.edu.au/appmaths/capabilities/mango.php). The region of interest is 
extracted from the raw data (3D reconstructed volume) to mask the sleeve around the 
sample and the inlet and outlet tubings. We optimize the masking so that the sample 
volume is almost entirely kept in the processed image.  
We then filter and segment each dataset into two or three phases: oil, brine and grains, 
using a region-growing segmentation method from ANU [15]. Global saturations and 
saturation profiles are obtained from the segmented images. In order to study the pore-
space fluid occupancy and the fluids connectivity, we perform a partitioning step of the 

Rock Porosity Wettability	 Swi Waterflood	steps Oil Brine
Fontainebleau 17% water-wet 18% 1,5PV	injected	at	each	flowrate decane Water+NaI
Bentheimer	
Experiment	1

22% oil-wet 0 flowrate	fixed	(Ca=10-7),	steps	of	brine	injections crude	oil Water+NaCl+CaCl2+KI

Bentheimer	
Experiment	2

22% oil-wet 0 Steps	of	brine	injection	+	flowrate	steps crude	oil Water+NaCl+CaCl2+KI

Bentheimer	
Experiment	3

22% oil-wet 0 Steps	of	brine	injection	+	flowrate	steps crude	oil Water+NaCl+CaCl2+KI
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pore space to identify individual pores, and a partitioning of the oil phase to identify 
disconnected oil clusters.  

     

 
Figure 2: Processing workflow from the raw 3D image to local analysis of fluids distribution in the pore 
space. The third panel shows only the oil voxels in the image, color-coding each connected ganglion of oil. 
Similarly, each individual pore is assigned a given label (color) in the pore-space partitioning phase based 
on geometrical analysis (right-end panel). 
 

 
RESULTS 
 
Evolution of the oil saturation, at the sample level 
 
Our first experiment, in water-wet conditions, constitutes a unique dataset at the pore 
scale level, as seven steps of waterfloods were realised and fully imaged at a voxel 
resolution of 2 µm. Figure 3 shows the evolution of the global oil saturation with respect 
to the capillary number. Oil saturation is simply obtained by counting the voxels assigned 
to the oil phase during the segmentation step of the processing. We normalised the Sor 
value by the Sor* (=38%), saturation obtained after the first waterflood. The agreement 
with the literature is excellent: plateau of saturation before a critical capillary number of 
3.10-5. 
 
Oil saturation profiles along the sample length are interesting illustrations of the 
complexity of the untrapping and trapping of oil at the pore scale. Figure 4 shows three 
profiles, one at the end of the saturation plateau (blue), and two as the oil saturation 
significantly decreases. The smoothed curves were obtained in two steps. First we 
computed the porosity Representative Elementary Volume [13] from the dry image: 3 
mm3. Then we smoothed the saturation profiles with a moving average using a distance 
equal to the REV divided by the sample surface area. Imaging the entire sample enables 
to detect if some regions of the rock are affected by boundary effects, and if saturations 
should be computed in a restricted volume only.  
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Figure 3 Capillary desaturation curves for the water-wet Fontainebleau experiment, compared to Chatzis 
and Morrow [1]. Oil saturation is normalised by saturation after the first waterflood. Right: section of the 
imaged volume at Swi (82%), corresponding to the entire sample diameter (2µm/voxel). 
 

  
Figure 4 also shows an image from the reconstructed volume extracted in the middle 
plane, as well as a zoom on a few pores to illustrate the local distribution of oil and brine: 
the curvature of the oil/brine interface clearly indicates a water-wet system. This image 
also shows that the trapped oil can be disconnected in drops in the pore matrix. 
 

 
 

Figure 4 Evolution of the oil saturation along the sample length. The bottom image shows an image 
extracted in the middle plane of the sample. The right-side image shows the local distribution of fluids, in a 
water-wet case obtained by imaging at 800 nm/voxel.  
 
We now focus on the first oil-wet experiment with a macroscopic view of the oil 
saturation evolution, with respect to the injected brine volume (Figure 5). Oil recovery 
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increases rapidly at start of the waterflood (though less than in the water-wet case), with 
40% of the oil mobilised in less than 2 PV injected. As we continue injecting, the oil 
saturation continues to drop but much more slowly, without any sign of stabilization. 
This slower regime could correspond to the thinning of oil layers along the grains which 
are visible on the image of figure 5. Note also the curvature of the brine-oil interface and 
the presence of brine droplets in pores, illustrating that the sample is oil-wet. 
 
The capillary desaturation curves of the oil-wet experiments are presented in Figure 6. 
The different data points for a given capillary number correspond to the several injections 
at increasing volumes of brine. The graph should therefore be read from left to right and 
top to bottom when applicable. In the third experiment, we were able to detect the 
breakthrough point (second data point of the graph). The saturation computed 
numerically (voxel count) compared very well with the injected brine volume.  
 

 

  
 
Figure 5 Evolution of oil saturation with respect to the injected brine volume, in the first oil-wet 
experiment. The right-side image was obtained from a scan of the sample after the last waterflood, at 800 
nm/voxel resolution. 
 
The second experiment displays a continuous decrease without a critical capillary number. 
In the third test, the oil saturation steadily decreases until it stabilizes when Ca=10-5 to 10-

4 before a significant drop down to 20%. Note on the inset of figure 6 that we reach very 
large quantities of injected brine due to the successive waterfloods.  
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Figure 6 Capillary desaturation curves for the oil-wet experiments (Bentheimer rock). Inset: oil saturation 
versus the cumulative volume of injected brine. 
 
Though similar wettability change techniques were used between the three experiments, 
the recovery is much higher for the third test: 28% at Ca=10-5 compared to just above 40% 
in the second test. 
 
Connectivity of the oil phase 
 
We now focus on the connectivity of the oil phase by processing the segmented data 
further. Two oil voxels are considered connected if they are in contact through faces, 
vertices, or edges (26 degrees of connectivity). In figure 7, we visualize the oil 
connectivity by looking only at the oil phase and color-labelling each independent oil 
cluster. Three steps of the water-wet Fontainebleau experiment and the first oil-wet 
experiment are illustrated.  In the Fontainebleau test, we observe a lot of oil 
fragmentation due to snap off events in the constrictions of the pore space [16]. From the 
first waterflood (<1 PV injected) to the fourth one (at the critical capillary number), the 
18000 blobs of oil fragment into 59000 clusters. The largest blob corresponds to 0.3 % of 
the oil in place. In the first oil wet experiment, represented in the lower row, the oil stays 
highly connected within a cluster percolating from the inlet to the outlet of the core. Note 
also the shape of the oil blobs: for the water-wet rock, oil blobs have rounded borders as 
they are surrounded by brine in the pores. In the second case, the oil is in contact with the 
grains, giving them rougher borders. 
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Figure 7 Evolution of the connectivity of the oil phase depending on the wettability and the rock. The same 
slice extracted from the imaged volume is displayed after each waterflood. Brine and grain voxels are black. 
Each group of connected oil voxels, constituting an oil blob, is identified by a colored label. In the water-
wet case, oil gets more and more disconnected, contrary to the oil-wet case. OIP=oil in place. 
 
As shown in Figure 7, it is interesting to follow the proportion of oil contained in the 
largest oil cluster for all desaturation experiments. Its evolution, waterflood after 
waterflood and for the four experiments is plotted in figure 8.Three trends can be 
observed. When the rock is water-wet, talking about a largest cluster is meaningless as it 
only counts for a few percent of the trapped oil, after the second waterflood. On the 
contrary, in the oil-wet experiments the largest cluster, after six waterfloods, still contains 
more than 80% of the remaining oil in place (see also Figure 4). An intermediate 
behavior is found for the two other oil-wet experiments. We observe a large connected 
cluster at the beginning of the desaturation that gets fragmented into clusters counting for 
a few percent of the oil in place. As explained before, we maximize our chances of 
considering two voxels connected as we take into account contact between vertices. 
Nevertheless, noisy images and resolution limit could lead to disconnected segmented 
voxels that are actually connecting. We looked at the second biggest cluster present in the 
second oil-wet experiment. The only significant change is obtained for the data point at 
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229 PV as seen on the inset of Figure 8. We can therefore confirm the change of regime 
towards a more fragmented trapped oil.  
 

 
 

Figure 8 Oil contained in the largest oil cluster present after each waterflood step, in percentage. WW: 
water-wet, OW: oil-wet. 

 
The critical behaviour of the largest cluster size occurs at macroscopic capillary numbers 
of 10-7 in the water-wet experiment, 10-6 in the third oil-wet experiment, and 10-5 in the 
second oil-wet experiment. 
 
Oil-wet experiments 1, 2 and 3 were all performed using the same wettability change 
protocol. We confirmed the wettability change, as explained earlier, by tracking the 
curvature sign of the oil/brine interface. However the differences observed between the 
three CDC as well as the differences in connectivity behaviour led us to revisit the “raw” 
data: the imaged volumes. We navigated through the thousands of images waterflood by 
waterflood and were able to find images in which the distribution of fluids changes 
completely from a pore to the next one, as illustrated in Figure 9.  Curvature of the 
oil/brine interface changes sign at very small distance. We couldn’t find similar images in 
the first oil-wet experiment, which we consider more uniformly oil-wet. It is also worth 
noting that these results are not due to a change of wettability over time though large 
quantities of brine were injected, during long experiments.  An automatic contact angle 
measurement tool would be useful to quantify the wettability heterogeneity in terms of 
location and difference in angle value, to explain why the recovery of the third 
experiment is better despite an earlier loss of connectivity of the oil phase. 
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Figure 9 Slices extracted from oil-wet experiments 2 and 3 in which the curvature of oil blobs changes sign 
from one pore to the next. Similarly, oil can be seen in the middle of a pore, surrounded by brine (water-
wet like), as well as along pore grains (oil-wet like). 
 
CONCLUSION  
 
In this work, a series of capillary desaturation experiments was conducted on sandstone 
outcrops and combined with x-ray microtomography imaging of the entire rock samples 
to capture the distribution of oil and brine in each pore, at each waterflood step. 
Wettability was altered from water-wet towards oil-wet by leaving the sample saturated 
with reservoir oil, at high temperature for two weeks. One sample was left water-wet. A 
detailed analysis of the trapped oil phase and through its connectivity highlights large 
differences of fluid behavior depending on the wettability. In oil-wet experiments, the 
trapped oil remains highly connected, and loss of connectivity seems to be a clear 
indicator of water-wettability. Differences between all three oil-wet desaturation 
experiments show the difficulty to reproduce experiments involving wettability changes. 
We also demonstrate that traditional wettability-change methods may not lead to a 
homogeneous change everywhere in the pore space. All the highlighted microscopic 
signatures of wettability lead to capillary desaturation curves that greatly vary between 
water-wet and oil-wet sandstones. Quantitative measurements of contact angles, at the 
pore scale, will be very useful to further detail our analysis of these unique datasets, in 
particular to understand the heterogeneous distribution of wettability.  
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ABSTRACT 
Elastic moduli are amongst the most important parameters to assess the shale plays and to 
instruct the hydraulic fracturing. However, due to extremely high brittleness of shale and 
very limited samples available, the conventional methods used to obtain elastic properties, 
such as uni-axial or tri-axial compression tests, often generate early breaking of shale 
samples, which leaves significant uncertainties on accurate evaluation of the elastic 
properties of shale samples. In this project, a new workflow to estimate the elastic moduli 
of shale samples is established with the aid of scanning electron microscopy (SEM) and 
numerical methods. A 2D mineralogical map of the external surface of a shale sample is 
obtained by Energy-dispersive X-ray spectra (EDS), from which not only the volumetric 
fraction but also the spatial correlation of each minerals is displayed. Finite element 
methods (FEM) are applied to this mineralogical map to simulate compression tests based 
on the principle of least elastic potential energy. Taking advantage of the flexibility of 
this simulation, anisotropy and other represented from the mineral map are also presented 
to clarify some aspects of the controversial debate on the representative volume of this 
work flow associated with its microscopic scale, and the potential upscale of the elastic 
properties from microscopic scale to core analysis scale. Also presented in this work are 
comparisons of the calculated elastic properties with some existing models that evaluate 
the effective moduli at macroscopic scales. 
 
INTRODUCTION 
Elastic moduli are important in the seismic exploration for shale gas, while at the same 
time and understanding of brittleness is crucial in finding sweet points for fracturing. 
Empirically the Young’s modulus is positively related to brittleness. Thus, rock 
physicists are keen to measure elastic moduli of shale samples in order to determine 
Young’s modulus. For conventional reservoir rocks, stress-strain experiments can be 
conducted. In contrast, core samples from promising shale gas reservoirs are usually too 
brittle for experimental studies. In addition, many shale gas reservoirs in China are deep, 
e.g. >2000 m, some even >4000 m. Drilling in such areas is extremely difficult and 
expensive, and well cores are precious. 
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Thanks to the development of scanning electron microscope (SEM), rock samples can be 
digitalized for virtual experiments without damaging the cores, i.e. digital core technique. 
This is potentially helpful for brittle shale. In most of the current studies, a core image is 
simply divided into pores and matrix (binary segmentation). This may be sufficient for 
sandstone, but mineral contents of shale are complicated and very significant. As a 
common example, the quartz-clay ratio largely determines shale brittleness. Thus, multi-
phase segmentation is necessary. 
 
There is always a concern on how a digital rock model based on images at the micron or 
millimetre scale can represent strata that are centimetre to metres in thickness. The key is 
to determine a representative size for the study purpose. Here we provide an analysis 
scheme and show the preliminary results of elastic properties of a shale sample that was 
generated by segmenting a pseudo-colour mineral map into multiple phases and 
simulating with finite-element method (FEM). The issue of defining a representative size 
is also investigated. 
 
THEORY AND METHODS 
In SEM, an incident electron beam stimulates energy-level transition of electrons of the 
atoms on a sample surface that results in the emission of characteristic X-rays. The 
analysis of the X-ray spectra yields elemental abundances, that in turn are transformed 
into mineral abundances. Applying this procedure on a point by point basis, a pseudo-
colour mineral map was produced. 
 
Instead of binary segmentation, we segmented a rock image into multiple phases: pores 
and minerals with larger volume fraction. Then the elastic properties are simulated by 
solving Hooke’s law using a FEM scheme by Garboczi (1998). The principle is that the 
final elastic displacement under applied stress is such that the total energy stored is 
minimized, i.e.: 
 
                                                       !!!

!!!
= 0,                                                 (1) 

 
where En is elastic potential energy and um is elastic displacement at the m’th element.  
We have 

                                          𝐸! =
!
!

𝜀 ∙ 𝐶 ∙ 𝜀 𝑑𝑥𝑑𝑦𝑑𝑧,                             (2) 

where 𝜀 and 𝐶 are the strain vector and elastic tensor at this element, respectively. By 
applying an initial stress, the strain and stress distribution at all the elements can be 
solved using an iterative approach. The effective elastic moduli can then be calculated. 
 
In our application, the rock image is 2D and an element is a pixel of a single mineral. 

Isotropy is assumed at each pixel, so that 𝐶 can be calculated from the elastic moduli of 
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the mineral. Considering the relation among elastic moduli, any pair of moduli can be 
used, e.g., Young’s modulus (E) and Poisson’s ratio (ν), or bulk and shear moduli. 
 
EXAMPLES AND RESULTS 
The sample is black shale of upper Ordovician, acquired at a depth about 4400 m in a 
research well for shale gas prospecting in southeast rim of Sichuan Basin, China. 
Preliminary well logging and laboratory studies have been conducted. Well logs show 
relatively high fraction of total organic carbon (TOC), high brittleness index (BI), and 
low porosity (ϕ) at the stratum of the sample, namely SL5. Laboratory measurement 
gives a TOC fraction comparable to that in the well log. Table 1 compares the properties 
obtained from well logging (“log”) and laboratory experiments (“lab”). 
 

Table 1. Rock properties of the SL5 sample 

 ρ 
(g/cm3) 

TOC 
(wt.%) 

BI 
(%) 

ϕ 
(%) 

E 
(GPa) ν Total gas 

content 

logging – 2.33 44.2 4.3 40.61 0.22 2.56 

lab 2.645 2.27 – – – – 3.13 
 
Elastic properties (BI, ϕ, E, ν) are not measured in laboratory because the SL5 sample is 
too brittle for stress-strain experiment. In fact, only one stratum, SL3, in the entire well 
has laboratory results of elastic moduli. The SL3 is about 9 m below SL5, with Elab = 33 
GPa and νlab = 0.195. For comparison, Elog = 40.26 GPa and νlog = 0.21 at SL3. 
Nevertheless, Elab is obviously lower than Elog, implying that the SL3 sample has already 
been damaged due to brittleness before the experiment. 
 
The SL5 sample is grinded and argon-ion polished before mounted into our SEM for 
back-scattering electron (BSE) images and mineral map. Figure 1 shows the sample 
before and after pre-processing. 
 

    
 
Figure 1.  Photos of the SL5 sample, cylinder diameter 2.5 cm. Left to right: top view before pre-
processing, side view before pre-processing, top view after pre-processing, side view after pre-processing. 
 
BSE images of the sample have been produced at field of view (FOV) ranging from 4882 
to 14.22 µm2 and resolution from 238.3 to 6.93 nm/pixel. Different types of pores can be 
observed: micro-fractures, inter-particle pores among clay minerals, intra-particle pores 
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in matrix grains, and organic pores. The numerous nano-scale pores greatly increase the 
adsorption area of methane molecules. 
 
In general, grey shade in a BSE image is positively correlated to material density, which 
can be used for image segmentation. The ϕ and vol.% of kerogen are evaluated by 
counting “black” and “dark grey” pixels, respectively. We find that vol.% of kerogen are 
similar, about 2.2%, for images with FOV >1702 µm2, indicating that the sample can be 
regarded homogeneous at this extent, namely the representative size. That is, as long as 
the studying area is larger than this, the results can adequately represent the whole sample. 
  

    
 
Figure 2. A pseudo-colour mineral map of the SL5 sample (left) and the mineral contents (right), using FEI 
QEMScan 650F, electron beam voltage 15 kV, FOV 1971×1977 µm2, resolution 1 µm/pixel. 
 
A limitation of BSE images is that various matrix minerals of shale with similar densities 
cannot be satisfactorily resolved. The pseudo-colour mineral map based on elemental 
spectra provides a way to separate the different minerals (Figure 2). The mineral map was 
then segmented into ten phases, the nine most abundant minerals with vol.% > 1% and 
pores. The rest minerals occupy 2.55% of the volume and are assumed to be pores. 
Considering the vol.% of kerogen in the BSE images, this assumption is reasonable. 
Table 2 lists the properties of the phases. 
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Table 2.  Properties of the segmentation phases for Figure 2 
Phase 
No. 1 2 3 4 5 6 7 8 9 0 

Mineral Quartz Illite Albite Biotite Chlorite Pyrite Calcite Muscovite K-feldspar Pores 
ρ (g/cm3) 2.65 2.42 2.63 3.05 2.54 4.93 2.70 2.79 2.56 1.04 

E (GPa) 94.5 38.6 69.0 33.8 118.5 305.
9 81.6 77.4 72.1 0 

ν 0.07 0.24 0.35 0.36 0.25 0.15 0.29 0.25 0.28 0 
Note:   (1) Property data according to Mavko et al (2009), Mookherjee and Mainprice (2014). 
(2) Pore density is calculated so that the density of whole image is 2.645 g/cm3 as measured. 
 
Figure 3 shows the segmentation with pores. Considering the representative size, a part of 
6002 µm2 (see Figure 3) is used for FEM computing. Two cases of initial strain (ε) are 
tested: (1) stretching in x direction (εxx = 5‰, εyy = –0.35‰, εxy = 5‰), and (2) stretching 
in y direction (εxx = –0.35‰, εyy = 5‰, εxy = 5‰). Figure 4 compares the final stress (σ) 
distributions of the two cases. Stress concentration can be observed in the vicinity of 
pores. The calculated Young’s moduli are 62.3 and 62.5 GPa, respectively; the calculated 
Poisson’s ratios are 0.200 and 0.195, respectively. The results demonstrate isotropy of the 
sample. 
 

 
 
Figure 3. Segmentation and studying areas for FEM computing. White for pores, the other colours are the 
same as in Figure 2. Red and black boxes mark the 6002 and 12002 µm2 areas, respectively. 
 
In Figure 2, vol.% of kerogen and ϕ are seriously underestimated compared to well log 
data and statistics on BSE images. The causes include: (1) most pores and kerogen areas 
are smaller than 1 µm, as shown in BSE images, e.g., organic pores; (2) voltage of the 
electron beam to produce the mineral map (15 kV) is higher than that for BSE images (10 
kV), so that thin kerogen areas on the sample surface becomes transparent. Therefore, it 
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is important to combine different data types at different scales for comprehensive studies 
and reliable results. 
 
The calculated Poisson’s ratios all compare well with that in the well log. However, the 
calculated Young’s moduli are systematically larger. This is possibly due to the scale of 
in situ fractures and high confining pressure in the original stratum; in addition, the 
measuring scales are different for well logging and laboratory studies. 
 
Aware of the limitation of 2D simulation, our studies and results are preliminary. Further 
studies will focus on 3D modelling, e.g., how to reliably and effectively segment the 
matrix minerals of shale in 3D BSE images, and most importantly, how to represent a 
stratum with tiny digital rock models. 
 

     

     
Figure 4. Final σ distributions of the two cases for the 6002 µm2 area in Figure 3. Columns: σxx (left) and 
σyy (right); rows: initial stretching in x (upper) and y (lower) directions. Colour-scale unit GPa. 
 
CONCLUSION 
Using a pseudo-colour mineral map produced by SEM and a FEM computing scheme, 
virtual stress-strain experiments can be conducted on a brittle shale sample, to which the 
laboratory experiment is not applicable. The key to proper elastic simulation of shale is 
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multi-phase segmentation instead of binary segmentation. By analysing a certain property 
(e.g., we use vol.% of kerogen) varying with image size, a representative size can be 
determined for the whole sample. Combining these techniques, the calculated Young’s 
modulus and Poisson’s ratio are reasonable and comparable to well log data. 
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ABSTRACT 
Oil and gas reserve estimates based on measurements by downhole electrical tools 
require input data such as the cementation factor m and saturation exponent n obtained 
from core measurements in the laboratory. Thus, the quality of both the laboratory 
measurement and downhole measurement determines the overall uncertainty of the data 
interpretation. The uncertainty associated with the laboratory measurement can be 
minimized by designing an adequate special core analysis (SCAL) program and taking 
care of quality assurance. 
There are several parameters to be controlled to ensure good data quality during a porous 
plate test with resistivity measurements, such as representative applied net confining 
stress, equilibrium criteria, corrections of sleeve conformance and brine squeeze off, pore 
volume compressibility, resistance contribution of the porous plate, excess of 
conductivity due to clay, temperature variation, or even saturation derived from the 
material balance. Moreover, comprehensive quality control of these tests requires 
knowledge of rock characteristics, such as mineral composition and routine core analysis 
data. 
This paper presents a description of the porous plate experiment combined with 
measurement of the rock resistivity at capillary equilibrium. A sensitivity analysis of the 
resistivity measurement with respect to the various parameters evaluates the degree of 
impact on the cementation factor and the saturation exponent. Some parameters have a 
small effect on data quality whereas others can lead to significant error in the calculation 
of the Archie’s exponents m and n. Precautions are necessary in the laboratory to obtain 
good data quality and avoid large errors in water saturation calculated from electrical 
logging techniques.  

INTRODUCTION 

It is well known that resistivity logs are crucial in formation evaluation because they 
allow estimating the oil and gas reserves. Regardless of the complexity of the reservoir, 
the Archie approach [1] is always used to calculate the water saturation Sw. From the 
Archie equation, the resistivity of the brine can be obtained using field samples. The 
reservoir resistivity is measured by the logging tool, generally using a deep-reading 
resistivity from laterolog, and porosity is measured downhole using density, neutron, 
and/or sonic tools. The Archie parameters, known as lithology factor a, cementation 
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factor m, and saturation exponent n are determined in the laboratory. The resistivity logs 
must be calibrated according to the laboratory measurements. In the laboratory, the 
Archie parameters are generally determined during a porous plate resistivity test.  
In this work, a resistivity porous plate test was performed on a rock sample containing 
some amount of clays. The primary drainage capillary pressure test was performed with 
brine and humidified nitrogen. A two-electrode configuration was used to conduct a 
multiple salinity Co-Cw (conductivity of the 100% brine-filled rock Co versus 
conductivity of the brine Cw) test and tests of resistivity index (RI) at capillary pressure 
(Pc) equilibrium, (Pc-RI). Finally, the Dean-Stark irreducible water saturation Swi value 
was compared to the Swi value obtained at the end of the porous plate test from material 
balance.  
This paper discusses the theoretical background behind the test, describes the 
experimental protocol, and then provides tips for achieving accurate results from the test.  

BACKGROUND 
To derive the water saturation Sw from electrical logs in siliciclastic reservoirs free of 
clay, the second Archie’s equation is used: 

n
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⎟
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     Eq. 1 

The lithology factor a (taken equal to 1 here), the cementation factor m and the saturation 
exponent n are determined in the laboratory on representative core plugs. The formation 
factor FF and the cementation factor m are first calculated after measuring the 100% 
brine-saturated rock Ro and formation brine resistivity Rw using the following Archie’s 
equation: 
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Then, measuring the resistivity Rt of the sample at different saturations, the saturation 
exponent n can be obtained using the second Archie’s (Equation 1): 

( )
( ) ( )

Rtlog
Rlog RI on= - = -

log S log Sw w

⎛ ⎞
⎜ ⎟
⎝ ⎠     Eq. 3 

In Equation 3, RI is the resistivity index. When plotted against Sw on a log-log scale, it 
generally leads to a linear trendline that can be fitted with a power law, the power 
coefficient being the saturation exponent n (-n to be more precise).  

In the laboratory, the porous plate desaturation method is generally the preferred method 
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for obtaining the saturation exponent n because it allows determining both capillary 
pressure Pc and resistivity at capillary equilibrium (Pc-RI). Nevertheless, the continuous 
injection method (CI) with resistivity monitoring also provide a reliable saturation 
exponent n while measuring resistivity under pseudo-equilibrium [2], but cannot 
determine equilibrium Pc versus Sw relationship. 
To correct for the excess conductivity in case of presence of clay minerals, the CEC is 
measured using wet chemistry (destructive method) or by a multiple salinity Co-Cw test 
(non-destructive method). It is preferred to measure Co-Cw on the same plug that will be 
later used to measure porous plate Pc and resistivity. The resistivity of the sample has 
been measured using four different brines of known conductivities (brine salinity > 50 
kppm). 
The Waxman-Smits [3] method is then used to correct Equation 2. It results in an 
intrinsic cementation factor m* (Equation 4): 

 
( )
( )

( )( )
( )

v wlog FF 1+BQ Rlog FF*
m*= - = -

log logφ φ  Eq. 4  

The BQv value is obtained from the Co-Cw plot, using the ratio between the intercept and 
slope of the linear fit from the four Co-Cw points. 
If required, the cation mobility factor B can be calculated from the Juhasz equation [4]: 

( )
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   Eq. 5 

Then, Qv (normalized CEC) can be calculated from the graphically determined BQv 
value. 
Equation 3 is also corrected to obtain the intrinsic saturation exponent n*: 

 
( )

1
log

1

*
log

v w

w

v w

w

BQ R
SRI

BQ R

n
S

⎛ ⎞⎛ ⎞+⎜ ⎟⎜ ⎟
⎜ ⎟⎜ ⎟

+⎜ ⎟⎜ ⎟
⎜ ⎟⎜ ⎟⎝ ⎠⎝ ⎠= −   Eq. 6 

It is preferred to plot the corrected resistivity index RI* versus water saturation Sw on log-
log scale, using the following equation: 
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A temperature correction needs to be applied to ensure all resistivity values are reported 
at same standard temperature T2. Because the temperature in the laboratory can vary, 
Arps’ equation [5] for temperature correction (in oC) is applied: 

⎟
⎟

⎠

⎞

⎜
⎜

⎝

⎛

+

+
= 5.212T

5.211T
1R2R      Eq. 8 

EXPERIMENTAL PROTOCOL AND RESULTS 
One sandstone sample, S1, was selected for the porous plate resistivity test. The selection 
of this sample was driven by the XRD analysis results and CT images. The sample 
contained clay (overall clay content from XRD was 3% illite/smectite, 3% illite+mica, 
1% kaolinite, and 1% chlorite, for a total clay content of 8%) and was free of fractures or 
large vugs. Correction of the excess conductivity from clay was required, and the 
multiple salinity Co-Cw test was then performed prior desaturating the sample during the 
nitrogen-brine porous plate resistivity test. Without correction, the cementation factor m 
and the saturation exponent n would have been found to be too low, leading to an 
overestimation of the oil or gas saturation if CEC correction is not applied. 

Before measuring the routine core analysis properties (RCA), sample S1 was first cleaned 
using cool Soxhlet cleaning and dried in humidity oven (60oC, 40% relative humidity) to 
avoid dehydrating and damaging the clays. It is crucial to ensure the rock is initially 
water-wet, so cleaning is necessary for obtaining representative data quality results [6]. 
Porosity and permeability were measured at net confining stress (NCS) of 5,000 psi 
following the protocol detailed in [7]. RCA properties are reported in Table 1: 

ID L (cm) D (cm) φ (frac.) PV (cc) ρg (g/cc) Kg (mD) Kkl (mD) 

S1 5.181 3.81 0.194 11.46 2.66 80.1 78.5 

Table 1: RCA properties for sample S1 
The sample was first evacuated under vacuum then hydrostatically saturated with a 160 
kppm NaCl brine under a pressure of 3,000 psi. The porosity by weight was compared to 
the ambient helium porosity obtained during the grain volume measurement (< ±2% 
difference). It is also important when loading the sample in the resistivity cell at net 
confining stress to correct for the “squeeze off” effect due to the extra surface water and 
the pore volume compressibility.  
Three additional brines of different salinity were then prepared to perform the multiple 
salinity Co-Cw test. The sample was loaded in a two-electrode resistivity cell to monitor 
the change of resistivity during the replacement of one brine by another. A net confining 
stress of 5,000 psi was applied. Both brine and 100% brine-filled rock conductivities at 
ionic equilibrium conditions were calculated at 20oC, using Eq. 8.  
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Figure 1: Co-Cw plot at 20oC and at 5,000 psi of NCS 

Using Equation 4, the intrinsic cementation factor m* was found to be equal to 2.16 
whereas the uncorrected cementation factor m was 1.98 (BQv=2.626 mho cm2/cc from 
Figure 1). 

Porous plate test design is then important for the determination of the capillary pressure 
Pc, less for the resistivity measurements as mentioned in [8]. Because there was no 
mercury injection capillary pressure (MICP) data available for this sample, the core 
analysis software CYDAR was used to determine the Pc steps and to obtain an estimate 
of the experimental duration. Seven Pc steps were planned. The entry capillary pressure 
Pce was estimated using Equation 9: 

 
4.617 cos

ce eP J
K
σ θ

φ

=   Eq. 9 

with Je the entry Leverett J function (0.15 for sandstone rocks) [9], σ the air/brine 
interfacial tension (72 dyne/cm), and θ the contact angle (0o). The calculated Pce was 
found to be equal to 2.5 psi, explaining the choice of the first Pc step at 2 psi. 

 
Figure 2: Capillary pressure curves on log-log scale (A) and linear scale (B) 

Figure 2 shows the log-log Pc curve (A). The regression curve is used to fit the Pc curve 
in (B), using Corey’s model. From (A), the Pce is estimated at 0.49 psi, the pore size 
distribution index λ from the Corey’s equation is equal to 0.26 (λ=1/slope coefficient).  

B A 
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During the Pc-RI test, the water saturation Sw was calculated by recording the water 
volume produced in a burette. Since this test is time consuming, a layer of oil was added 
above the water in the burette to avoid water evaporation and Sw overestimation. 

Note that the phase angle ϕ can increase when the water saturation decreases (in this 
study, from -0.1o at 100% Sw to -1.84o at Swi). Our acceptance criterion was ±2o 
maximum. A correction for the phase angle shift should be performed if an impedance 
meter is used. 
The applied frequency for running the test should be set according to the lowest measured 
phase angle (generally above 1 KHz). The frequency could also be set at a frequency 
applied downhole by the electrical tools (20 KHz was applied to match the frequency of 
the induction tool in this study). The homogeneity of the sample is then crucial, as the 
resistivity response can be affected by the frequency if the rock is heterogeneous [10].  

Another correction sometimes neglected is the correction for the additional resistance 
from the porous plate during the resistivity Pc-RI test using the two-electrode 
configuration. Especially for highly conductive and short rocks containing clays, the 
porous plate resistance or resistivity can be significant. In this study, the presence of the 
porous plate contributed for an additional resistance δr of 25.9 ohms at the reference 
temperature of 20oC. This resistance was subtracted from the resistance values measured 
during the porous plate test, assuming the porous plate resistance does not change during 
the test. 
Figure 3 shows the acquired raw data, water production and resistance (A), and the CEC 
uncorrected and corrected resistivity index curves (B):  

 
Figure 3: Brine production in blue and raw resistance versus time in red (A) and CEC 

uncorrected RI vs CEC corrected RI* curves (B) 
For this study, the production criterion for equilibrium was 0.5% PV change for 24 hours.  
Using Equation 6, the intrinsic saturation exponent n* was found to be equal to 2.01 
whereas the uncorrected saturation exponent n was 1.63.  

The irreducible water from the sample was then extracted using the Dean-Stark (DS) 
method. DS Swi was observed to be higher than the Swi from the porous plate test. The 
discrepancy is most likely related to the presence of clay-bound water, extracted during 
the DS process, but not considered when measuring the RCA PV and φ. A NMR T1T2 

B A 
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map at Swi would confirm if the extra volume produced during DS extraction was from 
clay-bound water. 

It is important to note that all measured resistances have been converted to a reference 
temperature of 20oC and subtracted for the excess resistance δr before calculating the 
resistivity index in Figure 3 (B). The influence of incorrected CEC, additional porous 
plate resistance and temperature on Sw calculation are discussed in the following section. 

SENSITIVITY ANALYSIS AND KEY CONSIDERATIONS 
A sensitivity analysis to incorrected CEC, additional resistance δr and temperature was 
performed to assess the influence of these three parameters on the final water saturation 
Sw calculation. It is assumed that the porosity φ, brine resistivity Rw (0.13 ohm.m), and 
water production Vw were correctly determined. The cementation factor m and m* were 
obtained during the Co-Cw test: the data were converted to the reference temperature of 
20oC without extra resistance δr correction because this test is always performed without 
porous plate. The sensitivity analysis results are detailed in Table 2: 

Raw 

Number 

CEC  

corrected 

δr  

corrected 

ToC  

corrected 

m, m* n, n* Rt 

(ohm.m) 

Sw 

(%) 

Error ε 

 (%) 

1 YES YES YES 2.16 2.01 30.0 38.9 --- 

2 YES NO YES 2.16 2.04 30.0 39.4 +0.5 

3 YES NO NO 2.16 1.96 30.0 38.0 -0.9 

4 YES YES NO 2.16 1.94 30.0 37.6 -1.3 

5 NO YES YES 1.98 1.63 30.0 26.0 -12.9 

6 NO NO YES 1.98 1.66 30.0 26.7 -12.2 

7 NO YES NO 1.98 1.56 30.0 24.5 -14.4 

8 NO NO NO 1.98 1.57 30.0 24.7 -14.2 

Table 2: Sensitivity analysis summary 
The derived Sw is calculated using Equation 1. As example, a Rt value of 30.0 ohm.m was 
taken to calculate the saturation Sw. The errors ε on Sw are relative to the true result in raw 
number 1 in bold. 
a) CEC corrected (raw 1-4): Table 2 shows that the sensitivity to lab temperature 
variation and δr for Sw calculation was low if resistivity is corrected for CEC. A 
maximum absolute error ε of 1.3% was obtained if the data are not corrected for 
temperature only.  

b) CEC incorrected (raw 5-8): not correcting resistivity for CEC leads to significant error 
on Sw. A maximum absolute error ε of 14.4% was obtained if the data are also not 
corrected for temperature. 
To summarize, it is obviously highly recommended to apply all corrections to minimize 
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the errors and ensure the best estimate of oil or gas reserves obtained from logs.  
Recommendations for improved laboratory data quality are listed in Table 3: 
Parameter Comments 
Rock characteristics 
Rock integrity It is preferable to select homogeneous cores, using computerized 

tomography (CT) images. The rock must be representative of the reservoir 
lithology.  

Clay content and 
type/structure 

The presence or absence of clay is of importance in core cleaning/drying 
and in determining the Archie’s exponents. The cation exchange capacity 
(CEC) is measured to correct for excess conductivity in the presence of clay 
minerals. 

Preparation and prerequisites 
Salinity test for BQv 
determination 

A multiple salinity Co-Cw test must be performed if there is significant clay 
content. 

Cleaning/drying Appropriate cleaning/drying, especially for samples containing clays, is 
necessary. 

Porosity comparison The porosity by weight method should be comparable to the ambient 
helium porosity (±2% difference). 

Porosity and 
permeability data 

Porosity and permeability at net confining stress (NCS) should be available. 
The measured base petrophysical properties help in designing an adequate 
experimental protocol. Obtaining mercury injection capillary pressure 
(MICP) data results before starting a porous plate test is recommended. 

NMR T2 NMR T2 could be measured both before and after the porous plate 
resistivity test for comparison of the porosity and Swi values. T1T2 fluid 
mapping can also be helpful to assess the amount of clay-bound water 

Equipment setup The porous plate method is recommended for obtaining uniform saturation 
profiles. Appropriate porous plate must be selected; ceramic discs with 
different air-brine entry pressures are available. The addition of silver paint 
on the edges of the disc enhances the current conduction path from the disc 
to the rock. 

Formation brine 
preparation 

Synthetic formation brine must be prepared as per formation brine 
composition recipe. Brine properties (density, Rw, viscosity) should be 
measured at representative temperature conditions.  

Porous plate effect The effect of the porous plate on resistivity must be determined. The 
presence of the porous plate affects the overall resistivity measurement in 
the two-contact electrode configuration. The effect is pronounced on highly 
conductive rocks. 

Laboratory procedures 
Monitoring squeeze-
off and compressibility 

Squeeze-off and pore volume compressibility when applying NCS should 
be monitored. Axial and radial deformation could be monitored to correct 
the bulk volume and highlight a potential damage due to too high NCS  

Resistivity measures 
and temperature 

Brine resistivity and rock resistivity variation during the desaturation 
process using a porous plate must be reported at same temperature. Rt 
equilibrium must be achieved for each Pc step. 
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Capillary equilibrium Capillary equilibrium at specific capillary pressure step must be reached. 
Both Pc and resistivity are reported at capillary equilibrium. 

Capillary contact There should be no loss of capillary contact. A loss of capillary contact can 
lead to too high irreducible saturation Swi, sometimes in conjunction with an 
increase in resistivity and phase angle. Diatomaceous earth powder can be 
added between the porous plate and the rock to enhance the capillary 
contact. 

Optimal frequency The correct frequency must be selected. When measuring the resistivity on 
a core plug using an impedance meter, it is preferable to have a phase angle 
lower than ±2°. If rocks are heterogeneous, containing fractures or vugs, for 
instance, the resistivity response is dependent on the applied frequency. 

Additional testing 

Dean-Stark (DS) 
extraction 

A final DS extraction should always be done to confirm the final water 
saturation. DS results should be careful evaluated in case of CBW presence. 

NMR T2 NMR T2 could be measured both before and after the porous plate 
resistivity test for comparison of the porosity and Swi values.  

Table 3: Key considerations before, during, and after a porous plate resistivity test 

CONCLUSIONS 
In this paper, a description of the porous plate experiment with measurement of the rock 
resistivity at capillary equilibrium was presented. A sensitivity analysis of the resistivity 
measurement with respect to the various parameters evaluates the degree of impact on the 
cementation factor and the saturation exponent. A list of tips is provided to minimize the 
error on the measured parameters.  
Some parameters have a small effect on data quality, others can lead to significant error 
in the calculation of the Archie’s exponents m and n. If temperature and additional 
resistance corrections are of importance, the main error on Sw came from the uncorrected 
CEC. This shows the importance of performing XRD analysis prior starting the Pc-RI 
experiment. The oil or gas reserves are overestimated if the CEC correction is not 
applied.  
The QC check of Swi using Dean-Stark extraction only is not helpful when the sample 
contains a considerable amount of clay-bound water CBW: NMR measurements at 100% 
Sw and Swi could be helpful for distinguishing the different water types (free, capillary, 
and clay bound waters). 
It is shown that some precautions are necessary in the laboratory to obtain reliable data 
quality and avoid large errors in water saturation calculated from electrical logs.  
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ABSTRACT  
In our previous work [1], we examined the potential of divalent cations (Mg2+ and 
Ca2+) in formation water (FW) for low-salinity (LS) EOR effect, where the increase in 
divalent cations in FW lowered the impact of LS water EOR.  
 
In this paper, we demonstrate the importance of the same divalent cations in the 
injected water (both FW and LS water). We also try to relate the percentage of the 
divalent cations in the injected water to that in the FW to engineer the optimum 
concentration of the injected water and obtain the maximum oil recovery from 
sandstone reservoirs. 
 
Berea sandstone cores were successfully flooded with FW and LS water at 90°C. 
While injecting both brines, samples of the effluent were analyzed for pH. Oil 
recovery experiments with a double Ca2+ and Mg2+ concentration showed a lower LS 
water effect, inferring  that the cores became more water-wet; however, the LS water 
effect was much greater when the amount of Ca2+ and Mg2+ in the HS water was 
decreased by half. The results of this work relate oil recovery with LS water chemical 
compositions, temperature, ion exchange, and pH. 

INTRODUCTION 
After 20 years of researching the mechanisms of LS water flooding, the mechanism of 
improved recovery using LS waters is still a topic of debate. However, the LS water 
flooding was used as an EOR technique and the improved oil recovery was 2-40% of 
the original oil in place (OOIP) [2].  
 
The experimental observations of Tang and Morrow [3] for LS water flooding set out 
conditions for how LS water works. The conditions were: (1) the crude oil must 
contain acid and base numbers and (2) sandstone should contain clay such as illite and 
kaolinite. After several years, McGuire [4] and Lager and Webb [5] added another 
condition, which was that divalent cations must be present in the FW.  
 
The second condition of Tang and Morrow was debated after the investigations of Al-
Saedi and Brady [6] and Sohrabi [7]. The observations from chromatographic 
columns of quartz showed an increase in the acetate detachment from the quartz 
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surface [6]. The oil recovery observations from the quartz column supported the 
proposed mechanism (the clay is not essential) [8].  
 
Lager and Webb [5] examined the effect of LS water during brine injection into a 
sandstone oil reservoir that had an identical amount of Mg2+ in the injected brine and 
formation water. The observation from the experiment was that less Mg2+ was 
produced in the effluent than the Mg2+ in the formation water due to the chemical 
reaction.   Ca2+ has the same behavior. When Ca2+ and Mg2+ are hydrated in water, the 
reactivity of both increases with temperature and decreasing the desorption rate [9]. 
 
Many attempts and efforts have been presented in previous years to understand the 
mechanisms of the LS water flooding and design an optimum recipe for the injected 
LS water.  
 
Fines migration was one such mechanism [3]. Austad [10] attributed the effect of LS 
water to the organic materials desorption from the clay surfaces. We investigated the 
desorption of organic materials for free-clay sandstone and rich-clay sandstone and 
found that the clay is not essential for observing LS EOR effect [6-8].  
 
The quartz surfaces and carboxylate are both negatively charged, so carboxylate 
should be repelled from the quartz surface unless it forms a positively charged –
COOCa+ group, is able to bridge with the quartz surface, and the reaction >SiO- + 
Ca+2 + COO- ↔ >SiOCaCOO. The results suggest that when LS water invaded the 
quartz, the reaction above moved from right to left because of decreased Ca+2 levels 
[6]. The other mechanism was suggested by Lager and Webb [2], which was 
multicomponent ion exchange between the injected LS water and the porous media 
such as Ca2+ on the minerals surface exchanging with H+ from the injected water. 
Many other mechanisms were proposed in the literature, such as mineral dissolution 
[11], interfacial tension reduction [4], double-layer expansion [12], mixed-wet particle 
release [3], and salt-in effect [13]. 
 
In this paper, series of Berea sandstone cores were flooded with different ionic 
concentrations of LS water at reservoir temperature to find an optimum design for LS 
water and in turn to attain a maximum oil recovery.  

Methodology 
Materials. Reagent-grade salts were received for this study. The brines were prepared 
by dissolving the salts in deionized water. The brine compositions are listed in Table 
1. A crude oil from a Kansas oil field was used. The crude oil was diluted in the 
volume ratio 40/60 heptane/crude oil. The crude oil was then filtered through a 4.5 
µm Millipore filter. No precipitation of asphaltenes was observed after diluting with 
heptane. The viscosity of the oil was 14 cP. at 20°C, the density is 0.815 gm/cc at 
20°C TBN is 1.14 mg KOH/g, TAN is 0.66 mg KOH/g. Heptane was delivered by 
Fisher Scientific with purity 99%, density 0.6838 g/cm³ at 20°C, and dynamic 
viscosity 0.42 mPa.s at 20°C. The experimental setup is shown in Figure 1. 
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Core Handling. The cores were taken from a Berea sandstone block, which had 
identical petrophysical properties. The cores were dried overnight at 90°C. The cores 
were then evacuated for a day and saturated with FW under vacuum for another day. 
The porosity was calculated from the weight difference. The cores were mounted in 
the core holder for permeability measurements. The cores were flooded with 2 PV of 
crude oil (both directions) to initiate Swi. The cores were pre-aged in the crude oil for 
three weeks at 90°C. The Swi were 36.34%, 34.48%, 31.37%, and 35.58% for Core1-
1, Core1-2, Core2-1, and Core2-2, respectively.  
 
Core Flooding. The cores were mounted in the core holder and left overnight for 
thermal equilibrium purpose. The Berea sandstone cores were flooded with 2 PV FW 
(96,100 ppm) as a secondary flooding, and then 2 PV LS water (4000 ppm) was 
injected for the tertiary stage at a constant rate. The flow rate was 0.5 ml/min. While 
injecting brines, samples of the effluent were analyzed for pH. The experiments were 
conducted as follows: 

1. Core1-1 was saturated with FW containing 90 mmole Mg2+, and then flooded 
with the same FW followed by LS water containing 3 times diluted Mg2+ of 
the Mg2+ in FW. 

2. Core1-2 was saturated with FW containing 90 mmole Mg2+, and then flooded 
with the same FW followed by LS water containing 10 times diluted Mg2+ of 
the Mg2+ in FW while keeping the salinity of the LS water the same as in 
Core1-1 by adding NaCl. 

3. Core2-1 was saturated with FW containing 90 mmole Ca2+, and then flooded 
with the same FW followed by LS water containing 3 times diluted Ca2+ of the 
Ca2+ in FW. 

4. Core2-2 was saturated with FW containing 90 mmole Ca2+, and then flooded 
with the same FW followed by LS water containing 10 times diluted Ca2+ of 
the Ca2+ in FW while keeping the salinity of the LS water the same as in 
Core2-1 by adding NaCl. 

The salinity of LS water was the same for all LS water used in these experiments 
(4000 PPM). The FW salinity was also the same for all experiments (96100 PPM). 

Results and Discussion 
Numerous field pilots and laboratory works have been conducted and provided 
optimistic oil recovery improvement when injecting LS water into reservoirs and 
outcrop sandstone [2, 14, 15, and 16]. The incremental oil recovery ascribed to the 
mechanisms was described earlier in the introduction. The chemical composition of 
the injection brines was carefully dealt with by Morrow et al. [3, 17, 18, 19, and 20]. 
 
In previous work [1], we investigated the role of the divalent cations (Ca2+ and Mg2+) 
in the FW on the LS EOR and found that the role of the Mg2+ in FW has a greater 
impact than the Ca2+ even at high concentrations. As the concentration of the divalent 
cations increases in the FW, the sandstone turned into more water-wet and less LS 
EOR effect was observed.  
 



SCA2018-039 4/12 
  

In the present study, the focus was on the divalent cations in the injected LS water. 
The oil recovery results have been discussed in relation to the concentrations of the 
injected divalent cations. 

1. Oil Recovery by LS water containing Mg2+ into a core saturated with 
Mg2+ 

The outcrop core1-1 was sequentially flooded with FW and LS water at 90°C. No 
increased oil recovery was observed during LS water flooding (d3Mg

2+) after core1-1 
was flooded in secondary stage with FW. The ultimate oil recovery remained constant 
at 52.5% OOIP (figure 2).  
 
The measurements of the pH were logged for the FW and LS water injections. The pH 
reading for FW effluent was 6.63, which must be sufficiently low to promote 
adsorption of polar components onto the sandstone surface [21].  
 
The injection pressure was 37 psi during the FW flood. The LS water injection 
pressure decreased to 32 psi (figure 2). 
 
When switching from FW to LS water, the pH of the LS water effluent increased to 
7.15, which was small pH increment due to the high concentration of Mg2+ in the 
injected LS brine demonstrating very low wettability alteration. According to Lager 
and Webb [5] and Brady and Morrow [22], the difference in upward shift in effluent 
pH between HS and LS water is traditionally ascribed to the exchange of H+ for 
divalent cations on clay surfaces.  
 
Our previous work showed a similar attitude on both free-clay sandstone and rich-clay 
sandstone [6]. More water-wet sandstone would be expected due to that pH jump 
[10]. It seems the core wettability has not been altered by the injected LS water 
because of the high concentration of the Mg2+. Mg2+ was responsible for the low pH 
in the LS water effluent, an in turn, no additional oil recovery was obtained. 
 
Core1-2 was flooded the same way as in core1-1 but with d10Mg

2+ LS water. As 
pointed previously, core1-1 and core1-2 were both saturated with FW containing 90 
mmole Mg2+.  
 
The oil recovery during FW forced imbibition reached a plateau at 52.2% OOIP. The 
oil recovery was similar to core1-1 because the cores were similar petrophysically, 
and identical procedures were used. Upon switching to LS water, the incremental oil 
recovery was 1.5% of OOIP. Diluting the Mg2+ 10 times in the injected LS water 
improved the oil recovery from 0% to 1.5%. The Mg2+ was depleted in the injected 
LS water, and an additional 4% of OOIP was observed (figure 2). The initial pH of 
the FW was 6.83, and the pH increased to 8 when switching to LS water, which was 
significantly higher than for the core1-2. The pH during FW flooding providing a 
favorable environment for creating mixed-wet media [23]. The pressure profile had 
similar behavior to that in core1-1. 
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2. Oil Recovery by LS water containing Ca2+ into a core saturated with 
Ca2+ 

The systematic study performed by Aghaeifar et al. [23] developed the relationship 
between the formation salinity and the LS EOR effect. When the reservoir core was 
pre-aged and flooded with the FW (salinity was 200,000 ppm, 640 mmole Ca2+), no 
LS EOR effect was observed. When the FW salinity was reduced to 22,000 ppm (3.5 
mmole Ca2+), a significant LS water EOR effect was observed.  
 
Our observations [14] were in line with Aghaeifar et al. [23] when we kept the salinity 
at the same level (~100,000 ppm), but when the concentration of Ca2+ was doubled 
(from 89 to 178 µmole), more water wet conditions was observed, and  we observed a 
lower LS EOR effect. It therefore appears that the more Ca2+ is present in the FW, the 
less secondary and tertiary oil recovery was observed [1]. In this section, we 
examined the concentration of the injected Ca2+ into sandstone on LS EOR effect. As 
pointed out previously, core2-1 and core2-2 were saturated in FW containing 90 
mmole Ca2+, and the rest was NaCl providing a 96,100 ppm salinity. The FW salinity 
is consistent for all FW used in this work.  
 
The oil recovery during secondary flooding with FW reached the ultimate recovery 
plateau of 43.25 % OOIP, which was less than the ultimate recovery of core1-1 (aged 
in 90 mmole Mg2+), which was 52.5% of OOIP, indicating that abundance of Mg2+ in 
the injected FW is more favorable than the Ca2+. Upon switching to LS water 
flooding, the improved oil recovery was 2.7% of OOIP, which was greater than 
Core1-1 (0% OOIP) and Core1-2 (1.5% OOIP), indicating that the abundance of Ca2+ 
in the injected LS water is more favorable than the Mg2+.  
 
The FW effluent pH was around 7, while it jumped up to 8.27 after injecting 2 PV LS 
water, indicating  increased cation exchange occurred between Ca2+ and H+, and in 
turn, more polar component desorbed from the minerals surface. As a result, the 
wettability altered towards more water-wet condition and more oil recovery occurred 
during LS water flooding.  
 
The injection pressure during FW flooding jumped to 134 psi. This high-pressure 
behavior is explained by our previous work with kaolinite [6].  
Kaolinite is not a swelling clay; the high Ca2+ concentration led to “edge to face” 
agglomeration of the kaolinite plates to form higher volume assemblages.  This has 
led to reduced permeability and increase in pressure. The more LS water flooded, the 
more agglomerated Ca2+ flushed out the core until the pressure stabilized at 87 psi 
during LS water flooding (figure 3). 
 
The injection pressure for core2-2 was much less than in core1-1 because the Ca2+ 
was diluted 10 times, but it still doubled the pressure in both core1-1 and core1-2 due 
to the agglomeration Ca2+ effect under the kaolinite layers. The ultimate oil recovery 
was similar to core 2-1, which was 44.7% of OOIP after injecting 2 PV of FW. 
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 The improved oil recovery from flooding with low salinity water was higher than the 
other cores at 5% of OOIP.  It appears decreasing the amount of Ca2+ in the LS 
injection water has more significant impact than decreasing the Mg2+ concentration; 
Reducing Mg2+ (10 times) in the LS water provided a 1.5% improved oil recovery, 
while it improved to 5% of OOIP when reducing the Ca2+ 10 times.  
 
Literature has shown that it is better to deplete both Ca2+ and Mg2+ in the injected LS 
water, as we observed in previous work [1], but it seems difficult to have a cost 
effective solution, especially offshore since natural sources of LS water flooding are 
typically rivers, lakes or aquifers and offshore solutions have to be engineered. For 
that reason, we should pay attention to the concentrations of divalent cations in the 
injected FW and LS water.  
 
The observations of this work indicated that the Mg2+ could be preferred for 
secondary oil recovery and should be lowered as much as the technology can for the 
LS water. For example, when core2-1 was pre-aged in Ca2+ only, the secondary oil 
recovery was lower than that in the core containing Mg2+ only (core1-1).  
 
In the previous work [1], the observations were that the existence of Mg2+ in the FW 
is favorable for more secondary and tertiary oil recovery. The core was pre-aged in 
FW containing 89 mmole Mg2+ and flooded with the same FW for the secondary 
stage. The oil recovery was 50% of OOIP by FW flooding, and it was 17.5 % of 
OOIP after flooding the core with 0 mmole divalent cations (1182 ppm salinity, NaCl 
only) [1].  
 
In the present study, the same FW was used, but the LS water contained 10 times 
diluted Mg2+ of the Mg2+ in the FW and the secondary recovery was 52.5%, while the 
tertiary recovery was 0%. It is worth mentioning that the same materials and same 
experimental procedures were conducted for this work and the previous work [1]. 
 
The Ca2+ concentration, on the other hand, was observed to be favorable for the LS 
water flooding, but at lower concentrations. In the same study [1], we observed the 
presence of Ca2+ in the FW reduce the LS EOR effect. The LS water contained no 
divalent cations. Doubling the concentration of Ca2+ from 89 mmole to 178 mmole in 
the FW reduced the secondary oil recovery by 10% of OOIP and reduced the recovery 
by LS from 5% to 1% of OOIP. That means the abundance of Ca2+ in the FW could 
affect the oil recovery.  
 
In the current study, the concentration of the Ca2+ was constant to 90 mmole in the 
FW, and the LS water contained 3 times and 10 times Ca2+ diluted of the Ca2+ in the 
FW of the core2-1 and core2-2. The results showed that diluting the Ca2+ 10 times in 
LS water improved the recovery from 2.7% to 5% of OOIP, meaning that the oil 
recovery was increased by approximately twice. Even diluting the Ca2+ 3 times in the 
LS water was better than diluting the Mg2+ 10 times, showing the important role of 
Ca2+ in the LS water. It is obvious that the ultimate oil recovery for both core1-1 and 
core1-2 was greater than for core2-1 and core2-1, confirming that the Mg2+ is 
preferable for secondary oil recovery when it is present in the FW. It was also 
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observed that as the concentration of the divalent cations decreases in the injected LS 
water as the pH of the LS water effluent increases. It may allow for an appropriate 
environment for cation exchange.  
 
It is worth mentioning that it is complicated in the oil field to see a big jump of the pH 
as can be observed in the laboratory experiment because of many factors such as rock, 
dissolved gases and oil component buffering. 

CONCLUSION  
In this paper, we investigate the role of divalent cations in FW and LS water flooding 
in sandstone. The general conclusion can be drawn as follows: 

1. When Mg2+ exists in the LS water, there is no oil recovery improvement 
during LS water flooding. There is no pH jump. It seems Mg2+ disrupts LS 
water EOR effect. Abundance of Mg2+ in the injected LS water could provide 
0% in oil recovery improvement, but diluting the Mg2+ to 10 times could 
improve the oil recovery. 
 

2. The experiments showed that Mg2+ is favorable for secondary oil recovery 
when the Mg2+ is presenting the FW and the injected FW during secondary 
flooding, while Ca2+ is favorable for LS water flooding even though the Ca2+ 
is presented in the FW, which is considered unfavorable to present in the FW 
for LS EOR affect. 

3. The abundance of Ca2+ in the injected LS water could improve the oil 
recovery; however, diluting the Ca2+ in the injected LS water is required for 
extra oil recovery improvement. 
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Figure 1. CoreFlood setup 
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Table 1. Core properties and water description 

Core 
Quart
z, % 

Kaolinite,
 % 

Diameter
, cm 

Length, 
cm 

K, 
md 

ф, 
% 

Ca2+ in  
FW(m
mole) 

Mg2+ in 
FW(m
mole) 

Ca2+ in  
LSW(m

mole) 

Mg2+ in 
LSW(m

mole) 

NaCl in 
FW(mm

ole) 

NaCl in 
LSW(m

mole) 

Core#1-1 

95 5 2.54 

14.77 

~100 ~21 

0 90 0 30 
3080 

39 
Core#1-2 14.67 0 90 0 9 107.5 
Core#2-1 14.78 90 0 30 0 

2950 
23 

Core#2-2 14.67 90 0 9 0 102.6 

 

Table 2. Oil recovery results for both FW and LS water flooding 

Core 
Ca2+ in FW 

(mmole) 

Mg2+ in 
FW 

(mmole) 

Ca2+ in  
LSW 

(mmole) 

Mg2+ in 
LSW 

(mmole) 

Secondary 
Oil 

Recovery 
by FW , % 

Tertiary 
Oil 

Recovery 
by LSW, % 

Core#1-1 0 90 0 30 52.5 0 
Core#1-2 0 90 0 9 52.2 1.5 
Core#2-1 90 0 30 0 43.25 2.7 
Core#2-2 90 0 9 0 44.7 5 

 
 

 
 
 
 



SCA2018-039 11/12 
 

 
Figure 2. (a) Core1-1 oil recovery (b) Core1-2 oil recovery, (c) Core1-1 injection pressure, (d) Core1-2 injection 
pressure, (e) Core1-1 effluent pH, and (f) Core1-2 effluent pH.Core1-1 and core1-2 saturated in FW containing 
90mmole Mg2+ and the rest NaCl. Core1-1 and Core1-2 flooded with FW followed by LSW containing d3Mg

2+ and 
d10Mg

2+. The FW salinity is 96100 ppm and the LSW salinity is 4000 ppm. 
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Figure3. (a) Core2-1 oil recovery (b) Core2-2 oil recovery, (c) Core2-1 injection pressure, (d) Core2-2 injection 
pressure, (e) Core2-1 effluent pH, and (f) Core2-2 effluent pH.Core2-1 and core2-2 saturated in FW containing 
90mmole Ca2+ and the rest NaCl. Core2-1 and Core2-2 flooded with FW followed by LSW containing d3Ca

2+ and 
d10Ca

2+.The FW salinity is 96100 ppm and the LSW salinity is 4000 ppm. 
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ABSTRACT 
We present laboratory measurements of imbibition capillary pressure and residual oil saturation 
established by centrifuge in mixed-wet Indiana limestone cores.  The capillary pressure curves 
were combined with previously reported waterflood data [1 - 3] to extract relative permeability 
curves by history matching.  Both centrifuge and waterflood data suggest that residual oil 
saturation decreases monotonically as contact angle increases from θa = 110° to 150°, in contrast 
to the non-monotonic dependence displayed by core-averaged oil saturation at the end of 
waterfloods.  The results indicate that capillary end effects may be significant even in rock of 
relatively low permeability, and highlight the importance of using simulation to interpret 
coreflood data under capillary-dominated conditions. 
 
 
INTRODUCTION  
Salient features of waterflood oil recovery under mixed-wet conditions where the oil-contacted 
grain surfaces are strongly oil-wet are well established.  However, there is no consensus on the 
optimal wettability for waterflood oil recovery.  While some laboratory studies and pore network 
simulators report the dependence of oil recovery on contact angle, their findings are 
contradictory, with minimum core-averaged remaining oil saturation after a fixed pore volumes 
(ranging from 2.4 to 50 pore volumes) of water injected reported near neutral wettability in some 
studies [4 - 7] and under strongly oil-wet conditions in others [8].  Core-averaged oil saturation 
established by centrifuge has also been observed to display a minimum at near-neutral 
wettability [9 as cited in 10, 11]. 
 
We present laboratory measurements of imbibition capillary pressure and residual oil saturation 
established by centrifuge in mixed-wet Indiana limestone cores.  Wettability was systematically 
varied by adding different organic acids to the oil phase.  The capillary pressure curves were then 
combined with previously reported waterflood data [1 - 3] to extract relative permeability curves 
by history matching. 
 
 
MATERIALS 
Rock 
Experiments were performed on 1.5 in.-diameter, 2 in.-long Indiana limestone cores, with a 
porosity of ϕ = 0.15 and an absolute permeability of k = 5.7 ± 2.0 mD (Table 1).  The same batch 
of cores was used in previous studies [2, 3]. 
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Fluids 
An aqueous solution of 5 wt.% NaCl and 1 wt.% KCl, with dynamic viscosity µw = 1.109 [12], 
was used as connate and flood water in all experiments.  Three oils were considered: 6.6 × 10-2 
M solutions of cyclohexanecarboxylic acid, cyclohexanepropionic acid, and 
cyclohexanepentanoic acid in n-decane.  These organic acids alter the wettability of calcite in 
order of increasing alkyl chain length, resulting in dynamic advancing contact angles of θa = 
110º, 125º, and 150º [2].  The corresponding interfacial tensions with the brine are σ = 33.10, 
28.50, and 16.50 mN/m, respectively [2].  The density of the test fluids was measured at 21°C 
(Anton Paar 4100M) at the end of primary drainage (Table 1). 
 
 
METHODS 
Initial oil saturation, Soi, was established using the porous plate method, then forced secondary 
imbibition (increasing water saturation, Sw) capillary pressure curve was measured using the 
centrifuge method. 
 
Establishment of initial oil saturation 
Details of the coreflood apparatus and procedure can be found in Refs. [2, 13, 14].  The key steps 
were as follows [2]: 

1. Each core was alternately evacuated and flushed with gaseous CO2 to remove air, then 
flushed with degassed brine to fully saturate it.  k was measured. 

2. The test oil was injected into the core at constant pressure to establish Soi using the 
porous plate method. 

3. The core was removed from the Hassler cell and weighed to determine Soi by mass 
balance. 

 
Table 1. Summary of experimental conditions.  Density and viscosity are reported for 21°C.  

 cores 
 C2 C1 C3 

ϕ  0.155 0.148 0.145 
k mD 6.89 ± 0.11 6.73 ± 0.17 3.44 ± 0.08 

θa [2] ˚ 110˚  125˚ 150˚ 
σ [2] mN/m 33.10 28.50 16.50 

brine density  kg/m3 1044.6 1045.8 1043.3 
oil density  kg/m3 731.0 732.8 733.0 

oil viscosity  mPa s 0.894 [12] 0.877 0.911 [12] 
Soi   0.919 0.852 0.886  

 
Forced imbibition capillary pressure measurement by centrifuge 
Cores were sent to a commercial laboratory for forced imbibition capillary pressure-saturation 
measurement by centrifuge (Optima L-100 XP Ultracentrifuge, COREX (UK) Ltd, Aberdeen).  
Here, the cores were spun at a constant rotational speed of ω = 1060 rpm inside a brine-filled 
sample holder, and the volume of produced oil measured at selected times using a calibrated 
glass collector.  Once production ceased, viz. equilibrium was established, the rotation speed was 
increased in discrete steps to ω = 1410, 1850, 3280, 3370, 4460, 5300, and finally 5830 rpm.  
These speeds correspond to Bond numbers,  
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Bo = 
k ω2 ρw - ρo  r1+L/2

σ cos𝜃a
 , (1) 

where r = r1 (= 166.3 mm) corresponds to the end of the core closest from the axis of rotation, 
between Bo = 1.7 × 10-7 and 1.5 × 10-5.  Previous analysis by Masalmeh [15] suggest that Bo is 
independent of rate over these values, supporting our implicit assumption in our analysis that 
desaturation of Sor, viz. remobilization of oil trapped at smaller ω, did not take place under the 
conditions considered presently. 
 
The equilibrium core-averaged saturation, Sw , is readily determined from the cumulative 
volume of oil produced at each ω.  In addition, for θa = 150° only, Sw  at Pc = 0 was predicted 
from [14]: 

So Pc=0  = 0.9619 ± 0.06 Soi - 0.0729 ± 0.05   (2) 

Assuming Pc = 0 at r = r1, the equilibrium capillary pressure distribution within the sample at a 
particular ω is given by: 

Pc r  = Po r  – Pw r  = -
1
2
ρw – ρo  ω2 r2 – 𝑟!!

 . (3) 

Core analysis software CYDARTM (CYDAREX) was used to extract the Sw(Pc) curve such that 
the corresponding Sw (Pc(r1+L, ω)) best fits measured values using Forbes [16]’s solution of the 
second kind [16].  Finally, a modified hyperbolic function of the form 

Sw = 
β3

Pc-β1
β4

 + β2 , (4) 

where β1, β2, β3, and β4 are fitting parameters, was fitted to the best-fit Sw(Pc) in the least squares 
sense.  Residual saturation is taken to be Sor = 1 - β2. 
 
Waterflood relative permeability 
Relative permeabilities to oil, kro and brine krw during selected waterfloods performed in previous 
studies [1 - 3] were determined by iterative history matching of simulated ∆Pw(t) and oil 
production to measured values using software CYDARTM.  PcC was scaled using the Leverett-J 
function, i.e., 

Pc Sw  = PcC Sw
kC/ϕC

k /ϕ  , (5) 

where superscript C denotes properties of cores C1, C2, and C3 on which the Pc(Sw) were 
measured and the rescaled water saturation is 

Sw t  = 
Sw t  - Swi
1 - Swi - Sor

 . (6) 

Relative permeability was modelled using LET correlations [17]: 
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  krw= krw Sor
Sw

!w

Sw
!w+ 𝐸w 1-Sw

!w  ,       kro= kro Swi
1- Sw

!o

(1- Sw)
!o+ 𝐸o Sw

!o  , (7) 

where Sor, Swi, krw(Sor), kro(Swi), Li, Ei, and Ti were fitting parameters and i = (o, w). 
 

 
Figure 1. Measured (markers) and simulated (solid line) pressure drop across the length of the core (black) and 
cumulative oil production (red).  Uw = 30 µm/s; θw = 150°. 
 
 
RESULTS 
Capillary desaturation curve 
Figure 2 presents the core-averaged oil saturation, So , at the end of each rotation speed 
normalized by its value at Pc = 0 as a function of the Bo (solid markers).  Superposed are core-
averaged remaining oil saturation established by waterflooding from high Soi at constant Darcy 
velocity, Uw, using the same brine and test oils as those used in the centrifuge experiments.  
These data are plotted against microscopic capillary number, defined in this paper as: 

Ca = 
µw Uw
σ cos𝜃a

 . (8) 

 

 
Figure 2 Core-averaged oil saturation normalized by the initial oil saturation, So /Soi, at the end of each rotation 
speed as a function of Bo (solid markers).  Superposed are end-point core-averaged oil saturations at the end of 
waterflood as a function of Ca in Indiana limestone (+, ○) and Ketton limestone (+, □).  The ordinate is normalized 
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by So /Soi at the lowest Ca or Bo considered for that rock in a particular study.  Present (centrifuge) experiments: 
▲ (θa = 110°),  (125°), and ■ (150°).  Waterfloods in Indiana limestone: 6.6×10-2 M cyclohexanepropionic acid (○, ●
after 76 – 99 pv of injection; [2]); n-decane (+; after 8 – 105 pv of injection [2, 3]).  Waterfloods in Ketton 
limestone: n-decane (+; after 19, 343 pv of water injection [13]); 6.6×10-2 M cyclohexanepentanoic acid (□; after 
105 – 122 pv of water injection [18]). 
 
 
Measurements in Indiana limestone considered presently and Ketton limestone are included.  In 
Ketton limestone, the critical Ca for desaturation appears to be delayed to at least Ca ~ 10-4 (□) at 
θa = 150°.  Waterflood remaining oil saturation in Indiana limestone does not display any Ca 
dependence up to Ca = 1.3 × 10-6 under water-wet conditions (+).  Previous studies suggest that 
the critical Ca for desaturation may be at least one order of magnitude larger under mixed-wet 
conditions than under water-wet conditions [19], further corroborating our assumption that the 
centrifuge experiments were not subject to Sor remobilization. 
 
Curiously, under mixed-wet conditions, Sor /Soi established by waterflood in Indiana limestone 
increases with Ca above Ca = 1.8 × 10-7 (○).  One possible explanation for this counter-intuitive 
trend is preferential flow.  At higher flow rates, the impact of core-scale heterogeneities may be 
more pronounced, and the injected brine may preferentially flow through the network of larger 
pores, bypassing the smaller pores which provide more resistance thus leaving behind a 
relatively large volume of oil.  This is a topic of future study with in-situ visualization at the mm-
scale. 
 
Imbibition capillary pressure 
Figure 3 presents best-fit imbibition capillary pressure-saturation curves at θa = 110°, 125°, and 
150° (solid lines).  Sw(Pc) displays the canonical profile for imbibition capillary pressure: Sw 
increases monotonically with increasingly |Pc| at a rate that decreases as |Pc| increases as it 
approaches its asymptotic limit, viz. residual state. 
 

 
Figure 3.  Local (“true”) Pc(Sw) (solid line) derived using Forbes [16]’s solution of the second kind such that the 
corresponding Sw (Pc(r1+L)) (dashed line) best fits measured Sw (Pc(r1+L)) at θa = 110° (Δ), 125° (○), and 150° 
(□).  Note that the marker at Pc = 0 for θa = 150° is predicted from Eq. (2). 
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Waterflood relative permeability 
Figure 4 presents best-fit LET functions for krw and kro at Uw = 1.5 (dotted), 3.0 (dashed), and 30 
µm/s (solid lines).  At constant Ca, kro(Swi) decreases slightly with increasing θa, consistent with 
previous observations (e.g., [3, 8]), suggesting that wettability alteration that takes place during 
primary drainage affects the pore-scale fluid distribution at Soi.  Surprisingly, the optimized 
krw(Sor) does not display a monotonic increase with θa.  At θa = 150° for which the largest and the 
smallest Uw were considered, kro(Swi) and krw(Sor) are a factor of two and seven larger at Ca = 3.4 
× 10-6 than at Ca = 1.1 × 10-7. 
 

   
Figure 4. Best-fit LET functions for oil (red) and brine (blue) relative permeabilities [Eq. (7)] at Uw = 1.5 (dotted), 
3.0 (dashed), and 30 µm/s (solid lines).  Note that only one or two Uw were considered at each θa.  See Table 2 for 
values of the best-fit parameters. 
 
 
Table 2. Summary of relative permeability measurements.  Corefloods are a subset of those reported in Refs. [1 - 3].  
Sor  denotes core-averaged remaining oil saturation at the end of waterflood measured after t pore volumes of water 

injected. 
        best-fit parameters 
Θa 
[˚] 

core ϕ L 
[mm] 

k 
[mD] 

Soi Sor  
(t [pv]) 

Uw 
[µm/s] 

kro(Swi) krw(Sor) Lw, Ew, Tw Lo, Eo, To 

110 W [2] 0.15 88.97 6.3 0.88 0.32 
(91) 

1.5 1.0 
(0.12) 

0.79 
(0.23) 

6.2, 1.1, 0.84  2.4, 22, 1.7 

125 O [2] 0.14 88.50 3.8 0.89 0.27 
(99) 

1.5 0.80 (0) 0.85 
(0.22) 

9.0, 0.52, 
0.22 

3.3, 3.2, 0.36 

V [2] 0.15 88.95 8.5 0.87 0.25 
(93) 

3.0 0.84 (0) 0.82 
(0.22) 

10.4, 0.48, 
0.50 

3.0, 3.1, 1.0 

150 N [3] 0.15 89.12 11.1 0.82 0.32 
(132) 

1.5 0.42 (0) 0.77 (0) 8.6, 12.5, 
13.9 

4.5, 28.0, 1.5 

L13 
[1] 

0.15 50.98 9.11 0.77 0.29 
(116) 

45 0.85 (0) 5.5 (0) 1.0, 7.7, 0.97 5.9, 4.4, 1.7 
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Residual saturation 
Sor extrapolated from the centrifuge experiments (Fig. 5, Δ) and derived by history matching to 
waterflood data (red ●) both decrease monotonically with increasing θa.  The two sets of values 
are comparable except at θa = 150°, where Sor = 0.15 for the centrifuge and Sor = 0 for the 
waterflood.  The discrepancy is likely due to a combination of factors.  First, Soi was smaller (= 
0.77, 0.81) in the waterfloods than in the centrifuge experiments, which one would expect would 
give rise to smaller Sor.  Second, while very small Sor have been predicted in pore network 
models [20] and may be explained by the establishment of oil layers on oil-wet grain surfaces 
through which oil can drains to low saturations [21, 22], it is unlikely that oil can remain 
connected until it drains to Sor = 0.  Third, a premature change of rotation speed during the multi-
speed centrifuge experiments at large ω may have resulted in an overestimation of Sor for the 
centrifuge experiment.  Finally, it is also possible that centrifuge and waterflood establish 
different Sor.  Further insight requires additional experiments on (cm-scale) cores and pore-scale 
visualization using, e.g., X-ray micro-computed tomography. 

 

 
Figure 5.  Residual oil saturation as measured by centrifuge (▲), core-averaged oil saturations after 91 to 132 pv 
(○, measured) [1 - 3] and 100000 pv (●, simulated) of water injection, and best-fit Sor to waterflood data (●).  
Horizontal bars are standard errors of the mean of contact angle measurements.  Dotted and dashed lines are best-fit 
quadratic functions to the data, and are intended as guides to the eye. 
 
 
The negative correlation between Sor and θa is in sharp contrast to the non-monotonic dependence 
of core-averaged oil saturation, 〈So〉, after 91 to 132 pv of water injection in the same 
rock/oil/water system (○) and by other authors in other systems [4, 5]. The disagreement arises 
from two factors: premature termination of the waterflood and capillary end effects. Simulations 
indicate that the equilibrium (steady state) had not been reached after ~100 pv at θa = 125° and 
150°: indeed, after 10000 pv of water injection, 〈So〉 is monotonic (cyan ●).  The difference 
between 〈So〉 (10000 pv) and best-fit Sor represents capillary end effects. 
 
 
CONCLUSIONS 
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We present forced imbibition Pc(Sw) curves and waterflood kr(Sw) curves for Indiana limestone 
under different mixed wettability conditions.  The main findings are: 

• Sor decreases with increasing contact angle from θa = 110° to 150° in both waterflood and 
centrifuge experiments. 

• Thousands of pore volumes of water is necessary for a waterflood to reach equilibrium, 
i.e., for oil production to cease, at the largest θa. 

• At θa = 110° and 150°, capillary end effects elevated the core-averaged equilibrium oil 
saturation at the end of the simulated waterflood by 9 and 20% of the pore volume, 
respectively, than the (true) Sor.  These values are in good agreement with those reported 
by Masalmeh [15]. 

• At constant Ca, kro(Swi) decreases monotonically with increasing θa. 
• With realistic kw(Sw), ko(Sw), and Pc(Sw) curves, Sor that decreases monotonically with 

contact angle can still give rise to a non-monotonic core-averaged oil saturation after 
O(100) pv of water injection, i.e., a typical duration of a laboratory coreflood. 

 
Huang & Honarpour [23] noted that capillary end effects were most pronounced when oil 
displaces water in water-wet cores and gas displaces oil.  The discrepancy between waterflood 
Sor and core-averaged end-point saturation indicates that capillary end effects can also be 
significant when water displaces oil in mixed-wet rock, and highlights the importance of using 
simulation to interpret coreflood data under capillary-dominated conditions. 
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ABSTRACT 
A new chemical remediation product to prevent sand production in unconsolidated formation 
is studied. This binder shows a similar strengthening to that of common binder such as PAM 
(PolyAcrylaMide) and does not induce permeability decrease. Moreover, its performance is 
not reduced by water injection; it is thus a good candidate to prevent sand production. 
 
INTRODUCTION 
 Unconsolidated porous media are subjected to in situ stress variations during the 
reservoir lifetime. This may induce progressive sand production [1], leading to delivery rate 
limitations and potentially premature ageing of both the downhole and the surface 
equipments. 
 
In this contribution, we investigate a chemical consolidation process in the context of natural 
gas storage, which is complementary to the standard mechanical techniques (screen, gravel 
pack) [2]. The chemical binder is either mineral [3], resin-based [4] or polymer-based [5-7]. 
Chemical solutions are a compromise between rock reinforcement and gas permeability 
reduction, although they do not resist after about five years use, and they are rendered useless 
by the presence of underground water. Mechanisms of the reinforcement by polymer 
solutions has been investigated in [8]. The proposed innovative grain binder (or Novel Binder 
NB) aims at improving the strength and durability of the consolidation process, compared to 
existing polymer-based solutions. The principle of the chemical process itself remains 
standard, with a liquid binder (cement grout), injected into the porous medium to promote 
chemical reactions in inter-grain locations, leading to consolidation. The main challenge is to 
avoid permeability alteration. This is achieved by flushing the chemical product towards a 
residual value, before it reacts, so that it binds only as pending rings at the inter-grain 
locations. 
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In this study, different binders are tested, a reference one, composed of a water solution of 
PolyAcrylaMide (PAM), already used at the industrial scale, and seven innovative solutions 
labelled SB, A, B, C, D, E and F (patent pending). The porous medium is a model material 
made of siliceous sand with a normalized particle size distribution. At the centimetric scale, 
tubes of compacted sand are used to obtain similar characteristics (porosity, permeability, 
Pore Size Distributions i.e. PSD) to the in situ porous media. Binders are injected using a 
syringe, and then flushed towards residual saturation value using compressed air. For each 
tube, the consolidation pressure and gas permeability for various maturation durations are 
measured by using an original fluidization set-up. Argon passes through the tube, until gas 
flow stabilizes under increasing gas pressure (it is the so-called fluidization stage), or until 
sample failure in the case of important consolidation. The experience consists in increasing 
the gas flowrate (from 1 to 15 ln/min) step by step every minute, and measuring the 
corresponding upstream pressure. In parallel, gas permeability is measured continuously. 
 
MATERIALS AND METHODS 
Materials 

Thirteen in situ sandstone samples have been retrieved from an actual industrial 
reservoir rock by Storengy and used throughout this work. Their shape, size, and grain size 
are variable, depending on the reservoir unit (fluviatile deposit context). 
Because the number of real samples was limited, analogues compacted sand samples have 
been prepared and used for injection of NB, flushing, maturation and fluidization. A standard 
grain size siliceous sand (EN196-1) from Leucate (France) is used. It is compacted in a plastic 
tube of 10 mm diameter. The tube is closed at each end by plastic plugs. Each plug has a 
central hole of 3 mm inner diameter allowing injection and flushing. The sand is poured in the 
tube (closed on its bottom end) until it is filled. Compaction is performed by applying a 
pressure on the sand with the upper plug (by descending it inside the tube). At the same time, 
the side of the tube is gently tapped with a steel spatula, until the top edge of the upper plug 
comes in contact with the end of the plastic tube, and no sand comes through the 3mm hole of 
the lower plug. Whenever sand still comes out after the edge of the upper plug is in contact 
with the plastic tube, the upper plug is removed, and more sand is added. Compaction is done 
once more until no more sand comes out of the tube at the end of the process. The sand height 
is 3.17 cm ± 0.3 cm. 
 
Methods 
Hydrostatic Weighing 
 This method to measure porosity is used for the in situ sandstones. All samples are 
preliminarily oven-dried at 105°C until their mass is stable. By this process, we obtain their 
dry mass mdry. The samples are then liquid-saturated, by immersion in ethanol placed inside a 
hermetic chamber, where partial vacuum is applied above the liquid. Full saturation is 
achieved when sample mass is stable. Its saturated mass is then msat. By definition, the pore 
volume is then: Vp = (msat - msec)/ρeth, were ρeth is liquid ethanol density (0.789 g/cm3 at 
20°C). After liquid saturation, all samples are weighed while still immersed in ethanol. The 
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hydrostatic method provides mimm, which is equal to (msat - ρeth Vt), where Vt is sample 
volume. Porosity Φ is then calculated by the following formula: 
  Φ = Vp/Vt = (msat - msec)/ (msat - mimm) (1) 
Compacity Measurement 
 This method to measure porosity is used for the sand samples compacted in plastic 
tubes (see above), because they are difficult to saturate without exceeding the sample 
boundaries, and the sand intrinsic density ρs is well known (ρs = 2.6 g.cm-3). First, the mass of 
the sand sample is measured (msand). Then, the apparent volume occupied by the sand, noted 
Vsand, is measured by weighing the mass of a tube full of water (mw), considering water 
density ρw, as: Vsand = Vw = mw / ρw, where Vw is water volume. Compacity C is then 
calculated as: C = msand/Vsand. Finally, porosity is given by: Φ = 1 – C. 
Mercury Intrusion Porosimetry (MIP) 
 MIP was performed on a Micromeritics AutoPore IV 9500 V1.03 apparatus, with the 
following settings: advance contact angle = 130 °, Hg surface tension = 485 dynes/cm, Hg 
density = 13.5335, evacuation pressure = 50 µmHg, evacuation time = 5 mins, mercury filling 
absolute pressure = 3,1 kPa, equilibration time = 20 s, and pressure range from 0 to 228 MPa. 
X-Ray Micro-Computed Tomography (micro-CT) 
 A sample of compacted sand (in a plastic tube) is impregnated with epoxy resin. After 
resin polymerization, several rods of 2x2x10 cm are cut with a diamond saw. The rods are 
imaged by a X-Ray Micro-Computed Tomograph (Ultratom, RxSolution). The sample voxel 
size is 1.062 µm3. 
Image processing is performed using the ImageJ software (version 1.51h under Java 
1.8.0_111 in 64bit). The plugin CLAHE is used to enhance contrast, the plugin Anisotropic 
Diffusion 2D is used as noise reducer, and the threshold algorithm Huang is selected to 
binarize the images (pores in white and sand grains in black). Porosity is calculated in 2D, 
over all the microCT images, by dividing the white pixel number (pores) by the black pixel 
number (sand grains). The grain size distribution is obtained using the MIP simulation tool of 
the Beat plugin (made available at ftp://ftp.empa.ch/pub/empa/outgoing/BeatsRamsch/lib 
[10]). MIP simulation is performed along six main intrusion directions (i.e. by starting from 
any of the six boundary surfaces of the 3D micro-CT sample). 
Injection, flushing and maturation 
 Each compacted sand sample is subjected to an injection of one of the chemical 
binders. It is then flushed and cured (matured) at given temperature before the fluidization 
test, which aims at determining the binder performance. The injection and flushing procedure 
is derived from [8]. A volume of 10ml binder is injected with a graduated syringe through the 
sand sample. Then, flushing is performed with laboratory compressed air for 20s. Three 
different maturation methods (labelled m1, m2 and m3) are tested after injection: 

- m1: Flushing is performed right after the injection. The sample is placed for 24h in an 
oven at 70 °C, and then 6 days at 20 °C before fluidization.	

- m2: Before flushing, the sample is placed for 24h at 70 °C. It is flushed and then 
placed for 7 more days at 70 °C before fluidization.	

- m3: Before flushing, the sample is placed for 24h at 20 °C. It is flushed and then 
placed for 7 days at 20 °C before fluidization.	
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The mass of the consolidated sand sample is weighted after injection (mi), after the first 24h 
cure (mc), after flushing (mf) and just before fluidization (mf2). 
Fluidization 
 The fluidization experiment [8] consists in (1) flowing argon gas through a granular 
medium (here, the consolidated sand) at given flowrate and (2) measuring the corresponding 
gas pressure. Its outputs are the maximum gas pressure Pmax sustained by the consolidated 
sand, as a measurement of its strengthening, and gas permeability Kgas as a measurement of 
gas production ability. 
Gas flowrate is initially fixed at 1 ln/min and then increased step wisely by 1 ln over one 
minute, stabilized for one min and increased again by 1ln/min, stabilized for one minute, and 
so on until reaching 15 ln/min. Maximum gas pressure and flowrate are those at the first 
damage of the sample (corresponding to its failure), or when the experiment reaches it limits 
(flowrate of 15 ln/min or gas pressure of 0.5 MPa). 
Strengthening is measured with and without water injection through the consolidated sand 
medium. If there is no water injection, the plugs at the tube ends are taken off just before 
fluidization. Otherwise, a volume of 10 ml of tap water is injected with a graduated syringe 
through the sample, then flushed with laboratory compressed air during 15 s. The tube end 
plugs are then removed to perform fluidization. In both cases, after plug removal, sample 
length L is measured with a caliper. 
As high flowrates (on the order of 1ln/min) are applied, gas permeability Kgas (in m²) is 
calculated with Forchheimer’s equation [9]: 
 ∇P = -(µ/K)(Q/S) + βρ(Q/S)² (3) 
where ∇P is gas pressure gradient between the sample ends (in Pa), µ is argon gas dynamic 
viscosity (in Pa.s), Q is volumetric flowrate (in m3.s), S is sample cross sectional area (in m²), 
ρ gas density (in kg.m-3) and β Forchheimer coefficient (m-1). In practice, ∇P is plotted as a 
function of Q, in order to determine Forchheimer’s coefficient. Interpolation by a parabolic 
curve provides Pearson’s correlation coefficients above 90%. 
 
RESULTS AND DISCUSSION 
Porosity 
 In situ sandstone and compacted sand porosity are compared as average, minimum and 
maximum values in Fig. 1. The porosity values for the sandstone ranges from 15.5 % to 
28.7 %. It is wider than for compacted sand (26.5 % to 28.5 %). However, compacted sand 
porosity ranges within the highest porosity values measured for the in situ sandstone, which 
are the facies more prone to sand production. It is then concluded that compacted sand is a 
good analogue from a porosity perspective. 
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Figure 1. Porosity values (minimum, average and maximum values) for 13 in situ sandstone samples and 5 

compacted sand samples. 
Pore size distributions (PSD) 
PSD are compared for six in situ sandstone samples and one compacted sand sample (Fig. 2). 
PSD are wider for in situ sandstone than for compacted sand, with values from 0.01 µm to 
400 µm (sandstone) and from 2 µm to 80 µm (compacted sand). However, for compacted 
sand, resolution is limited to 1 µm (micro-CT voxel size), so that smaller pores than those 
determined here may exist. The sandstone sample displaying the smallest pore sizes contains 
clay and, in this contribution, it is assumed that they are not representative of the reservoir 
rock for gas storage. They are not taken into account in the comparison with compacted sand. 
Considering d10 (i.e. the pore size corresponding to 10% of the PSD), compacted sand has a 
six times higher value than sandstone. Considering d50 (50% of the PSD), compacted sand is 
within the range of d50(sandstone). Considering d90 (90% of the PSD), d90(sand) is at least 1.5 
time smaller than d10(sandstone). The PSD of sand is therefore narrower and with generally 
smaller pores than in situ sandstone. It consists nevertheless on a fair analogue of the PSD of 
the less consolidated reservoir samples. 
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Figure 2. Pore size distribution of 6 in situ sandstone samples and one compacted sand sample. For the sand, 

the six directions of intrusion of MIP simulation are represented. 
Fluidization 
 Figure 3 shows maximum gas pressure Pmax and gas permeability Kgas for PAM and 
new chemical binders SB, A, B, C and D after m1 maturation process, with and without water 
injection before fluidization. For one of the four samples consolidated with PAM maximum 
gas pressure is a failure pressure; for the others samples, maximum gas pressure is the 
pressure at 15 ln/min without measurable sample failure. 
 

 
Figure 3. Pmax and Kgas for PAM and new binders SB, A, B, C and D without and with injection of water (+W) 

before fluidization. Curing at 70 °C for 24 h followed by 6 days at 20 °C. Mean value on four samples and 
minimum/maximum error bar. 
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When tested without water injection, new binder SB has a similar Pmax to PAM, but Kgas is 1.5 
time higher than PAM. For binders A to D, Pmax is 1.5 to 3.1 times greater than PAM, and 
permeability is 1.3 to 2.2 smaller than PAM. After water injection, PAM and binder SB have 
no more mechanical strength: sand is ejected of the tube at the initial flowrate of 1 ln/min. 
Binders A to D strengthen the compacted sand.  
These first results show that, for the new binders A-D, despite improved water resistance and 
strengthening, Kgas .decreases significantly. 
 
In order to preserve permeability, two new binders have been designed and tested (E and F) 
with m2 and m3 maturation processes (Figs. 4 and 5 respectively). 
After maturation m2, without water injection before fluidization, Pmax of binder SB is 1.5 
smaller than PAM, whereas binders E and F have similar Pmax to PAM. Correspondingly, Kgas 
of SB, and of binders E and F, is around two times higher than for PAM. With water 
injection, all samples consolidated with PAM and SB and one of the three samples 
consolidated with E fail during experiment, while all other samples consolidated E and F 
remain strengthened. 
 

 
Figure 4. Maximum gas pressure and gas permeability for PAM and new binders SB, E and F without and with 
water injection before fluidization (+W). Maturation m2 is at 70 °C for 24 h followed by flushing, then 7 days at 

70 °C. The mean value is over three samples (two samples for F+W) and minimum/maximum error bars are 
given. For one PAM sample, 3 PAM+W samples, one SB sample, 3 SB+W sample and one E+W sample, 
maximum gas pressure is failure pressure, for all others, Pmax is gas pressure at 15 ln/min (no failure). 

New binders E and F do not induce a decrease in Kgas, and display a Pmax similar to PAM. 
Moreover, their performance with water injection before fluidization is not degraded. 

 
Concerning maturation m3 (at 20°C), without water injection, samples consolidated with 
PAM, SB and F have a similar Pmax, while samples consolidated with binder E have a two 
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times higher Pmax. Samples consolidated with PAM or E have two times smaller Kgas than 
samples consolidated with SB or F. After water injection, all the samples fail during the 
experiment. 
 

 
Figure 5. Maximum gas pressure and gas permeability for PAM and new binders SB, E and F without and with 

water injection before fluidization (+W). Maturation m3 corresponds to curing at 20 °C for 24 h followed by 
flushing, then 7 day at 20 °C. Mean values are for three samples (two samples for F+W) and error bars 

correspond to minimum and maximum values. For one SB sample and one E sample Pmax = pressure at 15 
ln/min without failure, for all others samples Pmax = failure pressure. 

The effect of maturation temperature is significant. Indeed, without water injection, samples 
cured with m2 method (at 70 °C for 8 days), samples withstand up to 15 ln/min, whereas 
samples cured with m3 (at 20°C for 8 days) fail before the experiment limit. After water 
injection, samples consolidated with binders E and F withstand after m2 maturation (70°C), 
but fail after m3 maturation (20°C). 
Moreover, samples consolidated with PAM and SB show a better water resistance after 
maturation process m2 and m3 than after maturation process m1. The time lapse between 
injection and flushing is therefore a first order parameter for consolidation. 
 
To sum up, new binders E and F strengthen porous media without decrease in Kgas 
independently of the maturation process (m2, m3). E and F induce a better resistance to water 
than PAM.  
 
 
CONCLUSION 
Seven new binders for chemical reservoir consolidation have been tested and compared to a 
reference polymer binder (PolyAcrylaMide PAM). The results obtained show a similar 
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strengthening to PAM, independently of maturation process. However, they present a better 
water resistance than PAM while preserving the reservoir permeability. The performances of 
all binders tested (PAM and NB) increase with the maturation temperature (here 20 or 70°C). 
New maturation process are currently tested to improve efficiency of new binders at 20°C. 
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ABSTRACT 

Shale formations are fine-grained, clastic sedimentary rocks composed of a mix of clay 
mineral flakes and tiny fragments of quartz and calcite, with both inorganic and organic 
content and porosities. The inorganic content, such as clay minerals, is hydrophilic, while the 
organic pores are largely hydrophobic and therefore form the main ad- and absorbed sites for 
hydrocarbons. The complex wettability of shale formation has a significant impact on fluid 
storage and flow behavior of shale oil reservoirs. Oil content in a given shale oil formation 
includes free oil which is primarily contained in inorganic pores and ad- and absorbed oil in 
kerogen.  Assessment and quantitative evaluation of oil content in shale is challenging. Oil 
saturation in a given shale oil formation consists of two components: inorganic saturation 
(free oil-dominated) and organic saturation (ad- and absorbed oil-dominated). Shale porosity 
includes inorganic and organic porosity. There is no reported research that identifies the two 
porosities and saturations. We therefore recently performed, for the first time, two types of 
vacuum-imbibition tests - water imbibition and oil imbibition - on 20 shale oil core samples to 
distinguish these two saturations. The final imbibed oil volume represents the total oil 
saturation, the final imbibed water volume is the inorganic saturation, and the difference 
between the two represents the organic oil saturation. Helium saturation tests were conducted 
to determine the total pore volume in shale. The amount of ad- and absorbed oil can be 
obtained from the difference between the total imbibed oil volume and pore volume. The 
difference between organic saturation and absorbed oil represents the organic pore volume, 
thereby obtaining the organic and inorganic porosity. Our results indicate that, for the shale 
core samples tested, the oil saturation in organic matter ranges from 6% to 55% of the total oil 
saturation in shale, and 50% to 90% of the organic saturated oil is ad- and absorbed in 
kerogen. The organic porosity ranges from 2% to 50% of the total porosity. Both the organic 
oil saturation and the effective organic porosity exhibit positive correlation with total organic 
carbon. 

 

Keywords: vacuum-imbibition; organic saturation; inorganic saturation; organic porosity; 
inorganic porosity, total organic carbon 
																																								 																				 	
	



SCA2018_042   

2	
	

1. Introduction 

Shale oil formation is a complex and heterogeneous system, with both organic and inorganic 
content [1-2]. Because of the coexistence of minerals and organic matter, shale reservoir rock 
properties such as wettability are more complex than in conventional oil reservoirs. The 
complex wettability of shale formations and the wide range of pore volumes and pore size 
distributions have a significant impact on hydrocarbon saturation and production performance 
of shale oil reservoirs. The determination of hydrocarbon saturation and porosity in shale is 
difficult, because no single fluid-probe-based porosimetric technique can satisfactorily 
measure the wide range of pore volumes. The oil content in a given shale oil formation 
includes free oil and ad/absorbed oil. The latter can represent a significant portion of total oil 
content, yet production of shale oil by current technologies targets only the free oil rather than 
the ad- and absorbed oil in kerogen [3]. The assessment and quantitative evaluation of oil 
content in shale is critical, which is the fundamental parameter for understanding the potential 
recovery of shale oil resource and modeling hydrocarbon multiphase transport. Oil content 
and porosity in shale has not been well characterized due to the complexity of shale formation 
structure and properties.  
In this paper, for the first time, two types of vacuum-imbibition tests - water imbibition and 
oil imbibition - were carried out to evaluate inorganic saturation and organic saturation. 
Twenty shale oil core samples and one sandstone sample were tested to distinguish between 
these two saturations. Helium saturation tests were also conducted in combination with 
vacuum-imbibition tests to determine effective organic porosity and inorganic porosity. The 
TOC of shale samples were characterized to analyze the controlling factors for organic 
saturation and organic porosity. 
 

2. Samples and Experiments 

The shale rock Samples #1-#8 were collected from Well FY-1, Well LY-1, and Well NY-1 in 
the Dongying Depression, which is located in Dongying, Shandong Province in eastern China. 
The shale rock Samples #9-#20 were collected from Well L-67 in the Zhanhua Sag. The tight 
sandstone sample (#21) was collected from Well XYS-9 in the Zhanhua Sag. The mass, 
porosity, total organic carbon mass fractions, and vitrinite reflectance are shown in Table 
1.The lithology of the shale core samples is kerogen-rich lime mudstone, argillaceous 
limestone, and sandstone. The total organic carbon content of the shale samples in this study 
ranged from 1.44 to 5.97 wt.%. The vitrinite reflectance ranged from 0.68 to 1.05 %.  
 
Table 1. Geochemical characteristics, mass and porosity of shale samples and a tight sandstone sample 

Number Samples 
Mass 
(g) 

Porositya 

(%) 
TOC 

(wt.%) 
Kerogen 

type 
S1 

(mg/g) 
S2 

(mg/g) 
S3 

(mg/g) 
Tmax 

(°C) 
HI OI 

Ro 
(%) 

#1 FY-3255 47.92 11.69 1.44 Ⅱ 2.90 4.43 0.26 424 308 18 - 
#2 FY-3129 48.52 8.80 4.98 Ⅱ 1.16 22.51 0.07 445 452 1 0.81 
#3 FY-3200 46.76 9.59 3.90 Ⅱ 0.43 17.19 0.04 446 441 1 0.84 
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#4 FY-3178 63.47 8.21 1.86 Ⅱ 1.39 6.74 0.18 443 362 10 0.76 
#5 FY-3415 59.99 7.84 1.96 Ⅱ 0.61 5.16 0.09 442 263 5 0.84 
#6 LY-3745 58.05 11.79 5.97 Ⅱ 0.26 20.96 0.21 447 351 4 1.05 
#7 LY-3624 55.03 13.30 2.39 Ⅲ 0.09 4.36 0.27 447 182 11 1.02 
#8 NY-3493 60.79 12.99 1.56 Ⅲ 0.60 2.81 0.26 437 180 17 - 
#9 LUO-3275 45.21 10.26 2.84 Ⅱ 3.29 9.79 0.48 439 341 17 0.75 

#10 LUO-3245 49.34 6.95 1.70 Ⅱ 3.41 7.78 0.28 441 405 15 0.68 
#11 LUO-3382 62.58 8.13 1.38 Ⅰ 6.59 11.50 0.24 439 401 8 0.85 
#12 LUO-3340 66.14 10.22 1.40 Ⅱ 2.80 5.28 0.42 419 293 14 0.80 
#13 LUO-3312 71.06 8.02 1.58 Ⅱ 1.73 3.22 0.33 433 307 31 0.81 
#14 LUO-3347 62.62 8.68 1.91 Ⅱ 3.30 5.45 0.42 419 306 24 0.83 
#15 LUO-3307 67.64 7.05 2.84 Ⅱ 2.29 8.53 0.21 442 374 9 0.79 
#16 LUO-3299 65.42 7.70 4.09 Ⅲ 1.69 10.51 0.26 445 414 10 0.81 
#17 LUO-3276 63.02 7.87 2.84 Ⅱ 3.29 9.79 0.48 439 341 17 0.75 
#18 LUO-3250 67.20 8.14 3.41 Ⅱ 5.30 13.93 0.27 443 409 8 0.70 
#19 LUO-3315 63.36 10.42 1.50 Ⅱ 0.13 6.03 0.25 437 370 15 - 
#20 LUO-3239 56.60 10.53 2.44 Ⅱ 1.20 14.84 0.32 440 608 13 - 
#21 XYS-4047 68.32 10.89 - - - - - - - - - 

aCalculated from pressure pulse decay method. 

An apparatus for vacuum-imbibition tests is designed and set up. The schematic diagram of 
the apparatus is shown in Figure 1. The experimental setup consisted of two sealed test cells, 
two high precision burettes (minimum scale: 0.01 ml), and a temperature controlling air bath. 
The burette was connected to the test cell to measure the imbibed water or oil volume. The 
top opening of the burette was sealed with plastic wrap and aluminum foil to avoid 
vaporization of the liquid. Since the liquid imbibition rate in shale is very slow and the 
amount imbibed into shale is small, a high precision burette and large volume of core sample 
were used.  
 

 

Figure 1. Schematic of the vacuum-imbibition test 
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The shale core samples and the tight sandstone sample were broken into blocks of about 1-2 
cm in diameter and extracted with mixtures of toluene and ethanol for about 10 days and then 
extracted with dichloromethane for about 10 days, and dried at 100 °C for several days until 
the weight of the sample was constant. The cleaned block samples were accurately weighed 
and sealed into the test cell attest temperature. Then the test cell was evacuated with a 
molecular vacuum pump after the leak test was completed. For helium tests, helium gas was 
injected into a test cell and tested at different pressure points, steadily increasing from a lower 
pressure to the highest desired pressure. Every pressure point typically reached equilibrium in 
no less than 5 hours, after which the pressure was raised gradually to the next pressure point 
until the highest desired pressure was attained.  
 
After helium saturation tests, the block samples were divided into two parts and sealed 
separately into two test cells, one for water imbibition, another for oil imbibition. Before each 
imbibition test, the sample was maintained under vacuum for at least 12 hrs, until the pressure 
reached 0.000001% of atmospheric pressure (10-3 Pa). Then, the valve between the test cell 
and the burette was opened to allow oil or brine to imbibe into the corresponding test cell. The 
volume change of the liquid in burette was recorded with time until there was no change. In 
the oil imbibition tests, n-dodecane was used, and the water is high concentration KCI brine. 
 

3. Results and Discussion 

Two types of vacuum-imbibition tests and helium saturation tests were performed on 20 shale 
samples to evaluate the different saturations and porosities. In order to verify the rationality of 
the above mechanisms of the water/oil imbibition process in shale, the water and oil 
imbibition test for a tight sandstone sample was also tested for comparison, with and without 
organic matter. This tight sandstone was collected from the same sag with shale samples 
#9-#20. The lithology of tight sandstone samples is fine sandstone, contains no organic matter, 
and the clay mineral content is about 9%. The porosity and permeability of the tight sandstone 
are close to that of shale. The parameters of the tight sandstone sample were also listed in 
Table 1. 
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Figure 2. Vacuum-imbibition curves of water and oil in (a) shale oil core sample, and (b) 
sandstone core sample  

	

Figure 2 shows the representative vacuum-imbibition curves of water and oil in shale sample 
and sandstone sample. The vacuum-imbibition curves of water and oil in shale oil core 
samples exhibit a similar pattern. In all tests, at the early stage, the amount of water/oil 
imbibed increases rapidly. The water imbibition rate is higher than the oil imbibition rate. At 
the later stage, the amount of water/oil imbibed increases slowly until it no longer changes. 
The water imbibition curves quickly reach equilibrium, but the oil imbibition curves take a 
long time to reach equilibrium. The amount of oil imbibition gradually approached and 
exceeded the amount of water imbibition. The final imbibed oil volume is higher than the 
imbibed water volume. The water and oil imbibition curves of the sandstone sample also 
exhibit two stages, but the amount of oil imbibition gradually approached the amount of water 
imbibition at late stage. Therefore, the total oil imbibition time is much longer than the water 
imbibition time, but the final imbibed oil volume is much closer to the imbibed water volume.  
 
The results show that oil and water can enter the same pore space due to the homogeneous 
wettability in tight sandstone samples (without organic matter). Therefore, the final oil 
imbibed volume is much closer to the final water imbibed volume. Considering the kerogen 
contained in shale samples, oil can enter more space in kerogen, and the difference between 
the amounts of oil and water imbibition should represent the organic saturation (oil stored in 
kerogen). Therefore, the final oil imbibed volume is higher than the final water imbibed 
volume. 
  
This heterogeneous wettability of shale samples is expected to impact the location and the 
stored volume of different fluids, such as water and oil. Figure 3 shows the schematic of water 
and oil imbibition processes into different wettability capillary tubes. The tubes were 
vacuumed before imbibition tests. Water and oil will evaporate to gas phase upon entering the 
tubes; therefore, there is some dilute gas in pores during the imbibition process, and the 
oil-gas and water-gas capillary pressure still exists. The pressure gradient of fluid in the tubes 
is the sum of capillary pressure and	atmospheric pressure.  
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Figure 3. Schematic of water and oil imbibes into pores with different wettabilities: (a) oil 
imbibes into hydrophilic pore; (b) oil imbibes into hydrophobic pore; (c) water imbibes into 
hydrophilic pore; (d) water stops at the entrance of hydrophobic pore 
 

When water or oil imbibes into the hydrophilic tube, the capillary pressure is in the same 
direction as the fluid flow; both water and oil can imbibe into hydrophilic tubes under the 
power of capillary pressure (Figure 3 (a) and (c)), and the higher the capillary pressure, the 
greater the driving power for imbibition. When oil imbibes into hydrophobic tubes, the 
capillary pressure is still a driving force (Figure 3 (b)). However when water contacts 
hydrophobic tubes, the capillary pressure becomes a resistance; the higher the capillary 
pressure, the more resistance. As an example, the capillary pressure of water is 576 kPa when 
the pore width is 500 nanometers. The capillary pressure will increase to 28.8 MPa when the 
pore diameter decreases to 10 nm. With pore size decrease, the capillary pressure of water 
increases dramatically. According to the analysis of the pore structure, the pore size of 
organic pores within kerogen ranged from 1 nm to 500 nm, which means the resistance to 
water flow into those organic pores is 500 kPa to 288 MPa minus 101 kPa for the vacuum 
condition. Therefore, water cannot imbibe into the organic pores even under vacuum 
condition (Figure 3 (d)). 
 
According to the analysis of the water/oil imbibition process, the final imbibed oil volume 
represents the total oil saturation, the final imbibed water volume is the inorganic saturation, 
and the difference between the two represents the organic oil saturation. The helium 
saturation volume represents the total effective pore volume of both inorganic and organic 
media. The amount of total ad- and absorbed oil can be obtained from the difference between 
the total imbibed oil volume and pore volume which was measured by the helium saturation 
test. The total ad/absorbed oil includes adsorbed oil on the minerals and the ad/absorbed oil 
within the kerogen. The total ad/absorbed oil represents the ad/absorbed oil within kerogen in 
this paper, and the difference between organic saturation and ad/absorbed oil within kerogen 
represents the organic pore volume, thereby obtaining organic porosity. Inorganic porosity 
can be calculated by the difference between the whole pore volume and the organic pore 
volume.  
 
In this work, the kerogen type of the test samples was mainly typeⅡ, and the vitrinite 
reflectance Ro of the shale samples was relatively close to 0.8%. Fig. 4 shows the relationship 
between organic saturation (a), organic porosity (b), ad/absorbed oil (c) with TOC of the shale 
samples. The results showed that there were nearly positive correlations between organic 
saturation, organic porosity, ad/absorbed oil in kerogen and TOC. 
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Figure 4. Relationship between (a) organic saturation and TOC; (b) organic porosity and TOC; 

(c) ad/absorbed oil in kerogen and TOC 

4. Conclusions 

In this study, a method has been proposed to measure the effective saturations and porosities 
based on the interconnected pores which are accessible to fluids. Two types of 
vacuum-imbibition tests - water imbibition and oil imbibition - have been conducted to 
measure organic and inorganic saturation. The effective organic porosity and inorganic 
porosity were also measured in combination with helium saturation tests. 
 
In the water/oil imbibition process, the final imbibed oil volume represents the total oil 
saturation, the final imbibed water volume is the inorganic saturation, and the difference 
between the two represents the organic oil saturation. In helium saturation tests, the volume of 
helium saturation represents the total pore volume in shale. The amount of ad- and absorbed 
oil can be obtained from the difference between the total imbibed oil volume and pore volume. 
The difference between organic saturation and absorbed oil represents the organic pore 
volume, thereby obtaining organic porosity and inorganic porosity. TOC is an important 
factor influencing organic saturation and organic porosity. There were positive correlations 
between organic saturation, organic porosity, and TOC. 
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ABSTRACT  

We present a predictive model of formation damage in Vendian deposits based on the 
analysis of rock properties and flooding conditions. We have studied all the features of 
the self-colmatation process and arrange them in accordance with their importance. We 
have used two approaches to obtain the results. The first one was to discover all possible 
2D cross-plot correlations between colmatation characteristics and features (manual 
analysis). The second is based on machine learning algorithms. The benefits and 
disadvantages of both approaches were discussed in details. 

 
INTRODUCTION 

The unpredictable decline in productivity and injectivity of wells due to formation 
damage or colmatation is an important problem of petroleum engineering [1, 2]. The 
origin of the formation damage mechanisms varies from fines migration and retention to 
adsorption processes. Moreover, the mechanism of colmatation is dependant on an area 
of interest: near-well or inter-well zone. In some cases, the colmatation happens not only 
in the near wellbore zone but cover a significant part of a reservoir.  

The focus of our research is on fines migration in porous media in the case when 
influent fluid is free of any solid particles. Only the fine particles that are naturally 
present in porous media of a reservoir rock (in-situ particles) and can be released and 
entrained with the flowing fluid are considered. These entrained particles can be trapped 
in pores and cause a significant permeability reduction [1]. This type of formation 
damage (self-colmatation) is commonly related to flows in inter-well area of reservoir.  

The key objective of this work was to investigate colmatation in more complex 
reservoir rocks than it has been considered before. Our objects were sandstones of the 
Lower Vendian deposits of the Nepa-Botuoba Arch, which is the second largest dome-
shaped regional high of Eastern Siberia. Water filtration in these reservoir rocks has a 
strong self-colmatation feature: entrainment of the in-situ fines during injection of 
initially clean water to core samples [3]. 

 
PROBLEM STATEMENT AND APPLIED METHODS  

Our previous study [3] showed that natural cores from Vendian deposits demonstrate 
self-colmatation during water filtration even with relatively high (3%) constant salinity 
which was a sufficient extension of observations from [4]. Corresponding permeability 
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reduction was registered in cores with a wide range of porosity, absolute permeability and 
residual oil saturation. We also performed some tests with a single-phase oil filtration. 
The permeability decrease was observed only when water is flowing in the porous space. 
And there were no colmatation in the case of oil-flooding. Water itself was shown to be a 
strong driver of self-colmatation, which is likely because of its intensive physicochemical 
reaction with pore surface. 

Experimental procedure is described in [3]. The self-colmatation at single-phase water 
flooding was studied during 22 lab tests. Each core model was composed of two or three 
samples with the similar porosity, permeability, mineral composition and granulometric 
distribution. Experiments conditions are presented in Table 1. 

In addition to water flooding experiments, some of the core samples were tested to 
estimate a grain size distribution, mineral composition with X-ray diffraction and pore 
throat distribution with semipermeable membrane method for capillary pressure 
measurement. 

Core samples characteristics we used in the experiments are in Figure 1. One can spot 
a significant variation in porosity (m=6–21%), absolute permeability (K=10–1650 mD) 
and the residual oil saturation (Sor=30–70%).  

The core features do not follow a 
normal (Gaussian) form of distribution. 
It is especially noticeable for 
permeability data. This reduces the 
potential of applications of some of 
classical machine learning techniques. 
Moreover, because of the complex 
structure of productive intervals of 
Vendian deposits, these core samples do 
not have strong K-m correlations. All 
these constraints of dataset increase 
uncertainties of colmatation prediction 
and analysis. 

All water-flooding experiments were 
performed at residual oil saturations. 
Development of colmatation was 
characterized by the growth of 

differential pressure after water breakthrough. After injection of 3.5-20 pore volumes of 
water, the total permeability was reduced by a factor of 1.02 to 4.76. 

Table 1. Conditions of the experiments 
№ Condition Value № Condition Value 
1 model of oil N-decane (C10H12) 6 pressure drop accuracy 0.5% 
2 Initial saturation residual oil saturation 7 saturation accuracy 10% 
3 confining pressure 50 MPa 8 NaCl concentration  30 g/l 
4 pore pressure 12 MPa 9 Water viscosity 1 cP 
5 temperature Ambient (23C) 10 Water density 1.02 g/cc 

 
Figure. 1. Distributions of core parameters. 
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Previous research showed that the pressure drop dynamics demonstrates five typical 
patterns (Figure 2). The purpose of the classification was to define a simple criterion for 
evaluating the mechanism driving retention and correlate it with some of rock properties 
and flooding conditions. Type I corresponds to the classical no-colmatation regime of 
filtration, when pressure drop over the core model decrease monotonically with water 
injection (ΔP(t)/ΔP0 < 1, ΔP(t) – pressure drop in time, ΔP0 – initial pressure drop).  
Types II and III presents two boundary cases: unlimited and limited formation damage 
respectively (ΔP(t)/ΔP0 ≥ 1). Unlimited (Type II) formation damage refers to the 
monotonic rise of ΔP(t) with increasing growth rates throughout the duration of the 
constant-rate filtration process. Type III corresponds to decreasing permeability to a new 
steady level with a stabilized pressure drop at some flow rate. This classification will be 
further used in determination of correlations between colmatation and rock properties. It 
will be shown that within each type we can find more tight correlations. 

Colmatation is a non-steady 
behavior of a flooding system with a 
time-dependent normalized 
permeability K(t)/K0. Thus, to estimate 
correlations between colmatation, rock 
properties, and flooding conditions 
one should find one or more unique 
colmatation characteristics which are 
able to describe the dynamic of 
permeability reduction. We found it 
more sensible to present K(t)/K0 as a 
function of injected water pore 
volumes (Vinj) and study the function’s 
parameters dependencies on rock 
properties and experimental conditions.  

There is a widely used approximation representing the normalized permeability K/K0 
as an inverse function of the retained fine concentration (σ) [5, 6]: 

                                                                     
𝐾(𝜎)
𝐾!

=
1

1+ 𝛽𝜎 ,                                                         (1) 

where β is the formation damage coefficient. If β is large, even a small retained 
concentration causes an intensive permeability reduction. σ in eq. (1) can be considered 
as the concentration of plugged fines. Knowing fines concentration in the inlet and the 
outlet flow, it is possible to count σ in each time moment and predict permeability 
reduction at a specific value of β. Unfortunately, at self-colmatation, we do not have 
enough information about in-situ fines concentrations. To solve this problem, we used a 
method from [7], which contains an assumption that σ can be related to the amount of the 
water (V) that passed through the area of a porous sample denoted as A: 

                                               
𝑘/𝑘! − 𝑅!"#
1− 𝑅!"#

=
1

(1+ 𝛼(𝑉/𝐴)!) ,                                               (2) 

 
Figure 2. Different types of colmatation. 
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where α, n, and Rmin are the three governing parameters of the model. α represents the 
intensity of the damage. n defines the shape of the damage curve. Rmin sets an asymptotic 
limit for permeability reduction (kmin=k0*Rmin).  

We have used equation 2 as basic approximation to investigate correlations between α, 
n, Rmin and rock properties together with flooding conditions. Results of the best 
approximation for each experiment are presented in [3] and the frequency distributions of 
α, n, and Rmin are in Figure 3.  

 
COLMATATION PREDICTION RESULTS 

Described approach allows defining dependences of all three governing parameters (α, 
n, and Rmin) on different features of the experiments. We used 16 features for further 
analysis: porosity m, absolute permeability Kabs, pore volume Vpor, initial oil saturation 
Sor, pressure drop type, 3 characteristics of pore throat size distribution, 3 characteristics 
of grain size distribution, 4 characteristics of mineral content distribution, and horizon 
(Talakh, Khamakin or Botuobinsk). The characteristics of pore throat size distribution 
were fractions of pore throats with sizes dp = 6-12 µm, dp = 12-30 µm, and dp > 30 µm. 
And the characteristics of grain size distribution were fractions of grains with sizes dg = 
0.05-0.01 mm, dg = 0.1-0.25 mm, and dg = 0.25-0.5 mm. Contents of microcline, 
dolomite, anhydrite, and quartz were used as 4 characteristics of mineral concentration 
distribution. 

 For the first step we have tried to 
find correlations between each of α, n, 
and Rmin and each of 16 features 
independently (using the cross-plot 
charts). Unfortunately, it was not 
possible to find any correlations within 
horizon types because of a small dataset 
and non-Gaussian distribution of 
features in each type. We could not find 
the correlations between α, n, Rmin and 
porosity and pore volume: the 
coefficient of determination R2 was 
negative in both cases. All analytical 
data concerning influence of any of 13 
residual features on colmatation 
intensity is presented in Table 2. We 
have estimated R2 for Type II and Type 

III separately. And within each type it has been obtained a more tight correlations with 
higher value of R2. 

The intensity of the formation damage α and the exponent n are increasing and the 
factor Rmin is decreasing with the colmatation amplification. We assume weak correlation 
between colmatation parameters and a feature of consideration if we have a mismatch in 
any trend direction (if the trend of one of the colmatation parameters contradicts to the 

 
Figure. 3. Distributions of colmatation parameters. 
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others). Low level of correlation (R2 < 0.1) or a mismatch in trend direction marked with 
gray color.  

To estimate the influence of 13 parameters on colmatation process (feature importance 
arrangement) we should obtain single numerical criterion using R-squared statistics for 
all three parameters of colmatation equation 2. We used the following rule for averaging: 
𝑅! = 0.5𝛾 𝑅!"#$ !!

! + 𝑅!"#$ !!!
! , where 𝑅!"#$ !!

! ,𝑅!"#$ !!!
!  are means with respect to α, n, 

and Rmin for each pressure drop Type. 𝛾 = 0.66 in case with mismatch in trend direction, 
and 𝛾 = 1 in case without mismatch.  
Table 2. Analysis of rock properties influence on colmatation parameters. 

Parameter Type R2 

for α 
R2 

for n 
R2 

for Rmin Parameter Type R2 

for α 
R2 

for n 
R2 

for Rmin 
Kabs Type II 0.5 0.7 0.52 dg=0.1-0.25 mm Type II 0.42 0.52 0.29 

Type III 0.5 0.7 0.52 Type III 0.81 0.39 0.002 
Sor Type II 0.73 0.007 0.31 dg=0.05-0.01 

mm 
Type II 0.56 0.49 0.36 

Type III 0.73 0.04 0.001 Type III 0.52 0.26 0.14 
dp>30um Type II 0.6 0.8 0.48 quartz Type II 0.28 0.02 0.78 

Type III 0.71 0.49 0.15 Type III 0.84 0.59 0.23 
dp=12-30um Type II 0.55 0.015 0.11 microcline Type II 0.21 0.02 0.71 

Type III 0.8 0.46 0.61 Type III 0.79 0.63 0.27 
dp=6-12um Type II 0.73 0.29 0.25 dolomite Type II 0.77 0.06 0.4 

Type III 0.91 0.35 0.27 Type III 0.49 0.03 0.05 
dg=0.25-0.5 mm Type II 0.62 0.67 0.24 anhydrite Type II 0.7 0.68 0.27 

Type III 0.38 0.06 0.63 Type III * * * 
* not enough data for correlation 
Bold underlined font stands for bad correlation (wrong trend or low R-squared). 

 Based on this analytical approach it was possible to investigate all the features of the 
self-colmatation process and arrange them in accordance with their importance (Figure 
4). The absolute permeability and the fraction of pore throats with diameter larger than 30 
µm had the strongest influence on colmatation. The smallest correlation was for the 
residual oil saturation and the fraction of grains with size 0.01-0.005 mm. 

 The second approach for 
investigating the influence of all the 
features on the self-colmatation have 
been dedicated to machine learning 
algorithms. The major benefit of this 
approach is a possibility to build 
complex prediction models of α, n, 
and Rmin, where all features can be 
taken into account simultaneously. 

 For all predictive models we used 
17 features: 14 features described 
earlier with the exception of pressure 

drop and horizon types. Additional 3 features were Talakh, Khamakin and Botuobinsk 
horizons. The pressure drop was excluded from the features because it was a post 
experimental information (result of permeability depletion analysis). 

Small dataset is a very essential problem to train and test the models. Another 
problem for machine learning algorithms is missing data in dataset: an ideal case is to 

 
Figure 4. The factors affected on colmatation 



SCA2018-043 6/9 
 

have all features for each experiment. The grain size distribution, pore throat distribution 
and mineral composition analysis were performed not for all the core samples. Actual 
number of experiments with all 17 features was 5 tests out of 19. Thus, the first aim was 
to extract maximum information from our dataset.  

To fill the missing data in dataset matrix we applied sequence of predictive 
procedures based on artificial neural network (ANN). Implementation of ANN has been 
done in Python environment. Python’s scikit-learn library provides ANN representation 
in MLPRegression method [8]. The sequence of the procedures is the following. On first 
step we have predicted missing pore throat sizes distributions characteristics (for 6 tests) 
using a limited grain sizes distributions data (11 tests). On the second step an extended 
dataset (16 tests) have been used to predict all the missing grain sizes distributions 
characteristics (3 tests). And on the last step we have predicted characteristics of minerals 
distributions (for 9 tests) using all data recovered on previous steps. Completely 
recovered dataset matrix with 19 rows (tests) and 17 columns (features) was used then to 
build effective predictive models for α and n. And for Rmin predictive we used model 
dataset matrix with 17 rows and 17 columns. Two experiments were excluded from the 
dataset in last case to obtain positive correlations in multivariable prediction.    

We have considered 8 machine learning algorithms: 2 linear regressions with 
regularization (Lasso and Ridge); Decision Tree; Random Forest; Gradient Boosting; XG 
Boosting; SVR (implementation of Support Vector Machine method) and MLPRegressor 
(implementation of ANN) [9-13]. To evaluate the accuracy of the methods we have used 
the coefficient of determination R2. The same metrics has been used previously at 
independent feature analysis. To avoid overfitting of the model, there is a common 
practice to keep a part of the available data as a train and another part as a test set. The 
cross validation technique has been applied to estimate models’ performance and 
compare them with each other. In Python’s scikit-learn K-Folds cross-validator provides 
train/test indices to split data in train/test sets. K-Folds cross-validator splits dataset into k 
consecutive folds. Each fold is then used once as a validation while the k - 1 remaining 
folds form the training set. In all our cross-validations we used k = 7 data splits. It 
corresponds to 16 rows in training and 3 rows in testing.  

The best result (R2 = 0.68) for α model was obtained for XG Boosting algorithm. 
Performance of the model could be demonstrated by plotting predicted values versus 
observed values of porosity after ablation (Figure 5a). One can see that data points are 
located in a vicinity of the bisectrix. 

The best result (R2 = 0.61) for n model was obtained with Lasso algorithm (Figure 
5b). 

The best result (R2 = 0.44) for Rmin model was obtained with Gradient Boosting 
algorithm (Figure 5c). 

To combine these three predictive models with formula (2) we can predict 
permeability reduction in time K(t)/K0 using only 17 features of rock properties and 
flooding conditions for Vendian deposits. The major benefit of the intelligent analysis 
with machine learning algorithms is the dependence of colmatation parameters on all 
significant feathers simultaneously. It makes the machine learning models more robust 
than the 2D cross-plot correlations only. We can also show that for each α, n, Rmin 
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coefficient of determination R2 averaged for all features will be lager for the machine 
learning models than for manual analysis (Table 3). It is important to mention that 
relatively large R2 in Table 3 could be explained by a relatively small initial dataset (with 
missing data). Even in this case intelligent analysis looks more precise than the manual 
method. 

   
a) intensity of the damage α b) exponent n c) factor Rmin 

Figure 5. Comparison of real and predicted colmatation parameters. 
 

Table 3. Models comparison 
Colmatation 
coefficient 

Averaged R2 for all features 
(manual analysis) 

R2 
(intelligent analysis) 

α 0.62 0.68 
n 0.36 0.61 

Rmin 0.33 0.44 

Machine learning models also allow performing feature importance analysis directly 
without any assumptions and approximations. The Python’s XGBoost method allows 
arranging features due to their influence on prediction model [11]. The XGBoost library 
provides a built-in function to plot features ordered by their importance and provides a 
score indicating how useful each feature was in the construction of the boosted decision 
trees within the model. The importance is calculated for a single decision tree by the 
amount that each feature split point improves the performance measure, weighted by the 
number of observations the node is responsible for. The feature importances are then 
averaged across all of the decision trees within the model. Results of feature importance 
analysis for α, n and Rmin are presented in Figure 6.  

Each colmatation parameter has its own most important feature: the content of 
microcline for α, the absolute permeability for n, and the fraction of pore throats with 
diameters 12-20 μm for Rmin. We now consider the first five important features for α, n 
and Rmin. We can see that 5 of 15 features could be found twice: the microcline content 
and the fraction of pore throats sizes >30 μm (in Figure 6a and 6b); the absolute 
permeability and the fraction of pore throats sizes 6-12 μm (in Figure 6b and 6c); and the 
porosity (in Figure 6a and 6c). Accordingly, these five features have the dominant 
influence on the colmatation process. 

It is also interesting to compare importance from intelligent and manual analysis. One 
can see that four of five features of dominant influence on the colmatation could be found 
within five most important features from Figure 4. This fact proves that both approaches 
do not contradict and demonstrate close results.  
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The example of prediction with both approaches is shown in Figure 7.  
 

  
a) b) 

 
c) 

Figure 6. Results of feature importance analysis for α (a), n (b) and Rmin (c). 
 

  
a) b) 

 
c) 
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Figure 7. The example of prediction α (a), n (b) and Rmin (c) prediction versus absolute permeability 
feature. 

CONCLUSION 
The predictive model of formation damage development in Vendian deposits based on 

the analysis of rock properties and flooding conditions has been developed. It is shown 
that machine learning algorithms allow to build precise prediction model of permeability 
reduction. All the features of the self-colmatation process have been arranged in 
accordance with their importance using two independent methods (cross-plot correlation 
estimations and joint XGBoost analysis). The most influencing features are permeability, 
porosity, fractions of pore throats with diameters 6-12 μm and >30μm and content of 
microcline minerals in the rock. 
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ABSTRACT 
An enhanced core analysis workflow, which integrates conventional core plug analysis 
with continuous direct core measurements and wireline log data, was developed to 
optimize petrophysical and geomechanical modeling of the reservoir intervals in the deep 
water SNE field, offshore Senegal. An extensive, continuous core scratch testing 
campaign was run on core from two wells. The scratch tests produced a continuous 
profile of Uniaxial Compressive Strength (UCS) and P-wave velocity values that were 
correlated with available core plug strength and porosity data. The sample site selection 
protocol based on the up-scaled scratch test data resulted in fewer plug sample failures 
during plug preparation for geomechanical testing. The Rock Mechanical Tests (RMT) 
results were also found to be in excellent agreement with the scratch strength profile. By 
integrating the scratch test results with core porosity and wireline logs, a centimeter-scale 
profile of estimated porosity was derived. The continuous rock property profiles created 
with the scratch test could be used to systematically check both Routine Core Analysis 
(RCA) and RMT plug results. The robust multivariate relationships established between 
the rock strength profile and selected wireline logs enabled reliable upscaling of plug 
rock properties to predict rock strength in non-cored intervals and wells. In comparison, 
rebound strength index tests run over the same core scratch interval produced limited and 
potentially misleading strength data. Plug sampling in thin bedded heterogeneous 
formations may lead to an irreducible bias in test results unless it is based on a-priori 
knowledge about the rock small scale heterogeneity. The heterogeneity assessment 
methodology based on the scratch test enables the selection of more representative plug 
site and more robust core property-log calibration at different length scales. This leads to 
a significant reduction in uncertainty in petrophysical and geomechanics models, and 
better decision making in well design and field management. 
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INTRODUCTION 
Several cores were acquired from two wells in order to characterize the petrophysical and 
geomechanical properties of reservoirs in the deep water SNE field, offshore Senegal. A 
complex sequence of variable grain-size sandstones and thin-bedded heterolithics have 
created significant challenges in the acquisition of reliable and representative core data. 
This paper presents the enhanced core analysis workflow applied on these cores and the 
improvements in the acquisition of reliable geomechanical and petrophysical properties. 
In the first well, high resolution continuous profiles of rock properties from the scratch 
test were acquired on about 100 meters of fresh cores, prior to any other test. The 
existence of a good correlation was established between the scratch test strength profile 
and the porosity wireline log. As a result the scratch test could be used to map local 
heterogeneities of the rock porosity at the centimeter scale and to guide the selection of 
representative sample sites for SCAL and Rock Mechanics Tests (RMT) plugs. A robust 
multivariate empirical relationship was established between the sonic and gamma ray 
wireline logs. Once the results of the RMT conducted on plugs were received several 
months later, an excellent agreement with the strength profile of the scratch test was 
found. The proper upscaling of plug test results for porosity helped with the construction 
of a robust porosity predictor based on wireline logs, which enabled the calibrated 
prediction of porosity from wireline logs in the non-cored sections of the reservoir. In the 
second well, the same series of continuous high resolution tests was conducted on cores 
which had already been slabbed and plugged for Routine and Special Core Analysis 
(RCA, SCAL) and RMT. Extensive plug failure and misleading results characterized the 
RCA. However the continuous high resolution porosity profile built from an empirical 
relationship between the scratch strength profile and the neutron porosity log was found 
in excellent agreement with the validated RCA plug results. Finally, rebound tests 
(EQUOTIP) were conducted on the cores. The large dispersion of this test prevented a 
clear choice between Brinell or Leeb hardness on which of the two would be best suited 
to derive UCS values.  
 
 
METHODOLOGY 
Continuous High Resolution Core Data 
Continuous high resolution profiles of rock strength profile and ultrasonic compressional 
velocity (Vp) profile were acquired on fresh cores. Details on the scratch tests can be 
found in [1], [2]. An adequate preservation of the core was maintained by taken them out 
of their liner for as short a time as possible (less than 40 minutes) and cutting only a 
narrow slit of 5cm width along the core length. The cores were immediately wrapped 
back in plastic film at the end of the test sequence. The first step of the scratch test 
consists in removing a few millimeters of core material from its surface using a sequence 
of accurately controlled displacements of a cutting tool. The evolution of the energy 
consumed during each cut at a given depth is monitored as an indicator of the superficial 
damage of the core material. Once the groove is perfectly flat, within 10 micron accuracy, 
measurements can be conducted such as high resolution core photography (30µm/px), 
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high resolution rock strength profile, ultrasonic P and S wave velocities, or surface 
roughness assessment. 
 
Sampling Sites Recommendations 
Several sources of uncertainties could affect the upscaling of laboratory measurements 
conducted on plugs with wireline logs: 

• Measurements (Wireline or Lab) are never perfect; 
• Downhole and laboratory environments are different; 
• Core shifts are not always accurate and can vary along one core; 
• Only a small fraction of the rock is tested discrete samples taken from cores; 
• A difference in resolution exists between the wireline logs (50cm) and the plug 

samples (5cm)  
• Rock heterogeneity includes centimetre length-scales.  

Assuming strength is intrinsically correlated with the geomechanical and petrophysical 
properties to be measured on the plug samples, the most homogeneous sampling intervals 
of a set length (10cm) are identified from the dispersion of the strength profile around its 
means for each interval. Sampling intervals are ranked according to the values of this 
heterogeneity index I. The distribution of I and its percentiles are then used to partition 
the cored interval into several categories: 

1. Intervals where 0< I <P10 
2. Intervals where P10< I <P20 
3. Intervals where P20< I <P30 

Recommended sampling sites are visualized with color coded lines in the high resolution 
core pictures taken after the scratch test (Figure 1). A thick yellow line is use to highlight 
the intervals of the best category while a thin yellow line indicate the intervals in the 
intermediate category. The vertical position of these lines is fixed by the strength values 
at the center of the corresponding sampling intervals. This method is efficient to quickly 
visualize the most homogeneous sampling intervals. Twin plugs should be taken in 
homogeneous intervals where relevant rock properties are uniform at 10 cm scale. 
Mapping rock properties at the centimeter scale reveals anomalous features at the plug 
scale (Vugs, fractures, weak spots), which should be avoided to lower plug failure rates 
during preparation cycles. 
 
 
Empirical Relationships between Strength and Petrophysical Properties 
The high resolution rock strength profile and the porosity wireline log are combined to 
map petrophysical properties onto the strength profiles. If such a suitable empirical 
relationship is found, a similar heterogeneity study can be conducted with the constructed 
high resolution porosity profile to identify suitable homogeneous sampling sites for 
petrophysical tests. Once the RMT and RCA results are received several months later, 
they can be checked against high resolution profiles derived as detailed above.  
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APPLICATIONS 
Well 1 
RCA results 
In this study, the selection of RCA sampling sites had not been based on prior core-based 
quantitative high resolution information about the rock heterogeneity. A three-stage 
benign plug preparation and repeat measurement sequence was devised to capture as 
much porosity and permeability data as possible before potential plug fracturing, and to 
ensure quality-controlled RCA data for petrophysical evaluation. RCA sample numbers 
are summarized for Well 1 in Table 1. More than a third of tentative plug locations did 
not yield samples suitable for porosity and permeability measurements at the end of the 
preparation cycles. Most failures were related to hairline fractures. The depths of intact 
plug samples remaining at the end of each preparation cycle is shown in Figure 2. For 
Well 1, plug failure happened predominantly in a core interval between X550 and 
X650m, regardless of the rock porosity. 
 
 
Scratch Test Results 
Full core recovery was achieved in the first tested well over an interval of around 110.m. 
Samples were preserved as full diameter core sections of 1 meter in length, most of them 
in good conditions except a few sections that were highly fractured. They were composed 
essentially of sandstones and shales. The shifted profiles of high resolution the strength 
and ultrasonic P-wave velocity are shown in Figure 3 and Figure 4.Originally, no core-
log depth shift was reported but a slight core shift of -0.3m (i.e. cores moved up 0.3m to 
match log depth) was deemed necessary to improve the match between the strength 
profile and the compressional sonic transit time (DTCO) wireline, as seen in Figure 3 
The very good correspondence existing between the wireline DTCO log (travel time of a 
compressional elastic wave) and the core based ultrasonic profile proves the consistency 
of the ultrasonic core based measurements (Figure 4).  
 
 
Plug Sampling Sites Recommendations for Geomechanics 
Based on the heterogeneity mapping provided by the scratch campaign, seven plugs were 
taken for uniaxial compressive strength testing and three for thick wall cylinder analysis.  
In Figure 5, the UCS and TWC test results are mapped onto the strength profile from the 
scratch test. The positions of the dots showing the UCS and TWC test results suggest that 
the scratch test strength profile is an excellent candidate to upscale those rock properties. 
Attempting a direct correlation of plug measurements with wireline as in Figure 6 usually 
does not result in a robust calibration of the wireline because of the following reasons: 
the measurement errors inherent to any test run on cores but mostly the existence of local 
heterogeneities that are not seen by the wireline but that affect nonetheless the plug 
measurements. Once the link between the plugs measurements and the continuous high 
resolution strength and velocity profiles from the scratch test has been established, one 
can use the continuous scratch test data to establish a robust upscaling law with the 
wireline logs. In the context of Well 1 it was easy to identify sonic velocity calculated 
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from the DTC sonic log as the best wireline candidate to upscale the strength. The clay 
content derived from the gamma ray was found to be a valuable term to include in a more 
accurate proxy. The proxies developed from plug testing (taking into account 30 plugs 
over more than 5 wells) and from continuous core data profiles are compared with the 
scratch strength profile in Figure 7. The proxy derived from the continuous scratch test is 
much more appropriate to capture the low strength intervals. In the Well-1, high 
resolution continuous profiles of rock properties from scratch testing produced robust 
correlations with the wireline porosity log (see Figure 7), and were used to map 
heterogeneity length-scales to guide the selection of representative sample sites for SCAL 
and rock mechanics test (RMT) plugs.  
 
 
Well 2 
RCA results 
The RCA plug sites selection was based on a “one plug every foot” criterion without the 
a-priori knowledge of rock heterogeneity. A summary of the RCA tests is given in terms 
of sample numbers for Well-2 in Table 2. More than one third of tentative plug locations 
did not yield samples suitable for testing at the end of the preparation cycles. Most 
failures were related to the presence of hairline fractures. The depth of intact plug 
samples remaining at the end of each preparation cycle is given in Figure 8. For Well 2, 
plug failure happened predominantly above and below a core depth interval between 
X550 and X600m, regardless of the rock porosity. 
 
 
Scratch Test Results 
In Well-2 the Scratch test was staged after plugging and slabbing. Figure 9 compares the 
UCS and the scratch strength. Only three UCS are in the same depth range than the 
scratched sections; they correlate well with the scratch strength. All UCS plugs have been 
taken in the low and middle strength sections of the cores, where rock mechanical tests 
(RMT) run on plug samples yielded UCS values less than 50 MPa. The scratch test 
indicates large sections of cores have a strength larger than 50 MPa: 30% of the scratched 
sections has a strength above 45MPa. These results underline the difficulty of capturing 
the full range of rock properties with only a handful of samples. A rock strength proxy 
was derived successfully for this well (Figure 10), with an equation almost similar than 
the one found for Well-1, which underlines the coherence of strength predictors base on 
properly calibrated wireline logs in this reservoir.  
 
 
Rebound Tests 
Rebound tests (Equotip) has been run in parallel (15 rebounds per location). Two proxies 
were established to derive the UCS from Rebound Tests, however the factor two between 
the strength predictions from these two models underlines their lack of reliability.  
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Link Between Geomechanical And Petrophysical Properties 
The high resolution porosity profile shown in Figure 11 was calculated from the 
correlation found between the Total Porosity wireline and scratch strength. As deduced 
from the very good agreement between RCA porosity and the high resolution porosity 
profile, the latter could have been used a priori for SCAL selection and checking the RCA 
to detect hairline fractures. For instance, a question could be raised about the validity of 
the RCA results in the first 5 m of the cored interval, since the porosity measured on 
plugs seems to overestimate the high resolution porosity profile. A similar high resolution 
porosity profile built from the Rebound Test Results would have been impaired by the 
considerably larger scatter in the cross-plot as seen in Figure 12b. 
 
 
CONCLUSION  
The sample site selection protocol based on the up-scaled scratch test data resulted in 
fewer plug failures on plug preparation. The RMT results were also found to be in 
excellent agreement with the scratch strength profile. By integrating the scratch test 
results with core porosity and wireline logs, a centimeter-scale profile of estimated 
porosity was derived. The continuous rock property profiles created with the scratch test 
could be used to systematically check both RCA and RMT plug results. Robust 
multivariate relationships established between the rock strength profile and selected 
wireline logs enabled reliable upscaling of plug rock properties to predict rock strength in 
non-cored intervals and wells. In comparison, rebound strength index tests run over the 
same core scratch interval produced limited and potentially misleading strength data. The 
core testing technologies described in this paper are integrated in one compact and 
portable test bench enabling extensive sets of high quality rock property data to be 
obtained on fresh cores within a few days and before plugging.  Plug sampling in thin 
bedded heterogeneous formations can be a haphazard process leading to understandable 
bias in sample selection. The heterogeneity assessment protocols from the scratch tests 
enable more representative plug site selection and more robust core property-log 
calibration at different length scales. This significant uncertainty reduction in 
petrophysical and geomechanics models leads to better decision making in well design 
and field management. 
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Table 1: Summary of plug numbers in RCA programs for Well 1 

 
Table 2: Summary of plug numbers in RCA programs for Well 2 

 
 

 
Figure 1: Visualization of recommended sampling sites 

 
Figure 2: Depth and porosity of intact plugs at the end of each preparation cycle (as defined in Tables 1 and 

2), Well 1. Blue dots on the horizontal axis for plugs failing ahead of cycle 1.  
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Figure 3: High resolution strength profile plotted against the sonic wireline log. 

 
Figure 4: Ultrasonic P-wave Slowness plotted against the sonic wireline log.  

 
Figure 5: Chart exhibiting the excellent agreement between the scratch test and the plug UCS and TWC. 

 
Figure 6: Direct correlation of plugs RMT vs wireline logs 

 
Figure 7: Comparison of strength proxies for Well-1 
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Figure 8: Depth and porosity of intact plugs for each preparation cycle (as defined in Tables 1 and 2), Well-

2. Blue dots on the horizontal axis for plugs failing ahead of cycle 1.  

 
Figure 9: Comparison between Scratch Strength and UCS from plug tests, Well-2 

 
Figure 10: Strength proxy from wireline logs for Well-2. 

 
Figure 11: Comparison between RCA porosity and high resolution porosity profile. 
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Figure 12: Wireline total porosity vs UCS derived from a) Scratch test b) Rebound tests 
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ABSTRACT  
A macroscopic numerical model is developed to simulate the flow, mass-transfer, and 
reactive processes when a suspension of zero-valent iron nanoparticles (nZVI) is injected 
in a porous medium, polluted by a chlorinated non-aqueous phase liquid (NAPL) at its 
residual saturation. The nanoparticles transport is coupled with their non-equilibrium 
deposition in a porous medium, and the parameters quantifying the kinetics of 
nanoparticle attachment / detachment in sand grains are estimated with inverse modeling 
of experimental results from nZVI flow tests in a sand column. The kinetics of the 
reaction of nZVI with dissolved tetrachloroethylene (PCE) is based on the numerical 
predictions of the statistical shrinking-core model that couples the mass-transfer with 
reactive processes at the nanoparticle scale. Then, the NP transport model is extended to 
reactive flows by combining the dynamics of PCE ganglia dissolution and nZVI reactions 
with mass balances for residual PCE saturation, dissolved PCE concentration, and nZVI 
concentration in aqueous phase. Numerical predictions of the residual PCE remediation 
efficiency as a function of injected NP mass is compared with experimental results of a 
PCE source zone remediation test performed in a sand column. The PCE source zone 
remediation efficiency is maximized, as the injected nZVI maintains its reactivity for a 
long period of time, and along the longest length of the porous medium. If updated to 3-D 
media, and accounting for the real hydrogeology and contaminant reaction kinetics, the 
simulator might be used as a tool to predict the spatial and temporal evolution of the 
NAPL source zone during the in situ nano-remediation of heavily contaminated aquifers.    
 
INTRODUCTION  
Among the various materials explored for nano-remediation, the nanoscale zero-valent 
iron (nZVI) is currently the most widely used for the in situ remediation of aquifers from 
a variety of toxic pollutants (e.g. reduction of chlorinated hydrocarbons, and nitro-
aromatics, sorption/geochemical trapping of heavy metals/metalloids) (Mueller et al., 
2012). Thus far, from continuum viewpoint, there is a limited number of comprehensive 
reviews focusing on all the possible transport mechanisms of NP in porous media and 
their superposition within the context of continuum modeling. These mechanisms 
comprise reversible, irreversible and equilibrium interactions of NP with porous media, 
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as well as agglomeration, straining, blocking, ripening, and size exclusion (Molnar al., 
2015; Babakhani et al., 2017). 
Recently, Tosco and her collaborators (Tosco and Sethi, 2010; Tosco et al., 2014) have 
developed a multi-parameter continuum model of nano-colloid flow and transport in 
porous media and used it for interpreting lab-scale tests of increasing complexity. It 
should be mentioned that the main drawback of such complex models is the increasing 
uncertainty of parameter values estimated with inverse modeling. Regarding the 
numerical modeling of PCE ganglia remediation in soils, attention was paid on the 
investigation of systems where high nZVI concentration suspensions are injected, and 
only the nZVI immobilized on sand grains is reactive (Taghavy et al., 2010; Fagerlund et 
al., 2012).  
In the present work, based on the model of Tosco et al. (2014), first, a macroscopic 
numerical model of nZVI flow through a porous medium is developed. With inverse 
modeling of the iron concentration breakthrough curves of a sandpack, the parameters 
describing the kinetics of nanoparticle attachment / detachment are estimated. Then, the 
macroscopic model is extended to reactive flows with mass balances describing the 
dynamics of non-aqueous phase liquid (NAPL) dissolution, dissolved pollutant and PCE 
ganglia reaction with suspended nZVI, and the subsequent decrease of the saturation of 
the NAPL source zone. To quantify the kinetics of dissolved pollutant (PCE) reaction 
with nZVI, the numerical predictions of a statistical shrinking core model (Tsakiroglou et 
al., 2017) are fitted to appropriate kinetic models. The simulator is assessed with respect 
to its capability to predict results from NAPL (PCE source zone) remediation test in a 
sand column. 
 
METHODS AND MATERIALS 
3.1 Experiments in porous media 
Aqueous suspensions of carboxyl-methyl-cellulose (CMC)-coated nZVI were prepared at 
concentration ~ 1 g/L, by the sodium borohydrite method, and detailed information is 
reported elsewhere (Tsakiroglou et al., 2016). nZVI flow and PCE remediation 
experiments were performed in a column (L=31cm, D=3cm) packed with a commercial 
silicate sand (grain zizes~100-450µm, d50=375 µm, ε0=0.44, k0=86 D). The sand column 
was evacuated, filled with distilled and degassed water (DDW), and the aqueous 
suspension of CMC-coated nZVI was injected for 7.5 hrs under a constant influx rate 1 
mL/min, and then was flushed with DDW for 5 hrs under the same influx rate. Samples 
collected from column effluent with an automatic fractional collector, were digested with 
HNO3 to measure the iron concentration with atomic absorption spectroscopy (AAS). At 
the end of experiment, the sand column was sliced into 14 segments, samples were 
removed from each segment and mixed with HNO3 solution to dissolve the iron. The 
solution was filtered and the residual iron was measured with AAS.  In the same 
sandpack, an experiment of the in situ remediation of PCE source zone (residual PCE) 
was performed. Initially the sand column was evacuated and saturated completely with 
PCE, 2 Pore Volumes (PVs; 1 PV=103 mL) of DDW were injected at flow rate 3 
mL/min., and the residual PCE saturation at the end of primary imbibition was 
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determined with a mass balance based on the different densities of the two fluids. Then, 1 
PV of DDW was injected at flow rate 1 mL/min, followed by the injection of 3.3 PVs of 
CMC-coated nZVI suspension at the same flow rate. To determine the PCE concentration 
in effluent, the PCE was extracted with n-hexane from samples collected in a fractional 
collector, and the extracts were centrifuged, filtered and analyzed with gas 
chromatography – electron capacitance detector (GC-ECD). To calculate the final PCE 
saturation, remaining in the pore space at the end of nZVI injection, the column was 
flushed with 3 PVs of n-hexane to dissolve completely the PCE, and the concentration of 
PCE dissolved in n-hexane was measured with GC-ECD.  
 
3.2 Model of nanoparticle (NP) transport in porous media 
We assume that a suspension of nanoparticles (NPs) is injected at volumetric flow rate Q 
through a porous medium of length L and cross-sectional area At. The 1-dimensional flow 
of NPs is described by the mass balance 
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where εm is the porosity, CNP is the nanoparticle mass concentration in suspension 
(kg/m3), s is the concentration of particles deposited in the porous medium (it is defined 
equal to the mass of attached particles per unit mass of the porous medium), ρb is the 
initial bulk density of the porous medium, ud (=Q/At) is the superficial (Darcy) flow 
velocity, and DL,NP is the NP longitudinal dispersion coefficient. The concentration of 
deposited particles, s, is regarded as the superposition of two concentrations (Bradford et 
al., 2009), namely 

21 sss +=   (2) 
where, s1 is the concentration of deposited particles due to ripening and blocking 
processes,  described by the phenomenological model  (Tosco and Sethi, 2010) 
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and s2 is the concentration of deposited particles due to straining and given by the 
phenomenological model (Bradford et al., 2003) 
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To calculate the changes caused by particle deposition on the macroscopic properties of 
the porous medium, namely the porosity, εm, the specific surface area, a, and 
permeability, k, the following relationships are used (Tosco and Sethi, 2010; Tosco et al 
2014). 
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where ε0 is the initial porosity, εim is the fraction of initial porosity occupied by deposited 
particles, ρs is the density of particles deposit, ap, is the specific surface area of 
nanoparticles, 0a  is the initial specific surface area of the porous medium, k0 is the initial 
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absolute permeability of the porous medium, and θ is a parameter controlling the 
contribution fraction of deposited particles to the increase of the surface area a.  Finally, 
the pressure gradient across the porous medium is given by Darcy law, which is written 

 dukx
P µ

−=
∂
∂          (6) 

where P is the fluid pressure, and µ is the viscosity of aqueous suspension.  
Assuming that the porosity is fully occupied by deposited nanoparticles, the maximum 
concentration, smax, and dimensionless concentration, s*, are defined by  

bsmaxs ρερ 0=   *
maxs s s=       (7) 

In addition, the following dimensionless variables are defined  
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where P0 is the outlet (atmospheric) pressure, and CNP0 is the nZVI concentration in the 
feed suspension. By replacing Eqs.(7-8) into Eqs.(1)-(6), and after some manipulation we 
get the following dimensionless equations  
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In the foregoing equations, a set of dimensionless numbers are included: the Peclet 
number of NPs, NPPe , the Damköhler number of nanoparticle attachment / detachment (

d,ai = ), Dai,j, the dimensionless flow velocity, λ, defined by 

NP d L,NPPe u L D=  i , j i , j dDa k L u=  ( )0 0dL u Pkλ µ=   (13) 

3.3 Model of NP transport and NAPL remediation in porous media 
To model the 1-dimensional fate of trapped NAPL ganglia (PCE source zone) when 
injecting a nZVI suspension in a porous medium, the aforementioned mass balances of 
nanoparticles transport are combined with: (i) a mass balance for nZVI advection, 
dispersion, and reactions  
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(ii) a mass balance for dissolved PCE advection, dispersion, dissolution, and reaction   



SCA2018-045 5/10 
  

( ) ( ) ( ) P,wmPsolm
P

P,Lwm
PdPwm RSCCk

x
CDS

xx
Cu

t
CS

1εε
ε

−−+⎟
⎠

⎞
⎜
⎝

⎛
∂
∂

∂
∂

+
∂

∂
−=

∂
∂

  (15) 

In Eqs.(14) and (15), Sw is the water saturation, R1,nZVI is the volumetric rate of nZVI 
reaction with dissolved PCE, R2,nZVI is the volumetric rate of the direct reaction of nZVI 
with PCE ganglia (NAPL), CnZVI is the concentration of nZVI, namely the concentration 
of NP that have not yet reacted, s0 is the total concentration of nZVI deposited on sand 
grains, CP, is the dissolved PCE concentration, DL,P is the dissolved PCE longitudinal 
dispersion coefficient, km is the lumped mass-transfer coefficient of PCE ganglia 
dissolution, Csol is the PCE solubility in aqueous phase, and R1,P is the volumetric rate of 
dissolved PCE reaction with nZVI. We assume that the concentrations of nZVI deposited 
on sand grains through mechanisms 1 and 2, s01 and s02, respectively, are governed by 
attachment and detachment rates analogous to Eqs.(3-4), with identical kinetic constants.  
During the nZVI injection, the NAPL saturation, Snw (Snw=1-Sw), varies because of (a) the 
dissolution of NAPL ganglia in aqueous phase, and (b) direct reaction of nZVI with 
NAPL ganglia. Therefore, the mass balance is written 
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where ρnw is the density of PCE, and R2,P is the volumetric rate of  the direct reaction of 
NAPL ganglia with nZVI.   
Darcy law is given by the relationship  
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where krw is the water relative permeability, expressed by a Corey type model of the form  
wm

wrw Sk =           (18) 
In general, experimental datasets are used (Miller et al., 1990) to correlate the Sherwood 
number, 2

50m m,PSh k d D= with the Schmidt number, ( )w m,PSc Dµ ρ=  and Reynolds 

number, ( ) ( )50 w d m wRe d u Sρ µε=  through the relationship 
32

1
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The effective diffusivity of nanoparticles and dissolved PCE in partially water-saturated 
porous media might be approximated by 

( )eff ,NP BM R m wD D FI Sε=  ( )eff ,P m,P R m wD D FI Sε=  (20) 
where F, IR are the electrical formation factor, and  resistivity index, expressed by Archie 
laws (Sahimi, 1995) 

fn
mF ε −=  rn

wR SI −=  (21) 
and nf, nr are the cementation and saturation exponent, respectively. The dispersion 
coefficients for nanoparticles and dissolved PCE might be approximated (Sahimi, 1995) 
by 

( )L,NP eff ,NP L p w mD D a u S ε= +  ( )L,P eff ,P L p w mD D a u S ε= +  (22) 
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The dynamics of the reaction of suspended nZVI with PCE dissolved in aqueous phase 
has been studied experimentally in batch reactors and approximated numerically with the 
statistical shrinking-core model (Tsakiroglou et al., 2017). At nanoparticle scale, as the 
reaction proceeds, a layer (shell) of porous product (e.g. FeOOH) is created around its 
non-reacted core, so that dissolved PCE may diffuse through it to react with unreacted 
nZVI upon the interface (core-shrinking model). The simulated results of the shrinking-
core model can be fitted with conventional kinetic models providing the volumetric 
reaction rates of dissolved PCE and nZVI as functions of bulk concentrations, namely 
(Tsakiroglou et al., 2017) 
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where <rp> is the mean particle radius, kr is the kinetic constant of the surface PCE/Fe0 
reaction occurring at the interface between the nZVI core and reacted shell. The 
exponents ns and ms (reaction orders) estimated by fitting Eqs.(23a,b) to the transient 
responses of the dimensionless concentrations of nZVI and PCE, obtained from the 
numerical solution of the statistical shrinking core model (Tsakiroglou et al., 2017). The 
ratio rα  is a normalization factor of the reaction stoichiometry (Tsakiroglou et al., 2017), 
defined by 

( ) ( )0r sol Fe NP PCEC MW C MWα =       (24) 
where MWFe, MWPCE are the molecular weights of iron and PCE, respectively. 
As the iron nanoparticles are flowing around the trapped PCE ganglia, a fraction of NPs 
may be attached on PCE/water interfaces and react directly with PCE ganglia 
(Tsakiroglou et al., 2016). Assuming that the reaction rate is proportional to the local 
concentration of suspended nZVI and the total specific interfacial area, the reaction 
kinetics may be approximated by 

( ) *
nZVIwNAPLNP

w
P, CSkC

dt
dSR 32

02 1−−==      (25a) 

( ) *32
0,2 1 nZVIwNAPLNPn

nZVI
nZVI CSkC

dt
dCR −== α     (25b) 

where kNAPL is the kinetic constant of the direct PCE ganglia reaction with nZVI, and nα  
is the normalization factor of reaction stoichiometry, defined by 

PCE

Fe
n MW

MW
=α          (26) 

The dimensionless variables defined by  

0NPnZVI
*
nZVI CCC =  , solP

*
P CCC =      (27) 

along with the variables defined by Eqs.(7-8) are replaced in Eqs.(14)-(17) and after 
some manipulation, four dimensionless partial differential equations are obtained for 
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*
nZVIC , *

PC , wS , *P  , where the following dimensionless numbers are included: the Peclet 
number for dissolved PCE, PeP, the Damköhler number for the reaction of dissolved 
pollutant with nanoparticles, Dadp, the Damköhler number for the reaction of bulk NAPL 
with nanoparticles, DaNAPL, the Damköhler number for the dissolution of NAPL ganglia, 
Dam, defined by 

P,L

d
P D

LuPe =  r
dp

d

k LDa
u

=  
d

NAPL
NAPL u

LkDa =  
dnw

msol
m u

LkCDa
ρ

=   (28) 

The aforementioned equations along with Eqs.(9)-(11) comprise a transport-remediation 
model  that is supplemented by the appropriate initial and boundary conditions. For the 
numerical solution of the mathematical models, and parameter estimation the software 
Athena Visual Studio (Stewart and Caracotsios, 2008) was used.  
 
RESULTS AND DISCUSSION 
The NP transport model was used to match the iron concentration breakthrough curve 
measured at the outlet of the sand column during a NP flow test, and to estimate the 
kinetic parameters of NP attachment and detachment rates under clean bed conditions. By 
ignoring the direct reaction of nZVI with trapped NAPL ganglia, and without using any 
other adjustable parameter, we simulated the process of the trapped PCE (source zone) 
remediation in sand column by injecting 1 PV of DDW followed by 4 PVs of nZVI 
suspension (Fig.1). The discrepancy observed between simulated and measured PCE 
concentration in effluent (Fig.1a) might be attributed to the uncertainty associated with 
PCE solubility in distilled water (DDW) and aqueous solution of CMC, respectively. The 
parameters of NP transport model were estimated under clean bed conditions while the 
simulation was done in a sand column at residual PCE saturation, and the discrepancy 
observed between measured and  simulated iron concentration breakthrough curves 
seems reasonable (Fig.1a). The predicted PCE remediation efficiency (~21%, Swf=0.819)  
is lower than the experimentally measured one (~32%, Swf=0.845) (Fig.1b). The 
discrepancy observed might be regarded reasonable in the light of the large number of 
non adjustable parameters included in the numerical simulations (Fig.1b). Among others, 
the underestimation of PCE remediation efficiency (Fig.1b) might be attributed to the 
model assumption that neglects the reactivity of nZVI deposited on sand grains. During 
the initial stages of nZVI delivery, the NP deposition by mechanism 1 prevails. However, 
respectable changes of porosity are expected to take place at later  stages of nZVI 
delivery when the NP deposition is dominated by straining (Fig.1c).  Regarding the axial 
profile of simulated concentrations and water saturation, at the end of nZVI injection 
(τ=4.3 PV), we observe that at the axial position where the nZVI concentration vanishes, 
the reaction of dissolved PCE with nZVI ceases, the concentration of dissolved PCE 
increases rapidly, and water saturation is stabilized close to its initial value (Fig.1d). This 
means that the remediation of bulk PCE occurs over a limited length of the porous 
medium, where the concentration of delivered nZVI is discernible (Fig.1d).  
Two reaction pathways of PCE source zone remediation in aquifers were considered: (1) 
PCE dissolution and reaction with suspended nZVI in aqueous phase; (2) direct reaction 
of suspended nZVI with trapped ganglia of PCE. Sensitivity analysis revealed that: (i) the 
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overall NAPL remediation rate predicted by the 1st pathway is much higher than those 
predicted by the 2nd pathway or both the 1st and 2nd pathways; (ii) the flow velocity, 
particle size distribution, and NAPL solubility affect respectably the overall NAPL 
remediation rate. Furthermore, the numerical model could be extended to 3-dimensions, 
heterogeneous porous media that simulate the hydrogeology of real aquifers, and 
dechlorination kinetics of other NAPLs. Under such conditions, the simulator could be 
utilized as computational tool to design nZVI injection for the in situ remediation of 
aquifers heavily contaminated by chlorinated solvents (PCE, TCE, etc).         

  

  
Figure 1. Simulation of the PCE source zone remediation in a sand column by injecting 1 PV of DDW and 3.3 
PVs of nZVI suspension. (a) Measured vs simulated transient response of the iron and dissolved PCE 
concentrations in column effluent. (b) Simulated transient response of the column-averaged PCE concentration 
and water saturation. (c) Simulated transient responses of the column-averaged concentration of deposited 
nanoparticles. (d) Simulated axial profile of the concentration of NPs, nZVI, dissolved PCE and water saturation 
along the porous medium at the end of nZVI injection. 

 
CONCLUSIONS 
To design an efficient NAPL source zone remediation strategy, the parameter values 
must so be selected that the nZVI concentration is kept higher than zero over the longest 
length of the porous medium. The nanoparticles flow, and transport in porous media 
coupled with NAPL dissolution and reaction of nanoparticles with dissolved and bulk 
NAPL is a complicated problem and the numerical model developed here involves some 
simplifying assumptions. To improve the model predictability the following factors must 
be taken in account: (i) the gradual aggregation of nanoparticles and its effect on 
deposition rate and reaction kinetics; (ii) the reaction of nanoparticles deposited on sand 
grains with dissolved NAPL; (iii) the deposition rate of nanoparticles on NAPL ganglia 
and the kinetics of their direct reaction with them. However, in order to involve all 
foregoing processes in a continuum numerical model, well-designed experiments in 
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model porous media have to be combined with sophisticated approaches for the 
interpretation of experiments.       
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ABSTRACT 
For the explicit computation of the absolute permeability and Knudsen diffusion 
coefficient of tight rocks (shales) from pore structure properties, a methodology is 
suggested. The pore space is represented by a pore-and-throat network quantified by 
bimodal pore and throat size distributions, pore shape factors, and pore accessibility 
function. With the aid of percolation theory analytic equations are developed to express 
the N2 adsorption / desorption isotherms and Hg intrusion curve as functions of all 
pertinent pore structure parameters.  A multistep procedure is adopted for the successive 
estimation of each set of parameters by the inverse modeling of N2 adsorption, N2 
desorption, and Hg intrusion datasets. With the aid of critical path analysis of percolation 
theory, approximate relationships are developed allowing the explicit calculation of the 
absolute permeability and Knudsen diffusion coefficient, from estimated pore network 
properties. Application of the methodology to the datasets of several shale samples 
enables us to evaluate the predictability of the approach.     
 
INTRODUCTION 
Tight and shale reservoir systems pose a tremendous potential resource for future 
development, and study of these systems is proceeding apace. In particular, shale gas 
reservoirs possess many so-called “unconventional” features and considerations on 
macro- and micro-scales of flow, and their extremely low permeability presents unusual 
challenges [4, 6]. Particularly, the tools of traditional production data analysis have not 
been sufficient for determining the reservoir matrix permeability in these unconventional 
systems. Depending on the pore size range, the flow of natural gas through porous 
conventional rocks, tight formations and shale systems, is dominated by a variety of flow 
regimes, including Knudsen, transition, slip and viscous Darcy flow [13]. Knowledge and 
understanding of rock properties, including pore geometry, permeability, and fluid 
distribution are essential for determining shale’s hydrocarbon storage and recovery. The 
microstructural characterization of shale samples could be achieved by combining 
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mercury injection capillary pressure (MICP), with low-field nuclear magnetic resonance 
(NMR), nitrogen adsorption/desorption (N2) and high resolution focused ion beam–
scanning electron microscopy (FIB–SEM) images [1]. The gas permeability of shales can 
be correlated with the capillary pressure data from mercury injection measurements, by 
using theoretical and empirical equations [2]. On the other hand, the pore network 
approach is a practical way to explain the macro flow behavior of porous media from a 
microscopic point of view, and the shale matrix can be simulated by 3-dimensional pore 
network models that include typical bimodal pore size distribution, anisotropy and low 
connectivity [12]. Moreover, the digital rock with nanopores could be constructed by 3D 
pore structure images obtained from micro/nano CT and FIB-SEM images reconstructed 
from 2D SEM images of pore structure, and using the Lattice Boltzmann method to 
calculate the intrinsic permeability, porosity and tortuosity; these parameters are used to 
calculate the apparent permeability under consideration of different combined gas 
transport mechanisms [9].  In the present work, with the aid of percolation theory, 
analytic models of the N2 adsorption-desorption isotherms and Hg intrusion curves as 
functions of the pore and throat radius distributions and pore network connectivity are 
developed [10]. Then a stepwise methodology is adopted to estimate the pore network 
parameters with inverse modeling of N2 sorption and Hg intrusion curves and applied to 
datasets of several shale samples. The critical path analysis of percolation theory is used 
to calculate the liquid permeability and Knudsen diffusion coefficient of porous media 
explicitly from the aforementioned pore structure parameters and compare the predictions 
with experimental measurements.    
 
METHODS AND MATERIALS 
Pore-scale models of drainage and imbibition  
The pore structure is represented by a stochastic network of pores (sites)-and-throats 
(bonds), the sizes of which are sampled from bimodal site ( )sf r  and bond radius ( )rfb  
distribution functions. The throats are considered as narrow constrictions without volume, 
while the pores are assigned the entire pore volume according to the relation 

( ) sβ
s rrV ∝           (1) 

where sβ  is a volume shape factor ( 0≥sβ ). The cross-section of each pore is modeled 
by a high-order regular polygon with number of sides (angles), area, and perimeter equal 
to ns, A, and P, respectively.  The pore shape factor, G,  is given by [10] 

2G A P=           (2) 
and the pore radius, r, is defined as the radius of the inscribed circle in the regular 
polygon, given by  

GPr 2=           (3) 
From the polygon geometry, we obtain 

( )1 4 s sG n tan nπ⎡ ⎤= ⎣ ⎦         (4) 
The radii of pores follow a bimodal distribution function composed of log-normal 
component distribution functions, fs(r;<rs1>,σs1,<rs2>,σs2,cs), where <rsi>, σsi, cs are the 
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mean radius, standard deviation, and contribution fraction of component distribution i to 
the overall one. Respectively, the radii of throats (“windows”) connecting adjacent pores 
follow an analogous bimodal distribution function fb(r;<rb1>,σb1,<rb2>,σb2,cb).  
 
Models of N2 adsorption / desorption in pore-and-throat networks 
In general, the filling of pores with liquid nitrogen is carried out through two parallel 
mechanisms: (1) multilayer surface adsorption of gas molecules on the flat pore-walls 
and (2) capillary condensation of liquid on the rough regions of the adsorbed layer. The 
thickness of the adsorbed layer, tc, is determined by the generalized FHH equation [3] 

( )
1

1
s

ct b ln xσ ⎡ ⎤= ⎣ ⎦         (5) 
where x  is the relative vapor pressure, σ is the diameter of N2 molecule (σ=3.54 A), b is 
a parameter depending on the properties of the adsorbent and adsorptive, and s is an 
index with values ranging from 2 to 3. The curvature radius of the liquid/vapor menisci of 
the condensate, rc, is given by Kelvin equation [3] 

( )1cr c ln x=   0
L LGc V RTγ=      (6) 

For the sake of clarity and physical inspection of the produced equations, the fluid 
saturation is first calculated for 02.s =β  and then the equations are generalized to any sβ  
value.  The saturation of a partially liquid N2-occupied pore consists of the adsorbed and 
condensed phases and is given by 

( ) ( ) ( ){ }21 12 1 1 2
2 4 2 s ss s
f c LG c c cS r,r F Gr r b c r b c r rσ σ⎡ ⎤= + − ⎣ ⎦

   (7) 

where FLG is the fraction of the pore cross-section area occupied by the wetting fluid 
(liquid N2) and depending on its contact angle, θLG (for liquid N2, θLG=0o, unless 
otherwise stated). Assuming that any changes of fluid volume in a pore are described by a 
relation analogous to Eq.(1), Eq.(7) can be read  as 

( ) ( ) ( ){ }1 11 1
2 4 2

s
s s

s ss s
f c LG c c cS r,r F Gr r b c r b c r r

β
β βσ σ⎡ ⎤= + − ⎣ ⎦

   (\8) 

The capillary condensation in a pore is analogous to wetting fluid (liquid N2) imbibition, 
and the critical curvature radius of condensation, conc rr = , is given by 

( ) ( ){ }4con c LG sr r t G F nπ θ⎡ ⎤= − + −⎣ ⎦  if 0≥LGF  and snπθ ≤  (9a) 

( ) 2con c LGr r t cosθ= −  if 0<LGF  and snπθ >   (9b) 
Eq.(9), in conjunction with Eqs.(5) and (6), yield the critical radius srr = , given by 

( )[ ] ( ) s
con

s
consLGs rcbrnFGr 114 σθπ +−+=  if  0≥LGF   and  snπθ ≤   (10a) 

( ) s
con

s
conLGs rcbσrθcosr 112 +=  if  0<LGF   and  snπθ >    (10b) 

The liquid nitrogen saturation of a pore network as a function of the relative vapor 
pressure can be expressed by the relation 
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( ) ( ) ( ) ( ) ( ) ( ) ( ) ( )2 2
0 0

s

s

r

LN s s s s f s s
r

S x f r V r dr f r V r S r dr f r V r dr
∞ ∞⎡ ⎤

= +⎢ ⎥
⎢ ⎥⎣ ⎦
∫ ∫ ∫   (11) 

The capillary evaporation from a pore is analogous to the wetting fluid (liquid N2) 
drainage, and hence the critical curvature radius of evaporation, revp, is given by 

( )
GF

GFcoscos
trr

LG

LGLGLG
cevp 4

42 −−
−=

θθ
 if 0≥LGF  and snπθ ≤  (12a) 

( )
LG

c
evp θcos

tr
r

2
−

=  if 0<LGF  and snπθ >     (12b) 

which in conjunction with Eqs.(5) and (6) result in 

( ) s
evp

s

LGLGLG

evpLG
b rcb

GFcoscos

GrF
r 11

2 4

4
σ

θθ
+

⎟
⎠
⎞⎜

⎝
⎛ −−

=    if  0≥LGF   and  snπθ ≤  (13a) 

( ) s
evp

s
evpLGb rcbσrθcosr 112 +=  if  0<LGF   and  snπθ >    (13b) 

where rb is the critical radius for N2 evaporating from throats with brr ≥ . N2 desorbs 
from a pore if its radius is less than the critical size (rb or rs) and has access either to the 
bulk vapor phase (primary desorption) or to isolated vapor pockets (secondary 
desorption). At any stage of the desorption process, the fraction of bonds (throats) qb and 
sites (pores) qs which are “allowable” to the vapor phase are given by 

( )∫
∞

=
br
bb drrfq  and ( )∫

∞

=
sr
ss drrfq      (14) 

respectively. The fraction of accessible sites (pores), Ysi, to the vapor phase as a function 
of the fraction of allowable bonds (throats), qb, is the pore accessibility function of the 
network, and according to percolation theory [10, 11], it is affected by the network 
topology, spatial pore size correlations and network size. ( )bsi qY  is a sigmoid curve, the 
inflection point of which, defines the percolation threshold bcq . Finally, the liquid N2 
saturation during desorption is given by [10] 

( )
( ) ( ) ( ) ( ) ( ) ( ) ( ) ( ) ( )

( ) ( )∫

∫∫∫

∞

∞

+
−

−
+

=

0

2
0

2

drrVrf

drrSrVrf
q
qY

drrVrf
qq
qYq

drrVrf

xS

ss

r
fss

s

bsi
r

r
ss

sis

bsis
r

ss

LN
s

si

s

s

(15) 

 
Model of Hg Intrusion in pore-and-throat network 
In general, the value of pore volume calculated from N2 sorption does not coincide to the 
corresponding value calculated from Hg intrusion curve. Although Hg is a non-wetting 
fluid for the majority of materials, by ‘convention’ the Hg contact angle, θHg, is measured 
with respect to the wetting fluid (low pressure air) and is considered always lower than 
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90o.  In order to estimate a unique pore volume value, Vp (cm3/g), the following method is 
adopted. At a given Hg intrusion contact angle the maximum intrusion capillary pressure 
is converted to an equivalent relative vapor pressure. This value is interpolated in N2 
desorption curve to calculate the corresponding liquid nitrogen volume. The sum of the 
two volumes yields the total pore volume. The procedure is repeated for various values of 
θHg, and the produced datasets (Vp vs θHg) are fitted to a non-linear parametric function of 
the form  

    ( ) ( ){ }0

1 2 1 1 10 Hg w
pV A A A θ θ⎡ ⎤−⎣ ⎦= + − +       (16) 

to estimate the values of A1,A2,θ0, w. 
The Hg intrusion in a pore-and-throat network is analogous to capillary evaporation for 
qsi=0 (primary desorption) and is controlled by throat sizes. The mercury saturation in a 
pore network is given by [10, 11] 

( )
( ) ( ) ( ) ( ) ( ) ( ) ( ) ( ) ( )

( ) ( )∫

∫∫∫

∞

∞∞

+
−

+

−=

0

1
00

01
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q
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ss

r
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s
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r
ss

s
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r

ss
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ss

s

(17) 
where 

c g cr PγΗ=    ( )HgHg θθFF ==      (18) 

( ) ( )24 4b Hg c Hg Hg Hgr F Gr cos cos F Gθ θ= − −  if sHgHg nπθorF <> 0  (19a) 

gΗcb θcosrr 2=   if sHgHg nπθorF ≥< 0    (19b) 

Critical path analysis (CPA) 

The fluid flow conduction through a pore system with a broad pore size distribution is 
governed by a critical pore conductance, gc, which is defined by the condition that all 
pores with conductance greater than gc create a network spanning cluster transferring 
most of the flow [7]. This critical conductance gc depends on structural characteristics 
(e.g. pore shape, pore size distribution, connectivity, dimensionality, etc) of the pore 
space and CPA is used to calculate the corresponding critical pore dimensions. According 
to CPA [7], all conductances with values greater than gc are set equal to gc, while all 
conductances smaller than gc are set equal to zero. The transport properties of the critical 
path may be dominated by universal scaling laws prevailing in the vicinity of the 
percolation threshold and describing the variation of accessibility function with the 
fraction of allowed throats [11]. In mathematical terms, the viscous flow or Knudsen flow 
problem reduces to the calculation of the critical pore dimensions that maximize the total 
conductance of the critical path [5, 11]. In general, the dependence of the local viscous 
flow conductance on pore size may be different from that of the local Knudsen diffusion 
conductance, so that the critical pore dimension may depend on the  transport mechanism 
[11]. The gas molar flux through a porous medium in the transition region between 
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Knudsen diffusion and viscous flow can be described by the sum of the individual 
contributions, namely 

1L
kn

g

kN P D P
RTµ

⎛ ⎞
= − + ∇⎜ ⎟⎜ ⎟

⎝ ⎠
       (20) 

where kL is the liquid permeability, and Dkn is the Knudsen diffusion coefficient of the 
critical path.  According to the CPA [11], these properties are approximated by the 
relationships 

  ( )
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rk q r q
r
ϕ

⎡ ⎤= −⎣ ⎦〈 〉
        (21) 
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⎡ ⎤= −⎣ ⎦〈 〉
 

1 28
3 2kn

RTc
Mπ

⎛ ⎞= ⎜ ⎟
⎝ ⎠

    (22) 

where φ is the porosity, t is the universal scaling exponent of conductivity (t=2.0 for 3-D 
systems), and mean pore radius, <rsq> can be expressed as function of throat radius, r, by 

( )sq s
r

r f r dr
∞

〈 〉 = ∫         (23) 

The values of kL and Dkn are maximized for r = rmax,f and r = rmax,d, respectively. These 
maximum values are considered approximately equal to the permeability and Knudsen 
diffusion coefficient of the investigated porous medium.  
For low permeable porous media, the measured gas permeability is pressure-dependent 
and is commonly expressed by the relationship 

  ( )1g L mk k b P= +         (24) 
where b is the Klingenberg factor, and Pm is the mean gas pressure [2]. For the steady-
state gas flow through a porous medium, the integrated from of Darcy equation, including 
the Klingenberg effect, takes the form 

 ( ) ( ) ( )2 2 1g m L mu P L P P k b Pµ Δ = +       (25) 
where u2, P2 are the flow velocity and pressure at the outlet, L is the sample length, µg is 
the gas viscosity, and ΔP is the pressure drop across the sample. By combining Eq.(20) 
with Eq.(25), it is obtained 

( )kn L g
D bk µ=         (26) 

Experimental datasets and multi-step parameter estimation 

For the shale samples, the N2 adsorption/desorption isotherms were measured with 
Micromeritics TriStar II 3020, whereas the Hg intrusion curve was measured with 
Micrometrics Autopore IV Porosimeter [1, 2]. The gas permeability and all pertinent 
Klingenberg parameters were measured with a modified steady-state method, where the 
sample is embedded in a resin disc and the gas flow rate is measured at the outlet [2]. For 
the non-linear parameter estimation, numerical codes in the environment of Athena 
Visual Studio [8] were developed, and a step-wise procedure was adopted. First, the 
parameters ns, βs, and fs(r;<rs1>,σs1,<rs2>,σs2,cs) were estimated with inverse modeling of 
N2 adsorption isotherm. Then, the foregoing parameters were fixed, and 
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fb(r;<rb1>,σb1,<rb2>,σb2,cb) along with Ysi(qb)  were estimated with inverse modeling of 
N2 desorption isotherm. Then, Ys0(qb) was estimated from inverse modeling of the Hg 
intrusion curve. Finally, the throat size distribution, secondary and primary pore 
accessibility functions, and Hg contact angle were re-estimated, with the simultaneous 
inverse modeling of N2 adsorption/desorption isotherms and Hg intrusion curve.  
 
RESULTS AND DISCUSSION 
The methodology of the pore structure characterization from N2 adsorption/desorption 
isotherms and Hg intrusion curves was applied to datasets of several shale samples (Al 
Hinai et al., 2013) collected from one well, at various depths, of the Perth Basin 
(Australia), and the results are shown in Table 1. For one sample (AC5), we were unable 
to match precisely the Hg intrusion curve (Table 1, Fig.1c/S1), so that the last step of 
parameter estimation [fb(r), Ysi(qb), Ys0(qb), θHg] was repeated by changing the initial 
guesses (Table 1, Fig.1c/S2). Not having imposed any limitation on the pore to the throat 
size ratio, the estimated throat radius distribution may extend to higher values, compared 
to the pore radius distribution (Table 1, AC5, S1/S2).  The physical interpretation of such 
a quantitative description is that the throat sizes are comparable to the sizes of 
interconnecting pores, and probably a simpler model (e.g. a capillary tube network 
described by only one pore size distribution and one accessibility function) might be 
more adequate than the present approach for the representation of the pore space.  The 
parameter values estimated from the datasets of all samples were used to compute kL and 
Dkn (Fig.2) and compare them with corresponding ones from experimental measurements 
(Table 2). It seems that Dkn is predicted satisfactorily for almost all cases (Table 2), while 
the permeability is almost predictable only for sample AC5, while it fails for AC1 and 
AC8 (Table 2).   
The Knudsen number is commonly used to classify flow regimes in fine pores where 
deviation from continuum flow is important [13]. It is defined as the ratio of molecular 
mean free path, λ (nm) to the mean pore radius, rs (nm), and is given by 

n sK rλ= 〈 〉          (27) 
If Kn < 0.01, then viscous flow dominates, and the conventional fluid dynamics equations 
and Darcy equation are applicable. If 0.01 < Kn <0.1, then slip flow regime occurs and 
Darcy equation with Klinkenberg or Knudsen modification is applicable. If 0.1 < Kn < 10, 
then the transition flow regime prevails, where both slip (continuum) and diffusion flows 
can occur, and the traditional fluid dynamics equations start to fail. The higher the 
Knudsen number, the higher the chance of failure. Even though conventional equations 
could be applied (i.e., Darcy with Knudsen correction), the validity of such a formulation 
is questionable. It is safer to use Knudsen diffusion equations, especially for flow at 
higher Knudsen numbers (close to 10). If Kn > 10, then the Knudsen (free molecular) flow 
regime prevails, where the continuum fluid flow equations fully break down, and 
diffusion-based formulations must be applied. Evidently, for the analyzed samples (Table 
2), in the calculation of Kn, the transition (AC5) and Knudsen flow regimes (AC1, AC8) 
prevail. Therefore, the Knudsen flow is dominant over all cases (AC1, AC5, AC8), but 
only in the one case (AC5), viscous flow may be evident. Based on the aforementioned 
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interpretation, failing to predict the value of kL for AC1 and AC8, and succeeding to 
predict satisfactorily Dkn for all cases seem reasonable.     
 
CONCLUSIONS 
Analytical models of Hg intrusion and N2 adsorption-desorption in porous materials are 
used for the inverse modeling of experimental datasets of shale samples to estimate a full 
set of parameters for the pore space, regarded as a pore-and-throat network. Using the 
critical path analysis of percolation theory, analytical relationships are developed for the 
explicit computation of the Klinkenberg parameters of the gas permeability from pore 
space parameters. Application of the methodology to datasets of shales indicates that, 
based on the estimated pore space parameters, the liquid permeability is predictable at 
low Kn values, over which the viscous flow regime is valid, while the Knudsen diffusion 
coefficient is predictable at low and high Kn values, over which Knudsen flow is feasible. 
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Table 1. Estimated parameter values for shale samples AC1, AC5, AC8 

Parameter AC1 AC5 (S1) AC5 (S2) AC8 
ns 104 103 103 3.0 
βs 1.77 1.83 1.83 2.0 

<rs1> (nm) 17.20 22.80 22.80 5.61 
σs1(nm) 28.93 10.88 10.88 5.56 

<rs1> (nm) 1.93 3.78 3.78 1.29 
σs1 (nm) 0.61 1.14 1.14 0.2 

cs 0.248 0.356 0.356 0.140 
<rs> (nm) 5.73 10.55 10.55 1.89 
σs (nm) 15.9 11.22 11.22 2.57 

<rb1> (nm) 3.21 20.2 30.53 6.65 
σb1 (nm) 7.58 9.63 24.19 97.37 

<rb2>  (nm) 1.87 4.15 3.79 1.12 
σb2 (nm) 0.64 1.61 1.43 0.2 

cb 0.295 0.503 0.568 0.1438 
<rb>  (nm) 2.26 12.22 18.98 1.91 
σb (nm) 4.22 10.74 22.63 3.69 

qbc0 5.8x10-4 0.1278 0.1079 0.0279 
θHg 65o 40.3o 40.3o 65o 

Vp (cm3/g) 0.0164 0.0132 0.0132 0.0174 

   
Figure 1. Measured (AC5) vs predicted (a) N2 sorption isotherms (simulated structure S1), (b) N2 
sorption isotherms (simulated structure S2), (b) Hg intrusion curve (simulated structures S1 & S2)  

  
Figure 2. (a) Liquid permeability, and (b) Knudsen diffusion coefficient of the critical path as a 

function of throat radius for two simulated pore structures (S1,S2) of sample AC5   
Table 2. Comparison of predicted vs experimentally measured flow properties of shales  
Shale sample AC1 AC5 AC5 AC8 
(kL)exp (nD) 3x10-4 61.0 61.0 6.6 
(kL)pred (nD) 0.158 36.8 (S1) 109.4 (S2) 0.6 
(Dkn)exp=(bkL/µg)exp (m2/s) 2.26x10-10 7.7x10-9 7.7x10-9 1.7x10-9 
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(Dkn)pred (m2/s) 2.77x10-10 6.7x10-9 (S1) 1.4x10-8 (S2) 1.6x10-9 
λ/<rs> 10.5 5.7 5.7 31.6 
 



SCA2018-047 
 

1/9 

 

AVOIDING ROUTINE CORE ANALYSIS PLUG DAMAGE 
BY PROPER EVALUATION OF CORE GAMMA-RAY, 

CORE DESCRIPTION AND WELLSITE CORE SAMPLING 
 

Norbert Schleifer(1), Emmanuel Kesse(2) and George Lawrence(3) 

 
(1) Wintershall Holding GmbH, (2) Wintershall Norge AS, (3) DEA Deutsche Erdöl AG 

 
This paper was prepared for presentation at the International Symposium of the Society of Core 

Analysts held in Trondheim, Norway, 27-30 August 2018 
 
 
ABSTRACT  
Great effort and care is exercised to select proper cleaning methods for Special Core 
Analysis (SCAL) plugs. In contrast selecting the proper cleaning methods in Routine 
Core Analysis (RCA), which deliver majority of information for the static reservoir 
model and whose plugs act as backup samples for SCAL, is often neglected.  
Mild and more expensive cleaning methods are often avoided in RCA as the large sample 
number would lead to a considerable cost increase. In this paper, two case studies from 
oilfields in Germany are presented where massive plug damage while cleaning took place 
while RCA, leading to a biased distribution of petrophysical data in the cored reservoir 
and a lack of back-up plugs for SCAL.  This plug damage would have been avoided by a 
proper evaluation of existing data such as total core gamma-ray, geological core 
description, Dean Stark fluid extraction and results from “Hot Shot” as well as Tracer 
plugs taken at the wellsite. So called “Hot Shot” plugs are sampled to receive porosity 
and permeability data within 2 weeks by limiting the cleaning time to a few days. 
Integration of the information from these sources can be used to identify core sections 
where cleaning should be avoided or short list plug samples requiring a more selective 
and milder cleaning method compared to conventional approaches. Considering a closer 
look at available data offers a proactive means of avoiding damaged plugs during Routine 
Core Analysis and the loss of valuable data for the reservoir model.  
 
 
INTRODUCTION 
In 2013 and 2015 two German oil wells were drilled and cored. Core recovery from well 
M was 32m using 4 inch core diameter. The formation cored was Dogger beta sandstone 
(Jurassic Age) between 3249 and 3282 m depth. The degree of consolidation in this 
formation can vary and weakly consolidated core sections were expected.  
Well S was cored in three sections using 3 ½ inch diameter. Cores 1 and 2 had a recovery 
of 28 m (1673-1705 m depth) of carbonate rock (Malm, Gigas-Layers). Core 3 was 
drilled in Dogger epsilon sandstone (Jurassic Age, 27 m core recovery, 2005-2032 m 
depth). Wellsite plugs were drilled in both cases and wax preserved for Hot Shot, Dean 
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Stark and Tracer/Water salinity (Rw) analysis allowing a quick data return time. 
Lubricants for drilling the wellsite plugs differed in both cases (Table 1).  
At wellsite M a deuterium tracer was used. Focus was on good quality Dean Stark plugs 
and Water salinity (Rw) determination. Therefore, air was used for plug drilling. At 
wellsite S focus was on iodine tracer detection (Mud contamination) and Hot Shot Plugs. 
To prevent clay damage saturated KCl brine was used as lubricant. Reservoir brines of 
the two oilfields also show different salinities. The reservoir brine of field M has a TDS 
of 110 to 170 g/L and brine of field S vary between 216 to 235 g/L. 
After wellsite plugs and 1m core sections were received in the laboratory, gamma-ray 
core logging and overview CT scans were run. On cores from well S a quick look core 
description was carried out prior to drilling RCA Plugs. Table 1 gives an overview of 
wellsite plugs, brine salinities, drilling lubricants and routine core analysis measures after 
samples were received in the laboratory. 
 
CLEANING METHODS  
Routine measurements as porosity and absolute gas permeability require clean and dry 
samples. Oil residuals,  water, as well as evaporated salts, mud filtrate and other 
contaminants have to be removed for comparable data. The success of a cleaning method 
is related to sample permeability, crude oil composition, type of drilling mud and applied 
temperature. Three methods are commonly applied in RCA:  
  

a) Hot Soxhlet Extraction,  
b) Cool Sohlet Extraction, and  
c) Total Immersion Cleaning.  
 

Hot Soxhlet extraction is regarded a harsh cleaning method where plugs undergo cycles 
of drying and being immersed in the solvent. The boiling point of the solvent, e.g. toluene 
T=112°C, defines the cleaning temperature. Temperature reduction is achieved while 
Cool Soxhlet cleaning by extending the time till the condensed solvent gets in contact 
with the sample. Total Immersion Cleaning prevents drying cycles of the rock sample. A 
batch of samples is permanently immersed in a flask at constant temperature. The solvent 
is circulated in a Soxhlet cell connected to the sample chamber. Lower temperatures lead 
to longer cleaning times and might be inefficient removing contaminants.  On the other 
hand large temperature variations are avoided regarded to be more suitable for delicate, 
e.g. clay rich, samples. Details on cleaning methods can be found in API RP 40; 1998; 
Cuic, 1975; Anderson, 1986, McPhee at al., 2015. 
 
ROUTINE PLUG PREPARATION 
Plug diameter for RCA is 1.5 inch. Drilling lubricants in the laboratory were white 
mineral oil (Blandol®) for oilfield M and kerosene for oilfield S. 
Mild immersion cleaning was applied on plugs from well M using chloroform/methanol 
azeotrope (max. T~ 60 °C). Soxhlet cleaning on samples from well S was done in two 
steps. Hot Soxhlet cleaning with methanol (max. T~60°C) was followed by Hot Soxhlet 
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cleaning with toluene (max. T~110°C). Humidity oven drying (T=60°C, 40% relH) 
followed cleaning in both studies.  
 

 
Table 1: Overview on plug preparation at wellsite and laboratory as well as available pre-
cleaning information. After observing damage on well S plugs, cleaning method was changed to 
mild immersion cleaning. 
 
DAMAGED PLUGS  
After plug preparation was finished 43 out of 88 plugs were reported fractured/damaged 
for well M and only 84 out of 212 plugs from well S could be used for permeability 
measurement. This means that 49% of all RCA plugs from well M and 60 % of all RCA 
plugs from well S were damaged/fractured. Examples of damaged plugs are given in 
Figures 1 and 2. Additional plugs from well S core were drilled to increase sample 
numbers. Immersion cleaning was carried out on these plugs leading to no damage. 

Figure 1: Damaged RCA plugs from oilfield M after cleaning and drying.  
Sample diameter is 1.5” inch. 

Well M Well S
Dean Stark/Rw Plugs x x
Hot Shot Plugs - x
Core CT Scans x -
Core gamma x x
Quick Core description - x
Soxhlet Cleaning                         
(1st methanol, 2nd toluene) - x (1st)

Mild Immersion cleaning 
(chloroform/methanol azeotrope)

x x (2nd)

Humidity oven drying (60°C/40% rH) x x
Drilling Lubricant wellsite plugs Air KCl brine
Routine Plug drilling lubricant White mineral oil Kerosene
Reservoir Brine Salinity (g/mL) 110-170 216 -235

Available Pre-Cleaning Informations



SCA2018-047 
 

4/9 

 

 
Figure 2: Damaged RCA plugs from oilfield S after cleaning and drying. Sample diameter is 1.5” 

inch. 
 

To find the reason for the vast number of damaged plugs a study followed looking for 
early indications of fragile reservoir zones. As wax-preserved plugs were taken at the 
wellsite and core logging data were available prior to cleaning, the question arose 
whether information from these sources could have prevented the plug damage. 
 
EARLY INDICATIONS FROM WELLSITE PLUGS 
Dean Stark plugs (McPhee et al., 2015; API RP 40) provide information of in-situ oil and 
water saturations of the cored reservoir zone. Dean Stark extraction is done in two steps. 
First water and hydrocarbons are extracted using toluene. The volume of evaporated 
water is collected and measured in a condenser. The loss of hydrocarbons is determined 
by mass balance. In a second step precipitated salt is removed by methanol extraction, 
which is commonly done in a Soxhlet apparatus.  
 
Hot Shot plugs are taken to gather early information on basic reservoir properties such as 
gas permeability, porosity and grain density. In order to achieve a quick turnaround, 
cleaning time in the laboratory is reduced enabling results within a month. After being 
measured a second cleaning procedure follows to make Hot Shot results comparable to 
RCA data. A change towards higher permeabilites and porosities commonly accompanies 
this second cleaning cycle. Reviewing photographs of Dean Stark and Hot Shot plugs 
damages are visible on samples from well S (Fig. 3). 
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Figure 3: Oilfield S. Damaged Dean Stark plug (left) and damaged Hot Shot Plug (right). after 
cleaning and drying. Sample diameter is 1.5” inch. 

  
In comparison Dean Stark plugs from field M showed no signs of cleaning damage. Plugs 
sampled for water salinity/Rw study also showed no signs of damage in fresh state. Plugs 
broke after centrifuge extraction of the reservoir fluids and thus no cleaning procedure 
followed.  
 
CORRELATION BETWEEN DAMAGED PLUG LOCATION AND 
AVAILABLE CORE DATA 
As a next step results from core gamma-ray log and quick look core description were 
compared with the location of damaged plugs along the cores. Figure 4 compiles the 
information on plug locations (Dean Stark, Tracer/Rw, Plugs involved in RCA, damaged) 
and total core gamma-ray response for core 2 from oilfield M. Zones of API values above 
120 can be correlated with damaged plug locations. The graph shows that only one Dean 
Stark plug (8 DS@3255.04 m) was sampled where plug damage occurred. Information 
coming from DS plugs has therefore been considered biased due to sample location. 
Figure 5 compiles this information for core 1, well S. Hot Shot and Dean Stark Plugs in 
this case are sampled below a core depth of 1685 m. A reservoir zone where massive 
plug damage occurred. Dean Stark plug 9 (core depth 1690.14m) is shown in Figure 3. 
All DS plugs in that zone show fractures. Hot Shot plug 10 in contrast shows no sign of 
plug damage as do three further RCA plugs. Strong variations of the gamma-ray response 
below 1685m coincides with this observation. A minimum of 40 API and a maximum of 
100 API is measured (Figure 5). Similar graphs as seen in Figures 3 and 5 can be 
generated for all other sections of the cored wells. In general, total gamma ray response 
in cores from oilfield M is 80 – 170 API. Dogger epsilon Sandstone formation in core 3, 
well S varies between 40 -170 API. Gamma-ray response for the Malm carbonate 
formation in cores 1 and 2 from well S is between 40 and 130 API. The quick look core 
description available for cores from well S allow a correlation between gamma-ray 
response, damaged plug location and rock facies. Figure 6 includes the lithology after 
quick look core description. 
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Figure 4: Graph combining plug locations and total gamma-ray response of core 2 (Sandstone 

formation, oilfield M). 

 
Figure 5: Graph combining plug locations and total gamma-ray response of core 1 (Carbonate 
rock formation, oilfield S). 
 
Below the core depth of 1700m an increase of the total gamma-ray response as well as a 
series of damaged plugs correlates with mudstone facies. Other damaged plugs below this 
depth are located in the limestone facies. Figure 7 shows the slabbed core sections of two 
damaged plugs within the Malm limestone (Plug 80@ 996.52m, Plug 84@1997.5m). 
Plugs 80 and 84 are described as wackestone with gradational grain contacts. Plugs 85 
and 86 are did not fail while cleaning. These plugs are described as packstone. 
Damaged plugs of the Dogger epsilon sandstone (core 3, field S, cores 2-4, field M) are 
mainly coming from depositional environments described as argillaceous (muddy) 
sandstone, (marine) mudstone, distal mouth bar and pro delta. In core 3, well S a core 



SCA2018-047 
 

7/9 

 

section of 2 m described as sandstone showed a high gamma-ray response and three plugs 
drilled in that zone failed while cleaning. A more detailed look at core description 
mentions characteristics as gravelly and mudclasts (Fig. 8). 
 

 

 
 
Figure 6: Graph combining lithology, plug locations and total gamma-ray response of core 2 
(Malm Carbonate, oilfield S). 
 
 

    
 
Figure 7: Image of slabbed core 2 of well S and clean plugs. Left to right: Plug 80 (damaged), 
1996.52m, Plug 84 (damaged), 1997.5m, Plug 85, 1697.69m, Plug 86, 1998.14m. Plug diameter 
is 1.5” inch. 
 
The impact of oil saturation on plug damage can hardly be evaluated. Only three Dean 
Stark Analysis data are available from core sections where plug damage occurred.  
In well M only Dean Stark plugs 8S lies in a zone where plug damage appeared. Oil 
saturation measured was 36.3% PV. Dean Stark plugs 9 and 10 from core 2, well S 
showed oil saturations of 30.5 and 22.1% PV.  A better correlation between oil saturation 
and plug failure might be achieved using log interpretation. 
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Figure 8: Graph combining lithology, plug locations and total gamma-ray response of core 3 
(Dogger-epsilon sandstone, oilfield S). 
 
CONCLUSIONS  
Two case studies are presented where massive plug damage (40 and 60% of RCA plugs) 
occurred while RCA cleaning. Examples of Dogger sandstone as well as Malm carbonate 
rock are presented. Two different cleaning routines were run. Stepwise Soxhlet cleaning 
on oilfield well S and immersion cleaning on oilfield well M samples were performed. In 
the case of well S the combination of high temperature (max. T~110°C) and aggressive 
solvent toluene most probably lead to the damage of the muddy and mudstone dominated 
core sections. Although in the case of field M lower temperatures (max. T~60°C) were 
applied the azeotrope of chloroform/methanol lead to plug failures. In the case of well M 
depositional facies classified as marine mudstone, distal mouth bar and pro-delta 
dominated the damaged plugs. Reviewing available information coming from wellsite 
plugs, gamma-ray core logging and quick look core description lead to the conclusion 
that selective and milder cleaning of plugs from these damaged sections would have been 
sufficient. It is known from literature that the difference of thermal expansion coefficients 
of fluids and minerals together with temperature variations, e.g. Soxhlet cleaning, leads to 
mechanical stress, e.g. clay laminated core sections (Towhata & Kuntiwattanakul, 1994; 
Hueckel &Pellegrini, 1992; Baldi et al., 1988; McKinstry, 1965; Rosenbrand et al., 2014; 
Kutasov, 1999).  Salinity gradients between clay bound water and the free fluid surface 
can lead to the same effect (Farrokhrouz and Asef, 2013).  
A stepwise approach might be thought of, where wellsite plugs, gamma-ray core logging 
and quick look core description allows to identify oil free and fragile core sections.  
Plugs from these zones might only need mild immersion/cold Soxhlet cleaning avoiding 
aggressive solvents. Aggressive solvents as toluene or chloroform can solve embedded 
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bitumen acting as cement. A mild first cleaning allows the measurement of routine 
parameters delivering early first data similar to Hot Shot plugs. Hydrocarbon bearing 
plugs might be cleaned in a two-step approach using toluene or chloroform/methanol 
azeotrope in a second run. The presented case studies have shown that plug damage 
hardly occurs in the oil saturated reservoir zone where Dean Stark plugs are sampled. 
This more selective plug preparation would reduce costs and help to avoid damaged 
plugs leading to a biased sampling of the core material. The quality of rock data for static 
model can also be significantly improved with unbiased RCA data and back-up plugs for 
Special Core Analysis and rock mechanical studies would be available. 
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ABSTRACT 
Conventional experimental approaches and current understanding of low-permeability 
reservoir rocks are based on the models of hydrocarbon storage and transport in rather 
large pore systems (several microns and larger) where the properties of bounded fluids 
are close to the bulk ones and fluid flow in the rock complies with Darcy’s law. This 
concept is not straightforward or useful for complex reservoirs with nanoscale pores. 
Instead, their characterization requires revisiting available petrophysical techniques. This 
work delivers a modern consideration of sorption processes of liquid vapor in porous 
media with a leading role given to nuclear magnetic resonance (NMR) phenomena. The 
high accuracy of the NMR method to hydrogen nuclei volume and especially its 
sensitivity to the surface properties of confining media enable discovering new potential 
adsorption-desorption mechanisms. This study presents the first step in experiments with 
artificial solid porous models and synthetic liquids, which could then be transposed to 
natural and more complex oil- and gas-bearing rocks. 
 
INTRODUCTION 
Core analysis practice has shown that obtaining accurate adsorption/desorption isotherms 
is highly important in studying confined fluids [1]. There are standard instruments for 
measuring them, but by including NMR it is possible to obtain much more information 
and to characterize in more detail the processes of fluid-rock interaction [2-3]. The use of 
NMR to measure adsorption isotherms is not entirely novel [4-6], but the use of T1–T2 
correlation plots has not been applied to enhance the information potential of data 
acquired during a sorption process. Sorption processes studies combined with routine gas 
adsorption Brunauer-Emmett-Teller (BET) and NMR techniques could provide detailed 
information on sample pore geometry down to the nanometer scale as well as 
characterization of its surface properties. The latter is mostly governed by surface 
adhesion phenomena or wettability. It is widely observed in literature that wettability 
formulation of nanoscale porous objects is difficult and ambiguous [7], but 
complementary NMR study of adsorption/desorption processes shows encouraging 
evidence for developing an alternative wettability metric, which is based on the 
adsorption potential of the nanoscale pore [6]. 
This paper focuses on a successive study of artificial nanopore networks (called 
“mesoporous” in catalysis) saturated with pure synthetic fluids (i.e., water and liquid 
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alkanes), which is a necessary step before assessing the sophisticated properties of natural 
nanoporous rocks.  

MEASUREMENT PROCEDURES AND APPARATUS 
Liquid Vapor Sorption Technique Combined with NMR Registration 
This technique uses a special liquid-filled tank connected to an NMR core-holder with a 
thermo-isolated tube. The temperature of the liquid in the tank is stabilized and can be 
manually set to generate the desired vapor pressure P above the liquid in the range of 
relative (partial) pressures P/P0 between zero and unity, where P0 is the pressure of the 
saturated liquid vapor at the temperature of the NMR magnet (~34°C). Therefore, 
adjusting the temperature in the tank modifies the partial vapor pressure in the NMR 
core-holder and the amount of sorbate correspondingly. The installation scheme is shown 
in Figure 1. 
 

 
Figure 1. Experimental setup for studying adsorption/desorption processes in porous 

structures by NMR registration. 
The experiments were conducted using two fluids: hexane and water. Depending on the 
liquid, the temperature of the thermostat ranged from –20°C to 34°C (hexane) or from –
2°C to 34°C (water). Intermediate temperatures were selected to change the saturated 
vapor pressure in the core-holder on a relative scale from 0 to 1 in increments of 0.1. 
Porous glass was used as an appropriate porous material to conduct the sorption 
experiments. This glass is manufactured from a borosilicate-based material that had been 
heated to separate the borates from the silica. The borates are leached out from the two-
phase matrix, resulting in a silica glass with uniform and controlled pore sizes. Thus, 
porous glass is strongly water-wet pure-silica media. The following types of media were 
used as nanoporous sorbents: 
- Controlled pore glass (CPG) from Asahi and Millipore with pore sizes of 50–300 nm; 
- 4-nm and 10-nm porous glass manufactured by Advanced Glass and Ceramics. 
Initial porometric measurements were processed using nitrogen sorption isotherms and 
the appropriate calculations based on the Barrett-Joyner-Halenda (BJH) method. The 
“nitrogen-sorption” pore sizes were additionally verified using high-field NMR-
cryoporometry [8] and scanning electron microscopy (SEM) analyses. 
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For all samples, a complete cycle of the saturated vapor pressure variation was 
conducted. At each pressure point, the distributions of the relaxation times T2 and T1–T2 
were recorded. With an assumption of a liquid hydrogen index HI = 1, the NMR 1H 
signal amplitude corresponds to the amount of adsorbed/desorbed fluid whereas the T1 
and T2 data indicates both the confinement degree (pore geometry) and, most importantly, 
the ability of the solid phase to relax the hydrogen nucleus. The latter corresponds to 
many factors, including the wettability of pore surfaces. 
NMR Equipment and Acquisition Procedures 
All NMR measurements were conducted using an Oxford Instruments low-field 
spectrometer. The resonance frequency of 20.6 MHz corresponds to the hydrogen nuclei 
spin precession in a ~0.5T magnetic field. The relaxation decays of T2 and T1 were 
recorded by use of routine Carr-Purcell-Meiboom-Gill (CPMG) trains and inversion-
recovery pulse sequence with the following parameters: echo time of 100 µs, number of 
echoes sufficient to complete a decay, 48 logarithmically spaced delay times over the 
range 10-4 – 101 s, and relaxation delay of 10 s. The CPMG acquisition was used to 
estimate an overall amplitude proportional to the fluid volume (free induction decay 
[FID] measurement is less informative). Schlumberger editions of 1D and 2D inverse 
Laplace transform (ILT) techniques were applied while computing the relaxation time 
distributions [9]. 
 
EXPERIMENTAL RESULTS AND DISCUSSION 
We choose porous glass with submicron pore sizes (50–300 nm) as the pilot study 
material, and nanoporous glass (4 and 10 nm) was selected to represent consolidated rock 
media as the primary study material. All porous samples were studied by a combination 
of the fluid vapor adsorption/desorption technique and 3D NMR registration. 
The experiments began with CPG representing large-scale pore sizes, with capillary 
condensation effects (an adsorption point when a pore space become filled with a 
condensed liquid) not expected, and continued with mesoporous silica (pore sizes less 
than 50 nm). The series of T2 decays registered at each step of hexane/water vapor 
adsorption (pressure rise) and desorption (pressure fall) processes was used to construct 
sorption isotherms. The examples in Figure 2 present the distribution of the relaxation 
time T2 obtained by the adsorption of hexane and water vapors in the CPG with pore sizes 
300 nm. 
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Figure 2. T2 distributions for adsorption of hexane vapor (a) and water vapor (b) in a 

CPG sample with 300-nm pore size. 

Each T2 distribution could be averaged with a single value of mean logarithmic T2 and the 
sum of the spectra corresponds to the initial amplitude of the T2 decay curves or to the 
sorbate volume. The latter was used for plotting adsorption/desorption isotherms 
(Figure 3), with the logarithmic mean T2 added to the plots to provide information on 
confinement states and fluid adhesion. The analysis of logarithmic mean T2 values 
instead of calculated full-range T2 spectra simplifies the interpretation of adsorbed fluid 
properties at each pressure point. 

 
Figure 3. Adsorption/desorption isotherms for hexane (a) and water (b) vapors in a CPG 

sample with 300-nm pore size and corresponding logarithmic mean T2 values at each 
pressure step. 

No hysteresis phenomena are observed in the hydrocarbon-related plot (Figure 3a), with 
the amount of adsorbed fluid (hexane) and its T2 characteristics increasing monotonically 
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with increasing of relative pressure and the desorption process showing its reversibility in 
that the corresponding curve repeats the values obtained for adsorption. 
In the second case of the water vapor sorption experiment (Figure 3b), a hysteresis on the 
adsorption-desorption isotherm is clearly pronounced and the dependence of logarithmic 
mean times on the relative pressure of the saturated vapor monotonically decreases for 
the adsorption branch and is almost flat in the desorption process. 
For a more detailed study of these features, 2D maps of T1–T2 were recorded (Figure 4). 
The key value for combined interpretation of T1 and T2 spectra is their contrast, or T1/T2 
ratio. Therefore, NMR T1–T2 2D maps were analyzed in a slightly rearranged form, in 
which the y-axis is the T1/T2 ratio and the x-axis is T2. 
In the T1-T2 graphs (Figure 4), the signal is divided into two areas. In both cases, the peak 
transverse relaxation time T2 is about 1 ms, but the peak T1/T2 ratio is different: 10 and 
1000. The region with a high T1/T2 ratio predominates at the initial stages, whereas the 
low ratio is dominant at higher pressures. Presumably, the region with the high T1/T2 
corresponds to a first layer of adsorbed fluid molecules, and the region with a low ratio to 
successive layers. With this interpretation, the fact that during the desorption the area 
with a high T1/T2 ratio does not disappear indicates that the area of the first layer remains 
unchanged during desorption. This agrees with generally accepted ideas about the 
desorption process: first, the thickness of the adsorbed layer decreases, and then its 
surface area decreases. 

     
Figure 4. T1-T2 maps for selected pressure steps during adsorption/desorption of water 

vapor in the CPG sample with 300-nm pore size. 

Analysis of the NMR data resembles the behavior of the first example (Figures 2a and 
3a) for adsorption/desorption processes of hexane vapor in the 50-nm CPG sample. The 
isotherm branches again duplicate each other and T2 values monotonically increase with 
the rise of sorbate volume and decrease as the liquid volume reduces. It is obvious that 
the processes are fully reversible and are not complicated by surface relaxation 
phenomena. In other words, the hydrocarbon does not interfere with the solid surfaces, 
and T2 changes due to the variation of fluid layer height on the pore surfaces during the 
adsorption/desorption process. This conclusion is confirmed by the analysis of T1-T2 
maps for hexane data in that the T1/T2 ratios are about unity for all the cases. However, 
the T1-T2 2D maps are not shown in the paper due to page limits, but the form of the 
distributions is unvaried and corresponds to unimodal 1D distributions of T2 and T1. 

P/P0 = 0.4, adsorption P/P0 = 1.0, adsorption P/P0 = 0.4, desorption 
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Figure 5. T2 distributions for adsorption of water vapor (a) and adsorption/desorption 

isotherms (b) in the CPG sample with 50-nm pore size and corresponding T2 logarithmic 
mean values at each pressure step. 

Quite different behavior indicates water vapor sorption. A hysteresis loop of the data for 
the sample with 50-nm pore size shows the desorption curve rises higher in the plot than 
the adsorption ones (Figure 5b). It is obvious that water requires the application of higher 
forces to be separated from the pore walls during the desorption process because of its 
stronger interaction with solid surfaces compared with hexane vapors (water-wet). 
Contrary to the hexane cases, T2 values decrease with the rise in sorbate volume, and stay 
almost constant with the liquid volume reduction (Figure 5b). Analysis of T2 spectra for 
the sample with 50-nm pore size confirms this trend (Figure 5a) — modification of water 
saturation is associated with short-time areas of the distributions (T2 values less than 
10 ms), while long-T2 modes are almost invariable. This is dictated by a stronger surface 
relaxivity to water, which indicates a water-wet scenario. Detailed analysis of the T1-T2 
data confirms the conclusion: the T1/T2 ratios are more than an order of magnitude that of 
hexane. Nevertheless, the 50-nm pore size case is more complicated. This case should be 
investigated in greater detail than a simple log-mean line or 1D T2 distribution analysis. 
Examples of 2D NMR data for the 50-nm pore size CPG case during water 
adsorption/desorption processes are presented in Figure 6. As seen in the plots, changes 
in water saturation during adsorption/desorption processes are reflected at two different 
areas on the T1-T2 maps. The polygon summations were used to quantify the reflection of 
the T1-T2 areas separately. The polygons were drawn manually, and an example of two 
different polygon calculations is presented in Figure 7. The resulting isotherms for both 
polygons are presented in different colors (blue: low T2, red: high T2) and the arrows 
show the direction of the adsorption/desorption processes. 
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Figure 6. T1-T2 maps for selected pressure steps during adsorption/desorption of water 

vapor in the CPG sample with 50-nm pore size. 

The water vapor at the beginning of an adsorption process (up to P/P0 = 0.4) registers at 
long T2 times (100–1000 ms) and lower T1/T2 ratios (~4); then the signal is indicated 
primarily by short T2 times (0.1–10 ms) and higher T1/T2 ratios (~25). The desorption 
process is the reverse. Such a complex behavior, as well as a narrower hysteresis loop, 
indicates weaker properties of water wetting and a much slower change in the thickness 
of the adsorption/desorption water layers due to the smaller pore sizes of the sample 
along with the formation of large water droplets on the external surface of the sample. 

     

P/P0 = 0.4, adsorption P/P0 = 0.6, adsorption P/P0 = 1.0, adsorption 

P/P0 = 1.0, desorption 
(in 5 days after previous step) P/P0 = 0.6, desorption P/P0 = 0.4, 

desorption 

a 
b 
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Figure 7. Example of polygon analyses for two areas of T1-T2 data for a sample with 50-
nm pore size (a) and corresponding adsorption/desorption water vapor isotherms (b). 

The final example for 10-nm porous glass is presented in Figure 8 together with routine 
vapor measurements (ASAP Micromeritics). T2 analysis shows a monotonic increase 
with the rise of sorbate volume and decrease with a liquid volume reduction, which is in 
line with the surface T2 relaxation phenomena. Much more complicated behavior was 
observed for T1-T2 analysis (Figure 9): T1 as well as T2 values monotonically increase up 
to the beginning of capillary condensation (below 0.6·P/P0), the T1/T2 ratio does not 
change significantly, and then, when capillary condensation occurs, the signal areas are 
divided into two areas with different T1/T2 ratios. The initial low T1/T2 area is responsible 
for monolayer and multimolecular adsorption, while the higher T1/T2 area (lower T2 and 
higher T1) corresponds to capillary condensation events within pores and could give its 
additional characterization. Finally (Figure 9c), most of the fluid is characterized by a 
similar T1/T2 ratio and both T1 and T2 distributions reflects the pore morphology: the fluid 
fills up the pore space and an individual pore is exhibited by a single relaxation rate in 
terms of the fast-diffusion regime of the NMR acquisition. 

  
Figure 8. Adsorption-desorption isotherms registered by routine ASAP Micromeritics 

and NMR-complemented techniques (10-nm porous glass). 
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Figure 9. T1-T2 data corresponding to 0.3 (a), 0.6 (b), and 0.9 (b) relative 

pressure points of hexane vapor in 10-nm porous glass. 

 
CONCLUSIONS 
The most important achievement of this work is the development of a new complex 
method for studying both the capacitive and transport-dynamic properties of complex 
nanoporous materials. The developed NMR-sorption technique gives very similar results 
compared to an ordinary gas sorption method in terms of registered sorbate volume and 
significantly enhances it in terms of the characterization of solid-fluid interactions by 
NMR T1-T2 ratios. Registration of NMR characteristics during the recording of adsorption 
and desorption isotherms of vapors of polar and nonpolar fluids is shown out to be a rich 
resource of information about the state, properties, and quantity of nanopore fluid 
adsorbed on the walls. The completed long-lasting series of NMR-sorption experiments 
with hexane and water vapor and nanopore samples shows not only a capability to 
quantify hydrogen nuclei volume, but also the robustness of the procedure to characterize 
sorbate mobility and a degree of fluid-rock interactions during an adsorption/desorption 
processes. In other words, adsorbed porous fluids can be precisely mapped by their 
properties and confinement degree. 
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ABSTRACT 
Tight, gas-bearing formations from Paleozoic basins in Poland were under careful 
analysis using nuclear magnetic resonance spectroscopy, NMR, mercury porosimetry, 
MICP, and computed X-ray tomography, CT. Results of laboratory measurements were 
used to calculate advance petrophysical parameters such as clay-bound, capillary-bound 
and moveable water for non-standard T2 distribution interpretation from NMR. Swanson 
parameter for fracture-porous systems were derived from MICP and sphericity and pore 
throat diameters from CT. Innovative approach in estimating pore throat diameter was 
introduced on the basis of best-fit ellipsoid radii. Moreover application of semivariogram 
for pores location allows assessing the heterogeneity in pore space structure as well as the 
qualitative interpretation of 3D objects (pores). 
 
INTRODUCTION  
Understanding the pore space development in tight gas-bearing formation remains a 
challenge. Unconventional tight gas porosity and permeability are quite difficult to 
interpret [1, 2, 3]. Pore space heterogeneity in tight sandstones can be determined using 
complementary data analysis from various laboratory methods [4]. Powerful nuclear 
magnetic resonance spectroscopy, mercury porosimetry and computed X-ray tomography 
provide answers about standard and advanced petrophysical parameters of rocks. 
However, computed X-ray tomography, besides the quantitative parameters, allows the 
2D and 3D visualisation of pore space.  
 
Methods and results of laboratory experiments are presented in the paper. Additionally, a 
combination of laboratory experiments is proposed in order to retrieve the information 
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about mutual relations between parameters. Two innovative approaches are presented: 1) 
pore throat diameter determination based on tomographic images parametrization and 2) 
semivariograms utility in heterogeneity analysis of pore space [5]. 
 
 
DATA SET AND METHOD  
Research material consists of fifteen core samples from wells located in different 
geological units in Poland. Depths of cores present deposition is more than 3000 m. All 
samples are from tight, gas-bearing sandstones. Samples 1-7 are Cambrian, sample 8 – 
Ordovician, samples 9-12 – Devonian and samples 13-15 – Carboniferous. Granulometry 
provided information that all analysed samples are within sand grain size. Samples 11 
and 12 were probed from the same Devonian tight sandstone formation but from different 
wells, whereas Cambrian samples 1-4 come from the same formation and well but 
different depths of present deposition. 
 
NMR spectroscopy (NMR) was carried out using NMR Maran 23MHz (Oxford 
Resonance Instruments) with a permanent magnet generating a field of 0.56 T intensity 
[6]. All experiments were made at the temperature of 35 oC. All core samples (about 4 cm 
in length and 2.54 cm in diameter) were brine-saturated with 50 g/l or 250 g/l NaCl 
solutions depending on the sample location and age. The non-standard processing and 
interpretation of T2 distribution was conducted basing on fitting of selected functions – 
Gaussian or Weibull to measured signal in different parts of the signal. These parts of the 
signal were defined by user and differed from standard T2 cut-offs for clastic rocks – 3 
and 33 ms (Table 1). The individual cut-offs were fitted on the basis of the division. Non-
standard procedure gave more precise result in porosity, clay-bound water, capillary-
bound water and moveable water values estimation [7, 8]. 
 
Mercury porosimetry (MICP) was made using porosimeter Micromeritics’ AutoPore IV 
9500. The maximum working pressure is 60,000 psi, while the minimal – less than the 
ambient pressure. Wide range of pressures gave the possibility to penetrate pores from 
the range of 0.003-300 µm. All samples were placed in core holder, which was filled with 
mercury in vacuum conditions. MICP data were used to calculate: effective porosity, 
dynamic porosity for gas, dynamic porosity for oil, percent of pores above 1 µm in 
diameter, percent of pores above 0.1 µm, average pore diameter, total pore area, Swanson 
parameter for the first porous system, second porous system and third porous system [9, 
10].  
 
Computed X-ray tomography (CT) was carried out using Nanotom S 180n General 
Electric Sensing & Inspection Technologies [11, 12]. Nanotom is equipped with a 57-W 
X-ray tube with maximum work voltage 180 kV. Hamamatsu 2300×2300 pixel 2D 
detector (Ham C 7942CA-02) records data with maximum spatial resolution about 600 
nm. The reconstruction of CT images was provided by the Feldkamp algorithm for the 
cone-beam X-ray CT. The collected data was subjected to the 3D median filter.  
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Parameters dedicated to bones parametrization were calculated and tested in order to get 
the quantitative information about pore space structure from CT [13]. Bones, as porous 
material, are widely analyzed using CT measurements, hence several parameters, which 
are normally calculated in bones, were estimated for rock samples. Following parameters 
were estimated from CT images for objects (pores): volume of pores, x, y and z-
coordinate of pore centroid, surface area, volume enclosed by surface mesh, moment of 
inertia around shortest principal axis, middle principal axis and longest principal axis, 
mean local thickness of pore, standard deviation of the mean local thickness, maximum 
local thickness, length of best-fit ellipsoid's long radius, intermediate radius and short 
radius and also Feret diameter; these parameters were used also to determine other 
parameters such as sphericity and pore throat diameter. Pore throat diameter was 
identified in the object by the very long radius of a best-fit ellipsoid. Studies were 
performed on different samples determined that objects can have a pore throat if their 
minor radius is lower than 25% of the major radius; we used this as requirement for pore 
throat recognition. Semivariograms in x, y and z-direction provided information about the 
heterogeneity in the orientation of pores throughout the whole sample. Moreover, 
semivariogram quantitatively assesses the spatial discontinuity of data. Pore 
regionalization, so the direction in pore location, can be recognized by analysing the 
increase of semivariance with increase of distance. This approach is proposed for pore 
space heterogeneity analysis. Qualitative interpretation of pore space development and 
quality-check of determined parameters, such as sphericity or pore throat diameter, were 
possible using new software poROSE for porous materials examination using images 
from CT [14]. 
 
 
RESULTS  
Detailed results of data interpretation from different laboratory measurements are 
presented in Table 1 – results of nuclear magnetic resonance spectroscopy, Table 2 – 
results of mercury porosimetry and Tables 3 and 4 – results of computed X-ray 
tomography. Results of standard and non-standard interpretation of T2 distribution are 
shown in Table 1. The observed differences reflect the difference in values of clay-bound, 
capillary-bound and moveable water. Non-standard T2 cut-offs are presented in Table 1 
and are the result of fitting the Gaussian or Weibull function to the measured signal. 
Obtained T2 cut-offs differ from standard ones – 3 and 33 ms for clastic rocks. NMR 
results using non-standard T2 cut-offs were in agreement with other laboratory results. 
Clay-bound water has higher values after application the non-standard interpretation of 
T2 distribution. 
 
Table 2 shows the interpretation the mercury porosimetry data. Fracture-porous systems 
were detected in all samples. In some samples even three fracture-porous systems were 
visible; these are described by Swanson parameters. Effective porosity is very low in all 
samples, while pore diameter is quite variable. Obtained average pore diameters for all 
samples ranged from about 0.007 to 100 µm. 
 



SCA2018-049 4/9 
 

Parameters determined on the basis of computed X-ray tomography data are presented in 
Table 3. Sphericity of the pores (objects) was calculated using moment of inertia around 
shortest (I1) principal axis and around and longest (I3) principal axis (parameter 
Imin/Imax) and calculated on the basis of object enclosed volume and surface area 
(parameter sphericity). After supporting by qualitative interpretation in poROSE software 
it appeared that the sphericity parameter reflects better the sphere-shaped objects. 
 
Pore size parameters were determined using different parameters: Thickness – sphere 
enclosed into the object and parameters called as major, intermediate and minor radius 
which described the length of the long, intermediate and short radius of the best-fit 
ellipsoid. Pore throat diameters were also estimated for objects which are built from pores 
and narrow pore throats. 
 
Relation of average pore throat diameter and average pore diameter from logarithmic T2 
mean from NMR is presented in Fig. 1. It is observed the increase of average pore throat 
diameter with decrease in average pore diameter from logarithmic T2 mean. Sample 8 
(symbol: cross) did not follow the relationship. Moreover, relation of median of pore 
diameter from MICP and minimum value of best-fit ellipsoid major diameter is shown in 
Fig. 2. Three of the samples did not take part in the relation because most likely during 
the MICP experiments materials was additionally crushed after applying high pressures. 
It is assumption because MICP measurements was carried out on crushed material. 
 
Fig. 3 shows very strong heterogeneity in pore space development in XY plane for all 15 
samples. The X axis presents the distance increase between the pores centroids from CT 
data, while Y axis – semivariance function. However, pores are slightly regionalized in 
samples 1, 7, 13 and 14 but with lack of continuity (slight increase of variance with an 
increase of distance). 
 
Quantitative analysis of parameters could not be creditable if it was not supported by 
qualitative interpretation. Figs. 4-6 presents the 3D visualisation of pore space based on 
CT data in samples with different age. Almost all objects (pores) were separately 
analysed in regards to proper pore throat and sphericity estimation. Ordovician sample 8 
(Fig. 4) is characterized by high amount of objects in the whole sample, while Devonian 
sample 11 – objects are concentrated in the upper part of XZ plane (Fig. 5). 
Carboniferous sample 13 (Fig. 6) revealed irregularity in pore space development in XZ 
plane. Summarizing, qualitative interpretation was essential in quality-check of estimated 
parameters and Semivariogram credibility. 
 
 
CONCLUSIONS 
Tight, gas-bearing formations from Paleozoic basins in Poland were characterized using 
nuclear magnetic resonance spectroscopy, mercury porosimetry and computed X-ray 
tomography very precisely. Parameters from CT normally used in bones parametrization 
were very useful in pore space evaluation. 
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Innovative approach in estimating pore throat diameter was introduced on the basis of 
best-fit ellipsoid radii to objects extracted from CT images. Application of semivariogram 
for pore locations allows assessing the heterogeneity in pore space structure. Sphericity 
determined based on enclosed volume and surface area appeared as a more reliable 
parameter compared to the pore roundness calculated from moments of inertia. Moreover, 
3D visualization of CT data allows to find the best solution for selecting the parameter, 
which informs about the object roundness – sphericity or using moments of inertia and 
also check the credibility of semivariogram application in heterogeneity analysis of pore 
space. 
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Table 1. Parameters determined on the basis of NMR. Symbols: φ NMR ind – total porosity based on 
individual cut-offs, φ eff NMR ind – effective  porosity based on individual cut-offs, CBW ind – clay-
bound water based on individual cut-offs, BVI in – capillary-bound water based on individual cut-offs, 
BVW in ¬ moveable water based on individual cut-offs, T2 cut-off 1 – T2 cut-off between CBW and BVI, 
T2 cut-off 2 – T2 cut-off between BVI and BVW, φ eff NMR std – effective porosity based on standard 
cut-offs, CBW std – clay-bound water based on standard cut-offs, BVI std – capillary-bound water based 
on standard cut-offs, BVW std ¬ moveable water based on standard cut-offs, T2ML – logarithmic T2 mean, 
AvAm – average amplitude of signal, r NMR av – average pore diameter from T2ML 

No	
φ		
NMR	in	

φ		
eff		
NMR	in	

CBW	in	 BVI	in	 BVW	in	
T2		
cut-off	1	

T2		
cut-	
off	2	

φ		
eff		
NMR	std	

CBW	std	 BVI	std	
BVW	
std	

T2	
ML	

Av	
Am	

r		
NMR	av	

		 %	 %	 %	 %	 %	 µs	 µs	 %	 %	 %	 %	 µs	 a.u.	 um	

1	 0.46	 0.33	 0.13	 0.24	 0.09	 3398	 23714	 0.34	 0.13	 0.29	 0.05	 7752	 383	 0.36	

2	 1.07	 0.58	 0.49	 0.53	 0.05	 6494	 50478	 0.76	 0.31	 0.66	 0.1	 7122	 862	 0.33	

3	 3.96	 2.3	 1.66	 1.81	 0.49	 6494	 50478	 2.91	 1.05	 2.22	 0.69	 8603	 3266	 0.4	

4	 2.1	 0.89	 1.21	 0.86	 0.03	 21286	 119702	 1.68	 0.42	 1.21	 0.47	 12038	 1793	 0.55	

5	 5.68	 2.87	 2.81	 2.74	 0.13	 4677	 16982	 3.82	 1.86	 3.56	 0.26	 5658	 82	 0.26	

6	 2.31	 1.09	 1.23	 0.78	 0.31	 13804	 87096	 1.36	 0.95	 0.91	 0.45	 6623	 71	 0.3	

7	 8.22	 3.43	 4.79	 2.63	 0.81	 7244	 69183	 4.93	 3.29	 3.98	 0.95	 5863	 276	 0.27	

8	 4.82	 3.74	 1.08	 2.73	 1.02	 4677	 107152	 3.98	 0.84	 2.22	 1.76	 17894	 139	 0.82	
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9	 1.6	 0.38	 1.22	 0.28	 0.1	 5888	 23988	 0.42	 1.18	 0.24	 0.18	 1994	 44	 0.09	

10	 		 		 		 		 		 		 		 		 		 		 		 		 		 		

11	 4.82	 0.91	 3.91	 0.76	 0.15	 16982	 45709	 1.61	 3.21	 1.42	 0.19	 2185	 101	 0.1	

12	 0.38	 0.07	 0.31	 0.05	 0.02	 5234	 36517	 0.08	 0.31	 0.05	 0.03	 1405	 46	 0.06	

13	 1.76	 0.46	 1.3	 0.36	 0.11	 2754	 40738	 0.64	 1.12	 0.49	 0.15	 2305	 39	 0.11	

14	 0.8	 0.16	 0.65	 0.12	 0.03	 5248	 36308	 0.18	 0.62	 0.15	 0.03	 1389	 48	 0.06	

15	 1.06	 0.3	 0.76	 0.28	 0.03	 1445	 4677	 0.32	 0.74	 0.28	 0.04	 1989	 33	 0.09	

 
Table 2. Parameters determined on the basis of MICP. Symbols: φ MICP – effective porosity, φ gas MICP 
– dynamic porosity for gas, φ oil MICP – dynamic porosity for oil, Pores>1 µm – percent of pores above 1 
µm in diameter, Pores>0.1 µm – percent of pores above 0.1 µm in diameter, d MICP – average pore 
diameter, TPA – total pore area, S1 – Swanson parameter for the first porous system, S2 – Swanson 
parameter for the second porous system, S3 – Swanson parameter for the third porous system  
No	 φ	MICP	 φ	gas	MICP	 φ	oil	MICP	 Pores>0.1	µm	 Pores>1	µm	 d	MICP	 TPA	 S1	 S2	 S3	

		 %	 %	 %	 %	 %	 µm	 m2/g	 frac/	
psia	

frac/	
psia	

frac/	
psia	

1	 1.8	 1.34	 1.09	 74.32	 60.81	 0.11	 0.69	 4.48E-04	 8.98E-06	 		

2	 4.63	 3.26	 1.65	 70.39	 35.53	 0.11	 0.26	 2.95E-04	 5.83E-06	 		

3	 1.71	 1.3	 0.7	 76.47	 41.18	 0.18	 0.35	 1.73E-04	 3.73E-06	 		

4	 4.45	 3.7	 1.47	 83.16	 33.16	 0.18	 0.15	 1.72E-03	 1.65E-05	 		

5	 0.74	 0.34	 0.14	 46.31	 19.21	 0.07	 1.23	 1.88E-04	 8.73E-06	 2.37E-06	

6	 0.29	 0.28	 0.17	 97.26	 57.53	 0.66	 0.04	 4.72E-04	 2.55E-05	 7.33E-06	

7	 1.21	 0.66	 0.21	 54.35	 17.08	 0.07	 1.96	 1.96E-04	 2.03E-05	 		

8	 0.82	 0.67	 0.22	 81.68	 26.7	 0.1	 0.78	 2.98E-04	 2.02E-05	 3.60E-06	

9	 0.1	 0.09	 0.09	 92.31	 88.46	 2.66	 0	 1.29E-04	 4.11E-05	 2.60E-06	

10	 0.03	 0.04	 0.04	 100	 100	 50.02	 0	 5.82E-05	 5.00E-08	 		

11	 0.79	 0.54	 0.19	 68.54	 24.16	 0.09	 0.79	 1.67E-04	 1.64E-05	 1.68E-06	

12	 0.17	 0.11	 0.11	 66.67	 64.44	 0.05	 0.38	 4.37E-04	 6.13E-07	 		

13	 0.23	 0.11	 0.1	 47.54	 44.26	 0.06	 0.4	 1.27E-04	 1.23E-06	 		

14	 4.44	 4.18	 3.88	 94.31	 87.39	 0.39	 0.83	 7.93E-03	 9.70E-05	 5.49E-06	

15	 0.09	 0.07	 0.06	 81.48	 62.96	 0.04	 0.25	 2.89E-14	 5.31E-05	 1.35E-07	

 
Table 3. Parameters determined on the basis of CT. Symbols: φ CT – total porosity, Volume – volume of 
pore (object), I1 – moment of inertia around shortest principal axis, I2 –around middle principal axis, I3 –
around longest principal axis, Imin/Imax – parameter describing sphericity of the object, Sphericity – 
sphericity calculated on the basis of enclosed volume and surface area, Av – average value, St.Dev. – 
standard deviation 

	No	

φ		
CT	 Volume	 Surface		

Area	
Enclosed	
Volume	

I1	 I2	 I3	 Imin/Imax	 Sphericity	

%	

µm3	 µm2	 µm3	 unitless	 unitless	 unitless	 unitless	 unitless	
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		 	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	 Av	 St.Dev.	

1	 0.05	 152	 1079	 27	 100	 21	 144	 2.61E+05	 6.12E+06	 2.39E+05	 5.56E+06	 5.35E+04	 1.05E+06	 0.57	 0.19	 0.86	 0.08	

2	 4.1	 6934	 50168	 490	 2312	 992	 6705	 1.33E+08	 3.25E+09	 1.16E+08	 2.83E+09	 4.10E+07	 1.16E+09	 0.42	 0.18	 0.76	 0.11	

3	 		 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

4	 1.7	 970	 8097	 111	 708	 123	 1022	 1.79E+07	 1.24E+09	 1.09E+07	 7.02E+08	 7.32E+06	 5.44E+08	 0.46	 0.18	 0.83	 0.1	

5	 3.1	 3094	 13455	 277	 906	 396	 1702	 6.13E+06	 8.50E+07	 5.27E+06	 7.36E+07	 2.16E+06	 3.06E+07	 0.5	 0.21	 0.83	 0.12	

6	 2.3	 8797	 50756	 600	 2804	 1143	 6455	 1.25E+08	 4.51E+09	 1.08E+08	 4.06E+09	 3.59E+07	 1.01E+09	 0.49	 0.23	 0.81	 0.13	

7	 0.1	 363	 4199	 47	 253	 51	 573	 6.33E+05	 2.44E+07	 5.59E+05	 2.19E+07	 1.15E+05	 3.63E+06	 0.6	 0.19	 0.86	 0.08	

8	 3.94	 253	 723	 62	 102	 17	 35	 4.23E+05	 3.12E+07	 3.62E+05	 3.09E+07	 6.17E+04	 7.28E+05	 0.3	 0.14	 0.52	 0.09	

9	 		 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

10	 0.07	 442	 1502	 62	 139	 60	 197	 1.41E+05	 1.77E+06	 1.20E+05	 1.52E+06	 3.85E+04	 4.25E+05	 0.57	 0.2	 0.86	 0.08	

11	 2.3	 6030	 51134	 387	 2242	 806	 6619	 4.42E+07	 1.02E+09	 3.72E+07	 8.41E+08	 1.60E+07	 4.09E+08	 0.52	 0.2	 0.84	 0.11	

12	 		 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

13	 0.37	 1432	 20315	 143	 1561	 190	 2634	 3.19E+07	 1.97E+09	 2.43E+07	 1.45E+09	 8.13E+06	 5.45E+08	 0.54	 0.2	 0.85	 0.1	

14	 0.21	 714	 6631	 77	 490	 97	 873	 2.04E+06	 1.21E+08	 1.52E+06	 8.53E+07	 6.79E+05	 3.87E+07	 0.58	 0.19	 0.86	 0.09	

15	 0.11	 444	 1747	 63	 155	 59	 228	 1.53E+05	 1.94E+06	 1.31E+05	 1.69E+06	 4.43E+04	 5.15E+05	 0.54	 0.2	 0.84	 0.09	

 
Table 4. Pore size parameters (in µm) from CT data 

	 Thickness	 Maximum	Thickness	 Major	diameter	 Intermediate	
diameter	 Minor	diameter	 Feret	diameter	 Pore	 throat	

diameter	

No	 Av	 St.	
Dev.	 Av	 St.	

Dev.	 Av	 St.	
Dev.	 Av	 St.	

Dev.	 Av	 St.	
Dev.	 Av	 St.	

Dev.	 Av	 St.	
Dev.	

1	 2.67	 1.71	 2.79	 1.95	 135.89	 1203.32	 423.91	 3161.78	 386.88	 6546.45	 3.15	 3.77	 15.96	 11.07	

2	 4.93	 4.36	 5.77	 5.61	 140.93	 837.59	 538.02	 11161.84	 100.89	 698.40	 12.98	 19.44	 20.45	 44.33	

3	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

4	 4.37	 2.77	 4.85	 3.43	 137.71	 3468.99	 178.52	 3100.54	 67.61	 476.78	 6.81	 8.15	 20.43	 87.50	

5	 6.79	 3.43	 7.50	 4.34	 78.12	 708.34	 151.99	 1949.01	 70.30	 887.96	 9.99	 11.74	 16.30	 38.41	

6	 7.41	 4.29	 8.44	 5.77	 60.12	 655.80	 111.52	 935.27	 127.40	 2738.23	 13.78	 20.92	 13.63	 15.56	

7	 3.94	 2.47	 4.05	 2.66	 546.70	 5112.02	 1414.26	 21312.22	 245.20	 1709.89	 3.97	 4.66	 40.96	 33.10	

8	 1.60	 0.01	 1.61	 0.14	 1367.74	 12815.85	 1365.69	 11090.57	 1177.03	 40509.60	 9.54	 12.70	 59.38	 169.00	

9	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

10	 4.34	 2.61	 4.52	 2.88	 195.33	 947.72	 489.82	 2618.50	 178.34	 831.19	 5.01	 5.40	 31.57	 44.03	

11	 7.28	 4.59	 8.00	 5.67	 362.83	 6821.79	 222.21	 1695.26	 128.96	 1503.11	 11.16	 14.99	 33.19	 64.06	

12	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	 -	

13	 5.16	 2.95	 5.50	 3.42	 215.67	 2211.39	 1056.20	 28177.11	 224.20	 2218.41	 6.75	 10.23	 28.24	 26.95	

14	 4.51	 2.79	 4.71	 3.16	 298.12	 2360.74	 710.45	 10387.77	 683.73	 25588.44	 4.98	 6.47	 48.45	 55.55	

15	 4.22	 2.42	 4.46	 2.80	 3937.34	 163526.99	 2934.34	 120380.4
1	 296.02	 4896.35	 5.13	 5.46	 70.66	 257.82	
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Fig. 1. Relation of average pore throat diameter from 
CT and average pore diameter from logarithmic T2 
mean from NMR 

Fig. 2. Relation of median of pore 
diameter from MICP and minimum 
value of best-fit ellipsoid major diameter 
from CT 

 
 

Fig. 3. Semivariogram of pores centroid coordinates, 
XY plane for all 15 samples  

Fig. 4. 3D visualization of pore space 
from CT data, Ordovician sample 8 

  

Fig. 5. 3D visualization of pore space from CT data, 
Devonian sample 11 

Fig. 6. 3D visualization of pore space 
from CT data, Carboniferous sample 13  
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ABSTRACT 
We report on a new mobile core-flood system to assess the impact on injectivity of 
different treatment processes for oilfield waters used in enhanced oil recovery (EOR). 
 
Oil in water (OIW) and the amount of total suspended solids (TSS) are traditional 
parameters for assessing water quality, be it for secondary or tertiary recovery methods or 
simple disposal. Typically, these values are obtained by analysing water samples taken at 
discrete intervals at a water treatment plant or from process streams inside a testing 
facility for a novel water-treatment technology. 
 
In our experience OIW- and TSS-values alone will provide limited information to 
properly assess risks and injection-well performance of chemical packages which are 
employed during the water treatment process. These additives can interact with traces of 
EOR-fluids (e.g. polymers) or the matrix of the target formation. This in turn can lead to 
damage and even the loss of an injection well, despite the fact, that initial screening based 
upon OIW or TSS content indicated good injectivity. 
 
To directly asses the water quality in terms of actual injection performance, we employ a 
continuous “permeability reduction test” (PRT). A 10ft-container equipped with two 
identical core flood rigs allows continuous monitoring of injectivity of produced water 
from different stages of treatment process. The injectivity behaviour of the produced 
water is evaluated in terms of pressure build up across a core sample. A short latency in 
the order of only five minutes allows us to correlate the pressure response of the core 
with operating parameters and/or the chemical consumption in the upstream water 
treatment plant. Testing two cores in parallel (e.g. inlet vs. outlet) corrects for variations 
in the inlet water quality caused by unsteady operating conditions. The PRT-container is 
designed for road transport and can be deployed at any desired locations within an 
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oilfield. Once the core samples have been mounted monitoring and control can be done 
remotely. 
 
We present results from a test campaign which evaluated a novel flotation technology for 
treating water containing back-produced polymer from a polymer pattern in the Matzen 
field in the Vienna Basin, Austria. 
 
 
INTRODUCTION 
Starting in 2010 OMV installed a polymer flood pilot in one of the horizons of the 
Matzen Field in the Vienna Basin, Austria. Numerous studies on polymer injectivity 
behaviour [1, 2] and reservoir simulation aided by tracer data [3] supported this pilot-
installation. However, in order to successfully facilitate a full-field roll-out the treatment 
of back-produced formation water needs to be addressed. Back produced water 
containing polymer may interfere with oil-water separation and can negatively affect 
established water treatment processes. 
 
Field trials of several months duration using test-skids of the currently installed water 
treatment plant (pilot WTP, [4]) or novel techniques like micro bubble floatation (MBF, 
[5]) were conducted.. During this stage it was determined, that the traditional 
characterisation of water treatment efficiency in terms of oil-in-water (OIW) or the 
amount of total suspended solids (TSS) should be complemented by a direct method of 
predicting injection behaviour. In particular, the deployment of chemical packages aiding 
e.g. floatation- or flocculation steps can impair injection behaviour into a well by 
interaction with traces of back-produced polymer, even though the water quality in terms 
of OIW and TSS still indicates good injectivity. 
 
While filtration tests developed in house have long been successfully deployed in OMV’s 
WTP in the Vienna basin, these tests would 1) rely on batch sampling and only provide a 
snap-shot in time and 2) use a filtration medium which is significantly different to the 
actual rock formation. Consequently injectivity behaviour into the formation is again only 
inferred rather than determined outright. The decision was thus taken to implement a 
core-flood system capable of continuously monitoring the water quality as a function of 
the operating state of any arbitrary water-treatment technology situated upstream. The 
method was dubbed “permeability reduction testing” (PRT) and would mimic injection 
into a well by means of a core flood, whereby the quality of the produced water is 
evaluated in terms of pressure build up across a core sample. 
 
 
DESIGN PHILOSPHYAND REALISATION 
The main requirements during the design phase were: Firstly, to allow continuous 
injection of oil-field waters in to a core at rates corresponding to the near-wellbore 
conditions of a typical injector and secondly, semi-autonomous operation in order to limit 
operator tasks to mounting/dis-mounting of cores and the occasional sampling of fluids 
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for chemical analyses and cross-checking. Further considerations were a ruggedized 
construction compatible with road transportation (flatbed truck) and in terms of health, 
safety, security and environment (HSSE) an intrinsically safe design for the pressure 
bearing parts. The resulting piping and instrumentation diagram (P&ID), which also 
serves as the user interface on the touch panel display of the control system, provides an 
overview of the process and design (Figure 1). 
 

 
Figure 1: P&ID of the PRT. The same P&ID is used as the basis for the touch-panel controls 

 
Up to five different water streams can be hooked up to the container and fed to two 
identical core flood racks via a manifold. In this way minimal modifications are required 
once feedlines are installed on a new testing site. This allows sampling of oilfield-waters 
from different (e.g. intermediate) stages of treatment process with a high degree of 
operational flexibility. Alternatively, the efficiency of the complete pilot skid can be 



SCA2018-050 4/8 
 

compared to the “do-nothing-case” by comparing treated water with water taken directly 
from an inlet stream. 
 
Injection pressure is provided by two industrial-grade metering pumps (diaphragm 
pumps) capable of delivering up to six litres per hour at pressures up to 100 bar. This 
pump type is also tolerant of a certain loading of the water with solids. During operations 
the pressure is monitored in the feed lines. Upon detection of a leak, solenoids valves 
automatically close the supply of the fluid under investigation at the source. Together 
with spill trays in the container this minimizes any possible loss of containment and 
provides high operational flexibility even in environmentally sensitive areas. All pressure 
bearing parts have a minimum rating of 140 bar, rendering the system intrinsically save.  
 
The injection rate is set primarily via the pumps’ stroke length and then fine-tuned using 
a frequency converter. A Coriolis mass-flow-controller as input parameter will control 
and compensate for any changes in injection rate by thermal fluctuations. Fluids are 
brought to the simulated injection temperature by means of a tube-in-tube heat exchanger 
controlled by laboratory heating-cooling thermostats. Several pressure transducers 
continuously monitor the system and record various absolute pressures as well as the 
main-value of interest, the differential pressure across the core sample. Loss of pressure 
in the feed lines or high pressures downstream of the pump (i.e. caused by imminent core 
blockage) will lead to an automatic shutdown. Some details of the setup are presented in 
Figure 2. 
 

  
Figure 2: external connection to power supply and control for solenoid safety valves on feed lines (left) and interior 
view of the two racks (right) 

Contrary to more elaborate setups used in a typical laboratory setting, cores are jacketed 
in steel sleeves by means of an epoxy without option for applying overburden pressure. 
Mounting occurs via a plug-and-play type core holder simply by screwing the core into 
custom made endplates. By this method, a large number of cores can be prepared in 
advance of a campaign and kept in stock until use. However, piping and instrumentation 
are in place to also mount Hassler sleeves for investigation of loosely consolidated 
formations (sand-packs). 
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Once a core has been mounted a baseline pressure-drop for the targeted injection rate is 
recorded by using synthetic brine. Upon connection to the test-medium, the system will 
then proceed with the test automatically. A GSM-antenna on top of the container allows 
for remote control of the PRT. The test ends, when either a certain amount of pore 
volumes (PV) was injected or a predetermined loss of injectivity is observed. 
Alternatively, a new core will be mounted when the operating state of the water treatment 
plant upstream is significantly changed. 
 
For the last test campaign, the latency (i.e. transfer time of the fluid between sampling 
and injection into the core) was of the order of five minutes. This provided a good 
correlation of the operating state of the water treatment process with any observed 
pressure response of the core. Sampling rates can be as high as 1 Hz, but yield 
unwielding amounts of data. Typically, lower data acquisition rates of 3 data-points per 
minute are sufficient. 
 
 
OPERATIONAL HISTORY 
Over the course of summer 2017 a micro-bubble floatation (MBF) unit was field tested at 
one of the life-oil metering stations in the Matzen field. The test plan included spiking of 
produced water with various concentrations of polymer solutions of various molecular 
weights. Lower molecular weight was to mimic the effect of shear imparted on the 
polymer as it travels through the reservoir. Treated water volumes are of the order of 10 
m³/hr. Various chemical packages were identified beforehand to potentially assist the 
floatation process. The PRT-container was deployed for the entire test campaign, 
supplementing discrete sampling for OIW and TSS as well as assessing droplet size 
distributions via a visual process analyser. 
 
Berea sandstone of approximately 800 mD and 20% porosity was used as analogue core 
in all cases. This is motivated firstly by the scarcity of reservoir rock samples, and 
secondly by the fact that the homogeneity of the outcrop rock allows to better isolate 
sample-to-sample variation from changes in the water quality and MBF-operation and its 
chemical consumption. 
 
A typical data-set obtained on water taken directly from the three phase separator (‘do-
nothing-case’) is shown in (Figure 3). In this case water with approximately 1000 ppm 
OIW can be injected for almost 48 hours until slug formation causes rapid core blockage. 
This can result from either uneven well production or accumulation of oil at high or low 
points in a pipeline system. Spikes in the trace for mass flow (measured downstream of 
the core) typically indicate that oil has become mobile in the core. At constant volumetric 
flow, the lower density of the oil is registered as a spike in mass flow. First moveable oil 
is recorded after 12 hours into the test, corresponding to approximately 450 injected pore 
volumes. 
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Figure 3: evolution of pressure and rate for injection of untreated oilfield water into a Berea core 

 
The same water as in Figure 3 was subsequently fed as inlet stream to the MBF. It was 
observed that even though nominally the water quality was excellent in terms of TSS and 
OIW, blockage of the core occurred rapidly just three to four hours into the test. To 
demonstrate the usefulness of the PRT and its ability to relate chemical dosage and 
operational state to injectivity in particular, one dataset is shown (Figure 4) that led to the 
identification of the “impairing” component of the chemical package. 
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Figure 4: evolution of pressure and rate for injection of treated oilfield water into a Berea core as a function of various 
chemical dosages 

 
Without chemical dosage the plant upstream of the PRT delivered water with 
approximately 88 ppm OIW. The pressure drop across the core remained stable safe the 
fluctuations caused by the feedback loop of the thermostat. Upon addition of the first part 
of a chemical package (a flocculant) the OIW in the effluent reduced slightly and a gentle 
increase in pressure drop is observed. Upon spiking the inlet feed of the MBF with 
additional 150 ppm of polymer the pressure drop roughly doubled due to the increased 
viscosity. No further interaction of the flocculant with the core is observed; the pressures 
remain stable for the next twelve hours. Addition of a coagulant drastically improves the 
performance in terms of OIW (reduced to 5 ppm), but injectivity is dramatically 
impaired. Within minutes of adding the coagulant the pressure drop across the core rises. 
Shut-down pressure is reached after four hours. 
 
 
CONCLUSION AND OUTLOOK 
Efficient and cost-effective water treatment will be a crucial economical constraint for the 
application of EOR in mature oil-fields. In particular, existing water treatment 
infrastructure may be affected by EOR-chemicals. As well, certain EOR-processes (e.g. 
alkali surfactant polymer flooding - ASP) have more stringent requirements on water 
quality than historically required for the operation of a given reservoir. Permeability 
reduction testing (PRT) via two ‘in-field’ core flood rigs in addition to a dedicated 
sampling campaign for OIW and TSS and supplemented by particle/droplet size 
distribution allows the effective online evaluation of a water treatment process  in the 
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field. Injectivity is measured directly in terms of pressure and rate, rather than being 
inferred from OIW- or TTS-values. Changes in operating conditions, chemical 
consumption or tied-in wells can be monitored in real time. Here in particular, the 
ruggedized setup in a mobile container provides of high flexibility under field conditions 
with minimal latency, as laboratory-based core floods are 1) in most cases not equipped 
to pump several thousands of pore volumes and 2) would rely again on repeated batch-
sampling by canisters to provide the necessary fluid volumes. 
 
As of writing, one test-campaign is ongoing with a particular focus on optimisation of an 
existing water treatment process; two additional test campaigns are scheduled for 2018 
and 2019. Scheduled experimental upgrades include the permanent incorporation of 
dedicated visual process analyser and upgrade of the capillary viscometers.  
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ABSTRACT 
Investigating complex electrical properties of natural rocks and soils by using spectral 
induced polarization (SIP, i.e. low frequency impedance spectroscopy, typically 
measured from 1 mHz up to 100 kHz) is of high research interest for all pore space and 
boundary surface specific processes and properties between the matrix and the pore fluid. 
The deduction of hydraulic and pore space related structural properties, as well as the 
correlation of SIP-data with core and special core analysis data is recently in the focus of 
research. In the first stage of this project, a case study has been presented that investigates 
the complex electrical conductivity of carbonate samples using low frequency electrical 
impedance spectroscopy. Within the next phase, a specifically designed experimental 
setup for temperature controlled acidizing of carbonate rock samples has been 
constructed. The setup features a special core holder for saturating the samples with a 
retarded (i.e. temperature activated) formic acid, which is connected to adjacent fluid 
reservoirs by high-precision piston pumps. Fluid type can be easily switched for flushing/ 
cleaning of the material after acidification without removing the sample from the core 
holder. The core analysis program includes a multi-methodical and interdisciplinary 
approach, combining petrophysical, mineralogical and geochemical techniques. Before 
and after each core acidification step, porosity, specific surface area, nuclear magnetic 
resonance (NMR) T2 distributions as well as complex conductivity spectra and data from 
2-D and 3-D imaging techniques have been obtained. In this manuscript, the authors 
would like to present the experimental setup, the workflow as well as first results of the 
SIP and petrophysical investigations on selected carbonate samples. 
 
INTRODUCTION  
Spectral Induced Polarization (SIP) measurements (i.e. “low frequency” impedance 
spectroscopy, typically conducted in a frequency range from 1 mHz up to 100 kHz) are 
used in many different ways to characterize natural rocks and soils. Main focus of interest 
is upon the enhanced characterization of the causes of polarization effects in sedimentary 
rocks. The interactions between the matrix-fluid-system and within the electrical double 
layer as well as the correlation with petrophysical parameters, such as specific surface 
area, permeability, and pore radii distribution as derived from mercury intrusion capillary 
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pressure data are investigated by SIP. A variety of polarization models, either grain based 
or pore based, have been developed over the past years to describe the polarization effects 
of sedimentary rocks [e.g.: 1, 2, 3, 4, 5]. The electric resistivity, as well as electric 
conductivity are both described as complex quantity values. As explained by [6], 
complex conductivity (σ*) of a rock sample is determined by measuring the magnitude of 
conductivity (|σ|) as well as the phase shift (φ), relative to a reference resistor. The real 
(σ´) and imaginary (σ'') part of σ*, which represent the ohmic conduction and polarization 
charge transport mechanisms, respectively, are directly determined from impedance 
measurements. The phase shift thereby is defined as: 
 

φ = arctan (σ''/σ´) ≈ σ''/σ´ (for φ < 100 mrad),  (E1) 
 

which is by convention defined as a positive value in conductivity space. Generally, 
complex conductivity models are based on two contributing conductivity terms, as 
denoted amongst others by [7]: 
 

σ* = σel + σ*surf.      (E2) 
 

The first term (σel) represents the conductivity of the electrolyte filled interconnected pore 
space, whereas the second term (σ*surf) reflects conduction and polarization within the 
Electrical Double Layer (EDL) of the interconnected pore surface. The SIP method itself 
has been developed from classic frequency domain IP, and takes both, electric resistivity 
as well as phase shift into account. This method has become a potentially good tool for 
the enhanced characterization of rocks and their pore structures [e.g.: 8, 9, 10]. 
Preliminary investigations were carried out on different carbonate rocks in a couple of 
systematic laboratory studies [11, 12]. Besides distinct polarization effects, a strong 
relationship between σsurf and σ'' has been observed.  
 
The current study aims at the controlled acidification of carbonate samples, as it has been 
previously investigated and reported by [13]. Furthermore, the monitoring of the 
according changes in petrophysical and SIP related parameters for a selection of 
carbonate rocks is of key interest. For this, an experimental setup has been designed for 
performing acidification steps systematically and under very controlled conditions, 
related to the needs of the accompanying SIP measurements. The measurements of the 
complex electrical conductivity have been performed in close combination with classical 
petrophysical measurements (porosity, gas-permeability, nuclear magnetic resonance, 
specific surface area). Additionally, state of the art 2-D and 3-D imaging techniques 
(environmental scanning electron microscopy - ESEM, and X-ray micro computed 
tomography - µ-CT) have been used to visualize and quantify subsequent changes 
between each acidification step. First, the authors would like to present the experimental 
setup, followed by the workflow (including sample preparation, sample saturation, 
measuring procedures and sample cleaning) as well as first results of the SIP and other 
petrophysical investigations on carbonate samples after a couple of acidification steps. 
The results are critically discussed before a brief outlook on the ongoing research is 
given. 
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SAMPLES & METHODOLOGY  
The samples used for this study are Edwards Brown carbonates, which are generally 
characterized by high porosity and reasonable Klinkenberg permeability values (average 
of 37.1 % and 196 mD, determined by triple weighing and steady state gas permeametry). 
The sample material as well as the workflow and setup of the SIP measurements has been 
described more in detail within the previously presented studies [12, 14]. Surface area, 
gas-permeability, porosity and NMR T2 measurements have been carried out by 
considering the recommended practice and protocols for core analysis as recommended in 
[15]. The device for the acidification procedures has been specifically designed and 
constructed for this study (Fig. 1). It consists of two independent fluid reservoirs at the 
inflow and outflow side (one for fresh water, one for acid-water solution), and two 
independent high precision piston pumps (one for each inflow reservoir) which enable 
variable flow rates between 0.1 ml/h – 999 ml/h at a maximum inflow pressure of 40 bar 
(580 psi). Additionally, temperature, pH and conductivity of the inflowing as well as of 
the outflowing fluid are permanently measured during the experiment. The core holder is 
basically a so called Fancher-type cell, including a highly durable silica-rubber sleeve for 
the sample material. With this special design, creeping flow alongside the sample and 
sleeve is already avoided at very low overburden pressures (here: 11 bar, i.e. 160 psi). 

 

 
 
Figure 1: Schematic assembly drawing of custom built device for the acidification procedures. (A): inflow 
fluid reservoir tanks for water and acid; (B): outflow waste fluid reservoir tanks; (C): high precision piston 
pumps for each fluid, including pressure measurement at the core holder inflow; (D) core holder inside a 
furnace for sample saturation and cleaning, including temperature as well as pH-value and fluid 
conductivity monitoring at both, inflow and outflow side.  
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For acidification, the samples were treated with a 2.5 vol.-% solution of AcidgenTM FG3, 
resulting in a pH-value of the solution of approximately 3.7. It has been showcased 
within an earlier study that this type of acid is very capable of providing a homogeneous 
acidification of carbonate samples under quite easy to handle laboratory conditions [13]. 
The general chemical reactions for the creation of the water-acid mixture (stage 1) as well 
as for the acidification procedure after saturating of the sample with the solution (stage 2) 
can be described as follows: 
 

Stage 1 (water-acid solution): AcidgenTM FG3 + H2O → 2HCOOH; 
Stage 2 (acidification): 2HCOOH + CaCO3 ↔ Ca(HCOO)2 + CO2 + H2O. 

 
Within stage 1, the combination of acid and water forms a formic acid solution. The 
products after reaction with the carbonate phase (stage 2) are water, gaseous CO2 and 
calcium-formate, which is totally dissolved within the water due to its high solubility 
(around 160 g/l). The final, i.e. optimized workflow used in this study as illustrated 
within Figure 2 has been created during extensive (more than 2 ½ months) testing and 
measuring procedures. First, a general core analysis program has been conducted, 
including surface area (N2 adsorption), porosity (triple weighing), permeability 
(Klinkenberg corrected, steady state), NMR T2, µ-CT, ESEM) measurements. This 
program was followed by a SIP measurement for each sample (for SIP, CaCl2 brine 
conductivity is around 100 mS/m, i.e. concentration of 0.52 g/l), before the plugs were 
saturated with the acid solution. The initially water saturated sample (fluid conductivity 
50 mS/m) is flushed with 10 pore volumes (PV) of the acid solution (5 PV in each 
direction in order to prevent trapping effects) at flowrates of 40-50 ml/h. Sample 
saturation with acid solution is assumed to be completed, once the electrical conductivity 
at the outflow reaches steady state. This procedure is followed by triggering the chemical 
reaction inside the material by increasing the sample temperature to 40°C for a shut-in 
period of 24 hours. Afterwards, the sample is flushed with at least 20 PV of fresh water 
(again, 10 PV in each direction) until the fluid conductivity at the outflow reaches same 
level as measured at the inflow. SIP and core analysis measurements follow these steps in 
order to quantify the effects of the acid treatment, before the overall workflow is repeated 
as previously described.  
  
 
 

 
 
 
 

 
 

Figure 2: Principle drawing of the final workflow that has 
been used for the laboratory measurements and 
acidification procedures on the Edwards Brown carbonate 
samples. 
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RESULTS & DISCUSSION 
The homogeneity of the acidification process throughout the internal structure (surface) 
of the carbonate samples has been widely confirmed especially by ESEM-imaging before 
and after each step (Fig. 3). The acidification takes place at two different locations within 
the samples: first, carbonatic cement in between the idiomorphic crystals is widely and 
preferably dissolved by the acid solution (Fig. 3, indicated by red arrows). Second, at the 
surface of the idiomorphic crystals, which is widely affected by a continuous, but also 
slower dissolution process (Fig. 3, indicated by blue arrows). Additional geochemical 
analyses have shown that the idiomorphic crystals consist of Ankerite (Fe-bearing 
carbonate, CaFe[CO3]2) whereas the cement consists of very pure calcite (CaCO3), which 
results in a higher solubility against the acid solution for the cement as for the crystals 
itself. ESEM imaging qualitatively confirms this finding, since it is not possible to 
quantify, i.e. to investigate these processes by geochemical analysis separately and in 
detail. 
 

 
 
Figure 3: ESEM images of a representative Edwards Brown carbonate sample before (A) and after (B) 
acidification by using AcidgenTM FG3. 
 
Consequently, porosity and specific surface area feature the highest sensibility throughout 
the classical petrophysical core analysis data set (Fig. 4). Porosity increases in average by 
12.6 % (from 0.37 to 0.41) during the first two acidification steps. Specific surface area 
increases in average by 22.8 % (from 21.1 µm-1 to 25.8 µm-1). This result is in good 
accordance to the ESEM observations, showing the ongoing dissolution of the 
idiomorphic crystal surfaces (Fig. 3), which greatly increases the surface roughness. The 
changes of the pore structures have been investigated more in detail by X-ray µ-CT and 
NMR T2 measurements for specifically selected (i.e. partially broken and hence not 
anymore usable) samples (Fig. 5). The results of the NMR T2 measurements widely 
confirm the assumptions about the dissolution process as pointed out earlier.      
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Figure 4: Box-Whiskers plots of porosity (left) and specific surface area related to pore volume (right) 
versus acidification steps for the entire Edwards Brown sample set (27 samples; please note: so far only 
few samples have been investigated with distinctively more than two acidification steps, hence we 
showcase less steps but with a significantly better statistical basis for all samples). 
 
In general, a distinct shift towards smaller T2-times as well as an increase of the NMR 
amplitude could be observed (Fig. 5, left, indicated by dashed lines for visualization 
purposes only), which implies an increase of the amount of small pores and also leads to 
an increase of the pore volume that is created during the dissolution process. 
Additionally, an increase of the NMR amplitude at larger relaxation times is observed 
(Fig. 5, left, marked by purple circle) and could be explained by the dissolution of the 
cement, which does not lead to the creation of “new” pores but to a distinct growth of 
existing and larger pore areas within the material. This assumption is substantiated by 
digital image analysis of the µ-CT data sets (Fig. 5, right), from which the equivalent 
diameter of the segmented pores is derived as described by [16].  
 

 
 
Figure 5: Results of selected NMR T2 measurements (left) and µ-CT based pore size analyses after a 
couple of acidification steps for representative Edwards Brown carbonate samples. 
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The derived distribution curve is moderately shifted towards larger equivalent diameters 
after acidification of the carbonate sample, but the overall volume increases considerably, 
which is again consistent with the observed changes of the pore structures. Due to 
resolution limits, it was not possible to detect the increase in the number of small pores. 
Figure 6 shows representative results of an SIP measurement before and after different 
acidification steps. Phase and resistivity amplitude spectra as well as the imaginary (i.e. 
out-of-phase part, σ'') and real (i.e. in-phase part, σ') part of the complex conductivity are 
presented. The resistivity and accordingly σ', changes more randomly after different 
dissolution steps than expected. Due to the overall high conductivity of the sample 
material, absolute measurement accuracy may be lower than needed for a reliable 
detection. The same behavior is observed within the phase shift and σ'' spectra, hence 
only a slight shift could be measured without any noticeable change in frequency. 
Though this might point towards a reduction in the polarizability of the material, 
measuring accuracy needs to be significantly improved.  
 

 
Figure 6: Representative results from SIP measurements after different acidification steps of the Edwards 
Brown carbonate samples. Changes for resistivity amplitude (blank diamonds) and phase shift (solid 
diamonds) are shown on the left hand side. Changes for the in-phase (blank circles) and out-of-phase 
conductivity (solid circles) are shown on the right hand side. 
 
This leads to the result that φ and σ'' are more sensitive towards the pore structure and 
surface changes than resistivity amplitude and σ'. The decrease in the phase shift and σ'' 
amplitude is however quite remarkable, especially if the large increase of the surface area 
is considered. As shown by [4], an increase of the surface area should result in an 
increase of σ''. The ratio σ''/Spor is called “specific polarizability”, which - by trend - 
seems to be different for carbonate samples, as shown in Figure 7, since an increase in 
surface area leads to a decrease in σ''. Geochemical and ESEM analysis have shown, that 
the Edwards samples are very “pure”, i.e. around 90 vol.-% Ankerite / Calcite, around 7-9 
vol.-% Quartz and less than 1 vol.-% of clay (Illite). Additionally, the samples are 
especially homogeneous, without any lamination or bedding planes. Hence it seems legit 
to assume that the measured signals directly correlate with the acidification of the 
carbonate phase. 
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Figure 7: Specific surface area versus imaginary part of 
conductivity for a sub-set of Edwards Brown carbonate 
samples before (black diamonds) and after (green 
diamonds) acidification. The dashed black line indicates 
the correlation as observed for a large variety of 
sandstones by [4]: increasing Spor, increasing σ''. The red 
arrow indicates the observed trend for the carbonates: 
increasing Spor, decreasing σ''. 
 
 

 
SUMMARY & CONCLUSIONS 
For this paper, the authors have showcased the motivation as well as the development of 
a specifically designed device and the development of a joint methodical workflow for 
carbonate acidification experiments. With this approach, the impact of acidification 
procedures upon both, mineral and pore structures can be investigated systematically and 
under controlled and favorable laboratory conditions. The induced dissolution processes 
impact several petrophysical parameters with different sensitivity. The changes within the 
material can be partially resolved by SIP measurements and point towards an impact 
upon the specific polarizability of the rock material. Nevertheless, more systematic 
investigations, as well was distinct improvements for the SIP measurement accuracy are 
substantial to derive clear correlations in the future.  
 
OUTLOOK 
The ongoing development and improvement of this device, as well as the combination of 
acidification procedures and spectral induced polarization measurements is part of the 
ongoing research at our working group. The data set will be consequently increased and 
others types of carbonates will be investigated as showcased here within the future. 
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ABSTRACT 
This paper reports a methodology for high field magnetic resonance imaging (MRI) and 
nuclear magnetic resonance (NMR) T2 spectroscopy of hydrate-bearing porous media. 
We used a 4.7 Tesla MR-scanner with connected high-pressure and high-precision 
pumps to facilitate direct visualization of gas hydrate phase transitions in sediments. 
Experiments were designed to measure the correlation between water saturation in 
Bentheimer sandstone cores and obtained MR signal intensity. Gas hydrates were formed 
from 65% of the pore volume occupied by water (0.1 wt% NaCl) and 35% by gas (78% 
methane and 22% propane). The specific gas mixture was chosen to provide hydrate 
stable conditions at room temperature (21°C) and moderate pressures (above 5 MPa). 
Both hydrate formation and dissociation events were initiated and monitored by pore 
pressure control. Two types of MR pulse sequences are reported: (1) RAREst, used to 
image and analyze the spatial development in the pore volume of the core, and (2) 
CPMG to map T2 relaxation changes during hydrate growth and dissociation. Phase 
transitions of gas hydrate in Bentheimer sandstone cores were successfully imaged by 
high field MRI, and benefits from reduced measuring time and enhanced spatial 
resolution compared with experiments using lower field strengths. Obtained T2 
distributions during hydrate formation indicate pore-filling hydrate growth in the largest 
pores. 
 
INTRODUCTION 
Gas hydrates are clathrates composed of hydrogen-bonded water molecules 
encapsulating one or more guest molecules. Typical examples of guest molecules are 
methane, propane, and carbon dioxide (CO2). Natural gas hydrates form at locations 
where water and gas are present under moderate-to-high pressures and low temperatures, 
e.g. in deep-sea continental shelves or in permafrost regions. There is an abundance of 
natural gas hydrate reservoirs around the world, and estimates of the total amount of 
methane gas trapped in hydrates range between 1014 - 1018 Sm3 [1]. Consequently, field 
pilots are tested worldwide as an effort toward full-scale development of gas hydrates as 
an energy resource [2-4]. Injection of anthropogenic CO2 into natural hydrate reservoirs 
lead to spontaneous exchange of guest molecules in the hydrate-bearing sediment layers. 
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This concept combines permanent CO2 storage with natural gas production in a carbon-
neutral production strategy [5]. Hydrate agglomerates tend to block the pore space and 
impede rock permeability under favorable thermodynamic conditions. This sealing 
property of hydrates can provide for a naturally developing secondary gas seal and 
prevent upward gas migration in CO2 storage schemes [6]. To realize hydrates as a vast 
energy source or as a trapping mechanism in carbon sequestration, in-depth knowledge 
of hydrate formation and dissociation kinetics in sediments are called for. 
 
Non-invasive imaging of gas hydrate studies in laboratory opaque systems has proven 
successful for hydrate formation, dissociation, and distribution. Imaging techniques are 
categorized into 1) attenuation methods and 2) explicit methods. Attenuation methods 
(e.g. computed tomography, CT) measure the gradual loss in X-ray flux intensity through 
the medium, and produce a time-averaged density distribution image of the rock [7]. 
Spatial fluid saturation is derived with sufficient fluid density difference. Explicit 
methods (e.g. magnetic resonance imaging, MRI) detect the fluid directly, independent of 
the porous media [8, 9]. MRI is a precise imaging tool and maps liquid water protons in 
three dimensions within the field of view. Signal from hydrogens in solids, e.g. hydrate 
crystals and ice, are not acquired due to their much shorter relaxation time. Conversion of 
liquid water to solid constituent of the hydrate structure is manifested as a loss of signal 
intensity, and makes MRI an effective technique to distinguish between the hydrate 
product and initial host- and guest molecules [10].   
 
MRI has mainly been used in gas hydrate research at low and intermediate magnetic field 
strengths [5, 11-14], and occasionally at higher magnetic field strength [15]. High field 
and ultra-high field MRI benefits from enhanced sensitivity compared with lower field 
strengths; shorter measuring time, and improved spatial resolution and signal-to-noise-
ratio are reported in clinical studies [16-18]. In this high field MRI study, we cover two 
important aspects related to gas hydrate research: 1) correlate the mean signal intensity to 
water saturation in sediments from different MRI settings, and 2) apply the correlation to 
quantify hydrate phase saturation and distribution in sandstone core samples. 
 
EXPERIMENTAL PROCEDURE 
Cylindrical Bentheimer sandstone cores are used as host sediment for the hydrate phase 
transitions. The average porosity and permeability is 23% and 1.1 D, respectively. The 
specialized core holder is made from PEEK and titanium materials to ensure 
compatibility with the MR instrument (Figure 1). Floating end-pieces on each side of the 
core are positioned inside the rubber sleeve providing uniaxial core confinement by 
pressurized fluorinert (containing no hydrogen). Both flow lines leading into the core are 
connected to a high-pressure, high-precision pump. The entire core holder containing 
core material surrounded by confinement fluid is placed inside the MR instrument for 
real time image acquisition. The superconductive magnet (BioSpec series provided by 
Bruker) has a magnetic field strength of 4.7 T (200 MHz) and can accommodate 
cylindrical core holders with diameters up to 19 cm. The longitudinal field of view is 
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limited to 12 cm. The pore pressure is controlled by the high-pressure pump and all 
experiments are conducted at room temperature (21°C). 

Calibration Study 
Initial calibration tests of partially water-saturated cores were conducted to evaluate the 
applicability of using image intensity calculations obtained from MRI to quantify water 
saturation. A total of eight different Bentheimer sandstone cores (length and diameter of 
15 cm and 4.8 cm, respectively) were saturated with air and water containing 0.1 wt% 
sodium chloride (NaCl). The water saturation ranged from 27 to 68%, and the cores were 
subsequently imaged with the 2D scan protocol RAREst (=Rapid Acquisition with 
Relaxation Enhancement with short echo time). This scan provided short echo times 
(echo time = 5.66 ms, rare factor = 2) and fast acquisition (scan time = 10.5 min). Ten 
axial slices with dimensions 60x60x10 mm were positioned uniformly throughout the 
length of the core, and the voxel resolution was set to 0.5x0.5x10 mm. Each slice was 
circularly cropped during post-processing to map the cross-sectional area of the core. The 
average voxel intensity for the whole core was then calculated as the arithmetic mean of 
every voxel in every slice. The background noise was limited during scans but 
corrections were routinely implemented. 

Hydrate Study 
The Bentheimer sandstone specimen used in the hydrate study had length equal to 10.0 
cm and diameter of 3.81 cm. The pore space was initially saturated with 65% water 
containing 0.1 wt% NaCl. A mixture of 22% propane and 78% methane was used as 
hydrate former to enable hydrate growth at room temperature (21°C). The hydrate 
forming pressure at 21°C is 5.3 MPa when the salt content is 0.1 wt% NaCl [19]. The gas 
mixture was introduced to the core sample from the high-pressure pump and the pore 
pressure was increased to 10.0 MPa while continuously keeping the confinement 
pressure 3.0 MPa higher. Hydrate formation was monitored by constant pressure 
operation of the pump (mass balance) and by continuous image acquisition. The scan 
protocol RAREst (echo time = 4.8 ms, rare factor = 2) was used for visualization and 
CPMG scans (400 echoes with spacing = 5.0 ms) were used to indicate pore-level growth 
behavior. After the hydrate formation ceased, dissociation was triggered by slowly 
reducing the pore pressure down to atmospheric pressure. 
 
RESULTS AND DISCUSSION 
 
Calibration Study 
The correlation between average voxel intensity from MR imaging of the whole cores 
and the global water saturation is found to be linear (Figure 2). However, the intercept of 
the regression line with the y-axis is not at zero signal intensity meaning that a two-fold 
increase in the water saturation does not lead to a two-fold increase in the signal 
intensity. The average voxel intensity drops to zero at a water saturation of 
approximately 20%. Signal intensity calculations based on the specific RAREst protocol 
used in these experiments can thus not be used to infer the water saturation during 
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hydrate growth if the water saturation drops below 20%. Below this critical water 
saturation, the water will mostly be distributed as a thin film covering the water-wet 
grains and the T2 decay will be too fast to be acquired with an echo time of 5.66 ms. The 
importance of the applied reference power is also demonstrated as decreasing the power 
results in higher signal intensity. The reference power is the peak power of a 1 ms 90° 
pulse and is calculated by the software at the start of each new study. However, cores 
with water saturation lower than ~40%, contains insufficient amounts of water for the 
reference power to be set automatically. The reference power must therefore manually be 
fixed to the same value as the software calculated for cores containing enough water. 
Figure 2 highlights the importance of keeping control of the reference power when 
comparing signal intensity acquired from different cores. The same applies for the 
receiver gain, which was held constant equal to 101 (dimensionless) during all scans. 
 
Hydrate Study 
A total of 42±3% of the pore space was filled with solid hydrate after the formation 
process had come to an end (Sw = 31% and Sg = 27%). The hydrate distribution was 
heterogeneous compared to the initial water saturation (Figure 3) indicating that the 
growth process took place at discrete locations in the core and that further spatial 
propagation of the hydrate growth was limited by mass transport. Formed hydrate layers 
acted as barriers between the water and gas phase and resulted in areas with substantial 
amounts of liquid water. The amplitude of the T2* distribution decreased during hydrate 
growth in response to the conversion of liquid water to solid hydrate (Figure 4). T2* is 
the measured time constant for the decay of transverse magnetization and is always less 
or equal to the true T2 value. The decrease of the signal was largest for the highest T2* 
values indicating pore-filling hydrate growth in the largest pores. The distribution also 
shifted leftwards during growth because the hydrate forming in the middle of pores led to 
an enhanced surface-to-volume ratio for the remaining liquid water [20]. 
 
Controlled pressure depletion of the core at constant volumetric rate led to signal 
reduction as water drained out from the core and into connected flow lines, primarily 
because of gas expansion. The water saturation continued to decrease until the pressure 
was lowered to approximately 6.0 MPa. At this point, the water saturation was low 
enough to become stagnant and gas could flow freely without displacing water. Some of 
the signal loss during the depressurization period may also be attributed to reformation of 
hydrates. Dissolved gas vaporization, gas expansion and two-phase flow induce many 
new interfacial contacts between water and gas and can thus trigger further hydrate 
growth during initial pressure drawdown [21- 22]. As the pressure was lowered below 
the hydrate stability pressure, the signal intensity increased again as the hydrate-encaged 
water was liberated to the liquid water phase. However, the final signal intensity was 
much lower than the initial intensity prior to hydrate formation because of water 
production into the connected flow line during pressure drawdown. This highlights the 
inherent problem of substantial water production when methane is recovered by hydrate 
dissociation. 
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CONCLUSIONS 
Signal intensity quantification from high field MR imaging is correlated with known 
water saturation in Bentheimer sandstones. The relationship between signal intensity and 
water saturation is found to be linear, but a threshold saturation of 20% water is needed 
to provide measurable MR signal in this study. Hydrate formed from brine (0.1 wt% 
NaCl) and a gas mixture (22% propane and 78% methane) at P = 10.0 MPa and T = 
21°C, is spatially visualized by the RAREst protocol. The final hydrate saturation of 
42±3% is successfully estimated by signal intensity analysis. T2 distributions obtained by 
CPMG scans during hydrate formation is used to infer pore-filling hydrate growth in 
these sandstones. 
 
NOMENCLATURE 
L – core length        [frac.] 
P – pressure         [MPa] 
p (T2*) – relative amount of measured T2*     [-] 
Sg – gas saturation        [%] 
Sw – water saturation        [%] 
T – temperature        [°C] 
T2 – natural time constant for decay of transverse magnetization  [s] 
T2* – measured time constant for decay of transverse magnetization [s] 
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Figure 1. Schematic of experimental setup with close-up of disassembled core holder to the right. The core 
is placed inside the rubber sleeve with end-pieces and connected flow lines mounted on each side. The 
confinement fluid will surround the sleeve and be kept in place by the liner. 
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Figure 2. Correlation between average voxel intensity from MR imaging and water saturation. Each data 
point on the plot corresponds to average water saturation and average voxel intensity for an individual 
Bentheimer sandstone. Notice that the relationship between intensity and saturation is linear, but depends 
strongly on the applied reference power for high field MRI. 
	
 

	
Figure 3. Cross-sectional MR images of hydrate formation and dissociation at room temperature (21°C). 
Grey-scale intensity relates to water saturation. The core is saturated with 65% water and 25% gas (22% 
propane and 78% methane) prior to hydrate formation. The hydrate growth is heterogeneous throughout 
the length of the core and a final hydrate saturation of 42±3% is reached. Water is produced out from the 
core during depressurization and leads to a decrease in signal intensity. A homogenous water saturation is 
reestablished after all the hydrates have melted. 
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Figure 4. T2* distribution curves of hydrate formation and dissociation at room temperature (21°C). Y-
axis denotes normalized amount of given T2* value. The magnitude of the distribution decreases during 
growth corresponding to loss of signal as liquid water is converted to solid hydrates. The amplitude 
decreases further during depressurization as water is expelled out from the core. Melting the hydrates 
completely leads to reemergence of the signal. 
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ABSTRACT 
We continue our study on rock characterization by calorimetry [1, 2]. In this study, 
differential scanning calorimetry (DSC) technique and gas sorption technique were used 
to characterize fluid/rock interaction, which is related to the wettability state of the 
surface of the formation. The paper presents an approach for surface characterization by 
measuring the change in enthalpy associated with adsorption process. Using calorimetry, 
it is possible to obtain the variation of state function-enthalpy, due to interaction between 
molecules of a fluid and a surface. DSC adsorption enthalpy measurements were used in 
a combination with gas sorption technique, which allows one to measure the amount of 
adsorbed media. Comparison of the adsorption isotherms for different fluids (for example 
water and hydrocarbons) can provide valuable information on wettability of powder, 
cuttings, conventional and tight rocks, that cannot be obtained by any other existent 
methods. For conventional rocks, it can be used for characterization of the wetting state 
(i.e., for evaluation of contact angle). 
In the paper we discuss the approach and results of tests that have been conducted using 
an artificial porous media and powders with predefined composition, surface state, and 
size of pores.  

INTRODUCTION 
Porous media properties, that primarily define and control the processes of hydrocarbon 
storage and recovery are: pore size distribution, specific surface area and energy of fluid-
surface interaction [1, 2]. Specific surface area determines storage capacity of the rock 
while fluid-surface interaction energy affect such things as how fluids adsorb and be 
recovered from the rock.  
All sorption processes are accompanied with certain heat effects, which can be accurately 
measured with calorimetry. Thus, knowledge of specific surface and measurements of the 
sorption heat effect allow obtaining wetting properties of pores with high accuracy.  

Immersion experiments can be considered as a particular case of adsorption. In the 
immersion calorimetry experiments, a core sample is immersed in a liquid and the 
associated heat effect (immersion enthalpy) is measured with a calorimeter. The heat 
effect is related to the alteration of the surface energy of the rock surface during the 
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immersion process. Depending on initial conditions of the rock surface in the experiment, 
the associated heat effect is related to either the wettability state of the surface or to the 
surface area of the sample. As a result, two important petrophysical parameters can be 
measured by an accurate calorimetry technique [3, 4]. In particular, immersion 
calorimetry was implemented for contact angle measurements of different powders [4]. 
However, it was later found that the method has a significant drawback: in some cases it 
is impossible to ensure complete wetting of the surface. So, the measured heat effect does 
not correspond to expected wetting area. In contrast with immersion, adsorption process 
can be free of this drawback and adsorption calorimetry can be used for characterization 
of any surface (from hydrophilic to hydrophobic) even in nanopores.  

Adsorption and wetting processes can be described through a change of enthalpy. The 
total heat ΔH that evolves during adsorption experiment, or the enthalpy of adsorption, is 
related to the variation of the Gibbs free energy per unit area (ΔG) of the system by the 
following expression: ∆𝐻 = 𝑆(∆𝐺 − !"∆!

!"
), where S is the sample surface area and T is 

temperature. The variation of the Gibbs energy of the system is in fact equal to the 
variation of the surface energy of the system. If an adsorption occurs from vacuum, then 
∆𝐺 = 𝛾! − (𝛾!" + 𝛾!"), where 𝛾! is the solid-vacuum interface surface tension (free 
surface energy), 𝛾!" is the solid-liquid interface surface tension and 𝛾!" is the liquid-
vapor interface surface tension (Fig. 1).  
 

 

Fig. 1. Illustration of adsorption experiments 

Two independent adsorption experiments with two required liquid vapour interfaces 
should be performed for evaluation of contact angle between these liquids in proximity to 
the studied surface. The initial state of the surface should be the same for both 
experiments. Contact angle between two liquids L1 and L2 on a solid surface can be 
obtained from Young’s equation [5]: 

𝑐𝑜𝑠𝜃 = !!"!!!!"!

 !!!!!
= !∙!!!!!!!!!∙∆!!"#

!! !!∙!!!!!!!!!∙∆!!"#
!!

! !!!!!
,  (1) 

where 𝛾!!!! is the liquid 1 to liquid 2 interface surface tension. Coefficient k is a ratio of 
the variation of Gibbs energy to the Enthalpy: 

𝑘 = 𝛥𝐺/𝛥𝐻 ≈ 𝛾!"/(𝛾!" − !"!!"

!"
). 

Coefficient k is a simplification based on experimental observation made by Briant J. and 
Cuiec [6] for many solids and liquids. The coefficient for each liquid can be obtained 
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from the measurements of the liquid-vapour surface tension 𝛾!" and its variation with 
temperature. These values could be easily obtained from literature or measured with 
commercially available equipment. The surface area of the sample S should be 
determined separately by some other method, such as the Brunauer–Emmett–
Teller (BET) method [7]. 

EXPERIMENT DESCRIPTION 
Thermodynamic characterization of solid-liquid interaction has been performed using a 
calorimeter equipped with a vapour dosing system described in [2]. A new calorimetry 
cell was designed and manufactured for adsorption experiments. It provides connection 
of the sample in the calorimeter with external vapour supply and degassing systems. The 
cell and both systems should be leakproof and ensure leakage no more than 0.05 mbar per 
hour.  
We tested the proposed approach on artificial samples. Adsorption and desorption heat 
isotherms were measured for available powders of controlled porous glasses (CPG), 
calcite and carbon black that was used for immersion calorimetry [4]. An example of 
measured heat flow in/out the cell due to adsorption and desorption is demonstrated in 
Fig. 2. Adsorption heat effect at each pressure step was calculated by integration of the 
heat flow. Good precision (± 5 %) was established by the results of repeated 
measurements of the heat effect. Conventional adsorption isotherms were also measured 
for the studied sample by the static volumetric gas adsorption technique for evaluation of 
specific surface by low temperature nitrogen adsorption (BET) and vapour (water and 
hexane) adsorption capacity (Fig. 3). 

 
Fig. 2. Measured heat flow at adsorption and desorption of hexane on a CPG sample. 
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While dealing with adsorption (especially with water vapor) on a surface of porous and 
solid materials, it is extremely important to remove a sorbate. Otherwise, a thin film of 
residual sorbate, (that usually sorbs from the air) drastically changes the amount of 
studied sorbate and heat of adsorption while forming its first monolayers on the surface. 
For removing residual sorbate from the surface we use routine surface cleaning that 
includes two steps: (1) removing of fluid from the pore volume by solvent extraction 
followed by drying in a vacuum or conventional oven at 60-105ºC (typical for rock 
samples) at a heating rate ~0.5 ºC/min; (2) cleaning of the surface from any sorbate and 
degassing, which is mandatory prior any adsorption experiment. A typical procedure for 
routine degassing of different solids and powders without water in composition (like 
quartz, feldspar, carbonate, carbon, glass, silica alumina etc.) consists of overnight 
degassing while heating at temperature 150 ºC. Removing sorbate from the surface is 
extremely important since even thin monolayer film of residual sorbate can drastically 
alter adsorption of the target sorbate. Thus, an organic from air can adsorb on a glass 
surface and reduce water vapour adsorption on it.  

There are two common ways for removing residual sorbate: washing by solvents and 
burning-out. Applying a burnout procedure for removing organics from porous glass has 
been recommended by some powder manufacturers. We have tested surface cleaning 
procedures for water and hexane adsorption on porous glasses (Fig. 3). We have observed 
that solvents (benzene, alcohol) and oxidizer (H2O2) do not alter the surface of porous 
glass: the obtained adsorption isotherms on the samples before and after the treatment 
coincide within the measurement error. In contrary, heating of glass samples at 
temperature higher than 2500C modify the fluid-surface interactivity drastically. After 
burn-out of CPG samples at 6000C the surface became hydrophobic (Fig. 3). Even more, 
its adsorption capacity decreased to a value corresponding to measured value on the same 

silane [8]. Modification of CPG’s surface has been done CPG powders modified by by 
trichloromethylsilane (Agent 1 in Fig. 3) and trimethoxypropylsilane (Agent 2 in Fig. 3) 
to study of fluid-surface interaction at the same surface having different wettability 
(hydrophobic and hydrophilic) but the same structure. Numerous measurements of 

A

 

B  

 
Fig. 3. Adsorption of water (A) and hexane (B) vapour on porous glass surface.  
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hexane adsorption have shown that hexane adsorption does not depend neither on burn-
out nor hydrophobization by silane (Fig. 3, B).  

RESULTS 

The analysis of adsorption isotherm, that was measured by the static volumetric gas 
adsorption technique, showed that the wettability can be estimated by comparing water 
vapor and hexane adsorption isotherms (Fig. 3). Molar adsorption capacities of the 
hydrophobic (modified with silanes or a temperature treating) glass surface are almost 
equal for both studied liquids — water and hexane. Taking into account high surface 
tension of water (72 mN/m) and the low for hexane (19 mN/m) one can suppose that in 
presence of both fluids the surface is wetted predominantly with hexane and the water 
molecules are merged in droplets due to the cohesion forces. On the contrary, the 
hydrophilic untreated glass surface has a higher adhesion forces that increase the quantity 
of adsorbed water.   
The specific heat effect isotherms (normalized to specific surface) of water vapour 
adsorption on the surface of the CPG (pore diameters of 50, 100 and 300 nm) do not 
depend on the pore size. The measurements on the nonporous powders with different 
chemical compositions demonstrated significant influence of the surface composition on 
the measured heat effect (Fig.4).  

In general, we made the following observations (Fig. 4): the first part of the adsorption 
process was accompanied by essential heat effect that depends on the surface. The 
following process reflects the surface heterogeneity and then the surface roughness and 
the mineral composition. Fig.4A shows that the heat of water vapor adsorption on the 
hydrophilic surface of the porous glass is much higher than that for the hexane and 
depends on quality of surface cleaning. The 300-nm pore size CPG sample was a brand-
new powder while the 50-nm pore size sample was stored for a few months after opening 
its container.  
The heat of water adsorption on the surface of carbon black (Fig. 4B) was 3.8 times 
higher than that for hexane adsorption at every studied pressure range. This value is close 
to the ratio of the surface tensions of the both liquids (72 mN/m and 19 mN/m). This fact 
allowed us to conclude that there is an almost equal wetting of the surface i.e. higher 
interaction (in contrast with hexane) of the water with the surface (adhesion) was 
compensated by the high cohesion forces. This conclusion is in a good agreement with 
the literature data on contact angle between water and hexane on fused quartz surface, 
which is about 950 [9]. 
The adsorption of the water and the hexane vapors on the surface of calcite (Fig. 4C) was 
more complex due to the surface heterogeneity and a possible chemisorption.  
Mutual analysis of the static volumetric adsorption technique with the calorimetry 
allowed evaluating of the molar heat of adsorption as well as the surface coverage (Fig. 
5) for porous glasses. Hexane adsorption on the glass surface resulted in a heat effect of 
the same order as the enthalpy of hexane condensation (the red line in Fig. 5), even 
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though the first-layer molecules interact with the surface with a higher energy (up to 2 
times). A small 

A

 
B

 
C

 
Fig. 4. Differential heat effect due to water and hexane vapor adsorption on a porous glass (A), a 
carbon black (B) and calcite (C). Heat effect is normalized to the values of specific surface and 



SCA2018_053 7/8 
 

 

Schlumberger-Private	

pressure. The legend indices show pore diameter in angstroms. 
radius of pores, which is close to the thickness of two monolayers, resulted in the higher 
quantities of adsorbed hexane on the nanoporous glass with 4-nm pore size. Here, we 
observed a capillary condensation effect just after the forming of a monolayer.  
This study showed that separated calorimetry and porosimetry measurements of water 
adsorption did not produce reliable data on molar heat of adsorption. The main reason 
could be the different means of vapor pressure supply, and thus different amounts of 
adsorbed fluid in both experiments. A quantitative interpretation of the measured heat 
effects without considering the number of adsorbed molecules using Eq. 1 demonstrates a 
higher value of adsorption heat effect than expected (cosine of contact angle > 1). The 
most probable reason is an action of cohesion forces., i.e. the heat effect generated due to 
the interaction between sorbate molecules while forming a multilayer surface film. Use of 
the above method requires simultaneous measurements of adsorbed liquid and heat effect. 
Since there was a significant discrepancy in the volumes of sorbate in both water 
adsorption experiments, only qualitative wettability evaluation can currently be 
performed. 

 

Fig. 5. Molar heat of Hexane adsorption in mesoporous glasses. Red line is enthalpy of 
Hexane condensation. Indices in sample names show pore diameter in angstroms. 

CONCLUSION 
Adsorption calorimetry has great potential for characterizing fluid-rock interaction. We 
have shown high sensitivity of the method to state and composition of the surface. Rock 
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wettability can be evaluated by two identical experiments with independent vapour 
adsorption of each fluid. Further development requires combining calorimetry and static 
volumetric gas adsorption systems for evaluation of the molar heat effect of adsorption. 
Experiments were conducted for evaluation of sample preparation procedure for silica 
glass. Preparation is crucial for adsorption experiments and necessary for restoring the 
initial state of the sample surface after tests or removal of organic contamination. A 
burnout procedure was shown to result in strong surface alteration (hydrophobization). 
The results for water vapour adsorption experiments confirmed the significant influence 
of surface composition on heat effect. Expected nanoconfinement effect has not been 
observed for CPG samples having 50 nm or greater pore sizes. Results for water and 
hexane vapors showed that, in general, the first step of adsorption reflects a heat effect 
depending on sample composition, and further steps reflect mostly specific surface area. 
Surface preparation prior to testing is extremely important. For water vapour, the heat of 
adsorption on hydrophilic porous glass was significantly greater than for hexane, while 
for the neutral surface of carbon black the response was proportional to surface tension 
values.  
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Abstract 

Whether they are used to complement existing measurements, or completely replace 
traditional methods of data acquisition in lieu of speed, accuracy, cost-effectiveness 
and/or other benefits, NMR techniques have become an indispensable tool in oil and gas 
exploitation.  This project will utilize NMR capabilities in unsteady state relative 
permeability measurements. 

In conventional relative permeability measurement, fluid saturations, pressure differences 
and fluid flow rates are monitored and, from these values, relative permeability can be 
calculated.  Typically, the fluid saturation monitoring relies on mass or volume 
measurements acquired using acoustic and/or optical instruments.  We propose a more 
elegant technique to monitor the saturations via NMR T2 distributions.  This NMR 
relative permeability measurement should be more accurate than the conventional method 
since the saturations are measured directly in the rock rather than from mass or volume 
measurements.  An NMR relative permeability measurement has been developed and will 
be presented in this paper. 

To test the feasibility of this method, a carbonate initially saturated with dodecane was 
confined in an NMR overburden probe.  NMR invisible D2O based brine was then 
pushed through the rock at a fixed rate.  A T2 spectrum was recorded every few minutes 
and the resulting pore volumes were employed to retrieve the oil produced from the rock 
as a function of time.  Simultaneously, the pressure drop across the rock was also 
measured as a function of time.  The resulting data set was then employed to determine a 
relative permeability plot for the rock.  An overview of how this experiment is conducted, 
how the pressure drop across the rock is recorded simultaneously with the NMR T2 
distributions and other experimental hurdles in this measurement is presented.  

Introduction 

Relative permeability analysis is one of the most important petrophysical parameters 
assessed in special core analysis experiments.  Traditionally, relative permeability is 
measured via one of two methods:  steady state and unsteady state [1,2].  In the steady 
state method, two immiscible fluids are injected simultaneously into the core plug at 
constant flow rates but with different flow rate ratios.  The pressure drop across the core 
plug is monitored and once it has stabilized, the relative permeability is determined by 
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application of Darcy’s law [3].  Waiting for the pressure drop across the core to stabilize 
makes the steady state relative permeability experiment time consuming and as a result, 
the unsteady state relative permeability measurement is generally the quicker method.  In 
the unsteady state relative permeability measurement, the core plug is saturated with one 
immiscible fluid.  The other fluid is then injected into the core and displaces the first 
fluid.  The pressure drop across the core and the average saturation by material balance 
(via collection of effluent volumes at the outlet) in the core are monitored as a function of 
time.  For example, if the core is initially saturated with oil and brine is used to displace 
it, the amount of oil ejected as a function of time would be recorded.  The monitoring of 
the amount of oil ejected can either be done by eye or with the assistance of 
optical/acoustic instruments which monitor the position of the oil/water boundary as a 
function of time. Once the core saturation as a function of time is known, a modified 
version of Darcy’s law is employed to derive the relative permeability curve [4,5]. 

NMR can also be employed to measure the average saturation in-situ and hence derive 
the relative permeability of a rock core sample.  It is known that NMR is a very effective 
and accurate way of measuring the capillary pressure curve [6].  Previous attempts to 
measure the relative permeability via NMR [7-9] have tried to take advantage of this 
strength by measuring both capillary pressure curves and saturation profiles as a function 
of pressure across the core.  This data is then coupled with a modified version of the 
Darcy equations to yield the relative permeability. 

In this paper, we present a completed unsteady state relative permeability measurement 
where the saturation of the core has been tracked as a function of time using NMR T2 
volume measurements.  This is a very similar measurement to the conventional unsteady 
state measurement.  However, we believe this measurement should be more accurate than 
the conventional method because it directly measures the in-situ saturation profiles in the 
core rather than relying on the material balance method, where factors such as dead 
volumes and instrument uncertainties can lead to errors in estimating core saturations.  In 
addition, we think that this measurement should outperform other NMR relative 
permeability measurements as it uses the same well-established method for determining 
relative permeability and doesn’t rely on less well-established methods involving the 
measurement of capillary pressure. 

Experimental 

A carbonate core plug was chosen for the relative permeability study.  The characteristic 
information on the rock is shown in Table 1 and the overall experimental setup employed 
in this study is shown in Figure 1.  The core was initially saturated with dodecane and 
then the sample was confined hydrostatically at a pressure of 4500 psi (using Fluorinert 
as confining fluid) in an Oxford Instruments P5 overburden NMR probe [10].  Fluorinert 
is chosen as the confining fluid as it is NMR invisible in our experiment and thus won’t 
interfere with any NMR signals from the core itself.   The probe is then inserted into in an 
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Oxford Instruments GeoSpec 2-53 rock core analyzer [11].  Once inside the analyzer, the 
confining pressure is kept constant using a Vindum Pump [12]. 

The P5 overburden probe is designed for flow experiments and has inlet and outlet lines 
going to the top and bottom of the rock.  The next step in the experimental setup was to 
connect flow lines to each end of the rock and prime the inlet line with dodecane.  
Priming of the line is important to avoid pushing air through the rock changing its initial 
saturation condition.  Flow of liquids through the rock is achieved by employing a HPLC 
pump [13].  The outlet line is plumbed directly to a waste beaker. 

The success of the relative permeability experiment hinges on accurate measurement of 
pressure, specifically the pressure difference across the rock core.  To ensure this is an 
accurate measurement, pressure transducers are placed on the inlet and outlet flow lines, 
as well as, the confining pressure line.  A data acquisition system was designed in which 
an Arduino microcontroller [14] continually logs the pressure from the transducers to an 
internal website.  A server application then poles the website once a minute creating a log 
of the system pressures which also includes a time stamp for each measurement.  This log 
is crucial in ensuring that accurate pressures can be correlated to the NMR T2 
measurements. 

The relative permeability experiment began by flowing 2% KCl in D2O brine through the 
rock at 0.1 ml/min using the HPLC pump.  The D2O brine was chosen as a surrogate for 
H2O brine as D2O is NMR invisible.  The invisibility of D2O is important to ensure that 
any NMR signal observed will only be from dodecane so that the relative saturation 
levels of D2O/dodecane can easily be derived from the observed NMR signal and the 
pore volume of the rock.  The NMR measurements were begun simultaneously with the 
flow of D2O.  The relative permeability derived from this experiment will not be 
reflective of reservoir conditions as it does not employ live crude oil. However, there is 
no reason that this NMR relative permeability measurement could not be employed for 
use with live crude.  A T2 spectrum and an NMR saturation profile were both measured 
throughout the experiment and their NMR parameters can be found in Table 2.  The T2 
spectrum was used to monitor the bulk saturation levels in the rock, while the saturation 
profile was used to track the position of the D2O/dodecane front as dodecane was ejected 
from the rock.  The saturation profile was not necessary for the calculation of relative 
permeability.  It was recorded only for investigational purposes. Data acquisition and 
analysis of the NMR data were achieved via Green Imaging Technology software [15]. 
The software includes a loop function that allows the NMR measurements to be run 
continuously.  The T2 measurement takes about 3 minutes to complete while the NMR 
saturation profile has an 11 minutes experiment time.  As a result, each NMR 
measurement was spaced by approximately 14 minutes.  As mentioned above, pressure 
measurements were continually recorded and their time stamps allowed the pressures to 
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be correlated to the corresponding NMR measurements (which also have independent 
time stamps). 

Results 

Figure 2 shows three T2 measurements taken at three different times throughout the 
experiment.  The y-axis is the NMR signal in units of equivalent water volume.  The 
NMR spectrometer is calibrated in units of equivalent water volume.  The black 
measurement was taken prior to the initiation of D2O flow.  This spectrum is 100% 
dodecane saturated spectrum.  The red spectrum was taken after D2O has entered the core 
but, as will be explained, prior to breakthrough of D2O from the outlet face of the core.  
The blue spectrum is taken towards the end of the experiment after breakthrough of D2O 
from the outlet face. The area under any of these spectra is the amount of dodecane in the 
core at the time of the measurement.  As will now be explained, plotting the area under 
these T2 spectra as a function of time is how the data was derived to calculate the relative 
permeability of the core in this experiment.    

The upper panel of Figure 3 shows the NMR signal plotted as a function of time, as well 
as, the pressure difference across the rock plotted as a function of time.  This data was 
recorded as D2O was being injected through the core sample at 0.1 ml/min.  Therefore, 
the NMR signal observed is proportional to the amount of dodecane in the rock as any 
D2O in the rock will be NMR invisible.  During the first approximately 50 mins (Figure 
3- black lines) both the pressure across the core and the amount of dodecane in core 
remains constant.  This is because, as mentioned above, the inlet flow lines were primed 
with dodecane.  As a result, it takes about 50 minutes for the D2O to reach the core.  The 
dead volume in our system can be estimated as 50 min x 0.1 ml/min = 5 ml. 

After 50 minutes, the NMR signal observed from the rock begins to decrease.  This 
corresponds to D2O reaching the core plug (Figure 3 - red lines) and beginning to replace 
dodecane in the plug.  The amount of decrease in NMR signal is proportional to the 
amount of D2O entering the rock and dodecane leaving the rock.  During this same 
period, the pressure increases because the two immiscible fluids are both being pushed 
through the rock simultaneously. The pressure increases until approximately the 80 
minutes mark when a peak pressure of 1400 PSI is reached.  This peak corresponds to 
breakthrough of D2O through the outlet face of the rock.   The pressure slowly decreases 
after this as the rate of dodecane being evacuated by the D2O decreases.  This is reflected 
in a reduction in the rate of change of the amount of NMR signal observed.   Eventually 
very little dodecane is produced from the core (Figure 3 – blue lines) and only D2O is 
moving through the core (i.e. Sor is reached). 

To derive relative permeability from this data, the NMR signal observed as a function of 
time must be converted to oil produced as a function of time.  To do this, the NMR signal 
in units of volume of water is converted to oil produced by subtracting each measurement 
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from the pore volume of the rock.  It should be noted that dodecane and water have a 
similar hydrogen index so there is no need to convert NMR signal in ml of water to ml of 
dodecane prior to doing the subtractions.  The dodecane produced as a function of time is 
plotted in the lower panel of Figure 2.   

Figure 4 shows the saturation profiles which were also recorded as a function of time 
during the experiment.  The color scheme in this figure follows that of Figure 2.  The 
black saturation profiles were recorded during the period before D2O enters the rock core 
and as a result are all very similar.  The red saturation profiles were recorded in the 
period immediately after D2O enters the core.  A D2O/dodecane boundary is clearly 
visible moving across the core from left to right.  Finally, the blue saturation profiles 
were recorded after the majority of the dodecane has been ejected from the rock. The 
amount of dodecane in the rock is again relatively stable.  Although, these saturation 
profiles were not actively used in the calculation of relative permeability, they are still 
useful to visualize what is going on inside the core during the experiment.  Also, the area 
under each saturation profile can be employed as an independent verification of the 
amount of oil produced as a function of time. 

To derive the relative permeability from the experimental data, only those measurements 
taken after D2O breakthrough at the outlet face occurs are to be considered.  Figure 5 
shows both the oil produced (red plot) and pressure across the rock (blue plot) after 
breakthrough.  The figure also includes least-square fits of the reduced data set to 
polynomial equations (black plots) of time.  Once the expressions for oil produced and 
pressure difference as a function of time are known, the derivations of relative 
permeability follows the Johnson-Bossler-Naumann relative permeability calculation [2-
5].  Figure 6 shows the relative permeability curves for oil (red plot) and water (blue plot) 
derived for this rock via a NMR measurement.  

Conclusions and Future Work 

This paper summarizes a conventional relative permeability measurement done with 
NMR.  As with any conventional relative permeability measurement it relies on waiting 
for the brine to breakthrough the outlet face before beginning the relative permeability 
calculation.  This often restricts which saturations levels can be observed on the relative 
permeability curve.  For example, in this experiment the relative permeability for both 
water or oil was not determined until the water saturation reached 0.4 (Figure 6).  
Traditionally, this is because until breakthrough occurs it is uncertain as to what is 
occurring in the rock (i.e. saturation, flow rate etc.).  However, NMR has the added 
benefit of being able to visualize what is going on inside the rock.  For example, the 
saturation profiles seen in Figure 4 show where in the rock the D2O/dodecane front is 
before it emerges from the outlet face.  We are now working at how to best exploit this 
NMR capability.  A second NMR measurement to determine the flow rate as a function 
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of position within the rock is under way.  This should allow relative permeability prior to 
breakthrough to be calculated. 
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Tables and Figures 

Table 1: Properties of core plug studied 

Depth (m) 6390 
Core Diameter (cm) 2.53 
Core Length (cm) 4.88 
Dry Core Mass (g) 60.59 
Pore Volume (mL) 2.74 
Bulk Volume (mL) 24.53 
Irreducible Water Saturation 0.1972 
Grain Volume (mL) 22.27 
Grain Density (g/mL) 24.53 
Archimedes Porosity (p.u.) 9.21 
Brine Permeability (mD) 0.05 
 

Table 2: Acquisition parameters for T2 and saturation profile measurements 

Parameter T2 Parameter Saturation Profile 
Recycle delay (ms) 5000 Recycle delay (ms) 5000 
Tau (µs) 55 Tau (µs) 500 
Number of Echoes 45455 Gradient Duration (µs) 300 
Filter Width (kHz) 125 Filter Width (kHz) 125 
T2 Max (ms) 1000 Resolution 64 
90º Pulse Length (µs) 4.75 90º Pulse Length (µs) 4.75 
180º Pulse Length (µs) 9.71 180º Pulse Length (µs) 9.71 
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Figure 1:  Experimental setup employed to acquire relative permeability via NMR. 

 

Figure 2:  Typical T2 spectra recorded at various times during relative permeability 
experiment D2O flooding.    
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Figure 3: NMR signal and pressure across the rock core as a function of time (Upper 
Panel). Oil produced and pressure across the rock core as a function of time (Lower 
Panel).   

 

Figure 4: Series of saturation profiles recorded as D2O was flooded through the core 
during the relative permeability experiment.  
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Figure 5:  The pressure across the core (blue trace) and oil produced from the core (red 
trace) after breakthrough of D2O from the outlet face of core. 

 

Figure 6:  The relative permeability curves generated from NMR data.  The relative 
permeability to water is shown in blue while the relative permeability to dodecane is 
shown in red.    
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ABSTRACT 
The self-diffusion coefficients and transverse relaxation rates of supercritical methane at 
temperatures and pore pressures up to 60°C (140°F) and 62.1MPa (9000psig) were 
measured in sandstone (SS) and limestone (LS) microplugs at dry and irreducible brine 
saturation in zirconia tubes using 400MHz nuclear magnetic resonance (NMR) 
spectroscopy.  Diffusivities in the tube annuli, whose 0.3mm apertures approximate that 
of subsurface fractures, were on the order of 10-8m2s-1.  These values were up to three 
times higher than those in the network of pores, whose volume-distributed mode CT-
derived diameters were 35 and 5µm for SS and LS respectively.  All diffusion 
coefficients decreased exponentially by a factor of 2-3 from 13.8 to 62.1MPa in SS and 
LS, and all decreased by a factor of 1-3 across an 8 to 64ms increase in echo spacing.  
Corresponding annular and pore relaxation rates generally increased with pressure from 
42 to 139 and 37 to 71ms for SS, and 46 to 144ms and 90 to 217 for LS, respectively.  
These trends compare reasonably well against quantitative model predictions of the 
progressive disruption of spin-rotation proton relaxation with increasing pressure. 
 
INTRODUCTION 
The pore pressure of fluids in petroleum reservoirs fundamentally controls storage and 
flow therefrom via its regulation of advection and phase separation.  It also impacts 
operational safety e.g. mud weight, well kicks, and blowouts, which has underpinned 
interest in development of ahead-of-bit, logging-while-drilling pore pressure sensors.  
Real time, in situ determinations based on acoustic, nuclear, and electric modalities are 
all beset by their sensitivities to other formation properties such as rock and fluid 
composition, and thus rely on semi-quantitative analysis of trends with depth. 
 
Reservoirs that are most prone to spontaneous pressure drives for production and safety 
operations, i.e. those that are deep, mature, gas-filled or gas-capped, overpressured, and 
millidarcy permeable, are also endowed with other petrophysical properties, e.g. 
abundant, large (low S/V) pores within a ferromagnetic-lean mineral framework, that 
lend them to interrogation by nuclear magnetic resonance (NMR), which has been shown 
to be sensitive to pressure [1, 2, 3, 4] through the pressure dependence of the Brownian-
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motion portion of nuclear spin relaxation.  On the micro- to millisecond timescale of a 
NMR radiofrequency pulse-echo measurement, ballistic Brownian motion can be 
approximated as diffusion, and it contributes to the rate of NMR transverse spin-rotation 
relaxation in gases and supercritical fluids by changing the frequencies of intermolecular 
collisions and dipole coordinations, respectively [4, 5].  As pressure increases, both 
interactions become less frequent, decreasing the transverse relaxation rate (and 
increasing the corresponding T2 relaxation time constant).  In non-advective, well-mixed, 
isothermal, single or multi-component fluids (such as in oilfield reservoirs before primary 
drainage or during enhanced oil recovery [EOR] soak periods), the decrease in the 
Brownian diffusion coefficient (D) and corresponding increase in T2 time can be encoded 
by modern NMR logging tools using a modified pulse-echo sequence [6]. 
 
The goal of this study was to ascertain the magnitude of these NMR signals attributable 
to Brownian diffusion alone in a simple lab-based analogy to subsurface applications.  
The spectral resolution afforded by high-field (400MHz) NMR was exploited to 
discriminate between bulk (i.e. fracture) and pore diffusion coefficients (DB and DP 
respectively) and transverse relation rates (T2B and T2P) of supercritical methane within 
sandstone (SS) and limestone (LS) microplugs, which are good analogues for the 
spontaneous pressure driven reservoirs discussed above, under isothermal conditions over 
a range of reservoir-relevant pressures.  The empirical responses were then compared 
against methane self-diffusion values calculated from elementary mean free path theory 
under environmental conditions prescribed by a simple subsurface model, which were in 
turn coupled with measured petrophysical characteristics to estimate the magnitude of the 
Brownian diffusion term in the NMR relaxation equation.  Finally, these findings were 
extrapolated to oil and brine phases to determine if pressure-driven variations in their 
corresponding diffusion terms could be discriminated against variations in bulk and 
surface counterparts caused by other factors [7]. 
 
PROCEDURE 
Experimental 
Briefly, small microplugs (3mm O.D. x 10mm long, for high pressure high field [HPHF] 
NMR measurements) as well as standard plugs (4cm O.D. x 4cm long, for routine 
petrophysical property measurements) were recovered from samples of Kirby SS and 
Indiana LS, soxhlet extracted using sequential toluene and methanol/chloroform 
azeotrope reflux, and allowed to fully dry at 104°C (220°F).  Porosities (φCT), volume-
distributed mode pore diameters (dCT), mean pore surface-to-volume ratios (S/VCT), 
formation factors (FFCT), cementation exponents (mCT), tortuosities (τCT), and 
permeabilities (kCT) were calculated by a binarization, distance-mapping, skeletonization, 
erosion, and expansion sequential workflow applied to GE Phoenix Nanotom 180 m 
microCT images acquired on 5x5mm (diameter x height) rinded end trims of the standard 
plugs at voxel edge resolutions of 1.5µm for SS and 2.0µm for LS.  Boyle’s law effective 
porosities (φHe) and pressure-decay Klinkenberg-corrected permeabilities (kHe) were 
measured by CoreLab CMS-300 on the standard plugs confined at 3.4MPa (500psig) and 
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41.4MPa (6000psig).  Following vacuum saturation with a 20wt% potassium chloride 
brine solution, T2 distributions were determined from multi-exponential fit to 2MHz 
Maran Ultra NMR CPMG-induced echo trains with interecho spacing (tE) = 0.20ms 
acquired on the standard plugs under STP conditions, which were in turn used to estimate 
effective porosities (φNMR), permeabilities (kNMR using the SDR method), and when 
correlated to S/VCT distributions, mean NMR surface transverse relaxivities (ρ2) [8].  
Electric formation factors (FFe) were then measured at 81°C (178°F) and 1000Hz under 
41.4MPa confinement against a bulk brine resistivity value of 0.020ohm-m, from which 
Archie cementation exponents (me) and electric tortuosities (τe) were calculated.  Finally, 
methane-displacing-brine capillary pressure curves and irreducible brine saturations 
(Swi) were measured on the standard plugs between 0-6.9MPa (0-1000psig) endmembers 
by centrifuge, the data from which was used to bring the matching microplugs (whose 
pore fluid volumes are too small to measure) to Swi by centrifuge as well. 
 
For each HPHF NMR experiment, a microplug was inserted into a Daedalus Innovations 
100.0MPa (14500psig)-rated cylindrical (5mm O.D. x 3.6mm I.D. x 92mm long) 
zirconium NMR tube containing a small boron nitride spacer designed to elevate the 
microplug into the sensitive volume.  The tube was then assembled into a Viton-sealed 
titanium needle valve manifold, purged several times with UHP 5.0 methane, pressurized 
with the same methane in a 60°C (140°F) convection oven using a Teledyne Isco 260 HP 
syringe pump to the first target pressure value of 13.8MPa (2000psig), sealed, and 
inserted into a 60°C thermostated diffusion probe within a Bruker Ascend 400MHz NMR 
for measurement.  Pressures were sequentially increased to target values of 27.8, 41.4, 
55.2, and 62.1MPa (4000, 6000, 8000, and 9000psig) between each measurement without 
venting the tube.  DB and DP values were acquired for tE = 8, 16, 32, 48, and 64ms at the 
lowest and highest pressures, while those at intermediate pressures were acquired for tE = 
16 and 64ms.  Mean T2B and T2P values were acquired at tE = 1ms at all pressures. 
 
Model 
DB values of supercritical methane were calculated for 60°C for each experimental 
pressure using a quadratic fit with density, while those for 30° API oil and 20wt% brine 
were estimated for 60°C using the Einstein-Stokes approximation [9 and references 
therein].  DP values for each fluid were then estimated by dividing by τCT.  Corresponding 
T2P values were calculated by the standard NMR equation (with bulk, pore, and diffusive 
terms) using the measured values of S/VCT and ρ2, a tE set at 1ms, and the mean 
experimental magnetic field gradient of 0.004T cm-1, while T2B counterparts were based 
on the annular S/V of the NMR tube. 
 
RESULTS & DISCUSSION 
Petrophysical properties measured by both traditional and digital (i.e. microCT-derived) 
methods generally agreed well (Table 1).  The SS ρ2 of 45µm s-1 is about twice as large 
than previously reported values up to 25µm s-1 [10] and might be attributable to either the 
(a) higher SS iron oxide content of 1.1wt% (versus 0.3wt% for LS) as determined by X-
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ray fluorescence spectroscopy, or (b) skewed fit of the S/VCT-derived T2 distribution to 
the low-field NMR counterpart arising from a broad, short-relaxing peak in the latter 
(data not shown).  HPHF NMR downfield and upfield peaks were attributed to bulk and 
pore methane inventories respectively based on sharper peak shapes expected for bulk 
fluids as well as less shielding expected for pore fluids due to a combination of 3D 
volumetric averaging of surrounding paramagnetic effects [11] and minimized induction 
of counter-fields in small restricted pore volumes [12, 13].   
 
Corresponding mean DB, DP, T2B, and T2P values were also in reasonable agreement with 
model predictions (Figure 2).  Measured diffusivities decreased and transverse 
relaxivities increased by a factor of 2-3 across a fourfold increase in pressure (Figure 2).  
The generally lower values of LS DB and T2B versus their pore counterparts likely arise 
from fluids hosted in one more exceptionally large pores whose diameters exceed that of 
the annulus.  Indeed, the microCT-derived pore size distribution for LS is 97% v/v 
dominated by a single 1.6mm wide vug (data not shown).  The factor of ~3 model 
overestimated T2B for both SS and LS is likely attributable to either errors in the S/VCT 
and ρ2 inputs or an unexpectedly high ρ2 for the NMR tube itself.   
 
Measured diffusivities decreased by a factor of 1-3, and the difference between those 
acquired at low and high pressure narrowed, across an eightfold increase in tE (Figure 3).  
Since the mean displacement <x> of molecules with diffusivities ~10-8m2s-1 over an echo 
time of ~10-2s is about 10-5m (i.e. of the same order as the SS and LS pore diameters), 
these results are consistent with an increasingly restricted path observed at longer 
timescales, and bound tE to at least ~30ms for accurate diffusivity measurements at high 
pressure and >64ms at low pressure.  Therefore, the actual DB and Dp trends with 
pressure are likely to be even more shallow than reported here (i.e. Figure 2). 
 
Subsurface application of these findings is bounded by the opposing effects of increasing 
temperature and pressure on reservoir fluid density [14], which in turn controls the 
aforementioned frequencies of NMR-relaxing intermolecular collisions and dipole 
coordinations.  The density of supercritical methane will increase approximately twice as 
fast with the pressure gradient from top to bottom of a typical reservoir as it declines due 
to the corresponding temperature gradient, combining to yield a ca. 40% decrease 
(increase) in DP (T2P).  And although abnormal pressure gradients would have a 
proportional effect, the absolute DP and T2P values reported herein currently confounds 
overpressure detection with extant low field NMR oilfield logging tools given their 
limited precision applied to reservoirs exhibiting intrinsically multimodal pore size and 
S/V distributions (which lead to broad D-T2 distributions).  Extension of the model to the 
density of oil underscored its insensitivity to pressure, while the that of brine increased at 
a greater than threefold rate with temperature versus pressure. 
 
CONCLUSION 
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HPHF NMR-enabled experimental observations of the decrease in Brownian diffusion 
and corresponding increase in transverse relaxivity of supercritical methane with 
increasing pressure were found to be in reasonable agreement with model predictions yet 
too modest for quantification by current downhole NMR technology. 
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TABLES 
 
Table 1 – Measured and calculated petrophysical characteristics for standard plugs and 
microplugs.  Model inputs are highlighted.  Units are % (φ), µm (dCT), mm-1 (S/V), mD 
(k), µm s-1 (ρ), and % (Swi). 
 
 

 
 

φHe φCT φNMR dCT S/VCT kHe kCT kNMR ρ2 FFe FFCT me mCT τe τCT Swi

SS
unconf 17.3 17.9 35 203 79.5 6.7 45 24.1 1.81 4.17 17.9
3.4MPa conf 18.0 85.0
41.4MPa conf 17.4 78.2 25.2 1.84 4.38
microplug 20.7
LS
unconf 16.3 18.0 5 756 8.6 3.8 9 21.4 1.69 3.49 9.0
3.4MPa conf 17.9 5.2
41.4MPa conf 17.0 4.4 40.7 2.09 6.92
microplug 24.0
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FIGURES 

Figure 1 – HPHF NMR chemical shift spectra for SS (top) and LS (bottom) microplugs at 
13.8 (black), 27.8 (red), and 62.1MPa (blue) along with T2B and T2P assignments at 
62.1MPa. 
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Figure 2 – Model predicted (‘Mod’) alongside experimentally determined (‘Exp’ at 
tE=64ms) DB, DP, (top) and T2B, T2P (bottom) for methane as a function of pressure.  
Note that the Mod DB curves for SS and LS are the same. 
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Figure 3 – Variation in experimental DB and DP as a function of tE. 
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ABSTRACT 
The LET family of correlations for flow functions is gradually gaining foothold among 
core analysts, reservoir engineers and scientists due to their flexibility, accuracy and ease 
of communication. This makes LET excellent for interpretation of flow experiments, for 
upscaling of flow functions and for history matching models of fields in production. The 
LET family of capillary pressure correlations avoids singularities when approaching 
residual saturations. The family includes several capillary pressure correlations available 
to suite various needs. The LET family of correlations, parameter trend functions, 
recommended workflow and some applications has been presented in [1][7][8][9][10] 
and denoted LET and LETx. An overview of the 2018 version of the LET family of 
correlations for flow functions is displayed together with comments / explanations. An 
overview of selected flow parameters like Lo, Lw, Sorw and Krwr = Krw(Sorw) is also 
displayed. New elements in the family are invertible correlation for primary drainage Pc 
(LETh) and imbibition Pc (LETs) correlation with independent spontaneous and forced 
Pc-branches.  
 
INTRODUCTION 
LET family [1][7][8][9][10][15] of correlations consists of bounded (i.e. finite) functions 
of normalized saturation(s). Whether the dependent variable is normalized or not varies. 
L, E and T are called shape parameters, and we will use the short compact form LET for 
both the correlation name and the sequence of parameters. L influences the lower part of 
the curve, T influences the top part, and E influences the elevation or the positions of the 
slope. LET are empirical parameters that can be adjusted to match available observations.  
 
Core plugs are heterogeneous to some degree, comes from different parts of the reservoir 
and SCAL experiments are difficult in themselves, so it should not be a big surprise that 
the final measurements, interpretation of results and parameters often show a significant 
scatter. It is recommended to establish a database for the parameters in the LET 
correlations and other parametric correlations. Due to scatter in the data, Ebeltoft et alios 
[1] also recommend that the trend functions, related to the database, should be based on 
an underlying conceptual model. Our conceptual model says that for a given reservoir 
rock and its oil, brine and gas, the initial water saturation Swi is a primary cause of 
wettability variations in the reservoir. This is supported by research findings of Morrow 
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et alios [5][13] and Hamon [2]. Well above the capillary transition zone, Swi approaches a 
value we interpret as a practical value for irreducible (or connate) water saturation Swir. 
However, we say that the water has approximately the same effect on the parameters in 
flow functions whether it is caused by Swi at one place in the reservoir or by Swir in 
another place, as long as the two values are equal; Swi(1) = Swir(2). Thus, the conceptual 
model says that we should link our flow functions to the reservoir model via Swi. This link 
we find in the trend functions of parameters for curve shape and endpoint. The conceptual 
model will also guide us in establishing behaviour of trend functions (parameter-
correlations) for flow parameters and uncertainty modeling. Due to lack of space, this 
paper will only present oil/water (o/w) systems. Gas/oil and gas/water systems have 
similar correlations, and the most important are presented in [7][8][9][10]. 
 
IRREDUCIBLE_WATER_SATURATION  
It is recommended to use oil permeability Ko with irreducible water saturation present, as 
absolute (single phase) permeability, and base for relative permeability, in the reservoir 
zone (the hydrocarbon column). Production wells respond according to oil permeability. 
Below free water level (FWL), it is recommended to use 100% water based permeability 
Kw as absolute permeability. Injection wells below FWL and aquifer respond according 
to water permeability. Swir is related to pore-throats via grain cementing clay etc., or in 
short oil permeability Ko. We should therefore link our flow functions to the reservoir 
model via Swir and/or Ko. This link we find in the formula for normalization of saturation. 
 
RELATIVE_PERMEABILITY 
Oil permeability Ko normalize oil relative permeability (e.g. Krow = 1) at Sw = Swir, but 
LET formulas keep a top point coefficient / parameter Krot (note subscript t) in case you 
prefer another base permeability in the reservoir. WOGn is a bookkeeping system that is 
used to keep track of all correlations that occurs. It consists of the change indicators 
Increasing, Decreasing, Constant in the saturation triplet Sw, So, Sg for each general 
flooding cycle n. LET formulas for DIC1 Kr are old, but displayed here for the first time: 
 

         𝐾!"# =
!!"# !!!!"

!!

!!!!"
!!!!!!!"

!!
   ∧    𝐾!" =

!!"#!!"
!!

!!"
!!!!! !!!!"

!!    ∧    𝑆!" =
!!!!!"#
!!!!"#

         (1) 

 
Thus, DIC1 is the well-known primary (first cycle) drainage for an oil/water system. LET 
formulas for IDC2 Kr (first shown in [7]) are: 
 

      𝐾!"# =
!!"# !!!!" !!

!!!!" !!!!!!!"
!!    ∧    𝐾!" =

!!"!!!"
!!

!!"
!!!!! !!!!" !!

   ∧    𝑆!" =
!!!!!"#

!!!!!"!!!"#
      (2) 

 
 
Thus, IDC2 is the well-known (second general cycle) imbibition for an oil/water system. 
By utilizing the LET flexibility, the Krw curve can be extended to 100% water with a top 
point Krwt = 1 at Sw = 1, while keeping the imbibition end point Krwr (which is the Krw 
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value at residual oil Sorw) based on oil permeability Ko. This enables use of the same Krw 
curve for IDC2 in the reservoir and for a tiny oil drainage involuntarily dipping into the 
water zone. We denote this extended Krw formula for LETx.  
LETx formula for IDC2 Krw (first shown in [9]) is: 

                                 𝐾!" =
!!"#!!"

!!

!!"
!!!!! !!!!"

!!    𝑎𝑛𝑑   𝑆!" =
!!!!!"#
!!!!"#

                             (3) 

 
The LETx formula for Krw was the motivation for development of the Krwr endpoint 
correlation, and Krr endpoints in general, where Swir usually is replaced by Swi. Similar 
LET and LETx formulas for gas/oil and gas/water systems are displayed in [7][9]. The L, 
E, T parameters are of course different for the different WOGn signs. 
 
Moghadasi et alios [12] evaluated Corey, Chierici and LET correlations for oil/water Kr, 
and found that LET was clearly the best one for both oil and water Kr. Sakhaei et alios 
[14] evaluated 10 common and widely used empirical Kr correlations for gas/oil and 
gas/condensate systems, and found that LET showed best agreement with experimental 
values for both gas and oil/condensate Kr. 
 
PARAMETER_TREND_FUNCTIONS_AND_UNCERTAINTY 
Then we turn to preparation of flow functions for use (usually table lookup) in the 
reservoir simulator [1]. The laboratory starts the imbibition flow at the practical Swir 
value, but when we calculate the shape-parameters LET and e.g. Sorw and Krwr, we 
interpret the applied water saturation in the parameter trend functions as initial water 
saturation Swi of a grid cell in the reservoir model. The applied parameter Swir that is used 
in normalization of the dynamic saturation is still the irreducible water saturation Swir of 
the grid cell. The conceptual model guides us how a specific trend function must behave 
in order to give the desired effect on the Kr curve. Due to the large number of shape and 
endpoint parameters generated by the WOGn variations, it is recommended to 
standardize the empirical trend functions. We recommend the generic LET trend 
functions which originate from Sorw and Krwr trend functions [1][9]. Generic LET trend 
functions for the simplest parameter trend functions AL (AR) with apex to the left (right) 
are for the first time displayed as formulas below. For Kr IDC2 AL = Lo, Ew, Tw, Sorw:  
 

                                               𝐴𝐿 = 𝐶 + !!!!!!!"
! !!!!" !

!!!!" !!!!!"
!                                            (4) 

For Kr IDC2 AR = Eo, To, Lw: 

                                              𝐴𝑅 = 𝐶 + !!!!! !!!!" ! !!"
!

!!"
! !! !!!!" !

                                           (5) 

 
The above correlations have boundaries at Swi equal 0 and 1. LET IDC2 Pc has 
boundaries at Sorw and Swir, and the new LETs IDC2 Pc has also a new boundary Swzo 
(formerly Swso) in between Sorw and Swir (replaced by Swi in the trend functions). For 
IDC2 Swzo (shown for the first time): 
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                                       𝑆!"# = 𝑆!" + 𝐶 +
!!!!! !!!!"# ! !!"#!

!!"#! !! !!!!"# !                                   (6) 
 
For IDC2 Krwr (first shown in [9]): 
 

                                     𝐾!"! = 𝐶 + !!!!!!!"
! !!!!"#!!!" !

!!!!"#!!!" !!!!!"#! !!!!" !
                                   (7) 

 
For CID3 Kror (first shown in [9] with B = N = 0): 
 

                              𝐾!"! = 𝐶 + !!!!!!!"
! !!!!"#!!!"#!!!"

!

!!!!"#!!!"#!!!"
!
!!!!"#! !!!!"#!!!"

!                           (8) 

 
We don’t necessarily optimize all 8 correlation parameters. We select e.g. B = 0 if we 
don’t want a local max/min in the trend curve. The parameter N is usually zero to avoid 
instability at the singularity. B is usually zero, except for saturation correlations.  
 
The discussion and formulas above show that our flow functions are linked to the 
reservoir model via parameter trends that are functions of Swi. We use three trend 
functions (called low, base and high) for each parameter. For base / deterministic / most 
likely Krow model we use only base parameters. For pessimistic Krow we use high Lo, high 
Eo and low To i.e. more oil wet Krow curve than the base curve. For optimistic Krow we use 
low Lo, low Eo and high To i.e. more water wet Krow curve. For pessimistic Krw we use 
low Lw, low Ew and high Tw i.e. more oil wet Krw curve. For optimistic Krw we use high 
Lw, high Ew and low Tw i.e. more water wet Krw curve. 
 
CAPILLARY PRESSURE AND INITIAL WATER SATURATION 
The LET formula for DIC1 Pc (first shown in [8]), including an optional parameter for 
threshold / entry pressure Pct, is displayed below. 
 
                       𝑌 = !!"#!!!"

!!"#!!!"
   𝑎𝑛𝑑   𝑌 = 𝐹 𝑆!"    𝑤ℎ𝑒𝑟𝑒   𝑆!"# ≤ 𝑆!  ≤ 1                   (9) 

 
                             𝑃!"# 𝑆! = 𝑆!"# = 𝑃!"#    𝑎𝑛𝑑  𝑃!"# 𝑆! = 1 = 𝑃!"                       (10) 
 

                                     𝐹 = !!!!"
!

!!!!"
!
!!!!"!

   𝑎𝑛𝑑   𝑆!" =
!!!!!"#
!!!!"#

                                (11) 

 
A LET function with either L or T equal to one is called a semi-simple LET function, and 
a LET function with both L and T equal to one is called a simple LET function. The 
simple LET function is equal to the Pc-correlation of Honapour et alios [4] except for the 
arrangement of the empirical coefficients. Petrophysicists use the invers Pc-function (or J-
function). The LET Pc function does not have a simple analytical invers function if L and 
T are different real numbers. An approximate invers Pc-function can usually be obtained 
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if we represent it by a standard LET function and optimize the LinvEinvTinv parameters. In 
order to offer an exact analytical inverse function, we introduce a new Pc-correlation for 
DIC1 that is called LETh and is displayed below.  

                                 𝐹 = !!!!"
!

!!!!"
!
!!!!"!

!/!

   𝑎𝑛𝑑   𝑆!" =
!!!!!"#
!!!!"#

                            (12) 

 
Figure 1 illustrates the response of these correlations to a value of the power parameters. 
We select the parameter values 1/L = Lh = 2 and E = Eh = 10 and T = Th = 0.5. LET gives 
a lower capillary transition zone, and LETh gives a generally higher capillary transition 
zone. Note that by changing the parameter values, each correlation can match the other 
correlation to an acceptable / reasonably accuracy. Figure 2 illustrates the ability of 
mutual matching of LET and LETh. Manual optimization gave L = 0.2, E = 2.8, T = 0.43 
and Lh = 0.9, Eh = 8, Th = 0.5. Figure 3 shows LET Pc and LETh Pc match DIC1 data 
from a centrifuge experiment on a core plug from Norwegian Continental Shelf (NCS). 
 
CAPILLARY_PRESSURE_AND_WATER_INJECTION 
LET formulas for IDC2 Pc (first shown in [8]) are: 
 
                                 𝑃!"# = 𝑃!"# − 𝑃!" 𝐺! + 𝑃!"# − 𝑃!" 𝐹! + 𝑃!"                            (13) 
 
              𝑤ℎ𝑒𝑟𝑒   𝑆!"# ≤ 𝑆!  ≤ 1− 𝑆!"#   𝑎𝑛𝑑   𝑃!"# 𝑆! = 𝑆!"# = 0 ⇒ 𝐸!"           (14) 
 

          𝐺! =
!!!!" !!"

!!!!" !!"!!!"!!"
!!"   ∧  𝐹! =

!!"
!!"

!!"
!!"!!!" !!!!"

!!"
  ∧  𝑆!" =

!!!!!"#
!!!!"#!!!"#

     (15) 

 
For an oil field with paleo o/w contact below todays initial o/w contact, it may be 
desirable to model the initial water saturation using a (pseudo-) IDC2 Pc curve because it 
may be desirable modify the spontaneous branch without disturbing the forced branch or 
vice versa. To achieve this flexibility we follow the method of Kralik et alios [6] for 
normalization of saturation, and split the spontaneous (subscript s) and forced (subscript 
f) branch by scaling them before and after the spontaneous water saturation Swzo. We 
therefore introduce the new LETs Pc correlation with short (or split) saturation scaling, 
and display it below. 

                              𝑃!"# =
𝑃!"#𝐺!    𝑤ℎ𝑒𝑛     𝑆!"# ≤ 𝑆! ≤ 𝑆!"#        
𝑃!"#𝐹!    𝑤ℎ𝑒𝑛     𝑆!"# ≤ 𝑆! ≤ 1− 𝑆!"#

                          (16) 

 
                                  𝐺! =

!!!!" !!

!!!!" !!!!!!!"
!!    𝑎𝑛𝑑   𝑆!" =

!!!!!"#
!!"#!!!"#

                              (17) 

 

                               𝐹! =
!!"
!!

!!"
!!!!! !!!!"

!!
   𝑎𝑛𝑑   𝑆!" =

!!!!!"#
!!!!"#!!!"#

                          (18) 
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Figure 4 shows LET and LETs correlations match IDC2 data from a centrifuge 
experiment on a core plug from NCS. Experimental data from the spontaneous branch is 
missing, as usual, but Figure 4 also shows that the LET model provides a high quality 
prediction of the spontaneous IDC2 branch. LET DIC3 Pc (first shown in [8]) is 
transferred to LETs DIC3 Pc following the same simple method as shown above. 
 
THREE-PHASE WATER CAPILLARY PRESSURE OIL APEX 
LET three-phase Kr and Pc correlations are natural generalisations of the two-phase 
correlations, and the reader is therefore referred to [10][15] for further information. The 
new LETs three-phase Pcw correlation is also a natural generalisation of the two-phase 
correlation, and the new LETs correlation for Pcw in an oil reservoir is shown below. 
 

                                 𝑃!" =
𝑃!"!𝐺!     𝑤ℎ𝑒𝑛      𝑆!"# ≤ 𝑆! ≤ 𝑆!"       
𝑃!"#𝐹!     𝑤ℎ𝑒𝑛      𝑆!" ≤ 𝑆! ≤ 1− 𝑆!"                          (19) 

 

                                       𝐺! =
!!"
!!

!!"
!!!!!!!"

!!    𝑎𝑛𝑑   𝐹! =
!!"
!!

!!"
!!!!!!!"

!!
                                  (20) 

 
                    𝑆!" =

!!!!!"#
!!"!!!"#

   𝑎𝑛𝑑   𝑆!" =
!!!!!!!"
!!"!!!"#

   𝑎𝑛𝑑   𝑆!" =
!!

!!"!!!"#
                 (21) 

 
                𝑆!" =

!!!!!"
!!!!"!!!"

   𝑎𝑛𝑑   𝑆!" =
!!!!!"

!!!!"!!!"
   𝑎𝑛𝑑   𝑆!" =

!!
!!!!"!!!"

              (22) 
 
To simplify the presentation, the Pcw model above is displayed without hysteresis. 
Generalisations of Sorw and Swzo to three-phase saturation paths denoted Sor and Swz, are 
displayed in [10], where Swz is denoted Sws.  
 
CURVE FITTING, UPSCALING AND HISTORY MATCHING 
Standard LET correlation can be rewritten as shown for IDC2 Krw in equation (23). Using 
a quadratic objective function, the unknown shape parameters L, Log(E), T now occurs 
linearly in the optimization equations, which means that the optimization equations can 
be solved analytically, which means exact and without iteration i.e. fast. The LETs 
correlation for IDC2 Pcow has the same properties, and this is shown in equation (24). 
 
                 𝐿𝑜𝑔 !!"!!!!"

!!"
= 𝐿𝑜𝑔 𝐸! + 𝑇!𝐿𝑜𝑔 1− 𝑆!" − 𝐿!𝐿𝑜𝑔 𝑆!"              (23) 

 
                  𝐿𝑜𝑔 !!"#!!!"#

!!"#
= 𝐿𝑜𝑔 𝐸! + 𝑇!𝐿𝑜𝑔 1− 𝑆!" − 𝐿!𝐿𝑜𝑔 𝑆!"               (24) 

 
It is recommended to use residual oil Sorw and endpoint Krwr from multispeed centrifuge 
experiment. We call this Sorw value for the ultimate residual saturation and this Krwr value 
for the ultimate endpoint value. It is recommended to interpret Krw and Krow curve shapes 
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from a steady state experiment, but include an extension to the ultimate Sorw and Krwr. 
The oil flow will now stop flowing due to the low Krow value at some point on the Krow 
curve. The ultimate Sorw can be treated similar / equivalent to Swir and Swi, and therefore 
be upscaled as them by using pore-volume weighted arithmetic mean. The ultimate 
endpoint Krwr can be treated as single phase flow, and therefore upscaled (which is 
symbolized by < >) as: 
                                      𝐾!"! = 𝐾!"! ∙ 𝐾! 𝑆!"# / 𝐾! 𝑆!"#                                 (25) 
 
This leaves us with the curve shape and its shape parameters both in core plug 
interpretation, upscaling and history matching. 
 
Both Krw and Krow often display a distinct non-Corey shape, often an S-shape, after 
upscaling or homogenization. This is shown by Hasanov [3][9] using upscaling, and 
shown by McKee [11] using homogenization. Hasanov used a traditional history 
matching method for a production-injection well pair. McKee divided the fine reservoir 
model into boxes of fine grid cells and matched inflow-outflow of each box. Each box 
has constant values of upscaled static properties such as permeability. This process is 
called homogenization. Both achieved an excellent match with the original fine grid 
model. Since upscaling and history matching have much in common, this indicates that 
the versatile LET correlation probably makes Kr adjustments within the streamline region 
of a production well, a very efficient last adjustment tool in history matching. Since Kr is 
sensitive to both saturation and pressure, adjustment of the versatile LET Kr correlation is 
probably also an efficient tool to combine with 4D seismic. 
 
Use of diagonal tensor Kr (also called directional Kr) is often important for upscaling 
from 3D fine model to 3D coarse model, because several studies has shown that upscaled 
Krwx, Krowx and Krwz, Krowz can be quite different. In addition to geological / petrophysical 
heterogeneities, this anisotropy is probably also caused by the fact that the pressure 
gradient and gravity force are not parallel, and that the outflow areas of a coarse grid cell 
is very different in the x- and z-direction. Since this anisotropy effect occurs in upscaling, 
the effect of diagonal tensor Kr is probably also important in a workflow for high quality 
history matching. 
 
CONCLUSION 
A brief overview of the 2018 version of the LET family of correlations has been 
presented. These correlations have grown to cover large parts of the interpretation work, 
modeling work and reservoir engineering applications of flow functions. Independent 
researchers have compared the LET correlation to the most common and widely used 
empirical correlations and parametric models. Their conclusion is that LET relative 
permeability is the best model and estimator for all datasets that they have considered. 
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Figure 1: Illustration of response to values of power parameters 
in LET (red) and LETh (blue) correlations. 

Figure 2: Illustration of the ability of mutual matching between 
LET (red) and LETh (blue) correlations. 

 
 

  
Figure 3: Primary drainage Pcow modeled by LET (red) and LETh 
(blue). Lab data from NCS in dark blue. 

Figure 4: Imbibition Pcow modeled by LET (red) and the forced 
branch of LETs (blue). Lab data from NCS in dark blue. The 
figure shows a zoomed section of the original graph. 
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ABSTRACT 
A comprehensive study utilising probe magnetic susceptibility measurements has been 
used to characterize a wide range of slabbed core from different types of conventional 
and unconventional reservoirs. The probe magnetic device was small and very portable, 
and allowed high resolution, non-destructive screening to be undertaken very rapidly. 
The technique is particularly useful for unconsolidated core, where some other more 
conventional techniques can be destructive. The results allowed rapid acquisition of high 
resolution clay profiles, which correlated with other independent established methods 
(such as X-ray diffraction). Furthermore, the magnetic profiles also correlated with grain 
size variations (determined independently from laser particle size analysis) and probe 
permeability (where the latter was possible). Some of the key probe magnetic results in 
different types of reservoir are as follows: 
 
(1) The probe magnetic technique has been particularly useful in a number of oil sands 
reservoirs in northern Alberta as a non-destructive screening tool for these 
unconsolidated samples. In particular, it has allowed the main oil sands intervals to be 
differentiated from the more clay rich shale and inclined heterolithic stratification (IHS) 
beds better than conventional gamma ray techniques. 
(2) The technique has allowed one to distinguish different types of unconsolidated 
turbidite samples in some Middle East gas reservoirs that were difficult to differentiate 
visually. This included quantitatively differentiating “uniform” turbidites from “graded” 
turbidites, where the grain size subtly fines upwards, but which is quite difficult to 
identify qualitatively from mere visual inspection. 
(3) The technique has been able to easily distinguish different types of shales (due to the 
varying amounts of clay minerals and organic matter that they contain) in some shale oil 
and shale gas reservoirs in western Canada. Increased paramagnetic clays, such as illite, 
result in higher magnetic susceptibility, whilst increased organic matter and quartz 
content result in lower magnetic susceptibility values. 
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The results suggest that probe magnetics could be used as proxy for rapidly and non-
destructively estimating high resolution clay content, grain size and permeability profiles 
in consolidated and unconsolidated samples in several different types of conventional and 
unconventional reservoir. 
 
INTRODUCTION 
Previous studies have indicated the potential of using magnetic susceptibility 
measurements on core plugs for estimating some key petrophysical parameters such as 
clay content and permeability [1-5]. In many reservoirs it is not easy or practical to cut 
core plugs, particularly in unconsolidated samples (such as sands) or fissile samples (such 
as some shales) that may easily fracture. The present study focuses on the application of 
probe magnetic susceptibility on slabbed core to provide a rapid, non-destructive 
technique that can be used to characterize unconsolidated samples, as well as 
consolidated core, in a variety of conventional and unconventional reservoir types. A 
preliminary study on oil sands core in an Albertan oil well demonstrated the technique’s 
potential in quantifying paramagnetic illite clay content, and distinguishing lithologies 
better than wireline gamma ray [6]. The present study extends the work not only in oil 
sands but also to other reservoir types.    
 
SAMPLES AND METHODS 
Sections from a number of different conventional and unconventional reservoirs were 
studied as follows: (i) oil sands sections from Northern Alberta, Canada, (ii) turbidite gas 
reservoir sections from the Nile delta, and (iii) a large shale section through the Muskwa, 
Otter Park and Evie formations in the Horn River Group in British Columbia, Canada.  
The oil sands and turbidite examples were both largely unconsolidated, and both 
contained sand and shale sections. This is why we present these two examples first in the 
results section below. The magnetic susceptibility measurements were taken using a 
Bartington MS2E probe sensor, which was connected to an MS2 meter that provided a 
digital readout of the volume magnetic susceptibility. The probe sensor applies a weak 
magnetic field to the sample and detects the resulting magnetization produced. The 
magnetic susceptibility is the magnetization divided by the applied field. The applied 
magnetic field of the probe sensor interrogates an area of about 3.8 x 10.5 mm and 
penetrates just a few mm into the core. The raw magnetic susceptibility values represent a 
reading on the core minus a background (in air) reading. The background and core 
readings at each depth take around 30 seconds in total (15 seconds per reading on the 
sensitive scale). The magnetic susceptibility results can be converted to mineral content 
assuming a simple system (e.g., quartz + illite) using equations (3) and (4) given in [1].  
 
RESULTS AND DISCUSSION  
Oil Sands Reservoirs (Northern Alberta) 
High resolution low field probe volume magnetic susceptibility measurements were taken 
at one inch intervals on the slabbed core from 3 wells in the Athabasca oil sands in 
northern Alberta, Canada. Figure 1 shows a comparison of the profiles with depth of the 
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magnetic susceptibility on the slabbed core and the depth matched wireline gamma ray 
for Well 02. The left hand profile of Figure 1 shows the 1 foot vertical running average 
of the magnetic susceptibility values. This was plotted in order to compare the magnetic 
data more closely with the wireline gamma ray data, shown in the right hand profile, 
which averages over about 1 foot vertically. There is some correspondence between the 
magnetic and gamma ray profiles. Certainly both profiles pick out the more clay rich 
shale and inclined heterolithic stratification (IHS) intervals at the top of the section (light 
green shaded region from approximately 349-379 m in Figure 1). Despite the fact that 
the gamma ray log data is good quality, the magnetic data seems capable of 
distinguishing the lithological boundaries better than the gamma ray. In particular, the 
main clean sand interval (i.e., the best reservoir interval with low clay content) is clearly 
delineated as a zone of mainly negative magnetic susceptibility due to diamagnetic quartz 
(pink shaded region from 390-425 m in Figure 1). In this interval the gamma ray is much 
more variable, and it is more difficult to tell from the gamma ray alone whether the 
lithology is clean sand or more muddy sand (i.e., sand + clay). Other components (such 
as small amounts of uranium due to organic matter) can contribute to the gamma ray but 
not the magnetic susceptibility. The probe magnetic technique was also particularly 
useful in identifying and quantifying variations that were not obvious from mere visual 
observations in black bitumen saturated intervals. Moreover, the magnetic results pin-
pointed small intervals of anomalous mineralogy as indicated in Figure 1 (often thin 
layers of siderite) that the gamma ray did not detect.  
 
Figure 2 shows a comparison of the profiles with depth of the illite content derived from 
the magnetic susceptibility results using equation (4) from reference [1] on the slabbed 
core, and the wireline spontaneous potential (SP) log for Well 03. The two profiles show 
quite a close correspondence. The low permeability shale interval at the top of the section 
is clearly picked out by both profiles (light green shaded region in Figure 2). 
Furthermore, the values of lowest illite content (pink shaded region in Figure 2), which 
should indicate the cleanest sand and therefore potentially best reservoir intervals, also 
correspond to the largest deflection to the left of the SP log at around 90 mV from the 
shale base line at about 160 mV. The low illite content and large SP deflection are both 
consistent with potentially good permeable zones. 
 
Turbidite Gas Reservoirs (Nile Delta)       
Figure 3 shows some examples of the use of probe magnetic susceptibility in a turbidite 
gas reservoir in the Nile delta. The probe technique was able to clearly distinguish 
“uniform” sand sections from “graded” sand sections that were not easy to differentiate 
from mere visual observations. In the top left profile of Figure 3 the lighter sand intervals 
are “uniform” and the magnetic susceptibility values are all quite similar and low. Note 
that these values are positive, which is actually due to the presence of some paramagnetic 
clay minerals in the sand (pure quartz sand would give a small negative, diamagnetic, 
signal). In contrast, in the top right hand profile of Figure 3 the sand rich interval in the 
bottom half of the section is “graded” and shows increasing magnetic susceptibility as 
one goes upwards in the section. The increases in magnetic susceptibility are in large part 
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due to increasing paramagnetic clay content. This trend in clay content was supported by 
some limited X-ray diffraction results, where for example the content of the paramagnetic 
clay illite increased by a factor of about 3.8 from depth 1763.70 m to 1763.40 m. 
  
The top right hand “graded” sand section of Figure 3 is a typical fining upwards turbidite 
genetic unit. The quartz grain size decreases from the bottom to the top of the section. 
The crossplot in Figure 3 shows a strong correlation between the quartz grain size of 
some samples of the core from the “graded” turbidite section and the corresponding 
probe volume magnetic susceptibility values. The quartz grain size was determined from 
laser particle size analysis.  
 
The probe magnetic susceptibility profiles shown in Figure 3 would also be expected to 
reflect the permeability profiles. The sand rich intervals that show low magnetic 
susceptibility would be expected to have higher permeability than the more clay rich 
muddy sand and shale intervals that show higher magnetic susceptibility. Support for this 
was provided by a few probe permeability measurements where these were possible 
(using a portable TinyPerm II air probe permeameter). The permeability in the “graded” 
sand section decreased from 6,500 mD at depth 1763.80 m to 2,300 mD at depth 1763.34 
m, consistent with the upward trend of increasing paramagnetic clay content and fining 
upwards trend of quartz grain size. The number of probe permeability measurements was 
limited, however, due to the unconsolidated nature of the core and the need for the probe 
tip to have a good seal with the rock surface. Note that the probe magnetic technique does 
not require any such seal. 
 
Horn River Shale (British Columbia)   
Figure 4 shows a depth profile of the probe volume magnetic susceptibility signal from 
slabbed core from the Imperial Komie well in British Columbia, Canada. The profile 
goes through the Muskwa, Otter Park and Evie formations. The probe magnetics show 
large variations in the shale, which are due to differences in clay type, clay content and 
organic content. Figure 4 shows both the bedding parallel (blue profile) and bedding 
perpendicular (black profile) probe volume magnetic susceptibilities. It is clear that there 
are significant differences between the bedding parallel and bedding perpendicular 
values, with the bedding parallel (blue profile) values being higher than the bedding 
perpendicular (black profile) values at each depth. Magnified versions of certain intervals 
are given on the right of the plot to show the differences more clearly. These differences 
would suggest that the probe technique is able to pick out variations in magnetic 
anisotropy. Some of the variations, however, could be due to heterogeneity if there are 
laminae thinner than the longest dimension (10.5 mm) of the sensing coil in the probe.     
     
CONCLUSIONS 
1. Probe magnetic susceptibility was able to clearly pick out different lithologies in oil 
sands intervals. In particular, it was able to identify clean sand intervals better than 
wireline gamma ray. It was also able to pick out some anomalous mineralogies that the 
gamma ray did not. The profile of illite content derived from the probe magnetic 
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susceptibility also correlated with the profile of the wireline SP log, suggesting that the 
probe magnetic results could also potentially be used as an indicator of permeable zones.  
2. The probe magnetic technique was able to distinguish “uniform” from “graded” sand 
in different turbidites from gas reservoirs in the Nile delta. The magnetic susceptibility 
profiles reflected the clay content, quartz grain size and permeability profiles of the core 
sections and suggested that probe magnetics could be used as a proxy for rapidly 
determining high resolution profiles of such parameters in these turbidite samples.  
3. The probe technique identified variations in shale sections in the Horn River Group, 
which primarily reflect differences in the clay type and content, and the organic content. 
A comparison of bedding parallel and bedding perpendicular probe magnetic 
measurements indicated variations in the magnetic anisotropy of the shales, though some 
of the variations could be due to heterogeneity if there were laminae thinner than the long 
dimension of the sensing coil in the probe.   
4. The probe technique appears to be particularly useful in unconsolidated sections (oil 
sands, turbidites) and fissile shale sections, where it is difficult or impossible to cut 
consolidated core plugs. The technique can also show quantitative variations in situations 
where such variations are not obvious from visual observations (for example, in black 
bitumen saturated oil sands core, and in different types of turbidite).  
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Figure 1. Oil sands Well 02. Left: Probe volume magnetic susceptibility profile on slabbed core depth 
matched to the wireline gamma ray in the right hand profile. Each magnetic susceptibility value shown is 
an average over the same vertical interval that each gamma ray reading averages over. Note that the 
magnetic susceptibility identifies the clean sand interval (pink shading) better than the gamma ray which is 
more variable in that interval. Light green shading indicates the more clay rich shale and inclined 
heterolithic stratification (IHS) intervals. Note also that the magnetic susceptibility identifies some 
anomalous minerals that the gamma ray does not.  Right: Wireline gamma ray in the same well. 

Anomalous Mineral 

Anomalous Mineral 
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Figure 2. Oil sands Well 03. Left: Profile of illite content derived from probe magnetic susceptibility on 
slabbed core using equation (4) of reference [1]. Right: Depth matched wireline SP log profile. Note that 
both profiles pick out the low permeability shale interval at the top (light green shaded region), and the 
potentially most permeable interval (pink shaded region) where the lowest illite content corresponds to the 
largest negative deflection of the SP log from the shale baseline.  
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Figure 3. Results from some turbidite gas reservoir sections. Top: Probe volume magnetic susceptibility of 
two “uniform” sand sections with shale in between (top left image and profile), and a “graded” sand 
overlain by shale (top right image and profile). Bottom: Crossplot of quartz grain size (from laser particle 
size analysis) and probe magnetic susceptibility for the “graded” sand section at top right.     
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Figure 4. Probe volume magnetic susceptibility profile in the Imperial Komie well, which cuts through a 
section of the Horn River shales. The bedding parallel (blue profile) and bedding perpendicular (black 
profile) values are shown, with the bedding parallel values being higher than the bedding perpendicular 
values at each depth. Magnified versions of certain intervals are shown on the right side of the figure.		
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ABSTRACT 
Reliable mathematical model for analysis of shale gas production requires consideration 
of gas storage forms in shale rocks: free gas in micro- and nano-scale pores, adsorbed gas 
on surfaces of organic matter and clay minerals, and dissolved gas in kerogen. In this 
paper, a dynamic (delayed) adsorption-diffusion (DAD) cylindrical model is presented to 
analyze gas production process in shale rocks. This model considers that the 
adsorption/desorption process of adsorbed gas is a time-dependent instead of 
instantaneously reaching equilibrium. Meanwhile the diffusion process of dissolved gas 
in kerogen is also taken into account. The exact solution for DAD cylindrical model is 
derived. The dynamic adsorption/desorption parameters are estimated through fitting the 
exact solution of DAD cylindrical model with the experimental results of shale gas 
production process under constant production pressure condition. The parameter 
estimation method is realized by a global optimization method, called multilevel 
single-linkage (MLSL) method. The critical points, which distinguish the three 
domination stages of free gas, adsorbed gas, and dissolved gas, are determined by using 
DAD model and dissolved gas model. The production characteristics of these three stages 
are analyzed. The percentage of free gas, adsorbed gas and dissolved gas are also 
obtained from the DAD cylindrical model analysis.  

 

INTRODUCTION 
The fundamental concept of DAD model has been introduced by Yang et al. in 2016 [1]. 
The model has been successfully used to analyze experimental results of gas adsorption 
and desorption in crushed shale samples [2-5]. The DAD model considers the dynamic 
adsorption/desorption process of methane on the pore surface in kerogen. Meanwhile, it 
also takes into account the effect of dissolved gas on the production process. Figure 1 is a 
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SEM image of a shale slice, showing that both nano-pores and micro-pores exist in shale 
(Figure 1(a)) and that organic matters distribute around inorganic matter in shale (Figure 
1(b)). 

   

Figure 1: An SEM image [1] displaying (a) distribution of inorganic micro- and nano-pores in inorganic 
matter and (b) a magnified SEM image of the observation point in (a). 

In this paper, the DAD model is expanded to gas production in cylindrical core samples. 
The schematic of the experimental set-up is shown in Figure 2(a). The radial flow of 
methane in the core is depicted in Figure 2(b). The gas production process starts when the 
annulus pressure is suddenly decreased from initial pressure Pi to production pressure P0 

and maintained constant by BPR. The diameter of shale core is 2.50 cm and its height (L) 
is 5.00 cm. The exact solution of DAD model for radial flow in cylindrical core is 
developed and used to analyze the experimental results. 

   
(a)                                            (b) 

Figure 2: (a) Schematic of experimental setup. (b) Radial flow in the core sample. 
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RESULTS 
The control equation of the cylindrical DAD model is: 
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The adsorption/desorption rate is expressed as: 
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In the above two equations, cf is concentration of free gas, mol/m3; ca is the equivalent 
concentration of adsorbed gas, mol/m3; Da is apparent diffusion coefficient, m2/s; λ is 
adsorption parameter and µ is desorption parameter, s-1; κ is adsorption/desorption rate, 
mol/(m3·s); r is the distance between analyzed point and the axis of the shale core, m; The 
definitions of Da, λ, µ and κ have been given in literature [1]. The boundary conditions 
and initial conditions are: 
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where cf0 is constant boundary gas concentration, mol/m3; cfi is initial free gas 
concentration, mol/m3; cai is initial adsorbed gas concentration, mol/m3. 

The exact solution of the model is: 
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where an is the nth root of: 

 0 0( ( ) ) 0nI k a r =   (9) 

k(an) is equal to ( )
( )

n n

a n

a a
D a
λ µ

µ
+ +

+
, and 0I (x) is modified BesselI function with an order 

of zero. 

Integrating the total concentration from the surface of the core to its center along the 
radial direction gives the amount of produced gas at an arbitrary time as: 
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When the time approaches infinity (i.e., at an equilibrated steady state), the total 
accumulative produced gas is: 

 ( )2
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M
π λ µ φ

µ∞

− +
=   (11) 

The residual mass fraction (FR) is defined as the ratio of the residual gas that will be 
produced from the shale core to the accumulative gas that eventually will be produced 
from the sample: 
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The accuracy of the exact solution Eq. (12) has been verified through numerical solution. 
The numerical method used is finite difference method. The comparison is shown in 



SCA2018-058                               5/9 

 
 

 

Figure 3(a).     
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(a)                                            (b) 

Figure 3: (a) Comparison of analytical solution and numerical solution calculated from FDM for DAD 
model. (b) Convergence of the approximate solution of DAD cylindrical model. 

The analytical solution is in the form of an infinite series and therefore may be difficult to 
use in practice. The common strategy to deal with such an issue is to test the number of 
terms needed to approximate the exact solution. It can be seen from Figure 3(b) that when 
n is equal to or greater than 5, FR is almost the same with the exact solution. Therefore, 
the approximate solution is given as: 
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The approximate solution can be used to analyze gas production data obtained from 
laboratory gas production experiments. Figure 4 shows a cumulative shale gas production 
curve in a shale core sample. From Figure 4, it can be seen that several stages may exist 
in the shale gas production process. At about 5 hours, the cumulative production curve 
begins to increase again. Most of our experimental results have this phenomenon. It is 
because there may be a threshold pressure in the inorganic pore [1, 5]. When the gas 
pressure is smaller than this value, the gas in the organic matter (kerogen) almost won’t 
come out due to the nanopores of kerogen are closed. It can also be found that the 
production of dissolved gas in kerogen is much slower than that of free gas and adsorbed 
gas. Therefore, the experimental data in Figure 4 is divided into and analyzed as two 
parts. 
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Figure 4: Cumulative gas production result in a cylindrical shale core sample. 

DAD cylindrical model (Eq. (13)) is first used to fit the data in the first 5 hours and the 
result is shown in Figure 5(a). The regression method is MLSL global optimization 
method, which has been introduced in detail in [1]. Diffusion coefficient (Da), adsorption 
parameter (λ), desorption parameter (µ) are obtained as 1.03×10-7 m2/s, 2.31×10-4

 s-1 and 
3.04×10-4 s-1

, respectively. 
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Figure 5: (a) Fitting result of cumulative production vs time in first 5 hours. (b) The production rates of free 
gas and adsorbed gas based on fitting results of the experiment. 

Using the estimated results above, the production rate of free gas and adsorbed gas in the 
first 5 hours can be further obtained through DAD cylindrical model (Eq. (7)-Eq. (8)). 
The analyzed result is shown in Figure 5(b). It is found that the first 5 hour production 
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can be further divided into two stages. In the first stage, free gas expansion is the main 
production mechanism. This stage is fast and short. After 12.8 minutes, the production of 
the adsorbed gas dominates the process and lasts much longer than the first stage. 

After 5 hours, the release of the dissolved gas dominates the production process. The 
production of dissolved gas is much slower than the two former stages (see Figure 4). It 
is proper to assume that the pore pressure is constant and equal to the boundary pressure 
in this stage [6]. This process is depicted schematically in Figure 6(a). The accumulative 
gas production in this stage can be obtained through a plane diffusion model [5]: 
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where Md∞ is the total accumulative dissolved gas, Scm3, which can be obtained through 
experimental result (Figure 4); Dd is the diffusion coefficient of dissolve gas in kerogen, 
m2/s; h is the thickness of organic matter around the pores, nm, which can also be 
obtained through experimental data [6]. For the experimental data presented in Figure 4, 
the thickness h is 121 nm.  
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(a)                                            (b) 

Figure 6: (a) Schematic of the diffusion process of the dissolved gas in organic matter. (b) Fitting result of 
cumulative production vs time after 5 hours. 

Using the plane diffusion model (Eq. (14)) to fit with the experimental data after 5 hours 
(Figure 4), the result is obtained as shown in Figure 6(b). The diffusion coefficient (Dd) 
of the dissolved gas in kerogen is about 5.26×10-19 m2/s, which is much smaller than the 
apparent diffusion coefficient (Da).   
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From the above analysis results, it can be found that there are two critical points and three 
stages in the gas production process as shown in Figure 7. Before first critical point, free 
gas is the dominant gas; in the second region adsorbed gas in the dominant gas; after the 
second critical point, dissolved gas becomes the dominant gas.  
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Figure 7: Simulated gas production curve using DAD cylindrical model. 

Based on the analysis using DAD cylindrical model, the percentage of each form of 
stored gas in shale is obtained and shown in Figure 8. It can be seen that in the shale core 
tested (Figure 4) the percentage of stored free gas, adsorbed gas, and dissolved gas is 
45.2%, 34.8% and 20%, respectively. 
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Figure 8: The percentage of free gas, adsorbed gas and dissolved gas during production process. 
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CONCLUSIONS 
In this paper, we presented the exact solution of DAD cylindrical model and used it to 
analyze the corresponding experimental data. It is found that the production of shale gas 
can be divided into three stages. In the first stage, free gas is the dominant gas. The 
production process is fast and short. In the second stage, adsorption gas is the dominant 
gas. The production rate is smaller and the production time is longer than in the first stage. 
The third stage is dominated by the dissolved gas. The production rate in this stage is 
much smaller and the production time is much longer than in the former two stages. 
Meanwhile, the percentage of three forms of stored gas ─ free gas, adsorbed gas and 
dissolved gas ─ can also be obtained from the DAD model analysis.  
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ABSTRACT 
Quantitative topological analysis of the internal pore space architecture of porous rocks, 
and of the fluid distributions within the pore space, has recently been utilized to inform 
understanding and predictions of petrophysical properties such as permeability, fluid 
relative permeability, and nonwetting phase capillary trapping capacity and efficiency. So 
far, this type of analysis has only been utilized effectively for relatively homogenous 
media, partially due to the intrinsic nature of topology: topological analysis inherently 
disregards geometry and size of features; it provides quantification of the connectivity 
and interconnectivity of a phase (i.e. pore space or fluid), but no information on the 
relevant length scales of connections or isolated components. This presents problems for 
analysis of heterogeneous media, where fluid flows are strongly influenced by the relative 
size and spatial variation of preferential pathways. 
 
Persistent homology is a technique which complements standard topological analysis 
because it measures the size of topological features (disconnected components and 
redundant connections) as well as the frequency of each kind of feature. This capability to 
link topology and geometry results in a powerful analytical tool; for example, this type of 
analysis has recently been used to develop a universal capillary trapping relationship that 
describes nonwetting phase trapping during capillary-dominated imbibition flows for a 
variety of homogenous sandstones. 
 
Here, persistent homology analysis is applied (via the open-source image analysis 
program Diamorse) to a drainage-imbibition experiment in a heterogeneous reservoir 
sandstone exhibiting, notably, a high density cement layer in the lower quarter of the core 
and a lateral fracture above the layer. Steady-state drainage and imbibition processes 
were carried out in a vertical fluid injection (flow from bottom to top), and 3D internal 
phase distributions were measured after each flow process using pore-scale helical 
trajectory X-ray computed tomography (CT) via the CTLab at the Australian National 
University (ANU). Nonwetting phase (octane) saturation levels after drainage and after 
imbibition were measured for subsections of the core as well as for the entirety of the 
core, and are shown to relate to persistent homology signatures measured for the pore 
space and the initial octane distribution. 
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INTRODUCTION 
There is a growing body of research linking the topology of the pore space and fluid 
phases within a porous medium to physical flow properties relevant to engineering 
applications. Recently, topology has been identified as a significant predictor of 
conductivity [1], absolute permeability [2], [3], fluid relative permeability [4], and 
nonwetting phase capillary trapping efficiency [5], [6]; it has been suggested that 
topology provides a potential metric to describe the complete thermodynamic state of a 
multiphase fluid-porous medium system [7], and a descriptor for fluid flow front 
morphologies during unsteady-state drainage processes [8], as well as during steady state 
injections which may be dominated by "connected pathway" vs. "ganglion dynamics" 
flows [9]. These studies utilize the Euler characteristic (χ) of a fluid phase, generally 
measured using 3D image analysis of X-ray tomography experiments, to quantify fluid 
phase topology: 

𝜒 = 𝛽! − 𝛽! + 𝛽!      (1) 

In Eq. 1, β0 is the number of individual components (individual ganglia) of a phase, β1 is 
the number of redundant internal connections within a phase (for a fluid phase, this 
counts the number of redundant pore throats occupied by the fluid), and β2 is the number 
of cavities, or holes within the phase (for nonwetting fluids, β2 is unphysical and is 
neglected). For a more complete description of fluid phase χ as a function of fluid 
saturation, we refer to [5], [6]. 
 
As exemplified by Eq. 1, topology (as quantified by β0, β1, β2, and χ) inherently provides 
a measurement of the connectivity and interconnectivity of a phase, but not the size or 
shape of any connected or disconnected components comprising that phase. This dictates 
that topological metrics are particularly sensitive to noise and other small features in 3D 
images, indicating that noisy images, or images which are acquired under different 
conditions or processed using different regimes may produce dramatically different 
values of χ or β numbers when measured using image analysis. 
 
Persistent homology is an image analysis technique which complements standard 
topological analysis because it measures the sizes of all β0, β1, and β2 features; the 
frequency of each kind of feature; and the “persistence” of each feature- essentially, the 
size range over which a particular topological feature exists [10]–[12]. Persistent 
homology has previously been used to inform understanding of crystallization [13] and 
critical length scales for percolation [10] of dry granular systems. For application to 
multiphase fluid flow, [14] used persistent homology to measure the size, frequency, and 
persistence of pore bodies and redundant pore throats filled with nonwetting phase fluid; 
this information was used to develop a “persistent homology based aspect ratio” which 
was shown to correlate with nonwetting phase capillary trapping for three different 
(homogenous) sandstones under a wide range of initial saturation conditions and image 
acquisition parameters. This study aims to investigate whether this analysis can 
accurately describe fluid flow in heterogeneous samples as well. 
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EXPERIMENTAL METHODS 
The drainage-imbibition experiment was conducted in an ANU-developed high pressure 
flow cell (Figure 1), specifically designed for implementation with ANU laboratory-
based helicalX-ray CT data acquisition [15]. The system is comprised of four pumps: two 
hydraulic oil pumps (Metarock Laboratories, Houston, TX, United States) control radial 
confining and axial fluid pressure, and two Hastelloy pumps (Teledyne ISCO, Lincoln, 
NE, United States) control injection fluids. Stainless steel tubing (1/16th inch OD) and 
Swagelok connections (Swagelok, Solon OH, United States) connect the pumps, pressure 
monitoring dials, and safety pressure release valves; flexible PEEK tubing was used to 
connect to the flow cell, allowing for smooth rotation and vertical translation of the core 
holder during scanning. Fluids (brine and octane in these experiments) were pumped into 
the bottom of the core via two separate inlets (Figure 1a); all fluid exits the top of the 
core via one flow line, which in connected in-line to a zero-flow back pressure regulator 
with electronic pilot control (Equilibar Precision Pressure Control, Fletcher, North 
Carolina, United States). Pump control and data collection is facilitated by Metarock©-
developed software. 
 

 
 
Figure 1. Experimental system used for the drainage-imbibition flow experiment. The sandstone core was 
installed in the ANU-manufactured core holder (a); which is installed in the X-ray CT cabinet and 
connected via PEEK flow lines to confining and working fluid pumps, and the back pressure regulator 
(BPR), as shown in the schematic (b). Image acquisition parameters are reported (c), and a photograph of 
the core holder as installed in front of the X-ray source is shown (d). 
 
The reservoir sandstone sample (“DC10t”) is a fine to medium well sorted laminated 
sandstone sourced from the Otway basin in Victoria. The sample was cored to 12 mm 
diameter and cut to approx. 38 mm length; the core plug was bounded on both ends by 
viton o-rings, sintered copper flow diffusers, and endcaps; and incased in shrinkwrap, 
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which acts a barrier between the confining pressure fluid and the experimental fluids. The 
core was installed inside an aluminum 7075 (T6511 temper) core holder (manufactured 
in-house at the ANU), and axial pressure was applied by tightening the upper endcap 
until vertical displacement (of approx. 0.001 mm) of the core was measured via an 
internal linear variable differential transformer. At this point, axial pressure was applied 
via pumping confining fluid (hydraulic oil, Multitherm IG-4) into the axial fluid chamber 
of the core holder to a pressure of approx. 100 PSI, after which confining fluid was 
pumped into the radial region between the shrinkwrap and the core holder walls and 
elevated to 50 PSI. Axial and radial confining pressure were then elevated simultaneously 
to a working pressures of 350 and 300 PSI, respectively. 
 
The “dry” scan was acquired after axial and confining pressure was applied, prior to any 
fluid injection. After dry scan acquisition, the core was saturated with 0.5 M KI brine at 
relatively high flow rate (i.e. the fastest flow rate that maintained brine pore pressure < 
300 PSI, as reported by the internal pressure transducer). Then, the pore pressure was 
incrementally increased to 250 PSI by increasing the back pressure regulator pressure 
setting, while still flowing brine, to attempt to simultaneously dissolve any remaining air 
bubbles and flush them from the core. Some air bubbles were still present after this 
process; however, the region used for image analysis in this study (Figure 2) exhibited 
98.1% brine saturation. Pore pressure was maintained via constant pressure operation of 
the brine pump while a scan was acquired in this saturated state. Drainage was carried out 
by injecting octane at 1.8 ml/min for a total of 10 estimated pore volumes; after which 
pore pressure was maintained at 250 PSI via the octane pump for the duration of the 
initial state scan. Finally, brine was imbibed at a constant flow rate of 0.18 ml/min 
(corresponding to a Darcy velocity of 2.65·10-5 m/s) for 20 pore volumes to reach 
nonwetting phase residual saturation; and pore pressure was maintained at 250 PSI via 
the brine pump while the residual scan was acquired. Radiographs were acquired during 
each flow process to monitor the extent of flow and to check that a steady state was 
achieved before acquisition of the tomogram (i.e. no changes were observed over dozens 
of consecutive radiographs spanning decades of minutes). Data acquisition parameters for 
the experimental run are reported in Figure 1c. All scans required approx. 20 hours and 
were collected as Region of Interest (ROI) scans using a double helix acquisition pattern. 
 
ANALYTICAL METHODS 
Grayscale tomograms (Figure 2a) were segmented into two phases (pore space vs grain 
phase for the dry scan, and nonwetting phase vs. combined wetting/grain phase for 
partially saturated states) using a converging active contours (CAC) algorithm [16]; and 
segmentations were denoised of small speckle noise (isolated speckles <64 voxels) in 
both phases (Figure 2b). The original volume (5.75 mm x 5.75 mm x 37.0 mm) was 
divided into six subsections to investigate sub-sample heterogeneity (Figure 2d); analysis 
was also carried out on the total volume as well. 
 
Persistent homology signatures were measured using the open-source program Diamorse. 
The complete process is detailed elsewhere [10,11], and only briefly described here. First, 
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a signed Euclidean distance transform (SEDT) is calculated from the segmented data 
(Figure 2c; Figure 3b); this transform calculates the distance for every voxel in the image 
to the nearest phase 0-1 boundary. The sign in the SEDT distinguishes distances for the 
two phases; for this application, negative values indicate distances measured from within 
the pore/nonwetting phase while positive values indicate distances measured from the 
solid/combined solid-wetting phase. A level set filtration of the SEDT is performed 
(Figure 3c-d), starting at the largest negative values (center of the largest pore/nonwetting 
bodies) and progressing to the largest positive values (center of the largest grains/grain 
conglomerates): at each distance value topological features are identified. The appearance 
of a β feature is termed its "birth", the merging of a β0 with another, or the closing in of β1 
or β2 feature is termed its "death", and the difference between the two values is termed 
the "persistence" of a feature. Over the course of the level set filtration, the distance 
values for birth and death, dimension (i.e. 0, 1, or 2), and location of each birth and death 
event is recorded, and can be plotted in what is known as a persistent homology 
"signature". Through this process, topological features of the sandstone pore space and 
the nonwetting phase are identified, and linked to their size and persistence. 

 
Figure 2. Image processing sequence 
for the initial (post-drainage) state of 
reservoir sandstone DC10t. Grayscale 
X-ray tomograms (a) were segmented 
into two phases (b): nonwetting phase 
(octane, black), and combined 
solid/wetting phase (gray). A signed 
Euclidean distance transform (SEDT; c; 
distance values indicated in bottom 
right legend) was calculated from the 
3D segmentation; and persistent 
homology signatures are calculated on 
level-set filtrations of the SEDT. The 
3D data (total volume: 5.75 mm x 5.75 
mm x 37.0 mm) were cropped into six 
smaller subvolumes for analysis as 
indicated by the boxes in (d), which 
also shows color-labeled individual β0 
features of the nonwetting phase as 
measured during the persistent 
homology analysis. Subvolumes 
containing significant features 
(“fracture” and “layer”) are labeled here 
and in subsequent figures. 
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Figure 3. Persistent homology filtration of a subset of 
the dry sandstone sample. From the segmented data 
(a), a signed Euclidean distance transform (SEDT) is 
calculated (b); the grayscale shown in the SEDT 
corresponds to distances from the pore-grain boundary 
as indicated by the legend on the right. Topological 
values (β0, β1, β2) are calculated for the active phase 
(indicated in blue in (c) and (d)) for each iteration of 
the level-set filtration of the SEDT. The filtration 
starts at the largest negative values (in the pore space) 
and the level-set value increases to the largest positive 
values (in the solid phase). Progressive filtrations 
through the pore space are shown from top-to-bottom 
in (c); the filtration reaches the zero distance value 
(i.e. active blue phase is equivalent to the segmented 
pore space in (a)) in the top frame of (d), and increases 
into the grain phase from top-to-bottom in (d). 
 
 
 
 

In the following section, values derived from the persistent homology signatures are 
shown to correlate with fluid saturations after flow processes. The values we identify are 
defined in Equations 2-4. 

𝑃𝐻!! = 𝑏!× 𝑑! − 𝑏!!     (2) 

𝑃𝐻!! = 𝑏!× 𝑑! − 𝑏!!     (3) 

In these equations, b is the level-set distance value of each feature birth, indicating the 
feature’s size, and the quantity (d-b) is the topological persistence of each feature; 
subscript i indicates the index for all β1 features with b<0 and d>0 (i.e. redundant 
connections, or throats), and subscript j indicates the index for all β0 features (equivalent 
to pore/ganglia bodies). Thus, the metrics defined in equations 2-3 provide a combined 
quantification of the number, size, and persistence of redundant connections/pore throats 
(𝑃𝐻!!) and ganglia/pore bodies 𝑃𝐻!! . 
 
In order to examine the effect of these topologic features on capillary trapping levels 
during imbibition, a composite metric, the “persistent homology based aspect ratio” is 
used [14]: 

𝑃𝐻!!
!!
=

!"!!
!"!!

×(𝑣𝑜𝑥𝑒𝑙 𝑟𝑒𝑠𝑜𝑙𝑢𝑡𝑖𝑜𝑛)!        (4) 

In Eq. 4, image voxel resolution cubed is incorporated to indicate size (capillary trapping 
is a small-length scale phenomenon, only relevant at length scales at which capillarity 
applies); this factor also allows for comparison of the value measured from the current 
data with the results from other imaging studies. 
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The 𝑃𝐻!!
!!

 formulation can be considered similarly to traditional indices of pore networks 

such as aspect ratio (ratio of pore throat size to pore body size) and coordination number 
(number of pore throats connected to a single pore body); but in this analysis “bodies” 
(i.e. β0 features) and “throats” (β1 features) are defined from a topological perspective. A 
large 𝑃𝐻!!value indicates there are numerous, large, and/or spatially persistent redundant 
connections (throats, or nonwetting phase connections through throats); in contrast, a 
large 𝑃𝐻!!value indicates there are numerous, large, and/or spatially isolated 
pore/ganglia bodies. Thus, large 𝑃𝐻!!

!!
 values indicate fluid configurations favoring 

nonwetting fluid mobilization, while small values indicate configurations more favorable 
to nonwetting phase trapping. 
 
RESULTS 
Persistent homology signatures were measured for subvolumes and the total data volume 
(as indicated in Figure 2) for two data sets: the pore space of the dry sample (imaged 
prior to any fluid injection) and the octane phase of the “initial” sample stage (imaged 
after the completion of the steady-state drainage; i.e. 10 PV octane injection). Initial 
octane volumes (VI, NW) are correlated with β1 values (Eq. 2) measured from the 
persistent homology signatures of the dry samples (Figure 4a). Trapped octane volume 
efficiency (residual octane volume normalised by initial octane volume, VR,NW/VI, NW) is 
correlated with the aspect ratio PHβ1/β0 (Eq. 4) measured from the octane phase present at 
the initial state (Figure 4b). The physical interpretation of these results supports 
conventional understanding of drainage and imbibition processes, as described below. 
 
During drainage, nonwetting phase invasion is impeded by small pore throats, while 
relatively large pore throats are more easily invaded [e.g., 16]. Data subsections with high 
values of PHβ1 contain redundant pathways which are more numerous, larger, and/or 
more persistent; thus, these regions are favorable to nonwetting fluid invasion, resulting 
in higher volume displaced during drainage. This relationship is shown to apply to the 
core subsections, which exhibit a range of PHβ1 values (Figure 4a); the PHβ1 value and 
volume displaced for the full core volume is also shown for context. 
 
During imbibition, the amount of nonwetting fluid which becomes trapped is partially 
dictated by the topology of that fluid at its initial state: a fluid phase which is comprised 
of numerous, large, and/or more persistent redundant connections (relative to the ganglia 
body centers identified as β0 features) is likely to be mobilized, and exhibits a 
correspondingly large PHβ1/β0 value. On the other hand, if redundant connections are 
fewer, smaller, and less spatially persistent relative to the larger ganglia body centers, the 
measured PHβ1/β0 value will be smaller and capillary trapping efficiency (quantified as 
volume of residual nonwetting phase normalized by initial nonwetting phase in each 
respective volume: VR,NW/VI,NW) will be larger. This relationship is illustrated in Figure 
4b, where the relationship measured for sample DC10t is compared to the previously 
measured relationship comprising three relatively homogenous sandstones (Bentheimer, 
Berea, and Leopard; detailed results reported in [14]). Both data sets exhibit a negative 
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semi-log relationship between capillary trapping efficiency and PHβ1/β0, although the 
slope of each trendline is different. This difference in slope is likely due to differences in 
fluid properties (octane in the DC10t experiment vs. air in the homogenous sandstone 
experiments) and flow conditions (Darcy velocity of 2.65·10-5 m/s in the DC10t 
experiment vs. 3.29·10-7 m/s for the homogenous sandstones). Again, the full core value 
is included in Figure 4b for additional context; the trendline is calculated from subvolume 
data. 

 

 
Figure 4. Experimental results. (a) The PHβ1 values measured for the dry sample subvolumes and total 
volume are correlated with the initial octane volume, VI, NW, present at the end of drainage. (b) The 
persistent homology based aspect ratio, PHβ1/β0, measured from the initial nonwetting phase distribution, is 
correlated with the fraction of nonwetting phase which is capillary trapped (VR, NW/VI, NW) after the 
subsequent imbibition process. Trendlines and R2 values are calculated from subvolume data points. 
 
CONCLUSIONS 
Persistent homology image analysis provides a means to measure both the topology and 
geometry of a phase. Here, we investigate 3D X-ray tomographic images of a cement-
layered and fractured heterogeneous sandstone, at dry and initial (post-drainage) 
saturation conditions, using persistent homology (via the program Diamorse). We 
measure the summed size and persistence of internally redundant connections, PH β1; and 
the summed size and spatial persistence of distinct bodies, PH β0. From these values we 
also calculate the composite “persistent homology based aspect ratio”, PH β1/β0. We find 
that measured topological signatures of the sample at each state are correlated to the fluid 
invasion and mobilization during subsequent flow processes. Specifically: 

(1) PH β1 of the pore space dictates the nonwetting phase occupancy (VI,NW) after 
nonwetting phase injection (drainage). 
(2) PHβ1/β0 of the octane phase in the drained sample dictates the subsequent 
nonwetting phase trapping efficiency (VR,NW/VI,NW) after imbibition. 
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The presence of strong correlations between the persistent homology measured values 
PHβ1 and PHβ1/β0, and nonwetting phase occupancy after drainage and after imbibition, 
provides evidence of the applicability and strength of this analytical tool to investigate 
how regional (subvolume) and global (total volume) topology and geometry will impact 
fluid flow processes; even for layered, fractured, and heterogeneous samples such as the 
DC10t sample investigated here. 
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ABSTRACT 
The phenomenology of steady-state two-phase flow in porous media is recorded in the 
well-known relative permeability curves. Conventionally, relative permeabilities are 
considered as functions of saturation. Yet, this has been put into challenge by theoretical, 
numerical and laboratory studies of flow in artificial pore network models and real 
porous media that have revealed a significant dependency on the flow rates -especially 
when the flow regime is capillary to capillary/viscous and part of the disconnected non-
wetting phase remains mobile. These studies suggest that relative permeability models 
should include the functional dependence on flow intensities.  
Here, we present the outcome of extensive simulations implementing the DeProF true-to-
mechanism model algorithm, in flow set-ups spanning 5 orders of magnitude, both in the 
capillary number, Ca, and the flow rate ratio, r, and for different favorable/unfavorable 
viscosity ratio systems in a typical pore network. The systematic dependence of the 
pressure gradient (and of the relative permeabilities) on the local flow rate intensities is 
revealed. This systematic dependence can be described analytically by a universal 
scaling functional form along the entire domain of the true independent variables of the 
process, Ca and r.  
The proposed scaling opens new possibilities in improving SCAL measurements and 
implementing true-to-mechanism (flow-dependent) relative permeability maps in 
simulators. 
 
INTRODUCTION 
The conventional use of saturation as the independent variable in two-phase flow in 
porous media (PM)  is based on the oversimplifying assumption that disconnected fluidic 
elements of the non-wetting phase (NWP) (ganglia and droplets) do not move with the 
average flow but remain stranded in the pore medium matrix. This situation arises when 
flow conditions of ‘relatively small values’ of the capillary number are maintained; in 
those cases the disconnected NWP fluidic elements block part of the available flow cross-
section by a fraction analogous to the average saturation and effect a relative reduction of 
the permeability. Nevertheless, there is ample experimental evidence that disconnected 
flow is a substantial and sometimes prevailing flow pattern [1-10].  

Treating relative permeabilities as functions of the saturation is inefficient in providing 
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a correct and specific-enough description of the process across the domain of all possible 
flow conditions. The issue is extensively discussed in [11].  

A particular value in saturation does not necessarily imply that a unique disconnected 
structure (arrangement) of the NWP will settle-in. Disconnected structures of the NWP 
can be coarsely described by a spectrum of population density distributions, extending 
from distributions of ‘many-and-small’ fluidic elements (droplets and small ganglia) to 
‘fewer-and-larger’ fluidic elements (small and large ganglia). For any one of those cases, 
the corresponding superficial velocity of the disconnected NWP would not necessarily 
attain the same value. The latter would be the result of the ‘negotiation’ over the mass 
and momentum balances between the two factors inhibiting the transport of each phase, 
viscosity and capillarity, within the particular PM structure and for the particular, 
externally imposed, flow conditions. As a consequence, the effective permeability of the 
wetting phase (WP) and the NWP for any two different cluster configurations (any two 
different population density distributions) of disconnected phase would differ and, 
therefore, the corresponding values of the relative permeability to the NWP would be 
different. Yet, those different values of the relative permeability would correspond to the 
same saturation value. A universal, saturation-dependent description would be weak.  

In addition, during routine core analysis, saturation is measured indirectly and cannot 
be externally imposed directly; it is only through control of a combination of pressure 
difference and/or flow rate of the NWP or WP that the system will attain an average 
saturation. If one wants to consistently and systematically describe the process in the 
entire flow regime (extending across extreme values in the capillary number and the 
viscosity ratio), one has to consider those variables that describe the externally imposed 
conditions and contain macroscopic kinematic information, e.g. the superficial velocity of 
each phase or, equivalently, the capillary number and the flow rate ratio. Moreover, 
saturation cannot adequately (or uniquely) describe the flow conditions. This is because 
saturation alone brings no definite input to the momentum balance, therefore it is 
questionable if it can provide any information on the kinetics of the macroscopic flow.  

Observations of single phase flows within pore networks confirm that the macroscale 
pressure gradient scales linearly with the superficial fluid velocity (Darcy’s law). This 
seems to be a quite trustworthy modeling consideration in the case of two-phase flow as 
well, especially when very high superficial velocities are considered and capillary forces 
are negligible. However, at moderate/low velocities, when capillary forces are 
comparable to viscous forces, the macroscopic pressure gradient does not scale linearly 
with the flow rate. Experimental studies on steady-state two-phase flows in 2D glass-
etched pore network models [1, 2, 3], in glass beads [4, 7, 8], in virtual 3D pore networks 
[12], in glass bead columns [13], as well as in sand-pack columns [14], revealed that the 
non-linear relation between pressure gradient and flow rate can be described by generic 
power laws with different exponent values. The discrepancy between the values of the 
scaling exponents is attributed to differences associated with (a) dimensionality of the 
pertinent variables (b) measurements pertaining to different flow conditions, (c) 
dimensionality of the NWP/WP/PM system properties. Therefore, it is worth the effort to 
examine if these ‘different’ observations can be integrated in a universal power law 
relating appropriate dimensionless variables of the process. 
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The novelty of the present work pertains to: (a) revealing the systematic dependency 
of the pressure gradient, and of the relative permeabilities, on the flow conditions, in the 
form of extensive maps spanning across orders of magnitude over the capillary number 
and the flow rate ratio; (b) constructing a universal scaling function (or law) that 
describes analytically the dependence of the pressure gradient, and relative 
permeabilities, on the flow conditions. That came as a result of extensive simulations 
spanning 5 orders of magnitude in both the capillary number and flow rate ratio, 
implementing the DeProF model algorithm. The latter is build around a true-to-
mechanism, stochastic scale-up model for steady-state two-phase flows in pore networks 
[15]. The model itself is based on the concept of decomposing the entire flow into a 
mixture of 3 prototype flows (connected-NWP pathway flow, small and large ganglion 
dynamics, drop traffic flow) each with a different degree of disconnection of the NWP 
(see next sections) Significant and systematic changes in the mixing of the 3 prototype 
flows were exposed [15]. 

 
BASICS OF STEADY-STATE 2-PHASE FLOW IN POROUS MEDIA 
Consider the simultaneous, one-dimensional concurrent flow of a non-wetting phase and 
a wetting phase across a porous medium control surface, A~ , at flow rates equal to nq~  
and wq~  respectively. Corresponding pressure differences, are induced upon the two 
phases. The phenomenological fractional flow Darcy relations that describe the steady-
state, fully developed process, whereby the pressure gradient is common in both fluids, is 
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Note that, in the conventional Darcy formulation pertaining to the description of 
fractional flows, apart from the flow rates and relative permeabilities, the pressure 
gradients, ( ) wnizp i ,~~ =ΔΔ , are also indexed to account for different values along 
the NWP and WP. Nevertheless, in steady-state conditions, especially when the flow is 
fully developed, both phases share a common macroscopic pressure gradient, ( )zp ~~ ΔΔ , 
and the indexing may be dropped-out (see Appendix I, eqn (I-2), in [11]).  

In general, two-phase flow in pore networks is impeded by the combination of viscous 
and capillary forces. A relative measure of the viscous over the capillary forces is 
provided by the value of the capillary number, Ca, conventionally defined as 
 nw

~~~ γµ= wwUCa  (2) 
where nwγ

~ , the interfacial tension between the two phases.  
The set of superficial velocities may be appropriately reduced and replaced by a set of 

dimensionless variables, i.e. the capillary number, Ca, and the N/W flow rate ratio, 
 wnwn UUqqr ~~~~ ==  (3) 

where wµ
~  is the viscosity of the WP and nwγ

~  is the NWP/WP interfacial tension. 
In particular, when steady-state conditions develop, the flow rate ratio is equal to the 

mobility ratio (see Appendix I in [11]) 
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where 
 wn µµ=κ ~~  (5) 

is the NWP/WP bulk viscosity ratio. 
 

PREDICTION OF STEADY STATE RELATIVE PERMEABILITIES  
The mechanistic model DeProF for immiscible, steady-state two-phase flow in pore 
networks predicts the reduced macroscopic pressure gradient, given the capillary number, 
NWP/WP flow rate ratio and the properties of the NWP/WP/PM system [15]. The model 
is based on the concept of decomposition in prototype flows, hence the acronym DeProF. 
It takes into account the pore-scale mechanisms and the sources of non-linearity caused 
by the motion of interfaces, as well as other complex, network-wide cooperative effects, 
to estimate the conductivity of each class of pore unit cells in a statistical sense. It 
implements effective medium theory with appropriate expressions for pore-to-macro 
scale consistency for NWP and WP mass transport, to derive an implicit algebraic 
relation invoking the macroscopic pressure gradient, the capillary number, Ca, the flow 
rate ratio, r, the  viscosity ratio, κ , the advancing and receding contact angles, 00 , RA θθ  
(wettability), and a set of parameters that describe the geometrical, topological and 
structural characteristics of the pore network, xpm. 

Using the DeProF model, one can obtain the solution to the problem of steady-state 
two-phase flow in porous media in the form of the following transfer function 

 ( )pmx,,,;, 00
RArCaxx θθκ=  (6) 

where 
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is the reduced macroscopic pressure gradient, i.e. the actual pressure gradient divided by 
the pressure gradient of an equivalent one-phase flow of water at superficial velocity 
equal to wU

~  [the 2nd component of the product in eqn (7).]. By definition, the reduced 
pressure gradient is essentially the inverse of the relative permeability of the WP. Using 
the equivalence between the flow rate ratio and the mobility ratio, eqn (4), we may 
recover the relative permeability of the NWP as 
 rwrn rkk κ=  (8) 

In a recent work, extensive simulations implementing the DeProF algorithm have 
been carried out to derive maps that describe the dependence of the flow structure on the 
independent flow variables, namely the capillary number, Ca, and the flow rate ratio, r, 
or, equivalently, to the reduced, superficial velocities of NWP and WP [15]. The 
simulations span 5 orders of magnitude in Ca ( 4log9 −≤≤− Ca ) and r 
( 2log2 ≤≤− r ) over sufficiently fine steps. Fluid systems with various –favorable and 
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unfavorable- viscosity ratios (9 in total), have been examined.  
Predictions of the reduced pressure gradient, x, are presented in Figure 1 for a typical 

NWP/WP/PM system with viscosity ratio 5.1=κ . The diagrams furnish the projections 
of the ( )jiij rCax ,  predicted values on a constant log Ca (a) and logr (b) planes. Markers 

are connected into iso-Ca and iso-r groups. 
 
 
 
 
 
 
 
 
 
 
 
 
 

                            (a)                                                         (b) 
 
Referring to Figure 1(a) we observe that at the high-end of the flow-rate ratio domain, 

all curves pertaining to constant-Ca values tend to bundle and align asymptotically to a 
straight line (dashed), having the functional form 

 rxrx κ=⇔+κ= logloglog  (9) 

Equation (9) states that at sufficiently large Ca values the reduced pressure gradient 
becomes a linear function of the flow rate ratio, with the linearity constant equal to the 
viscosity ratio. This is physically sound as, at high Ca values, capillarity effects fade 
away and the flow is regulated mainly by viscosity disparity, accounted by the viscosity 
ratio, κ . Essentially, what eq (9) describes is the decoupling between the flows of the 
NWP and the WP at very large flow rate values, ∞→r . At this limit, we can recover a 
linear relation between the reduced pressure gradient and the flow rate ratio, eqn (9). The 
higher the r values, the earlier (in terms of Ca values) the approach to that decoupled-
flow behavior /phenomenology, and the recovery of eqn (9). 

We may observe a similar trend in Figure 1(b). At the low-end of the Ca domain, all 
iso-r curves tend to cluster /bundle and align asymptotically to a straight line with 
negative inclination. This asymptote is illustrated by the dashed line. Now the functional 
form is given by the expression, up to a constant, Ca0, 

 CaCa
xCaCaxCa

0
0loglogloglog,0logFor κ

=⇔−−κ=<<  (10) 

This line extends down to a threshold value in Ca. For the NWP/WP/PM considered 
the threshold value is estimated at 5.7log −≈Ca . Eqn (10) states that relative 

-9 ≤ logCa ≤ -4 
-2 ≤ logr ≤ 2 

Figure 1   
Reduced pressure 
gradient values, x, 
for different values, 
(a) of the capillary 
number, Ca, and (b) 
of the flow rate 
ratio, r. Both 
diagrams pertain to 
a typical value of 
the viscosity ratio, 

5.1=κ . 
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permeability to the NWP drops down to a minimum, i.e. most of the NWP is immobile. 
Once more, eq (10) describes the decoupling between the flows of the NWP and WP at 
very low Ca values. The lower the value of flow rate ratio, r, the earlier (i.e. from higher 
Ca values) this asymptotic behavior is observed. 

We will continue with deriving a universal function that can describe the dependence 
of the reduced pressure gradient -and of the relative permeabilities, on the independent 
variables of the process, the capillary number and the flow rate ratio. 

 
UNIVERSAL FUNCTIONAL FORM OF REL. PERMEABILITIES 
The DeProF model predicted values ( )jiij rCax ,  of the reduced pressure gradient for 
different flow set-ups, i.e. different values of the capillary number, Ca, and the flow rate 
ratio, r, may be described by the universal scaling form 

 ( ) ( ) rCaArCax log10loglog,log κ+=  (11) 

where the functional ( )CaA log  needs to be determined. We may implement least squares 
approximation fitting, to determine the values ( )ii CaAA log=  pertaining to constant 
capillary number values, iCalog ,  
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log101  (12) 

where Ni is the number of detected points (xij) pertaining to the constant capillary number 
value, iCaCa = . The set of (Ai, Cai) values is plotted on the diagram of Figure 2.  

We may observe that the markers are lined-up against two straight line asymptotes; 
one with negative inclination and the other coinciding with the horizontal axis; these meet 
at an oblate angle. We may fit the set of ( )ii ACa log,log  values by a function of the form 

 ( ) ACACxCa logloglog 3
2

00 ++=  (13) 

where coefficient C0 is a measure of the overall distance 
(approach) to the two asymptotes (the higher this value, 
the greater the distance to the asymptotes), 31 C  is the 
slope (gradient) of the inclined asymptote and x0 is the 
abscissa of the intersection of the two asymptotes. The 
values of these coefficients, pertaining to the particular 
NWP/WP/PM system, are: 3.40 −=x , 003.00 =C , 

16.13 −=C . Note, eqn (13) is an implicit function of 
logA in terms of logCa. 

Using the analytical expressions from eqs (11) and 
(13) with the proper coefficient values, we may plot the 
fitted values of the reduced pressure gradient in terms of 
Ca and r, ( )rCax , .  

Figure 2  Coefficient A, eqn 
(11). Markers fitted by 
function logA(logCa), eqn (13) 
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In the diagrams of Figure 3 we observe that not only the DeProF predicted values 
( )jiij rCax ,  are recovered with great specificity, but the trend at extreme flow conditions, 

maintains its physically-true characteristics. 
 

Figure 3  Plot of the 
reduced pressure 
gradient values, x, in 
terms of the flow set-up 
conditions, capillary 
number, Ca, and flow 
rate ratio, r. based on 
eqs (11) and (13), Table 
1. (a) iso-Ca curves; (b) 
iso-r curves. Note, the 
iso-Ca curves in (a) do 
not correspond to the 
iso-Ca curves presented 
in Figure 1(b).  
 

                              (a)                                                               (b) 
 
Plots of the relative permeability of the WP and the NWP, krw and krn, in terms of 

logCa and logr, presented in Figure 4, can readily be produced using eqs (7) and (8). 
 

 
 
 

 
Figure 4   
Plots of the WP relative 
permeability, krw (top row), and 
the NWP relative permeability, 
krn, (bottom row), in terms of 
the flow set-up conditions, 
capillary number, Ca, and flow 
rate ratio, r. Again, the two 
diagrams show: (a) iso-
capillary curves; (b) iso-flow-
rate-ratio-curves. Note, the krn 
plots are scaled from the krw 
plots according to the provision 
of eqn (8).  

 
 
 
 
 
 

                            (a)                                           (b) 

-2 ≤ logr ≤ +2 

-9 ≤ logCa ≤ -4 

 

-2 ≤ logr ≤ +2 -9 ≤ logCa ≤ -4 

-9 ≤ logCa ≤ -4 -2 ≤ logr ≤ 2 
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CONCLUSION 
Two-phase flow in porous media is burdened, not only with the bulk phase viscosities of 
NWP & WP, but also with the disconnection of the NWP and the associated capillarity 
effects induced by the formation of numerous NWP/WP menisci, that restrain and inhibit, 
to a certain extent, the superficial transport of NWP and WP. The momentum balance in 
the entire flow is regulated by the relative intensities of the NWP and WP flows (inducing 
Stokes flow viscous resistances within the bulk phases) and the degree of disconnection 
of the NWP (inducing Young-Laplace capillary resistance across the NWP/WP 
interfaces).  

Results show the rheology of the NWP/WP/PM system shows a progressive mutation. 
In the ultra-low Ca regime the system shows a Bingham-fluid type rheology, whereby 
most of the disconnected NWP remains stranded. As Ca is progressively increased the 
flow attains a mixed capillarity to capillarity/viscosity dominated rheology. This is a 
result of the restructuring (reorganization) of the disconnected NWP flow into larger 
ganglia of increased mobility. With further increase in Ca the system attains –
asymptotically- a Darcy-type flow rheology whereby the reduced pressure gradient 
becomes a linear function of flow rate intensities. The macroscopic phenomenology of 
the process described by the maps in Figures 1, 2 & 4 can be explained on the basis of the 
associated restructuring/reorganization of the NWP flow through connected and 
disconnected fractional flows [15].  

The results suggest that it is possible to derive/use universal, true-to-mechanism 
functions of flow dependent relative permeabilities. Flow conditions are described by the 
flow intensities of the NWP and WP or, equivalently by the capillary number of the WP, 
Ca, and the NWP/WP flow rate ratio, r.  

The proposed scaling function opens new possibilities in improving SCAL 
measurements by restructuring SCAL protocols in a smart way [11]. In addition, true-to-
mechanism, flow dependent relative permeability maps may be incorporated in field-
scale simulators and substantially improve their predictive capabilities/performance in 
terms of specificity. 
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ABSTRACT  
To be effective enhanced oil recovery (EOR) agents, nanoparticles must be stable and 
transported through the reservoir. However, the stability of a nanoparticle suspension at 
reservoir salinity and temperature is still a challenge and how it is affected by reservoir 
rock and crude oil is not well understood. The objective of this study is to investigate 
ways to stabilize nanoparticle suspensions at reservoir conditions for EOR applications.  
The stability of nanoparticle suspensions was screened in test tubes at 70°C and 3.8 wt. % 
salinity in the presence of rock and crude oil. Rock and oil samples used included Berea 
sandstones, shale, chalk, and limestone and crudes with different properties. Fumed silica 
nanoparticles in suspension with hydrochloric acid (HCl), polymer modified fumed 
nanoparticles and amide functionalized silica colloidal nanoparticles were studied. The 
size and pH of nanoparticle suspension in contact with rock samples were measured to 
determine the mechanisms for stabilization or destabilization of nanoparticles. A turbidity 
scanner was used to quantify stability of nanoparticle suspension.  
Results showed that both HCl and polymer surface modification can improve 
nanoparticles stability under synthetic seawater salinity and 70°C. Suspensions of 
polymer modified nanoparticles were stable for months. It was found that pH is a key 
parameter influencing nanoparticle stability. Rock samples with carbonate destabilized 
unmodified nanoparticles. Crude oils have limited effect on nanoparticles stability and no 
obvious trend was observed. Some components of crude oil migrated into the aqueous 
phase consisting of amide functionalized silica colloidal nanoparticles suspension. 

This is the first time the effect of rock and crude oil on the stability of silica nanoparticle 
suspension has been reported.  The feasibility of using a low pH environment to stabilize 
a nanoparticle suspension in a porous medium will be further investigated. This study 
constitutes part of a continuing effort to determine the feasibility of using nanoparticle 
suspensions as EOR agents. 

INTRODUCTION 
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In recent years, nanotechnology research on EOR has shown promise in the laboratory. 
Some EOR experiments with silica nanoparticles have been performed and showed 
positive results in increasing oil recovery. The proposed EOR mechanisms for silica 
nanoparticles include interfacial tension reduction, wettability alteration, plugging of pore 
channels and emulsification. The precondition of these mechanisms working well in the 
reservoir is that nanoparticles should be stable and maintain their surface properties at 
reservoir condition. However, the high temperature and high salinity condition in the 
reservoir is unfavorable for nanoparticles stability.  According to DLVO theory (named 
after Derjaguin, Landau, Verwey and Overbeek) [1, 2], presence of cations in a 
nanoparticle suspension will lead to a thinner double layer. Divalent cations such as Mg2+, 
Ca2+, and Ba2+ are effective in suppressing the double layers and result in nanoparticle 
aggregation [3]. A high temperature also increases the aggregation rate of nanoparticles. 
At the same salinity, nanoparticles at 70 °C are much larger than those at 25 °C [3]. 
Some approaches have been conducted to improve stability of nanoparticle suspension 
under a high-temperature and high-salinity condition. Kim et al. (2017) used HCl to 
stabilize nanoparticles in about 3.6 wt. % sea water and 9.3% additional oil was produced 
during 0.03 wt. % nanofluid flooding [4]. Surface modification of nanoparticles is 
another method to stabilize nanoparticles. Silica nanoparticles with surface modification 
by adding zwitterionic monomers had long-term stability at salt concentrations up to 
120g/l at 90°C [5]. However, since reservoir rock and crude oil were absent in these 
nanoparticle stability experiments, it is not clear whether these have an effect on 
nanoparticles stability. In this study several reservoir rock and crude oil samples from 
different fields were used to investigate their effects on nanoparticles stability under a 
high-temperature and high-salinity condition.  

EXPERIMENTAL MATERIALS AND METHODS 

Experimental Materials  
1. Nanoparticle: Fumed hydrophilic silica nanoparticles (FNP) produced by Evonik 
Industries and an amide functionalized silica nanoparticles (ANP) dispersion purchased 
from Sigma-Aldrich were used in this study. Primary particle size of FNP is about 7 nm, 
but in suspension nanoparticle size may increase to more than 100 nm. The specific 
surface area of FNP is around 300m2/g. The particle size of ANP is less than 30 nm. 
Surface modified FNP with zwitterionic monomers (FNP-MD) was prepared and used in 
this study. HCl was utilized as a stabilizer for nanoparticles in our experiments. These 
three nanoparticles have been characterized by using Cryogenic transmission electron 
microscopy (Cryo-TEM) and Scanning Electron Microscope (SEM). Images are shown 
in Figures 1 and 2.  
2. Nanoparticles suspension: In this study five concentrations were used (0.1, 0.2, 0.3, 0.4 
and 0.5 wt. %) and nanoparticles were dispersed in 3.8 wt. % synthetic seawater (SSW). 
The recipe of SSW is given in Table 1. For FNP and FNP-MD, nanoparticles were 
weighed and then dispersed in SSW by using a sonicator. For some FNP suspension 
samples (FNP-HCl), HCl was used as a stabilizer with pH=2.0.  
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Figure	1	Cryo-TEM	image	of	nanoparticles:	(a)	FNP;	(b)	ANP;	(c)	FNP-MD.	

 
Figure	2	SEM	image	of	nanoparticles:	(a)	FNP;	(b)	ANP;	(c)	FNP-MD.	

The ANP suspension was prepared by a dilution of concentrated suspension to lower the 
suspension concentration. Nanoparticles size in suspension was measured with dynamic 
light scattering (DLS) and values are 142.5 nm, 168.3 nm and 21.4 nm, respectively.  

Table	1	Synthetic	seawater	recipe	

Salts Concentration (g/l) Salts Concentration (g/l) 
CaCl2. 2H2O 1.76 Na2SO4 4.81 
MgCl2. 6H2O 11.23 NaCl 27.03 

3. Reservoir rocks: Two Berea sandstones (BSS) were used in this experiment; BSS 1 has 
a lower permeability and BSS 2 has a higher permeability. Chalk, limestone and shale 
were also used in this study. The X-ray diffraction results for rocks are shown in Table 2. 

Table	2		Mineral	components	of	rock	samples	
% BSS1 BSS2 Chalk Limestone Shale 
SiO2 Quartz 90.87 90.31 -- 0.69 2.84 
Na AlSi3O8 Albite 0.89 1.89 -- -- -- 
KAlSiO8 Sanidine 0.46 0.74 -- -- -- 
KAL2(Si3Al)O10(OH,F)2 Muscovite  3.75 3.6 -- -- 2.07 
Al2SiO5(OH)4 Kaolinite 1.92 2.29 -- -- 1.48 
(Mg,Fe)5Al(Si3Al)O10(OH)8 Clinochlore 0.97 0.89 -- -- -- 
CaMg(CO3)2 Dolomite 1.13 0.28 -- -- 1.89 
CaCO3 Calcite -- -- 100 99.31 89.28 
Ca5(PO4)3(OH)2 Apatite -- -- -- -- 2.44 

4. Oil:  Decane and eight types of crude oil were used in this experiment. Crude oil 
properties are given in Table 3. 
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Table	3	Crude	oil	properties	

  
Penara 

(PEN) 

Tembikai 

(TMB) 
Bunga 

Raya (BR) 

Miri Light  

(ML) 

Tapis Blend 

(TB) 

Van Gogh 

(VG) 

Wandoo 

(WD) 

Saturates 60.66 75.72 84.61 38.48 74.79 26.37 32.94 

Aromatics 10.52 17.43 12.76 56.13 19.79 51.90 52.26 

Resins 9.68 3.85 2.32 5.33 5.06 20.76 14.80 

Asphaltenes 19.15 3.00 0.31 0.07 0.36 1.09 0.00 

API @15°C 31.80 38.01 39.36 27.30 40.10 16.11 19.48 

Viscosity @70°C 7.66 2.47 1.90 2.43 1.51 35.61 13.06 

Sulphur content (ppm) 657 491 655 1300 574 3325 1900 

Total Acid Number 
(mg/mg KOH) 0.064 0.475 0.103 0.260 0.239 1.720 1.702 

Experimental Methods  
1. Nanoparticles suspension stability: Nanoparticle suspension stability tests were 
performed by using visual observation and turbidity scanning.  For each type of 
nanoparticle (FNP, FNP-HCl, FNP-MD and ANP), samples with five different 
concentrations (0.1, 0.2, 0.3, 0.4 and 0.5 wt. %) were put into test tubes and placed in a 
heat cabinet under 70˚C. Photographs were taken to show their stability over time. A 
Turbiscan instrument was used to quantify nanoparticle suspension stability. Samples of 
nanoparticle suspension were scanned at 60˚C with a 880 nm near-infrared LED source 
and the transmission and backscattered signals were received by detectors. Since 
nanoparticle size can affect these signals, delta transmission and backscattering were used 
to show nanoparticle stability. Turbiscan Stability Index (TSI) calculated with Turbiscan 
software was used to compare stability of different nanoparticle suspensions. The smaller 
TSI value indicates better nanoparticles stability. 
2. Effect of reservoir rocks and crude oils on nanoparticles stability: FNP, FNP-MD and 
ANP suspensions at 0.1 wt. % concentration were used in this study. A 7 ml nanoparticle 
suspension was placed in a test tube and 0.2 gram of rock sample was put inside test tube. 
Pure quartz was used as reference rock sample. Another set of samples were prepared 
with 5 ml nanoparticle suspension and 2 ml oil. Decane was used as reference oil. All of 
these test tubes were put in a heat cabinet at 70˚C. 
3. Particles size and pH measurement of nanoparticles: The particles size and pH of 
nanoparticle samples with rock samples were measured by using DLS and pH meter, 
respectively. 

4. Preparation of polymer modified nanoparticles: [2-(Methacryloyloxy)ethyl]dimethyl-
(3-sulfopropyl)ammonium hydroxide (MEDSAH, 95%, Aldrich), 2-(2-
Carboxyethylsulfanylthiocarbonylsulfanyl)propionic acid (CTA, 95%, Aldrich), 3-
(Trimethoxysilyl)propyl methacrylate (MPS, 98%, Aldrich), 2,2'-Azobis(2-
methylpropionamidine)dihydrochloride (V50, Wako Chemicals), fumed silica (FNP), 
toluene (HPLC, VWR Chemicals) were used as received. 
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In a sealed Schlenk flask, fumed silica was dried under vacuum at 120°C for at least 24 
hrs before being used.  To a dispersion of dried silica (2 g) in toluene (100 ml) being 
stirred (1000 rpm) and under argon protection, MPS (3 g) was added using an argon-
purged syringe. The mixture was then heated to 100°C for 12 hrs. After cooling to room 
temperature, the dispersion was centrifuged and washed with fresh toluene (3 times), 
followed by ethanol rinsing (3 times). The methacrylate-functionalized silica (SiO2-MPS) 
was dried under vacuum at 60°C for 12 hrs. As-prepared SiO2-MPS (0.5 g) was dispersed 
in deionized water (25 ml) under sonication for 2 hr. MEDSAH (2 g), CTA (36.6 mg), 
V50 (7.8 mg) [MEDSAH/CTA/V50=50/1/0.2] were placed into a dry Schlenk flask. The 
flask was sealed with a rubber septum and subjected to 4 vacuum/argon cycles. SiO2-
MPS dispersion was deoxygenated by bubbling argon for about 1 hr and added to the 
Schlenk flask using an argon-purged syringe. The mixture was heated at 60°C under a 
stirring rate of 700 rpm. After 24 hrs, the dispersion was cooled to room temperature, and 
washed with deionized water for 8 times. The polymer-coated silica (SiO2-MEDSAH) 
was dried under vacuum at 80°C for 24 hrs. 

 
Figure	3	Schematic of preparation polymer modified nanoparticles.	

RESULTS AND DISCUSSION 
Nanoparticles suspension stability test 
Four types of nanoparticle suspensions (FNP, FNP-MD, ANP and FNP-HCl) were used 
in this stability test. Stability observation of test tubes and stability quantification by 
using turbidity scanning were undertaken. The time when nanoparticle aggregation 
occurred for each sample was recorded and given in Table 4. It can be seen that FNP 
suspensions had the worst stability, all samples aggregated within two days. FNP-MD 
suspensions had the best stability, five samples were still stable after thirty days. 
Compared with FNP cases, adding HCl into FNP can delay nanoparticle aggregation and 
the lower the HCl concentration the longer is the stabilization time. However, ANP 
suspensions showed the opposite trend. The reason is that acid was used to stabilize 
concentrated ANP suspension, so 0.5 wt. % diluted sample had a lower pH than the 0.1 
wt. % sample and a lower pH stabilizes ANP.  

Table	4	Nanoparticles	stability	screening	test		
NPs Conc. (wt. %) FNP FNP-MD FNP-HCl ANP 

0.1 day 2 -- -- day 2 
0.2 day 1 -- day 25 day 8 
0.3 less than 1 day -- day 15 day 25 
0.4 less than 1 day -- day 12 -- 
0.5 less than 1 day -- day 10 -- 

--: no nanoparticles aggregation was observed within 30 days  
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The turbidity scanning tests were performed for four types of nanoparticle suspension at 
0.1 wt. % concentration and the TSI versus time is shown in Figure 4. It can be seen that 
both FNP-HCl and FNP-MD had very low TSI, which means that these two samples had 
good stability. However, TSI value for FNP and ANP samples increased very fast to a 
plateau and was constant after day 2, which means that the nanoparticles have aggregated 
and lost their stability. This result is consistent with test tube observations. 

 
Figure	4		TSI	results	for	nanoparticles	suspensions.	

Effect of reservoir rocks on nanoparticles stability  
Five reservoir rocks (Berea sandstone 1 and 2, chalk, limestone and shale), as well as 
pure quartz used as reference sample, were used in this experiment. And FNP, FNP-MD 
and ANP suspension with 0.1 wt. % concentration were used. Photographs of all samples 
in test tubes were taken for nanoparticles stability observation. Particles size and pH of 
nanoparticles suspension were measured to investigate the mechanisms for stabilization 
or destabilization of nanoparticles due to the presence of rock samples. The photographs 
for FNP, FNP-MD and ANP suspensions with rock samples are shown in Figure 5-7. 
Results of pH and particle size measurements are shown in Figures 8-10. As shown in 
Figures 5 and 7, reservoir rocks had a significant effect on nanoparticle stability, 
especially for limestone, chalk and shale. As listed in Table 2, all of these three rocks 
have very high calcite percentage, so they reacted with H+ in nanoparticle suspensions. In 
Figures 8 and 10, the pH value of limestone, chalk and shale samples increased to 7 
quickly, and this neutral pH is not favorable for nanoparticles stability. Thus fast 
nanoparticles aggregation was observed. Berea sandstones also had an effect on FNP and 
ANP suspension stability. Faster nanoparticles aggregation was observed in BSS1 sample, 
the reason might be due to higher dolomite content in BSS1, which leads to a quicker pH 
increase of suspension. No significant effect of quartz on nanoparticle stability was 
observed, so dolomite must be the main sourceof nanoparticle destabilization by Berea 
sandstone, due to its reaction with nanofluid. For FNP-MD suspension (Figure 6), almost 
no rock sample affected its stability except limestone. As shown in Figure 9, pH 
increased in all reservoir rock samples while FNP-MD was still stable after 30 days in the 
heating cabinet even though the particle size increased in chalk and shale samples. For 
some unknown reason, limestone destabilized the FNP-MD suspension. Since limestone 
has the similar mineral component with chalk, more tests need to be done to determine 
the mechanism.   
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Figure	5	FNP	suspensions	with	reservoir	rocks:	(a),	Day	1;	(b),	Day	2;	(c),	Day	4.	(1:	BBS1;	2:	BSS2;	3:	quartz;	4:	

limestone;	5:	chalk;	6:	shale).	

													 	
Figure	6	FNP-MD	suspensions	with	reservoir	rocks:	(a),	Day	1;	(b),	Day	7;	(c),	Day	30.	(1:	BBS1;	2:	BSS2;	3:	quartz;	4:	

limestone;	5:	chalk;	6:	shale).		

	
Figure	7	ANP	suspensions	with	reservoir	rocks:	(a),	Day	0;	(b),	Day	1;	(c),	Day	2.	(1:	BBS1;	2:	BSS2;	3:	quartz;	4:	shale;	

5:	chalk;	6:	limestone).	

                     
Figure	8	pH	and	particle	size	measurements	for	FNP	suspension	with	different	rocks.	

                      
Figure	9	pH	and	particle	size	measurements	for	FNP-MD	suspension	with	different	rocks.	
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Figure	10	pH	and	particle	size	measurements	for	ANP	suspension	with	different	rocks.	

Effect of crude oils on nanoparticles stability  
Seven crude oils with different properties were employed in this study, and decane was 
used as reference oil. FNP, FNP-MD and ANP suspension with 0.1 wt. % concentration 
were used. Photographs of all samples in test tubes were taken for nanoparticles stability 
observation. For FNP suspension (Figure 11), crude oils had no obvious effect on 
stability. Only nanoparticle aggregation delay was observed in the ML sample. FNP-MD 
had good stability in the presence of crude oils and was still stable after 30 days in the 
heating cabinet (Figure 12). For ANP suspension, nanoparticle aggregation occurred in 
PEN and decane samples at day 1, and all samples aggregated at day 3 (Figure 13). For 
samples with BR, TB and ML, nanoparticles aggregation (at bottom of test tube) 
appeared yellowish, which might be due to migration of some components of crude oil 
into the aqueous suspension.  

	
Figure	11	FNP	suspensions	stability	screening	with	different	type	of	oils:	(a),	Day	1;	(b),	Day	2;	(1:	PEN;	2:	TMB;	3:	BR;	

4:	ML;	5:	TB;	6:	WD;	7:	VG;	8:	Decane).	

 
Figure	12	FNP-MD	suspensions	stability	screening	with	different	type	of	oils:	(a),	Day	1;	(b),	Day	30;	(1:	PEN;	2:	TMB;	

3:	BR;	4:	ML;	5:	TB;	6:	VG;	7:	WD;	8:	Decane).	
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Figure	13	ANP	suspensions	stability	screening	with	different	type	of	oils:	(a),	Day	1;	(b),	Day	3;	(1:	PEN;	2:	BR;	3:	TB;	

4:	TMB;	5:	WD;	6:	VG;	7:	ML;	8:	Decane).	

CONCLUSIONS  
Stability screening test was performed for surface modified nanoparticles and 
nanoparticles with a stabilizer. The effect of reservoir rock samples and crude oils on 
nanoparticle stability was also examined. It was found that both surface modification and 
the presence of a stabilizer can increase nanoparticle stability under high-temperature and 
high-salinity. Reservoir rocks containing carbonate can react with nanoparticle 
suspension to increase the pH and destabilized the nanoparticles. However, reservoir 
rocks had no significant effect on FNP-MD stability. Crude oils had limited effect on 
nanoparticle stability and no obvious trend was observed. Some components of crude oil 
migrated into the ANP suspension. 
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ABSTRACT 
Both interfacial tension (IFT) and wettability of the fluids/rock system affect the 
distribution of fluids within reservoir rock. The fluid distribution strongly affects the flow 
behavior and oil recovery. Most of the available data on wettability of core samples 
including contact angle and IFT for crude oil/brine systems are for room temperature and 
atmospheric pressure. Since actual values of reservoir temperature and pressure are 
frequently encountered in oilfields simulation models, a need to study IFT and wettability 
at reservoir conditions was recognized. This paper is an investigation of the influence of 
temperature and pressure on IFT and wettability. Contact angle measurements were used to 
quantify wettability on calcite and natural rock. 
 
Experimental results of IFT for both dead oil-brine and live oil-brine systems as well as 
contact angles of live oil-brine/calcite and live oil-brine/rock systems over a range of 
temperature and pressure will be presented and analyzed. The IFT between dead oil and 
brine decreased with increasing temperature and increased with increasing pressure at 
constant temperature. For live oil-brine system an opposite trend of increase in IFT values 
with temperature was found. A significant increase in IFT values occurred with time. At 
reservoir conditions, the IFT of live oil was higher than that of dead oil.  Contact angle 
values for live oil-brine/rock system (at P = 3,000 psig) increased with temperature and 
with aging time. Four to six days are required to stabilize and obtain constant values of 
contact angle. Data reflects neutral to slightly water-wet character of the tested carbonate 
rock samples. 
 
INTRODUCTION 
Interfacial tension and contact angle measurements at reservoir conditions are essential for 
quantifying these capillary forces and original fluid saturations. The capillary pressure-
saturation relation has importance in determining several reservoir properties, like 
irreducible water saturation, transition zone thickness, oil column height and pore size 
distribution.1,2 
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The accurate method for wettability determination is the contact angle technique. The 
contact angle is a measure of the relative strength of adhesion of fluids to solid. The main 
interest in the contact angle is its contribution to the capillary pressure and multi-phase 
flow in reservoir rocks. 
 
The importance of wettability has been realized by a number of researches when water-
driven systems were evaluated.3-6 Capillary pressure and contact angle measurements at 
reservoir conditions play an important role in formation evaluation, wireline based 
measurements; water cut prediction, wettability determination, and reservoir performance 
evaluation. 
 
Reservoir simulation requires a realistic spatial distribution of capillary pressure and fluids 
saturation throughout the reservoir. Capillary pressure data is used to relate the wetting 
phase saturation with basic core properties of porosity and permeability and height above 
either oil-water or gas-oil contact. This information helps engineers to calculate oil in place 
at different locations in the reservoir.    
 
The objective of this study is to investigate the effect of temperature and pressure on 
interfacial tension and wettability of carbonate rock using pendent drop tensiometer.  
 
EXPERIMENTAL APPROACH 
 
Fluids and Materials 
Both dead and recombined live oil samples represented oleic phases were used in this 
study; while synthetic brine was used as an aqueous phase. Both dead oil and synthetic 
brine was filtered through 0.2 µm filter paper prior to usage in systems. Pure calcite plates 
and rock plates were used as solid substrates in contact angle measurements.   
 
Apparatus 
 Interfacial tension and contact angle were measured using a high temperature/high 
pressure pendent drop instrument. Figure 1 shows a schematic of the experimental 
equipment used for measurements in this study. It consists of IFT cell, hand pump for 
injection of oil or water using two way valve, vibration free table, needles, imaging system 
(video camera with computer display, monitor, and software data storage and calculation of 
both contact angle and interfacial tension), temperature control system (water bath), lamp, 
transfer cells, and pressure transducers (+/- 0.2% full scale) with digital display. 
 
Recent progress in image analysis and data acquisition systems make it possible to obtain a 
direct digitization of the drop image with the aid of a video frame grabber. The imaging 
and image analysis module was DROP image program which has a number of features that 
make the procedure of interfacial tension and contact angle measurements easy and 
versatile. 
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Cleaning Procedure 
 A very important step in measuring interfacial tension and contact angle is a thorough 
cleaning of the apparatus, because any trace amounts of contamination can alter the results. 
Oil flow line was cleaned first with toluene until very clean toluene is flowing out. Ten 
pore volumes of methanol were used to flush the lines. The line was then dried by flowing 
dry air. Water flow line was first flushed with ethanol followed by ten pore volumes of de-
ionized-distilled water. Brine was then used to flush the lines for at least five pore volumes.  
 
Extra attention was given to the cleaning of calcite and rock plates because it is extremely 
important to the measurements of contact angle. Plates were washed by mild soap solution, 
de-ionized-distilled water and ethanol. De-ionized-distilled water was used to rinse the 
plates thoroughly. Following this, the plates were boiled in hydrogen peroxide for at least 
five minutes. De-ionized-distilled water was used again to rinse them and then they were 
rinsed and soaked in prepared synthetic brine for 24 hours before the experiments. 
 
Interfacial Tension Test Procedure 
To determine the interfacial tension (IFT) of crude oil/brine interface we used pendent-drop 
tensiometry, with a small oil drop formed upwards at the tip of stainless-steel needle 
immersed in the aqueous brine. The following experimental procedures were followed: 
 

1- Run a calibration test first by placing stainless steel ball inside empty IFT cell. 
2- Set up the image system to be ready to take picture. 
3- Select calibration option and run the program to adjust the horizontal/vertical apex 

ratio. 
4- Remove the ball from IFT cell and fix the position of the camera. 
5- Pump synthetic brine into the IFT cell to full level. 
6- Pump oil very carefully through the bottom needle to get a stable oil drop on the top 

of the needle inside the cell. 
7- Set temperature at reservoir value using temperature control to obtain temperature 

equilibrium inside the whole cell. Use the heating jackets wrapped around the cell 
and water bath to control the system temperature. 

8- Pump brine into the cell to increase the pressure inside the cell to reservoir pressure. 
At the same time, oil should be pumped to keep the oil drop still on the top of the 
bottom needle. 

9- Take pictures at reservoir temperature and pressure. 
10- Run the image drop image program to calculate IFT values. 

 
Contact Angle Test Procedure 
The following procedures were followed during contact angle measurements: 
 

1- Fix calcite or rock plate to the upper needle using high quality cementing material 
(epoxy). 

2- Place the plate inside the cell at suitable position to be seen in the image system 
(Figure 2). 
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3- Pump synthetic brine into the IFT cell to full level. 
4- Rise up the bottom needle to be close to the plate. 
5- Place an oil drop on the surface of calcite or rock plate. 
6- Move the bottom needle carefully down. 
7- Run the program on contact angle measurement mode. 

 
RESULTS AND DISCUSSION 
 
Interfacial Tension 
Dead Oil/Brine System 
 
The interfacial tension between dead oil and synthetic brine was measured at various 
temperatures (up to 90 oC) and pressures (up to 3,000 psig). Table 1 lists the IFT values at 
various temperatures and pressure. 
 
Figures 3 shows plots of IFT versus temperature and pressure. Data in Table 1 and Figure 3 
indicate a decrease in IFT of dead oil/brine system with increasing temperature. The 
decrease of IFT values at higher temperature can be attributed to the weakening of 
intermolecular forces at the oil/brine interface. These results are consistent with results 
published by Hjemeland and Larrondo, 1982.7  
 
Variation of IFT values with pressure at various temperatures is shown in Figure 3. The 
pressure was increased from atmospheric to 3,000 psig. The IFT increased with pressure at 
constant temperature. For example, at 90 oC the IFT values increased from 18.9 dyne/cm to 
21.0 dyne/cm when the applied pressure increased from 600 psig to 3,500 psig. A similar 
trend of increase in IFT with pressure was reported by Wang and Gupta (1995).8 

 

 
The interfacial tension at the liquid interface can be related to the drop shape through the 
following equation: 
 

βρσ /20RgΔ= ………………………………………………………………..……….…(1) 

Where: 

=σ  interfacial tension, =Δρ density difference between the two immiscible fluids 
=g acceleration due to gravity, =0R radius of curvature at drop apex, =β shape factor 

Observing Eq. 1, IFT depends on the density difference of two fluids ( ρΔ ) in the IFT 
system. Both temperature and pressure will affect the densities of fluids. Because oil is 
more compressible than water, ρΔ will increase with pressure and consequently IFT 
increases with pressure all the time. Increasing temperature will decrease the density of 
both brine and oil, which will lead to decrease in IFT (Figure 3). 
 



 

 5 

Recombined Live Oil/Brine System 
The interfacial tension between recombined live oil and synthetic brine was measured at 
various temperatures (up to 90 oC) and pressure of 3,000 psig. Table 2 lists the IFT values 
at various temperatures. The plot in Figure 4 shows an increase in IFT values with 
temperature. Due to presence of dissolved gas in the recombined oil, temperature will be 
expected to have more effect on oil than brine. This will also lead to the increase in density 
difference ( ρΔ ) between oil and brine. This is may be the reason that IFT increases with 
temperature in this study. 
 
Contact Angle and Wettability 
Recombined Live Oil/Brine/Calcite System 
 
In this study, both pure calcite plates and natural rock plates were used as substrates in 
contact angle measurements. XRD and XRF analyses of natural rock samples revealed that 
the most predominant mineral in carbonate rocks is calcite (90-100 weight %). The other 
minerals are dolomite (0-8 weight %), and trace amounts (< 0.5 weight %) of quartz, pyrite, 
ankerite, gypsum, and siderite. On calcite, there was little variation in contact angle values 
with increase of temperature for live oil/brine system at reservoir pressure (3,000 psi) as 
shown in Table 3. The contact angle values varied from 41 to 44o  which revealed strong 
wettability character. 
 
Recombined Live Oil/Brine/Rock Material System 
Effect of temperature on contact angle behavior for live oil/brine/rock system is shown in 
Figure 5. A general trend of increase in contact angle values with increase in temperature 
was observed. The increase in contact angle values with temperature may be attributed to 
instability of water film between the oil drop and rock surface.9 The presence of some other 
minerals like quartz, pyrite, ankerite, and gypsum may lead to adsorption of oil film and 
consequently increase in contact angle value (76o) which revealed neutral to slightly 
wettability character of tested carbonate material. 
 
Aging Effect 
Figure 6 showed the plots of contact angle as a function of aging time for three rocks . The 
test for samples #3 and #4 was conducted at reservoir pressure (3,000 psi) and room 
temperature (26.6 oC). The test for sample # 5 was carried out at reservoir conditions of 
3,000 psi pressure and 90 oC temperature. Aging time in these plots means the oil droplet is 
brought into contact with rock surface immersed in the brine and left for aging time before 
contact-angle measurements. After four (4) days, the contact angle reaches equilibrium for 
rock samples #3 and 4. For rock sample # 5, the test was terminated after 4 days because of 
leakage problems.  
 
An increase of contact angle values with time was observed in the three plots. The increase 
of contact angle values with time could be related to wettability alteration arising from an 
asphaltene coating deposited on the rock surface. This will lead to adhering of oil to rock 
surface and consequently to significant change in behavior of contact angle with time over 
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days. Our findings and behavior of contact angle with time are in agreements with the 
results obtained by Freer et al., (2003) and Treiber et al., (1972).10,11  
 
The contact angle values (68o-76o) for rock sample # 5 reflect neutral to slightly water-wet 
wettability character of carbonate rock material. 
 
CONCLUSIONS 
 

1. The interfacial tension between recombined live oil and synthetic brine increased 
with increasing temperature at reservoir pressure (3,000 psig).  

2. The interfacial tension of dead oil/brine system increased with increasing pressure 
at constant temperature. On the other hand, it decreased with increasing temperature 
at constant pressure. 

3. Dead oil and live oil from the same reservoir and under similar experimental 
conditions exhibit different IFT values. The IFT values for live oil/brine system 
were greater than those of dead oil/brine system by 83%. 

4. Contact angle of live oil/brine/rock material system increased with increasing 
temperature as well as with aging time. Four to six days are required for contact 
measurements to obtain representative and constant values for contact angle. 

5. Contact angle data revealed neutral to slightly water-wet characteristics of 
carbonate rock material. 
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TABLE 1. Interfacial Tension of Dead Oil/Brine                           TABLE 2. Interfacial Tension of          
                   System at Various Temperatures and                                           Live Oil/Brine system at  
                   Pressures.                                                                                       Reservoir Pressure and  
                                                                                                                          Various Temperatures.                                     
 
Parameters Interfacial Tension (dyne/cm) 
             P, (psig) 
 
T, (oC) 

 
14.7 

 
600 

 
1000 

 
2000 

 
2500 

 
3000 

26.6 24.3 25.3 25.5 26.2 26.2 26.5 
40 23.1 23.3 23.4 23.8 24.1 24.0 
60 22.8 23.0 23.0 23.3 23.4 23.4 
90 18.2 18.7 18.9 20.1 20.4 21.0 
 
 
TABLE 3. Contact Angle Values for Live                Table 4. Contact Angle for Live Oil/Brine/Rock 
                  Oil/Brine/Calcite System at                               Material System at Various Temperatures. 

Various Temperatures.                                                            
  
 

 

 
 
 

 
 
 

Temperature 
(oC) 

Interfacial 
Tension 

(dyne/cm) 

26.6 29.6 

40 32.6 

60 37.1 

90 38.5 

Temperature 
(oC) 

Contact Angle 
Rock 

Sample #1 
Rock 

Sample #2 
26.6 47 46 
40 52 49 
60 58 56 
90 76 74 

   
Temperature 

(oC) 

Contact Angle 
Calcite 

Sample #1 
Calcite 

Sample #2 

26.6 43 41 
40 43 43 
60 44 43 
90 44 43 
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    Figure 1. Reservoir Conditions Interfacial Tension          Figure 2. A Schematic of Cross-Sectional    
and Contact Angle System.                                                     View during Contact Angle Measurements. 
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Figure 3. Effect of  temperature and pressure on interfacial tension of dead oil/brine system. 
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                            Figure 4. Effect of temperature on interfacial of live oil/brine system at P = 3000 psig. 
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 Figure 5. Effect of temperature on contact angle for live oil/brine/rock sample system at                                                          

P = 3000 psi. 
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ABSTRACT  
A series of microfluidic experiments have been carried out to understand the influence of 
aspect ratio (AR) and wettability on residual oil saturations (Sor) in water and immiscible 
gas flooding. Linear and uniform pore network microfluidic chips with various 
wettability, ARs and depths were used. Water, n-decane, and methane were used as 
aqueous, oil, and gas phases, respectively. Water and oil were dyed with 1 g/l 
concentrations of methyl blue and Sudan red, respectively, for better visual contrast for 
the fluid saturation measurements. 0.1 µL/min flow rate was used during oil saturation 
and water flooding and 0.3 sccm flow rate was used for gas flooding to maintain the 
capillary numbers in the range of 10-7 to 10-5 to be in compliance with typical reservoir 
capillary numbers. An image analysis protocol using ImageJ was used to measure the 
residual fluid saturations.  
Linear pore networks of 20 µm and 40 µm depths with same ARs were used to study the 
influence of depth on residual fluid saturations. It has been found that the depth has a 
significant influence on the pore-scale residual fluid saturations. For 20 µm depth chips, 
pore-scale residual oil saturation after waterflooding (Sorw) increased with the AR semi-
logarithmically (log AR vs. Sorw) for both hydrophilic and hydrophobic chips. The pore-
scale Sorw for 40 µm depth hydrophobic chips also followed the same trend, however, the 
40 µm depth hydrophilic chips exhibited an exponential trend.  
Uniform pore networks with same depth were also used to study the effect of AR on 
residual saturations. For hydrophilic uniform pore networks, the chip-scale Sorw data 
spread between 41 and 51 %PV for the AR range of 1.97 to 23.94, the data for 
hydrophobic uniform pore networks fall between 72 and 57 %PV, respectively. For both 
the hydrophilic and hydrophobic uniform pore networks, there exits strong semi-
logarithmic relationships between AR and residual oil saturation after gas flooding (log 
AR vs. Sorg). The data can be used to validate flow simulation models in digital rock 
analysis.  
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Keywords: aspect ratio, wettability, residual oil saturation, waterflooding, gas flooding, 
pore-scale, chip-scale, ImageJ 

INTRODUCTION 
Crude oil is typically produced in primary, secondary, and tertiary recovery stages. 
Waterflooding and gas flooding are widely used secondary and tertiary oil recovery 
techniques. Oil recovery performances of waterflooding and gas flooding are known to 
be varied significantly. For example, a wide range (less than 10% to up to 80 %OOIP) of 
oil recovery efficiencies have been reported for waterflooding [1]. Variation in rock and 
fluid properties could have caused for this huge range in the oil recovery [1]. The 
recovery efficiencies are known to be controlled by both microscopic (pore-scale) and 
macroscopic (core-/reservoir-scale) sweeping efficiencies. While phenomena such as 
gravity override, thief zones, and viscous fingering are responsible for reduced core-
/reservoir-scale sweeping efficiencies, wettability and pore-throat aspect ratio influence 
the pore-scale displacement efficiency. There have been numerous experimental and 
modeling studies on the influence of wettability on waterflooding and gas flooding 
efficiencies at core- and reservoir scales [2-4]. But, there are very limited number of 
studies on the influence of wettability and aspect ratio on pore-scale sweeping efficiency 
[5]. Hence, this work attempts to investigate the effect of pore-scale and chip-scale 
sweeping efficiencies of waterflooding and gas flooding in hydrophilic and hydrophobic 
porous media with a wide range of aspect ratios. In recent years, microfluidics has been 
gaining acceptance for petroleum engineering research especially for understanding oil 
trapping and recovery mechanisms in the porous media [6-8]. The major advantages of 
using microfluidics for these studies include flexibility in porous media chip design in a 
highly controlled and reproducible manner, easy and accurate control of fluid flow, and 
most importantly the ability to visually study the involved oil recovery mechanisms both 
at pore- and chip-scales. In this study, systematic microfluidic experiments have been 
conducted to quantify the influence of pore-scale and chip-scale performances of 
waterflooding and gas flooding. Hydrophobic and hydrophilic linear and uniform pore 
network microfluidic chips of aspect ratios ranging from 1.97 to 60.16 were designed and 
used for waterflooding experiments followed by gas flooding experiments with a state-of-
the-art microfluidics facility. The residual fluid saturations were measured using ImageJ. 

MATERIALS AND METHODS 
Materials 
Water, n-Decane, and CH4 were used as aqueous, oil, and gas phases, respectively. The 
aqueous and oil phases were dyed with methyl blue and Sudan red to increase visual 
contrast for enhanced fluid saturation measurements. Further details of the fluids used are 
given in Table 1. 
 
Table 1. Fluids used in microfluidic experiments 

 

Water phase DI water, dyed with Methyl blue at 1g/L 
Oil phase n-decane 99% purity, dyed with Sudan red at 1g/L 
Gas phase CH4, ultra-high purity grade 
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Chip Design 
To study the influence of AR and wettability on pore scale and chip scale waterflooding 
and gas flooding behavior, eight different types of linear pore networks and four different 
types of uniform porous media networks were designed and procured. In this study, AR 
was defined as the ratio of maximum cross-sectional areas of the pore and the throat, both 
measured perpendicular to the flow direction.  
Figure 1(a) shows the four uniform pore network designs with different ARs, achieved by 
varying the pore width while keeping all the other parameters same. The ARs of the 
designs are 1.97, 5.83, 11.87, and 23.94.  
Figure 1(b) and 1(c) show the designs 5 and 6, both are linear pore networks. Design 5 
has five individual linear pores of different ARs (1.97, 5.83, 11.87, 23.94, and 60.16). 
Design 6 contains three individual linear pores with ARs of 5.83, 11.87, and 23.94, but 
with 40 µm depth of pores and throats comparing the regular depth of 20 µm. Each 
design was made into both hydrophilic and hydrophobic chips with the same dimensions. 
 

  
Figure 1 (a): Uniform pore network chip designs 1 to 4 

  
Figure 1 (b): Design 5 linear pore network  Figure 1 (c): Design 6 linear pore network 
Notation: D: Design; P: Pore width; TW: Throat Width; TD: Throat Depth; TL: Throat Length 

 
Experimental Facility 
The schematic of the microfluidics setup used in this study is shown in Figure 2. It 
consists of three microfluidic pumps for fluid injections, operated by a compressed air 
source of 125 psig. The pumps are connected to a 6-position selector valve at inlet 1, 2, 
and 3. Gas (Methane) injection is handled by an ultra-low gas mass flow controller 
connected to inlet 4 on the 6-position selector valve. The outlet from the selector valve is 
connected to the microfluidics chip via a manual 3-way valve (Valve #1), which can also 
bypass the chip through a bypass line. The pressure is held by an ultra-high sensitivity 
back pressure regulator (BPR) set at 100 psig supplied by a helium gas cylinder. 
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Figure 2: Microfluidics experimental facility  

Experimental Procedures 
In each experiment, a microfluidic chip was first saturated with water then oil to achieve 
the initial saturations (Swi and Soi). It was then flooded with water followed by gas to 
achieve residual fluid saturations (Sorw and Sorg). Water and gas injection rates were 
adjusted to be 0.1 µl/min and 0.3 sccm, respectively, to maintain capillary numbers in the 
range of 10-7 to 10-5, to match values of reservoirs. A constant back pressure of 100 psig 
was maintained throughout the experiment. Chip and pore scale images were taken, and 
analyzed using ImageJ software to measure the residual fluid saturations. 

RESULTS AND DISCUSSION 

Linear Pore Network 
Effect of AR on Soi, Sorw, and Sorg in Hydrophilic and Hydrophobic Linear Networks 
1. Effect of AR on Soi  
20 µm depth hydrophilic and hydrophobic linear pore networks of ARs ranging from 
1.97 to 60.16 were used in this set of experiments. As can be seen in Figure 3, in all the 
hydrophilic chips, 100% of the bulk water was displaced by oil regardless of the AR after 
the oil saturation; whereas in the case of hydrophobic chips, as the AR increases from 
1.97 to 60.16, the Soi decreases from 100 %PV to 77.7 %PV. The two insets in Figure 3 
show two pores each of AR 60.16 hydrophilic and hydrophobic linear pore networks at 
Soi.  
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Figure 3: Soi in 20 µm depth hydrophilic and hydrophobic linear pore networks  

 
2. Effect of AR on Sorw  
The chips from previous step (at Soi) were waterflooded to reach irreducible oil 
saturations (Sorw). As can be seen in Figure 4(a) and 4(b), similar semi-logarithmic 
relationships exist between Sorw and AR in both hydrophilic and hydrophobic linear 
networks. Capillary number (Nca) was calculated using the equation below: 

𝑁𝑐𝑎 =
𝜇𝑣

𝜎 cos 𝜃	

Where: 𝜇 is the viscosity of water phase, 𝑣 is the fluid velocity in-situ, 𝜎 is the interfacial tension 
(IFT) between water and oil phase, and 𝜃 is the contact angle. 
Based on the three-phase contact lines observed in the pores, contact angles of 20o and 
100o were used for hydrophilic and hydrophobic networks. The n-decane/water IFT was 
52 mN/m.  Inferring from the trends of AR vs. Sorw and Nca vs. Sorw, under the same 
injection rate, the observed increase in the Sorw with higher ARs may be due to the 
decrease in the displacing fluid velocity in the larger pores.  
 

  
(a) Hydrophilic  (b) Hydrophobic 

Figure 4: Effect of AR and Nca vs. Sorw in 20 µm depth linear pore networks 
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3. Effect of AR on Sorg  
The previously waterflooded chips (at Sorw) were then gas flooded to reach irreducible oil 
saturations (Sorg). As can be seen in Figure 5, hydrophilic and hydrophobic chips 
exhibited similar trends and Sorg values at higher ARs (23.94 and 60.16); however, at low 
ARs (1.97, 5.83, and 11.87), hydrophilic chips achieved significantly lower Sorg 
compared to hydrophobic chips.  

 
Figure 5: Effect of AR on Sorg in hydrophilic and hydrophobic linear pore networks 

 
In hydrophilic networks, water is the most wetting fluid, so gas as the most non-wetting 
phase displaces oil more effectively resulting in lower residual oil saturation; In 
hydrophobic networks, oil is the most wetting fluid so gas displaces water more 
effectively resulting in higher residual oil saturation. However, when AR’s are higher 
(exceeding 11.87 in this study), the difference becomes negligible indicating an 
additional effect from AR which takes effect only at higher AR’s. 
 
Effect of channel depth on Soi, Sorw and Sorg in hydrophilic and hydrophobic linear 
pore networks 
Chips with same ARs but different channel depth (40 µm) were used in this set of 
experiments. Table 2 shows the oil saturations at different stages of the experiments (Soi, 
Sorw, Sorg). 
 
Table 2. Soi and Sorg (%PV) in 40 µm depth linear pore networks 

 

 Hydrophilic Chip Hydrophobic Chip 
Aspect 
Ratio 

Soi 
(%PV) 

Sorw 
(%PV) 

Sorg 
(%PV) 

Soi 
(%PV) 

Sorw 
(%PV) 

Sorg 
(%PV) 

23.94 84.5 34.8 6 92.1 2 0.3 
11.87 94.2 5.5 2 90.4 0.9 0.9 
5.83 88.6 2.4 4.5 99.7 0 0 

 



SCA2018-063 7/9 
 

 
Figure 6 (a) and (b) show the comparison of oil saturations at each state between 20 µm 
and 40 µm depths at different ARs. For hydrophilic chips, the depth did affect the initial 
oil saturation. However, for hydrophobic chips, both depths showed same initial 
saturations, while 40 µm depth hydrophobic chips exhibited significantly lower residual 
oil saturations post waterflooding and gas flooding. 
 

  

  

  
(a) Hydrophilic (b) Hydrophobic 

Figure 6: AR vs. Soi, Sorw, and Sorg in 20 µm and 40 µm depth linear pore networks 

Uniform Pore Network 
Same waterflooding and gas flooding experiments were also conducted on uniform 
networks with different ARs and wetting conditions, and 20 µm channel depth. 
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Effect of AR on Sorw, Sorg and Sg  
As shown in Figure 7(a), no clear trend was observed between AR on Sorw for hydrophilic 
uniform pore network chips. In the linear pore networks, residual non-wetting phase 
saturation only occurs due to snap-off phenomenon whereas in the uniform pore 
networks, the trapping can also occur via other modes such as mentioned in pore doublet 
model and dead-end model [9]. 
Similar to hydrophilic uniform pore network chips, no clear trend was observed between 
AR on Sorw for hydrophobic uniform pore network chips. The Sorw range of the 
hydrophobic chips (i.e., 72 to 57 %PV) is considerably higher than the range of the 
hydrophilic chips (i.e., 41 to 51 %PV). Unlike in the case of waterflooding, there exist 
semi-logarithmic relationships (as shown in Figure 7(a) between Sorg and AR in the case 
of hydrophilic and hydrophobic uniform pore networks. As shown in Figure 7(b), linear 
trends were observed between AR on Sg in both hydrophilic and hydrophobic uniform 
pore network chips.  
 

  
(a) AR vs. Sorg and Sorw (b) AR vs. Sg 

Figure 7: Effect of AR on saturations in uniform pore networks 
 

In gas flooding, as the AR increases, Sorg in hydrophilic and hydrophobic chips become 
closer which implies AR has equal or even stronger influence on Sorg compared to the 
effect of wettability. 

CONCLUSIONS  
• Aspect ratio has significant effects on oil saturations at different stages of the 

experiments (Soi, Sorw, and Sorg) in linear pore networks. In general, higher aspect 
ratio results in higher residual oil saturations after water and gas flooding. 
Calculations of capillary numbers (Nca) confirmed that the effect may be due to 
the reduction of injection fluid velocity in larger pores at higher aspect ratios. 

• Depth has a significant influence on the pore-scale residual fluid saturations. For 
hydrophilic chips, the depth did affect the initial oil saturation. However, for 
hydrophobic chips, both depths showed same initial saturations, while 40 µm 
depth hydrophobic chips exhibited significantly lower residual oil saturations post 
waterflooding and gas flooding. 



SCA2018-063 9/9 
 

• For uniform pore networks, both hydrophilic and hydrophobic networks showed 
strong semi-logarithmic relationships between AR and residual oil saturation after 
gas flooding (log AR vs. Sorg) and linear relationships between AR and Sg. 

• For uniform pore networks, the results indicated higher gas saturation (Sg) at 
lower aspect ratios with smaller pore sizes; the high gas saturation contributed to 
increased oil recovery (lower residual oil saturation) post gas flooding. 

• By comparing residual oil saturations post water and gas flooding in uniform 
networks, it shows that at higher aspect ratios, the difference between Sorw and 
Sorg becomes narrower, indicting less incremental potential for immiscible gas 
EOR. 
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ABSTRACT 
The wettability of carbonate rocks is influenced by sulphate ion concentration in 
formation water. Furthermore, sulphate promotes an increase of oil recovery acting as a 
catalyst to wettability alteration reaction during low-salinity waterflooding. In 
spontaneous imbibition tests, oil recovery increments could be observed only above 
100°C. Also, capillary forces are dominant in imbibition mechanism, although in 
coreflooding experiments, viscous forces are higher than the capillary ones. So this paper 
proposed an investigation of low salinity injection in displacement tests using two 
temperatures based on Brazilian pre-salt reservoirs (65°C e 110°C). As an attempt to 
further understands the mechanism behind the presence of initial sulphate four tests were 
performed with two pairs of rocks. The samples used in this work were dolomite 
outcrops. Experiments were conducted two times in the same pair of rocks changing only 
the sulphate concentration in correspondent formation water. A sequence of three brines 
was injected, starting with sea water followed by two diluted brines (two times and ten 
times diluted). The injection of twice diluted seawater after seawater flood resulted in 
gains of 2.8 up to 8.2% of OOIP. A trend in oil recovery anticipation was observed at 
experiments with a higher concentration of sulphate in the formation water. The final 
recovery was around 50% and temperature dependence was observed for the tests carried 
out.  In addition, sulphate adsorption was observed by the analysis of effluents by ion 
chromatography. These results indicated that carbonate reservoirs with lower 
temperatures could be potential candidates to low salinity water injection.  This paper 
contributes to a better understanding of the sulphate influence in oil recovery and it is 
relevant to lab-scale experiments validation. 
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INTRODUCTION 
Exploration and characterization of carbonate reservoirs has many technical challenges.  
Recently, with the introduction of low salinity waterflooding in carbonates, different 
researches have shown that initial sulphate present in the rock may be relevant for 
understanding the mechanism behind the additional oil recovery through wettability 
alteration [1, 2]. 
Studies contemplating the mechanism of wettability alteration in carbonates are recent [1] 
and dynamic tests dated the later years, one example is the research presented in 
reference [3]. Understanding the behaviour of oil production after low salinity water 
flood is crucial to validate its effects and to compare it as an alternative to desulphated 
seawater, commonly injected in Brazilian offshore fields. 
In the wettability alteration mechanism proposed by Austad in reference [1], magnesium 
and calcium ions are involved in the reaction that removes the polar compounds adsorbed 
on the rock surface responsible for the oil wetness condition. In addition, according to 
this mechanism, the sulphate ion acts as a catalyst to improve these reactions playing a 
key role in the wettability alteration process.  
For the wettability alteration mechanism to occur, the potential determining ions (PDI`s) 
Mg2+, Ca2+ and SO4

2- must have access to the rock surface. Fathi et al. in reference [4] 
discussed that these active ions have better access to carbonate surface if there are fewer 
inactive ions (Na+ and Cl-) in the double surface layer. This can occur if the density of 
this ions decreases or if the concentration of PDI`s increased in the injected water.  
Figure 1 exhibits the effect of non-active ions depletion in the injected water. In high 
saline water, a large amount of ions Na+ and Cl- is present in the double layer. If the ionic 
density decreases in the double layer, the active ions (PDI`s) will have better access to the 
positively charged of carbonate surface, increasing the imbibition rate and oil recovery 
[4].   

 
Figure 1 - Schematic illustration of the wettability alteration mechanism at carbonate surfaces. Effect of 

non-active ion depletion, adapted from reference [5].  

Several efforts have been done regarding low salinity effect and the main mechanism 
behind the method in carbonate rocks. Based on the wettability alteration mechanism 
proposed by Austad in reference [1], the PDI`s could have relevance in relation to the 
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affinity with the rock surface. Different approaches have been carried out to investigate 
the shock salinity, brine concentration and dissolution effects.  
The anhydrite is one of the most intriguing research points when it comes to an 
understanding the phenomena involved in the injection of low salinity water. Because it 
contains the sulfate ion, the effects of its presence in the recovery increments were 
investigated. In reference [6] the authors hypothesized that the dissolution of the 
anhydrite would be responsible for the increased production in the study of zeta potential 
change with chalks. Also, Fjelde and Asen in reference [2] reported results of additional 
recoveries when sulfate ion was present in water, even if small. Thus, the possible 
interference of the sulfate in the initial properties of carbonate rocks used in laboratory 
tests motivated part of this work. However, there is no evidence concerning carbonate 
rocks with initial sulphate and their influence on EOR studies regarding low salinity 
waterflooding. 
Considering these approaches, this work aims to understand the role of sulphate and its 
effect on low salinity waterflooding in carbonates. For this, oil recovery tests were carried 
out at two temperatures in the same cores and a water aging method for anhydrite 
precipitation was applied to mimic the effect of the initial sulphate on the rock. The 
suggested method promotes chemical disequilibrium to precipitate calcium sulphate 
(anhydrite) at 110°C, given that the solubilisation of the salt decays with increase in 
temperature. 
 
 
PROCEDURES 
To study the effect of initial sulphate on oil recovery in carbonate reservoir, several 
activities were carried out to mimic reservoir wettability and water/oil saturation 
conditions. The carbonate rocks samples were outcrops of dolomites from the Thornton 
Formation, USA. According to semiquantitative X-Ray Diffraction (XRD) analysis, the 
Silurian outcrop rock is mainly dolomite with no clay or anhydrite evidence. The first 
step in the sample preparation was cleaning it with solvents to remove salts and any 
possible impurities, and after that a routine of petrophysics measures was carried out and 
summarized in Table 1. 

 
Table 1 - Rock properties. 

Sample D (cm) L (cm) Dry weight (g) κ (mD) Φ (fr)  

GB1 3.36 4.64 123.01 309.6 0.154  

GB2 3.36 4.73 127.75 164.2 0.142  

GB9 3.36 3.79 136.97 81.7 0.119  

GB15 3.36 3.80 126.53 274.1 0.168  

 



SCA2018-064  4/9 
 

The oil sample used was a representative specimen of a pre-salt reservoir. The density 
under the test conditions, SARA chemical analysis and the acid number were determined 
and summarized in Table 2. 
 

Table 2 - Crude oil composition. 
Asphaltenes 

(%) 
Resins 

(%) 
Aromatics 

(%) 
Saturates 

(%) 
TAN, mg/g 

KOH 
Density, 

g/cc 
Viscosity, 

cP 
1.57 16.68 5.59 76.15 0.055 0.863 13.9 

 
Brine sequences were selected based on the variation of seawater concentration. The 
brines used was: formation water (FW), formation water with initial sulphate (FWIS), 
seawater 2 times diluted (SW2D) and seawater 10 times diluted. The composition and 
salt concentration of each brine used in this work are indicated in Table 3. 
 
 

Table 3 - Ionic composition, total dissolved solids (TDS) and ionic strength of the brines used in the tests. 
Ion (mg/L) FW  FWIS SW SW2D SW10D 

Na+ 58006 58448 10758 5379 1075.8 
Li+ 126 126 0 0 0 
K+ 3984 3984 399 199.5 39.9 

Ca2+ 8930 8930 412 206 41.2 
Mg2+ 393 393 1283 641.5 128.3 
Ba2+ 2.8 2.8 0 0 0 
Sr2+ 118 118 8 4 0.8 
Br- 320 320 67 33.5 6.7 
Cl- 110519 110519 19353 9676.5 1935.3 

SO4
-2 80 1001 2712 1356 271.2 

HCO3
- 55 55 105 53.76 10.5 

Ion Strength (mol/dm3) 0.337 0.339 0.07 0.039 0.007 
TDS (mg/L) 182.5 183.9 35.1 22.9 3.5 

 
To mimic the initial sulphate present in the core, a methodology was applied to prepare 
the samples. The procedure was initiated by promoting a saturation of 100% of the 
sample using FWIS. To further guarantee the anhydrite precipitation, the cores saturated 
with FWIS were aged in a pressurized vessel at 110°C for 24 hours. 
To minimize the parameters of test an initial water saturation (Swi) of 10% was 
stablished for all the samples. To perform this preparation, it was applied the procedure 
described in reference [7]. According to this methodology, the rocks were saturated with 
the 10 times diluted FW and achieved the Swi through evaporation. Finally, the rocks in 
Swi condition were placed in individual hermetic containers for 3 days to allow internal 
fluids redistribution. 
The rocks were saturated with oil after achieving the Swi condition. The samples were 
placed in core holders and a vacuum pump was connected for 5 minutes ‒ the vapor 
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pressure of water was respected, so it was assumed the maintenance of the initial water 
saturation. At 50°C, 2 porous volumes of oil were flowed through the samples in each 
direction. The rocks completely saturated were disposed inside an oven at 110°C. The 
aging lasted 2 weeks in order to get rocks more oil wet. 
Four tests were designed in order to study the effect of the initial sulphate on dolomite 
cores. The research variables were defined as: salt concentration on the injected solutions, 
temperature and initial sulphate concentration on the rock. The experimental planning can 
be seen in Table 4 and was coded as follows: index T indicates test temperature and the 
letter S indicates that FWIS was used to saturate the samples. 
In previous experiments with carbonates on our laboratory, the author [8] adopted the 
bump flow method: after the injection at a constant flow of 0,1 cm³/min, the flow rate 
was increased by a factor of four. The author observed a higher production than the 
commonly obtained for sandstone. The difference in residual oil saturation (Sor) 
observed in [8] for carbonate reservoir rocks were between 9% and 15,8% OOIP - when 
raising flow rate and consequent capillary pressure increase. The capillary desaturation 
curve (CDC) for carbonates differs from the sandstone ones, increases in capillary 
number result in a considerably lower Sor. So, for these experiments, we did not adopt 
bump flow. 
The  rock samples were investigated in pairs. In all experiments the coreflooding 
sequence starts with SW, then it was switched for SW2D as tertiary mode and in ultimate 
mode was injected SW10D. Four porous volumes of each brine were injected at 0.1 
ml/min and this flow rate was constant throughout all experiments. A pressure gauge 
measured the differential pressure while the experiment was performed. The effluent 
production of one of the tests was collected for ion chromatographic analysis. The 
experimental conditions were the same for all tests besides petrophysical parameters. 
 
 
Table 4 - Experimental planning of tests and the rock samples used in each one of them. Also, the sequence 

of brines injected. 

Test Code Sequence Rock Pair 

T65 S2: SW -> SW (2x dil) -> SW (10x dil) GB1-GB15 

T65-S S2: SW -> SW (2x dil) -> SW (10x dil) GB1-GB15 

T110 S2: SW -> SW (2x dil) -> SW (10x dil) GB2-GB9 

T110-S S2: SW -> SW (2x dil) -> SW (10x dil) GB2-GB9 

 
 
RESULTS 
Four corefloods were performed, and the results are plotted in the following images. The 
graphs show the oil production (percent of original oil in place, %OOIP) against the pore 
volume injected (PVI), the differential pressure (Psi) was plotted in the secondary axis. 



SCA2018-064  6/9 
 

In order to minimize different conditions between the tests, the number of porous 
volumes injected was standardized in four. If the criteria of 4 PVI had already been 
reached and there was an important recovery of oil, the production was expected to 
stabilize for at least 3 measurements (0.3 PVI).  
Figure 2(a) shows the result of the oil recovery from a dolomite core evaluated at 65°C 
and without initial sulphate. The seawater injection shows a recovery of 49.7% of OOIP. 
In tertiary mode, an additional of 4.3% OOIP was achieved and 0.8% OOIP was 
recovered with the SW10D. A second coreflood was performed at 110°C in order to 
evaluate the temperature effect under the same scheme of injection. Figure 3(a) shows 
that SW produced 41% of OOIP followed by 8.2% and 2.0% of OOIP with SW2D and 
SW10D respectively.  

 

Figure 2 - Oil Recovery of dolomite evaluated at 65°C, (a) core without initial sulphate (Swi using FW), 
(b) core with initial sulphate (Swi using FWIS). 

After concluding the coreflooding in the samples without initial sulphate, the cores were 
cleaned with solvents and prepared using FWIS in order to mimic the presence of initial 
sulphate in the cores.  Figures 2(b) and 3(b) shows the effect of initial sulphate on the oil 
recovery evaluated at the same temperature conditions. For the samples with initial 
sulphate the seawater injection recovered around 50% of OOIP in both temperatures 
evaluated.  

 

a b 

a b 
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Figure 3 - Oil Recovery of dolomite evaluated at 110°C, (a) core without  initial sulphate (Swi using FW), 
(b) core with  initial sulphate (Swi using FWIS). 

 
 
DISCUSSION 
The results show an important recovery with the seawater injection, up to 40% OOIP in 
all cases. The final oil saturation was between 51.2% and 54.8% for the 4 tests 
performed. The twice-diluted seawater (SW2D) injection promoted a significant recovery 
in all test, from 2.8% to 8.2% of OOIP.  These increments can be attributed to the salinity 
depletion. The use of a brine with a half concentration of salt resulted in more access to 
the rock surface by active ions, once there are fewer non-active ions in the double surface 
layer [4].  
Negligible amounts of oil were obtained at ultimate recovery due to injection of seawater 
ten times diluted. In this condition the large reduction in total concentration of ions 
provided also significant depletion of PDI`s,  
Comparing the two tests performed at 65°C (Figures 2(a) and 2(b)) it is possible to 
observe the same trend of recovery with the seawater injection, less than 1% of OOIP 
difference between them. The seawater two times diluted showed an increase on oil 
recovery in both cases.  The final recovery of these two tests was very close, around 54% 
of OOIP. As is noticed in the Figures 2(a) and 2(b), there is no evidence of additional 
recovery linked to the presence of initial sulphate in the core at 65ºC.  
The effect of initial sulphate could be noticed in the experiments performed at 110ºC. 
Figure 3b shows an oil recovery of 49.6% of OOIP in the core with anhydrite presence.  
These results represent an increase of 8.6% of OOIP compared to the core without initial 
sulphate (Figure 3(a)). Also, due to the presence of anhydrite, is possible to observe an 
increase in the production rate. Although the ultimate oil recovery reach close values, the 
production plateau achieved around 6PVI for T110-S instead of 11PVI in T110. 
In order to investigate the affinity of sulphate in the rock surface, effluents from test T65 
were analyzed by ion chromatography. Figure 4 shows the sulphate concentration along 
the coreflooding at 65ºC. It is possible to observe an adsorption of sulphate while SW is 
flooded. In Figure 4 the concentration of effluents goes below the baseline of the 
seawater relative concentration of sulphate (red line). After changing the brine, there is 
still some adsorption taking place in the core, which may be linked to the wettability 
alteration mechanism releasing extra oil. With the last injection, there is a reduction in the 
sulphate concentration, which indicates the anhydrite desorption, therefore, there is 
negligible or none additional oil produced with this brine concentration. 
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Figure 4 - Sulphate chromatographic analysis of the effluents for the test T65. Red baseline – sulphate 
concentration of SW, Blue baseline - sulphate concentration of SW2D and Green baseline – sulphate 

concentration of SW10D. 

 
 
CONCLUSION 
The sulphate ion is one of the potential determining ions based on wettability alteration 
mechanism and it plays a key role in the low salinity injection on carbonates rocks as 
dolomite. The following aspects could be observed in this work: 
- The depletion of total salt concentration of seawater shows an increase on oil recovery 
of 2.8% to 8.2% of OOIP for two times diluted seawater. 
- Additional oil recovery due to the presence of initial sulphate in dolomite rocks shows 
temperature dependence. An increment of less than 1% of OOIP was observed at low 
temperature (65ºC), while an increment of 8,6% of OOIP was observed at 110ºC. 
- The presence of initial sulfate in dolomite rocks can contribute to increase the oil 
recovery during low salinity waterflooding strategies, showing better results at high 
temperatures. 
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ABSTRACT 
The complexity of carbonate reservoirs necessitates having a consistent approach in 
defining rock types. Core data on a rock-type basis is required as input for modelling 
reservoir performance. The objective of this paper is to evaluate carbonate rock types 
based on porosity (type), permeability, capillary pressure, textural facies and diagenesis.   
 
Over 1000 core plugs were studied from 7 different carbonate reservoirs across the 
Middle East region. The plugs were carefully selected to represent main property 
variations in the cored intervals. The data set available included laboratory-measured 
helium porosity, gas permeability, thin-sections and high-pressure mercury injection. 
Plug-scale X-ray CT imaging was acquired to ensure the samples were free of induced 
fractures and other anomalies that can affect the permeability measurements. Rock 
textures/facies were analyzed in the thin-section photomicrographs and were classified 
based on their content as grainy, muddy and mixed. Special attention was given to the 
diagenesis effects mainly compaction, cementation and dissolution. Porosity was defined 
as interparticle, intercrystalline, moldic, intraparticle or vuggy.  
 
The texture information was plotted in the porosity-permeability domain, and was found 
to produce three distinct porosity-permeability relationships. Each texture gave unique 
poro-perm trend. Rock types were defined on the poroperm trends, and showed strong 
link to the capillary pressure. For each poroperm trend, the rock types were distinguished 
by detailed Dunham textures and different degrees of diagenesis. Detailed textures and 
diagenesis were correlated reasonably well with the poroperm data and MICP. 
  
A new rock typing approach is presented in this research study. Carbonate rock types 
were successfully classified based on rock porosity, permeability, capillarity and textural 
facies. Conclusive porosity-permeability relationships were obtained from textural rock 
properties and diagenesis, which were linked to rock types using Pc and PTSD curves. 
The texture-diagenesis based rock types provide more insight into the effects of geology 
on fluid flow and saturation. Geological textures/facies can be derived along cored 
intervals, which give upscaling options for permeability and rock types in the reservoir. 
 
INTRODUCTION 
Reservoir rock types (RRT) can be defined based on combined petrophysical properties 
and geological descriptions [1]. The petrophysical properties may include measurements 
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from porosity, permeability as well as mercury-derived drainage capillary pressure (Pc) 
and pore-throat size distribution (PTSD) curves. Geological descriptions are normally 
obtained from thin-section photomicrograph analysis, which aim at defining pore 
systems, textures, facies, diagenesis and depositional environment. In carbonates, it may 
not be straightforward to establish reservoir rock types due to reservoir heterogeneity. 
The rock types may not be sharply distinguished but broadly delineated and possibly 
overlapping, and hence sorted by their common characteristics or traits.   
 
To achieve unique rock types, carbonate rocks should be classified based on their 
contents and pore geometries. The content can be revealed from rock micro-structure 
(texture), which can be described from the thin-section photomicrographs. Carbonate 
micro-structures may be classified as grainy, muddy or mixed [2]. Grainy carbonate 
contains grains only. Muddy carbonate contains matrix only (mud). Mixed carbonate 
contains both grains and matrix. In all the three classes, the effects of dissolution, 
cementation and compaction (i.e. diagenesis) should be considered. In this perspective 
the Dunham [3] textural classification of grainstone, rudstone and boundstone, for 
instance, would fall into the grainy class, while the mudstone and wackstone would fall 
into the muddy classification. Packstones and floatstones would then fall into the mixed 
texture category. On the other hand, the pore geometry could be defined based on 
porosity (pore) type and pore-throat size distribution (PTSD). The porosity type could be 
interparticle, intraparticle, intercrystalline, moldic or vuggy. A heterogeneous reservoir 
rock may have more than one of these pore types. The PTSD curve can be obtained from 
high-pressure mercury injection (MICP) experiments and can be used to enhance the 
description of the rock types by assigning cut-offs for porosity and pore-throat sizes for 
similar facies. 
 
In our previous study [4], helium porosity and gas permeability data were fitted into three 
unique trends. The different trends were established based on the different textures 
whereas the extent of the trend was controlled by diagenesis processes (e.g. cementation, 
compaction and dissolution). 
 
In this research, we studied the rock types of the samples within each texture (poroperm) 
trend. The rock types (along each poroperm trend) were identified based on the link 
between the sample detailed Dunham texture, diagenesis and capillary pressure.  
 
ROCK TYPING APPROACH 
Figure 1 gives an overview of the rock typing approach followed in this work.  
 
Plug-Scale X-Ray CT 
The samples (1.5” diameter plugs) were first cleaned with hot solvents in soxhlet for 
helium porosity and gas permeability measurements. Then they were imaged by Dual-
Energy X-ray CT scanning to ensure the samples are free of induced fractures and other 
anomalies that may affect the permeability data. Without the plug-scale CT image it will 
not be possible to obtain conclusive poroperm trends based on textures. Dernaika et al [5] 
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studied the effects of fractured samples on the porosity-permeability relationships, and 
showed how mud-dominated samples can yield permeabilities higher than the true values 
by several orders of magnitude. The CT images were also used to select representative 
thin-section and MICP trims. This is a crucial requirement in heterogeneous reservoirs 
where heterogeneity can have dramatic effects at the centimeter scale. Figure 2 is an 
example of this case where a color-scale plug CT image is shown in the middle with two 
end trims. The plug porosity and permeability are 20% and 1mD, respectively. End trim 1 
gave very different geological and petrophysical data in comparison with the data from 
end trim 2. This is demonstrated with the acquired thin-section photomicrographs and 
mercury-derived poroperm data and PTSD curves. This analysis shows the importance of 
the plug-level CT images for acquiring representative measurements.  
 

Plug	X-ray	CTPoroPerm Thin-section MICP

• texture
• pore	types
• grain	size
• cementation
• compaction
• dissolution

Pc &	PTSD

Texture-based	PoroPerm	trends

Texture-Diagenesis	 based	RRT's	(integration with	MICP)

Rock	Typing

• CT	texture
• fractures
• anomalies

 
Figure 1 Workflow of the Rock Typing approach followed in this study  
 

 
Figure 2 In the middle is shown a color-scale plug CT image with 20% porosity and 1mD. End trim 1 was cut from the 
right end of the plug and gave very different geological and petrophysical data from the end trim 2, which was cut from 
the left side. This shows the importance of the plug CT image.  
 
Texture-Based Porosity-Permeability Trends 
The key step in rock typing is the classification of the porosity-permeability data based 
on textures. In [4], we demonstrated how the samples could be grouped in three different 
poroperm trends under grainy, mixed and muddy textures. Figure 3 depicts the texture-
based poroperm trends for all the representative samples from all the seven reservoirs. 
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The plugs were selected using a well-established statistical sample selection procedure 
based on high-resolution dual energy CT imaging and CT textural analysis [5,7,8]. 
Detailed analysis was given on the effects of textures on fluid flow with emphasis on the 
effects of diagenesis on the variation of porosity and permeability within each trend. 
Figure 4 depicts the conceptual model of the porosity-permeability relationship with 
texture. It is important to realize that as we move from the muddy texture to the grainy 
texture (at the same porosity), permeability and grain size increase; whereas micrite 
content and surface area decrease. It is also normally true that (at the same porosity) and 
as we move from the muddy to the grainy texture the pore size increases while the 
number of pores decreases. These variations in textures and the resultant pore system 
would have direct effects on the flow characteristics and capillarity in the reservoir. In 
grainy samples the medium of flow is between grains while in the muddy samples the 
flow occurs in the mud. In mixed texture samples the flow occurs between the grains and 
in the mud. 
 

  
Figure 3 Texture-based poroperm trends for all                Figure 4 Texture-Diagenesis PoroPerm Diagram 
samples in the seven different reservoirs 
 
Integration with MICP 
Figure 5 shows examples from the effects of texture on Pc and PTSD curves. The texture 
effect is given for high porosity (around 25%) and low porosity (around 10%) samples 
(different diagenesis: here cementation). There is almost one order of magnitude 
difference between the different textures at the same porosity. The grainy samples are 
characterised by larger pore throat size, lower entry pressure and higher permeability. 
Initial water saturation (Swi) may not always be linked to permeability or texture in 
carbonates. It is dependent on the Pc level as well as the percentage of the smallest pores 
in the rocks [6]. In figure 5, for instance, the high-porosity muddy samples have lower 
Swi values (at high Pc) compared to the grainy and mixed texture samples because the 
mixed and grainy samples have more pore-throat fractions below 0.1micron as can be 
seen in the corresponding PTSD plots. Figure 6 shows the effect of porosity (diagenesis) 
on the Pc and PTSD curves for each texture. These plots demonstrate the influence of 



SCA2018-065 5/9 
 

texture and diagenesis on petrophysical properties, hence confirming the importance of 
texture as a fundamental tool for rock typing. 
 

(a) low porosity (~10%)     (b) high porosity (~25%) 

 
Figure 5 Effect of texture (depositional environment) on Pc and PTSD (a) at low porosity and (b) at high porosity 
 

 
Figure 6 Effect of porosity (diagenesis) on the Pc and PTSD curves for the three textures 
 
CARBONATE ROCK TYPES 
The rock types were established along the main texture (poroperm) trends: grainy, mixed 
and muddy. The rock types were identified based on detailed Dunham textures and 
different diagenesis processes (e.g. leaching, cementation, compaction). The different 
rock types were correlated reasonably well with the poroperm data and the MICP-derived 
Pc & PTSD curves. Figure 7 to figure 12 give the summary of the main rock type 
characteristics found in the seven carbonate reservoirs under study. Each figure shows all 
the rock types within single Dunham texture classification along with their poroperm data 
and representative Pc & PTSD curves in addition to a representative thin-section 
photomicrograph from each rock type group. The Pc curves are plotted in a semi-log 
format to show the capillarity behavior clearly. The mercury-derived Pc was converted to 
oil-water fluid system using interfacial tension of 32 mN/m and contact angle of 30 
degrees. The thin-section photomicrographs are shown in the same order as given in the 
legend of the figures. Within each rock type, all samples show consistent MICP and thin-
section information but we only show single representative data to avoid crowd plots.  
 
Figure 7 and figure 8 show the grainy limestone rock types from grainstone and Rudstone 
textures, respectively. In figure 7, there are 3 grainstone rock types with different degrees 
of cementation. The poroperm data are plotted with the main grainy trend and show 
higher values than the average trend. The presence of cement largely affected the 
poroperm characteristics and the corresponding Pc & PTSD curves. It is seen that the 
percentage of microporosity increases with cementation. The microporoity in these rock 
types is coming from micritization in the grains. In figure 8, five rock types were 
identified, mainly from the Rudstone texture. The rock types show very heterogeneous 
PTSD curves due to large variations in grain sizes and pore sizes with different diagenetic 
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footprints such as leaching and cementation. The best quality rock is the rudstone-to-
boundstone texture while the poorest quality rock is the cemented rudstone. Two rock 
types were seen from the rud/bound-to-floatstone with higher percentage of floatstone in 
the rud/bound to floatstone 2 as labelled in the corresponding legend in the figure. One 
more rock type was seen in this group, which is the rud-to-grainstone texture with 
intraparticle porosity. The rud-to-boundstone RRT show a main PTSD peak at around 
100microns (~1000mD). The cemented rudstone rock type gives wide PTSD, while the 
rest of the rock types show bimodal PTSD. 
 
Figure 9 gives 4 dolomitic RRT’s with different degrees of leaching and compaction. The 
poroperm data are seen lower than the average grainy trend. The rock types show narrow 
and uniform PTSD curves. 
 

 
Figure 7 Grainstone 3 RRT’s: representative MICP curves and thin-section photomicrograph are given for each RRT 
 

 
Figure 8 Rudstone 5 RRT’s: representative MICP curves and thin-section photomicrograph are given for each RRT 
 

 
Figure 9 Dolomitic 4 RRT’s: representative MICP curves and thin-section photomicrograph are given for each RRT 
 
Figure 10 and figure 11 show the mixed limestone rock types from packstone and 
floatstone textures, respectively. In figure 10, there are 5 packstone rock types with 
different degrees of leaching, compaction and cementation. The poroperm data are 
plotted with the main mixed trend. The presence of cement and compaction largely 
affected the poroperm characteristics and the corresponding Pc & PTSD curves. Samples 
with less compaction/cementation (i.e. >1mD) show heterogeneous PTSD.  
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In figure 11, three rock types were identified, mainly from the Floatstone texture. The 
main difference in those rock types is related to detailed textural facies with floatstone-to-
boundstone being the best quality with highest permeability range and lowest Pc entry 
pressure. The least quality rock type is the bioturbated floatstone-to-packstone texture. 
The samples show the main PTSD peak less than 1micron. The tendency towards larger 
pore throats is caused due to leaching and presence of boundstone texture. 
 
Figure 12 depicts 5 rock types from the wackstone/mudstone textures. The poroperm data 
and Pc curves are largely influenced by cementation, recrystallization and compaction. 
All the samples have permeability less than 10mD, Pc entry pressure above 10psi (oil-
water) and pore-throat radius below 1micron.   
 

 
Figure 10 Packstone 5 RRT’s: representative MICP curves and thin-section photomicrograph are given for each RRT 
 

 
Figure 11 Floatstone 3 RRT’s: representative MICP curves and thin-section photomicrograph are given for each RRT 
 

 
Figure 12 Wackstone/mudstone 5 RRT’s: representative MICP curves and thin-section are given for each RRT 
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Table below gives summary of the 25 rock type characteristics derived in this study. 
 

RRT  Texture/Diagenesis Porosity 
(%) 

Permeability 
(mD) 

PTSD 
(microns) 

Entry Pc 
(o-w psi) 

Swi@100psi  
(%) 

Grainy Texture 
1 Grainstone 20-30 100-1000 15 0.35 10-15 
2 Grainstone moderately cemented 8-12 25-100 5, 0.5 1 20 
3 Grainstone highly cemented 5 1 1, 0.02 10 50 
4 Rud-boundstone 20-25 1000 100 0.10 5 
5 Rud/bound to float1 25 350 100, 0.5 0.2 5 
6 Rud/bound to float2 15-22 100 30, 0.3 0.5 5 
7 Rud to grainstone 20 35 12, 1 0.6 5 
8 Cemented rudstone 9-16 15 10-0.01 2 20 
9 Porous dolostone 30 1000 10 0.7 2 

10 Leached dolostone 25 200 5 1 2 
11 Less leached dolostone 20 35 3 2.5 2 
12 Compacted dolostone 15 10 1 3.5 2 

Mixed Texture 
13 Leached packstone 25-32 30-90 20-0.1 1 12 
14 Less compacted packstone 20-25 10-20 20-0.1 2 12 
15 Partially leached packstone 15-20 1-10 10-0.1 5 15 
16 Cemented packstone 12-16 0.2-1 1-0.01 20 25 
17 Highly cemented packstone 4-8 0.02-0.1 0.02, 0.003 100 100 
18 Float-to-boundstone 22-28 20-70 5, 0.5 3 2 
19 Float to bound less leached 20-30 20-40 4, 0.5 5 2 
20 Bioturbated float-to-packstone 25 15 0.5 8 2 

Muddy Texture 
21 Leached wackstone 20-30 1-10 0.7 10 2 
22 Partially leached mudstone 20-30 1-10 0.5 10 2 
23 Recrystallized wackstone 13-16 0.3-0.9 0.3 25 8 
24 Cemented wackstone 10-15 0.05-0.3 0.1 50 25 
25 Highly compacted mudstone 5-10 0.03-0.1 0.04 100 100 

 
SUMMARY AND CONCLUSIONS 
Plug samples were analysed from seven different carbonate reservoirs in the Middle East. 
The samples were selected from the cored intervals by statistical methods. The core plugs 
were thoroughly analysed to ensure they were free of induced fractures and other 
anomalies which may affect the laboratory measurements. The sample’s textures were 
classified from thin-section photomicrographs and were plotted in the porosity-
permeability domain. The rock types were identified based on detailed Dunham textures 
and diagenesis. The following can be concluded from the results in this study, 
 
1. Three different textures (grainy, muddy & mixed) were identified in the reservoirs. 
2. Distinct porosity-permeability trends were obtained for the different textures. 
3. The extent of the trends was controlled by diagenesis (i.e. compaction, cementation, 

and dissolution).  
4. The different rock textures gave distinct Pc and PTSD curves.  
5. Clear effects from diagenesis were seen on the Pc and PTSD curves 
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6. Detailed Dunham textures and diagenesis were correlated reasonably well with MICP 
and poroperm 

7. A total of 12 RRT’s were derived from the grainy texture: 3 RRT’s from grainstone 
and 5 RRT’s from Rudstone 

8. A total of 8 RRT’s were obtained from the mixed texture: 5 RRT’s from the 
packstone texture and 3 RRT’s from the floatstone texture 

9. A total of 5 RRT’s were identified from the muddy texture: 3 RRT’s from the 
wackstone texture and 2 RRT’s from the mudstone texture.     
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ABSTRACT 
Enhanced oil recovery (EOR) methods are designed to increase oil recovery after 
secondary, and sometimes primary, recovery.  EOR methods often aim to increase the 
Capillary number (Nc), which represents the balance between viscous and capillary 
forces in the multi-phase-fluid-rock system, either by decreasing the interfacial tension 
(IFT) between oil and water phases (surfactant injection) or by increasing the viscosity of 
the water phase (polymer injection).  Capillary desaturation curves (CDC) show the 
influence of capillary number on remaining oil and hence can be used to study 
displacement efficiency and physical parameter sensitivities relevant to recovery. The 
ability to predict the impact of a particular EOR approach on microscopic sweep 
efficiency for specific rock types can help reduce uncertainty during the planning and 
execution of a project. 
 
In this study CDC’s are generated using digital rock pore-scale flow simulations on a 
Berea sandstone. Two different displacement processes were conducted: continuous and 
discontinuous displacement. The continuous CDC method involves a series of 
waterflooding simulations. Separate simulations are conducted, each with the same initial 
fluid distribution close to irreducible water saturation but at different capillary numbers. 
Remaining oil saturation to waterflood is then measured for each simulation. In the 
discontinuous CDC method an initially small capillary number is simulated for set 
number of injected pore volume.  Then the capillary number is increased in a step-wise 
fashion (bumped) and a new oil saturation is measured for each ‘bump’ in capillary 
number.  Continuous and discontinuous CDC’s are herein compared for two wetting 
configurations, water-wet and oil-wet, using the same digital rock sample. 
 
For the water-wet rock, the critical capillary number (the largest capillary number below 
which the viscous forces no longer affect oil production) was smaller for the continuous 
CDC than for the discontinuous CDC. This observation is consistent with previous 
findings from laboratory coreflood tests indicating that the continuous displacement 
process is typically the more efficient method. For oil-wet rocks it was observed that the 
CDC is a function of injected pore volume because oil continues to be produced as water 
is injected. At low Nc it was observed that oil-wet gives better recovery than water-wet, 
while this trend is reversed at higher Nc. The results of this study demonstrate that the 
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digital rock approach is able to capture sensitive trends such as wettability, history, and 
capillary number effects that occur during water floods. 
 
INTRODUCTION 
During the life of an oil field several production stages may be encountered. In the 
primary recovery stage, oil flows naturally to the wells due to the high reservoir pressure 
underground. Over time the reservoir pressure drops, and secondary recovery may be 
performed, where water or gas are injected to increase pressure and displace more oil. A 
tertiary recovery stage may be able to recover additional oil using Enhanced Oil 
Recovery (EOR) methods [1][2][3]. Results from Special Core Analysis Laboratories, 
such as relative permeability and capillary pressure curves are key inputs to the reservoir 
models used to estimate the recovery efficiency and make economic decisions about a 
reservoir. The ability to assess the impact of variations in viscosity, wettability, IFT and 
flow rate on the reservoir model inputs is essential to understanding and bounding the 
uncertainty of the results from those models. The capillary desaturation curve (CDC) can 
be used to characterize one such sensitivity [4].  
 
A CDC gives the amount of trapped oil as a function of capillary number for a given rock 
sample [4][5]. CDC is strongly affected by wettability with weakly water-wet or mixed-
wet conditions often leading to maximum oil recovery [6-11]. Remaining oil may also be 
affected by whether the displacement process is continuous or discontinuous. It has been 
reported that displacing discontinuous (trapped) oil blobs can be 10 times more difficult 
than displacing continuous oil [5][12].  These effects will manifest themselves in a CDC.  
 
Changes in flow-rate, viscosity and IFT can all be represented by changes in the 
dimensionless capillary number (Nc), which represents the ratio of viscous to capillary 
forces. There are a few common expressions for capillary number [2,13,14]; the 
expression used in this study is  

Nc = 
!!

!"
!

!
      (1) 

 
In Equation (1), kw is the absolute permeability of the water phase, 𝛥𝑃/𝐿 is the pressure 
gradient, and � is the oil/water interfacial tension (IFT). Usually a CDC will reveal a 
critical capillary number (Ncc), such that for Nc below Ncc the remaining oil saturation 
is constant. For Nc above Ncc the remaining oil saturation tends to monotonically 
decrease with increasing Nc, signifying increasing oil recovery. 
 
In this study CDC’s are generated using digital rock pore-scale flow simulations on a 
Berea sandstone. The commercially available DigitalROCK® software is used to simulate 
the water-oil displacement process at the pore-scale. The pore space geometry is obtained 
from a 3D micro-CT image [15,16] and used as input to the multi-phase flow simulation 
solver, which is based on the Lattice-Boltzmann method and validated for a broad range 
of fundamental test cases as well as reservoir sandstones [16-24]. 
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Two different displacement processes were investigated: continuous and discontinuous. 
The continuous CDC method involves a series of unsteady-state relative permeability 
simulations. Separate simulations are conducted, each with the same initial fluid 
distribution (near irreducible water saturation) but at different capillary numbers. 
Remaining oil saturation is then measured for each simulation. In the discontinuous CDC 
method an initially small capillary number is simulated until remaining oil saturation is 
achieved.  Then the capillary number is increased in a step-wise fashion (bumped) and a 
new saturation is measured for each ‘bump’ in capillary number.  Continuous and 
discontinuous CDC’s are herein compared for two wetting configurations, water-wet and 
oil-wet, using the same digital rock sample. 
 
MEASUREMENTS AND PROCEDURE 
Rock Sample Scan 
A small plug of Berea Sandstone was imaged (Figure 1) with a micro-CT scanner using a 
resolution of 2.02um/voxel-edge.  The resulting 3D image of the grains and pore space 
was denoised and segmented using typical image processing techniques including 
contrast enhancement, low-pass filtering and thresholding [25]. A resolved porosity 
ϕ=15.7% was determined, and an absolute permeability of 235mD was obtained from a 
single-phase flow simulation. A cubic domain of size 500x500x500 voxels was used as 
the digital sample in this study. 

 
Figure 1. Berea Sandstone micro-CT: original, denoised, and segmented image slices. 

 
Multi-Phase Flow Simulations - Initial Fluid Distribution and Wettability 
An initial water saturation (Swi) of 10% was chosen for all simulations. A drainage 
process was used to determine the locations of initial water and oil. Then, pore surfaces 
in contact with initial water were assigned a contact angle of 10°, reflecting the strongly 
water-wet nature of surfaces associated with connate water. Pore surfaces in contact with 
initial oil assigned contact angle 30° for the water-wet condition and 150° for the oil-wet 
condition (Figure 2). This strategy emulates the wettability alteration process for fluid-
contacted reservoir rock. The simulated Amott indices were Iw=0.9, Io=0.06 for the 
water-wet condition and Iw=0, Io=0.34 for the oil-wet condition. These Amott indices are 
typical for water-wet and oil-wet conditions, indicating that the choice of contact angles 
is reasonable [26]. 
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Figure 2: (a) Initial distribution of oil [yellow] and water [light-blue], (b) visualization contact angle 
distribution for of water-wet and (c) oil-wet wetting cases [dark-blue: 10°, light blue: 30°, red: 150°] 

 
Multi-Phase Flow Simulations - Waterflooding 
The same digital rock sample with the same initial fluid distribution was used for all 
waterflood simulations throughout this study.  For the continuous oil displacement 
method: 

• Each independent flood was performed at a different pressure gradient resulting in 
a different capillary number.  

• For the water-wet condition, simulations were run to Sor as determined by 
verifying that all remaining oil is trapped and immobile. 

• For the oil-wet condition, the remaining oil saturation is a function of the number 
of pore volumes of water injected, since remaining oil usually does not become 
fully immobilized due to the presence of connected oil films. Therefore, a 
specified volume of water was injected for each flood. 

For the discontinuous oil displacement method:  
• A first flood was performed at a low-pressure gradient.  
• This was followed by multiple stepwise pressure increases.  
• Each increase led to a higher capillary number than previously achieved.  
• For water-wet condition, for each pressure increment, water was injected until no 

further oil was produced and the saturation profile converged in time.  
• In the oil-wet case, pressure was increased after 1 PV water injection, which was 

found to be sufficient to characterize the capillary number dependence. 
 
RESULTS AND DISCUSSION 
Continuous Oil Displacement in Water-Wet Case 
Oil is displaced continuously in each individual flooding test. Remaining oil saturations 
were observed to be constant after injection of 0.7 to 2.5 PV’s of water. For the lowest 
capillary number (2.2E-5) a converged water saturation profile and remaining oil 
saturation was reached after injecting 0.7 PV of water (Figure 3a). For high capillary 
number more PV’s are needed to displace all movable oil. This is due to the higher 
viscous forces present at high capillary number. In Figure 3b, saturation profiles at 
remaining oil saturation along the flow direction are plotted for each capillary number. 

(a)    (b)    (c) 
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3D remaining oil distributions after continuous displacement for each capillary number 
are shown in Figure 4.  These visualizations display oil as gold, water as blue, and solid 
grains are not shown. 
 

 
 

Figure 3: (a) Water saturation as a function of injected water (b) water saturation profile in flow direction 
 

 
Figure 4: Remaining oil distribution after continuous displacement at capillary number (a) Nc = 2.2e-5, (b) 

Nc = 1.2e-4, (c) Nc = 1e-3. 
 
Discontinuous Oil Displacement in Water-Wet Case 
Water is injected at low pressure with Nc = 2.2e-5 and then pressure is increased in steps 
(Figure 5). Before each pressure increase, immobilization of remaining oil saturation was 
confirmed; note that in pore-scale simulations, such convergence can be detected 
accurately and rapidly since the fluid distributions throughout the pore space are known 
precisely at each instant. For some capillary numbers this allowed reduced water volume 
injection compared to typical laboratory tests. Figure 6 shows 3D remaining oil 
distributions after discontinuous displacement for each capillary number. From these 
visualizations one can see locations where oil blobs were mobilized and removed after a 
pressure gradient increase.  
 
Figure 7a shows the CDC curves for both continuous and discontinuous displacements 
under water-wet conditions. The discontinuous CDC shows a higher critical capillary 

(a)    (b)    (c) 

(a) (b) 
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number (Ncc) than the continuous CDC. Both CDC curves eventually merge at high 
capillary number (Nc>6E-4). These observations are consistent with previous studies 
conducted in the laboratory [5][12].  Figure 7b shows the present results plotted together 
with analogous lab test CDC results reported by Chatzis & Morrow on a Berea sample 
[5]; the trends are clearly very similar.   

 
Figure 5: (a) Water saturation vs. pore volume for discontinuous displacement, water-wet. (b) water 

saturation profile in flow direction for discontinuous displacement, water-wet 

 
Figure 6: Remaining oil distribution at capillary (a) Nc = 2.2e-5(lowest), (b) Nc = 1.2e-4, (c) Nc = 6e-4 

(highest) by discontinuous displacement 

 
Figure 7: (a) CDC for continuous (blue) and discontinuous (red) oil displacement, (b) Present CDC results 

compared to lab test results of Chatzis & Morrow [5] 

(a)    (b)    (c) 

(a)    (b)
   

(a)     (b)   
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Continuous Oil Displacement in Oil-Wet Case 
Figure 8a shows water saturation as a function of injected pore volume for continuous 
displacement. As noted previously, for displacement in the oil-wet rock, a final Sor is 
typically not achieved due to ongoing oil production attributed to film flow.  It is 
observed here that, as expected, the remaining oil saturation decreases (oil recovery 
increases) as more water is injected. Figure 8b shows saturation profiles along the flow 
direction at 5PV’s injection volume. Figure 9 shows the corresponding remaining oil 
distribution for similar Nc values shown in Figure 6 (for water-wet). Figure 10 shows that 
the continuous CDC behavior is noticeably different for oil-wet compared to water-wet.  
The oil-wet critical capillary number (Ncc) is around 7.4e-5 and higher than that for 
water-wet. The oil-wet case results in more oil recovery than water-wet at low capillary 
number, but as capillary number increases, the remaining oil behavior changes and the 
water-wet case gives better recovery. These observations are consistent with previously 
published results [7,9,10,27]. Also shown in Figure 10 is the oil-wet CDC for different 
volumes of injected water; as the injection volume increases, the remaining oil decreases, 
as observed in experimental studies [9]. 

 
Figure 8: (a) Water saturation as a function of injected water (b) Water saturation profile in flow direction 

 
Figure 9: Remaining oil after 5PV of water injection for capillary number (a) Nc = 1.8e-5(lowest), (b) Nc = 

1.4e-4, (c) Nc = 3.5e-4(highest) by continuous displacement 
 
 
 

(a)     (b) 

(a)    (b)    (c) 
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Discontinuous Oil Displacement in Oil-Wet Case 
As with the continuous oil-wet case, for discontinuous displacement the stepwise 
pressure increments were applied at predetermined PV’s.  Here 2.5 PVs were injected at 
the lowest capillary number before increasing pressure. All subsequent pressure increases 
were applied after an additional 1 PV of injection (Figure 11). The results show that 
changing the pressure increased mobility of oil, however, it is difficult to distinguish 
recovery due to increased pressure versus recovery due to increased water injection for 
the discontinuous oil-wet CDC. 

 
Figure 10: continuous CDC for oil-wet rock at 
1.5pv, 3pv and 5pv vs water-wet. 
 

 
Figure 11: Water saturation vs. pore volume for 
discontinuous displacement, oil-wet. Pressure was 
increased at 2.5, 3.5, 4.5 PVs. 

 
CONCLUSION 
Using a digital rock physics simulation approach, capillary desaturation curve (CDC) 
behavior was shown for discontinuous and continuous displacement methods for both 
water-wet and oil-wet conditions.  The resulting CDC’s confirm that the critical capillary 
number is larger for the discontinuous CDC method, indicating a less efficient 
displacement process.  It was further shown, that the critical capillary number tends to be 
larger for oil-wet rocks than for water-wet rocks, and that the remaining oil saturation of 
oil-wet rocks tends to be smaller at low capillary numbers.  These results are consistent 
with previously reported results from experimental lab testing. Important trends for 
microscopic sweep efficiency, such as continuous versus discontinuous displacement, 
water-wet versus oil-wet rocks, and low versus high capillary numbers, are correctly 
captured by the simulation approach used herein based on the commercial software 
DigitalROCK.  Such pore-scale sweep efficiency trends are of critical importance in 
assessing the potential for EOR methods to provide incremental oil recovery.  Moreover, 
sensitivity studies allowing an understanding of the impact of key parameter variations 
can be performed rapidly with digital methods. 
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ABSTRACT 
The phenomenology of steady-state two-phase flows in porous media is recorded in the 
conventional relative permeability diagrams. Α simple Darcy fractional flow analysis, 
shows that in steady-state conditions the mobility ratio equals the viscosity ratio. 
Therefore, from every pair of relative permeability measurements we may recover the 
flow rate ratio, r, and the energy efficiency index of the process, fEU. The latter expresses 
a dimensionless measure of the non-wetting phase produced per kW dissipated in pumps.  

A recent, extensive, retrospective examination of relative permeability diagrams [1] 
identified an important process characteristic, the existence of critical flow conditions 
(CFC), whereby process efficiency attains locally maximum values. Fractional flow 
analysis in terms of energy efficiency demonstrate that CFCs define a locus, r*(Ca), on 
the plane of the process’ actual independent variables, the capillary number, Ca, and the 
flow rate ratio, r [2]. To every non-wetting phase /wetting phase /porous medium system, 
there corresponds a single, unique, CFC locus that can be used as reference locus for 
characterizing any flow set-up within the same system. The CFC locus lies within a zone 
delimited by two characteristic r values, whereas the maximum energy efficiency cannot 
attain a value larger than a specific value that is characteristic of the particular fluid 
system. By contriving appropriate normative distances of any flow set-up from these 
characteristic values, it is possible, not only to assess and evaluate the capillary/viscous 
character of that flow, but also to compare different flows in different systems.  

The procedure described above has been implemented on delivering the so-called 
“taxonomic coordinates” of many published relative permeability diagrams. Using these 
coordinates the examined diagrams have been mapped on a two-dimensional, universal, 
classification map. Sparse or densely populated areas in terms of system properties and 
flow conditions are revealed.  

The proposed methodology is a first attempt towards establishing a systematic 
classification of relative permeability diagrams pertaining to different flow set-ups in 
different systems. It may prove useful in building a systematic repository of relative 
permeability measurements, with scope in better understanding two-phase flows in 
porous media and/or improving SCAL protocols. 
 
INTRODUCTION 
Multi-phase flow in porous media is the process of flow of two or more fluids (liquid 



 

/gas) within a pore network structure. In practice different types of multi-phase flows in 
porous media may be classified on the basis of various essential characteristics of the 
associated /examined process. Indicative characteristics -and corresponding 
classifications- are: time evolution (steady-state, unsteady state), system or mixing 
characteristics (saturated or unsaturated, two- or- three-phase flow, miscible or 
immiscible, compressible or incompressible fluids), flow set-up (concurrent, 
countercurrent, fully developed, non-fully developed), inert or with chemical reaction, 
etc.  

The classification may be of qualitative nature, i.e. it may depend on coarsely defined 
properties or characteristics across different scales of observation, e.g. connected 
/disconnected flow, or it can be of quantitative nature, i.e. by evaluating specially 
/appropriately selected characteristic numbers e.g. capillary number, Bond number etc.  

In general, the determination and definition of a characteristic number depends on our 
understanding of the phenomenon, the system or process that we observe. Typical 
examples of characteristic numbers in multi-phase flows in porous media are the capillary 
number or the Bond number. The former compares the magnitude of the viscous forces 
with the magnitude of the capillary forces. The latter compares the magnitude of the 
gravity forces to the magnitude of the capillarity induced forces.  

In a recent work a methodology was proposed for the normative characterization of 
steady-state two-phase flow processes [2]. The methodology is based on exploiting the 
information that is available (or remains in latency) in any steady-state relative 
permeability diagram. With a simple transformation, from every pair of relative 
permeability values, it is possible to recover the corresponding values of the flow rate 
ratio and the energy efficiency of the process -defined as flow rate of non-wetting phase 
(NWP) per kW of total power dissipated. The latter attains a maximum value that, 
together with the corresponding value of the flow rate ratio, comprise a uniquely defined 
pair that can represent the entire data set of the relative permeability diagram. The pair of 
representative values are compared with nominal, system specific, reference values in 
order to characterize the conditions that produced the examined relative permeability 
diagram. Using generalized characteristic numbers, it is possible to compare different 
processes /systems.  

The novelty of the present work relays to implementing the proposed methodology in 
classifying a total of 180 steady-state runs according to the values of two numbers, the 
so-called taxonomic coordinates, over a two-dimensional map. 
 
ENERGY EFFICIENCY ANALYSIS OF STEADY-STATE TWO-
PHASE FLOWS IN POROUS MEDIA 
Consider the simultaneous, one-dimensional concurrent flow of a non-wetting phase 
(NWP) and a wetting phase (WP) across a porous medium control surface, A~ , at flow 
rates equal to nq~  and wq~  respectively. Corresponding pressure differences, are induced 
upon the two phases. The phenomenological (cause-effect) fractional flow Darcy 
relations that describe the steady-state, fully developed process are 
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Note that, in the conventional Darcy formulation pertaining to the description of 
fractional flows, apart from the flow rates and the relative permeabilities, the pressure 
values are also indexed, wnipi ,~ =Δ , to account different pressure values along the 
NWP and WP. Nevertheless, in steady-state conditions, both phases share a common 
macroscopic pressure gradient, ( )zp ~~ ΔΔ , and the n/w indexing may be dropped-out (see 
Appendix I, eqn (I-2), in [2]).  

In general, two-phase flow in pore networks is impeded by a combination of viscous 
and capillary forces. A relative measure of the viscous over the capillary forces is 
provided by the value of the capillary number, Ca, conventionally defined as 
 nw

~~~ γµ= wwUCa  (2) 
where  wµ

~  is the viscosity of the WP and nwγ
~  the interfacial tension between the two 

phases.  
The set of superficial velocities may be appropriately reduced and equivalently 

replaced by a set of dimensionless variables, namely the capillary number, Ca, and the 
N/W flow rate ratio, r, 
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The reduced rate of mechanical energy dissipation within the process, W, can therefore 
be defined as 
 ( )2nw

~~~~ CakWW w γµ=  (4) 
where, the second term in the product is the inverse of the rate of mechanical energy 
dissipation of the equivalent -in terms of superficial velocity- one-phase flow of the WP.  

The efficiency, e~ , of the process is defined as the ratio of the NWP flow rate, 
AUq nn
~~~ = , over the total mechanical power dissipation, W~ ,  

 Wqe n
~~~ =  (5) 

Then, by reducing e~  with the reference energy efficiency Φ1
~e , of the equivalent one-

phase flow of the NWP, the energy utilization factor, fEU, can be defined as a 
dimensionless macroscopic variable, evaluating the energy efficiency of the process in 
terms of the NWP transport per kW spent in the process, 
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In one dimensional, immiscible, concurrent, steady-state two phase flow in porous 
media, e.g. in core flows, for each set of measured relative permeability values, 

( ) ( ){ }wrwwrn SkSk , , the corresponding set of flow rate ratio values, r, and the energy 
utilization coefficient, WrfEU = , can be obtained [2] by the transformation,  
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where 
 wn µµ=κ ~~  (9) 

is the N/W bulk viscosity ratio. 
A recent extensive examination of relative permeability diagrams [1], followed by an 

energy efficiency analysis of the process [2] has identified and proven the existence of 
critical flow conditions (CFCs), i.e. flow conditions ( )Car* , whereby the energy 
efficiency of the sought process, eqn (9), takes locally maximum values. A universal map 
was furnished, illustrating the trends in relative permeabilities and energy efficiency in 
terms of the capillary number, Ca, and flow rate ratio, r (Sections 6.1 & 6.2 in [2]). In a 
follow-up work [3], scaling functions of the flow dependency of relative permeabilities 

( )rCakrn ,  have been proposed. 
According to the findings of these studies, on the high-Ca side of the flow regimes, 

viscosity prevails and the nominal value of the maximum attainable energy efficiency 
(global maximum or ‘ceiling of efficiency’) has been derived considering pure viscous 
flow conditions ( ∞→Ca ) as a function of the viscosity ratio, κ , 
 ( )2* 11 κ+=∞EUf  (10) 

The corresponding value of the critical flow rate ratio is 
 κ=∞ 1*r  (11) 

On the low-Ca side, the critical flow rate ratio, *
0r , increases because capillarity-

related phenomena vis-à-vis the pore network structure are superimposed to viscosity and 
further impede the flow. Correspondingly, process efficiency drops from a maximum 
attainable efficiency index (eqn (10)), to zero (due to immobilization of the non-wetting 
phase). The transition of the CFC locus between these limiting values may be described 
by an appropriate S-shape function that depends on the physicochemical characteristics of 
the N/W/PM system [2]. 

The asymptotic values and the parameters of this S-shape function, provide a unique, 
effective identification characteristic (‘phenotype’) of the associated N/W/PM system that 
may be used as a base reference for comparing and classifying different flow set-ups 
within different systems. These can be used for the normative characterization of the flow 
set-up (in terms of viscosity / capillarity) as well as the effective characterization of the 
pore network (Section 7, [2]). 

Note here that, by reducing the variables with equivalent one-phase flow (saturated) 
variables, the absolute permeability of the porous medium is implicitly taken into 
account. This is similar to defining unconventional oil reservoirs either as light oil or gas 
bearing formations of low absolute permeability (tight formations), e.g. light oil- or gas- 



 

bearing shales or tight sandstones, or high-viscosity oil bearing formations of high 
permeability, e.g. heavy oil sands and bituminous sands.  

Using the analysis just described it is possible to develop a unified classification based 
on essential, effective flow characteristics.  

 
COORDINATES OF TAXONOMIC CLASSIFICATION 
In regular core analysis, a pair of N/W fluids is continuously injected through a core at 
different flow rates. When different i steady-state conditions settle-in, pressure drops and 
corresponding flow rates are measured to calculate the set of relative permeability values 
{ }irwrn kk , . These values, together with the corresponding set of measured saturation 
values { }iwS  are cast into a relative permeability diagram. If the same procedure is 
repeated at different flow conditions a different rel-perm diagram will be formed -even if 
the same N/W/PM system is used. This is so because relative permeabilities show a 
significant dependency on flow rates. One may transform the set of rel-perm data using 
eqs (7) & (8), and from every i-pair of { }irwrn kk ,  values compute a pair of { }iEUfr,  
values. The source and transformed sets of data can be used to cast an extended rel-perm 
and energy efficiency diagram, similar to the diagrams presented in Figure 1.  

In all four diagrams of Figure 1, red squares and blue triangles sharing the same ri-
abscissas mark pairs of NPW and WP relative permeabilities, { }irwrn kk , . (Source data 
have been taken from the work of Avraam & Payatakes [4].) Grey circles mark the 
corresponding energy efficiency values, { }iEUfr, , computed using transformation eqs 
(7) & (8). 

In every diagram, the horizontal, dash-dotted red line indicates a nominal value, *
∞EUf , 

the maximum attainable energy efficiency (the ceiling of efficiency) with that N/W fluid 
system (when pure viscous flow conditions at very high Ca values settle-in); the vertical, 
dashed red line indicate the corresponding nominal value of the flow rate ratio, *

∞r .  
The four diagrams in Figure 1 pertain to flow measurements (laboratory runs) using 

the same glass model pore network. Diagrams on the top and bottom rows [(a)-(b) & (c)-
(d)] share N/W fluid systems with the same viscosity ratios, κ ; therefore they share in 
pairs the same nominal values *

∞r  and *
∞EUf . The left and right column diagrams [(a)-(c) 

& (b)-(d)] share flow conditions with the same Ca values. An extended presentation of 
similar type diagrams can be found in [1].  

From the { }iEUfr,  set of each diagram we may detect/select the point corresponding 
to the maximum value in energy efficiency { }iEUiEU ff max* = . We may then measure 

/compute the logarithmic distance between that maximum and the maximum attainable 
energy efficiency (the ceiling of efficiency) in that N/W/PM system, *

∞EUf , 

 ( ) ( ) ⎥⎦
⎤

⎢⎣
⎡ κ+== ∞∞

2**** 1loglog EUEUEU fffe  (12) 

In the same context, we may also measure /compute the logarithmic distance between 



 

the corresponding flow rate ratio, *r , and the nominal value of the flow rate ratio at pure 
viscous flow conditions (very high values in Ca), *

∞r , 
 ( ) ( )κ== ∞∞

**** loglog rrrd  (13) 
The logarithmic distances, ** , ∞∞ ed , defining the so-called taxonomic coordinates in 

each relative permeability diagram are clearly indicated in Figure 1.  
 

 
 
 
 
 
 
 
 
Figure 1  
Illustration of the 
taxonomy 
coordinates, 

** , ∞∞ ed , estimated 
using eqs (13) & 
(12).  

  krn,     krw,  
  fEU.    
 
 
 
 
 
 
 
 
 

 
To be able to measure /compute these distances, the maximum energy efficiency value 

must be detected first, then followed by the detection of the corresponding flow rate ratio. 
Note, the maximum energy efficiency value cannot always be detected precisely by the 
available { }iEUfr,  set since relative permeability measurements are randomly taken at 
successive intermediate steps of flow rate adjustments. The finer the partitioning in taking 
successive steps of rel-perm measurements, the higher the probability of detecting the 
true local maximum. Good thing is that, because of the structure of the transformation, 
eqs (7) & (8), the near critical ( )** , rfEU  values (approaching the local maximum) can be 
estimated with great accuracy (see Section 3.2.4 in [1]). 
 

 69.1* −=∞e  

 410.0* =∞d  

(a) 

 02.1* −=∞e  

 347.0* =∞d  
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 22.1* −=∞e  

 56.0* =∞d  

(c) 

 62.0* −=∞e  

 55.0* =∞d  

(d) 



 

TAXONOMY OF RELATIVE PERMEABILITY DIAGRAMS 
The methodology described above has been implemented on mapping ~180 relative 
permeability data sets and diagrams over a universal, classification map (Figure 2).  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
Figure 2  Taxonomy classification of ~180 laboratory runs pertaining to steady-state, two-phase 
flows in porous media (some of them are virtual runs). Lab runs taken from the same study are indicated 
with the same marker. Raw data have been taken from [1]. Marked points pertain to diagrams in Figure 1. 

 
The source data have been recovered from 35 published laboratory (including a few 

numerical) studies of steady-state two-phase flow in pore networks, spanning a period of 
7 decades. These 179 laboratory runs, pertain to steady-state flows of different pairs of 
wetting and non-wetting fluids in sand packs, plug cores, glass micro-models and virtual 
pore network models, including computational fluid dynamics (CFD) or lattice-
Boltzmann (LB) simulations (virtual pore network flows), see Table 1. The fluids used in 
the studies were heavy/light oil-brine systems, typical laboratory fluids (decane /brine), 
CO2 etc. Details on the materials and methods used in the relative permeability diagrams, 

Fig. 1(c) 
(0.55, -1.22) 

Fig. 1(d) 
(0.55, -0.62) 

Fig. 1(a) 
(0.41, -1.69) 

Fig. 1(b) 
(0.35, -1.02) 



 

flow conditions and N/W/PM system properties, can be found in [1) & [5]. The report [5] 
is continuously updated as new diagrams are detected /published and incorporated in this 
study. 

For every relative permeability diagram, the pair of { }** , ∞∞ ed  values is computed and a 
corresponding point is marked in the 2D classification map (Figure 2). Sparsely or 
densely populated areas of N/W/PM system properties and flow conditions can be 
detected or delineated. The distribution of markers is indicative and refers only to a part 
of the entire ecosystem of steady-state relative permeability diagrams. 

 
Table 1 Examined relative permeability diagrams pertaining to a variety of steady-state 
flows in sand packs, plug cores, glass micro-models and virtual p.m. and fluid systems. 

Core plug type Lab 
runs  

Viscosity ratio, 

wn µµ=κ ~~  
Lab 
runs 

Various types consolidated sandstones 74  Favorable, 1<κ  67 
Loudon, Carbonate, other cores 50  1=κ  15 
Teflon (consolidated, porous) 3  Unfavorable, κ<1  97 
Propant pack 2  In total 179 
Sandpacks (incl. crushed PyrexTM) 10    
Glass pore network models 15  Constant Ca runs 82 
Outcrop chalk 2    

Real pore networks subtotal 156    
Virtual runs (L-B or CFD simulations) 23    

In total 179    
 

CONCLUSION 
The phenomenology of two-phase flow in p.m. processes is mainly attributed to the 
interstitial flow structure, i.e. on the disconnection of the NWP in fluidic elements of 
varying size and the incessant formation/destruction of numerous N/W menisci. All these 
phenomena restrain and inhibit -to a certain extent- the superficial transport of NWP and 
WP. The momentum balance on the entire flow is regulated (a) by the relative intensities 
of the NWP and WP flows, inducing Stokes flow viscous resistances within the bulk 
phases, and (b) by the degree of disconnection of the NWP, inducing Young-Laplace 
capillary resistance across the N/W interfaces separating disconnected NWP from WP 
and across N/W menisci in contact with the pore walls. Consequently, the rheology of 
N/W/PM systems shows a strong dependency on flow intensities (superficial velocities).  

The proposed methodology is a first attempt towards systematic, orderly classification 
of relative permeability diagrams pertaining to two-phase flow set-ups within different 
porous media, based on their presumed natural or effective relationships. It can provide 
deeper understanding of the actual independent variables of the process and opens new 
possibilities in improving SCAL protocols [2]. 

The methodology has been implemented on mapping ~180 published relative 
permeability data sets over a universal, classification map (Figure 2), Sparse or densely 
populated areas of N/W/PM system properties and flow conditions have been revealed.  



 

It can be useful in building a systematic repository of relative permeability 
measurements, with scope in better understanding two-phase flows in porous media. In 
that context it may reduce redundancies associated with using non-critical properties to 
characterize a system, e.g. the absolute permeability of the porous medium is not a 
critical property when two-phase flow is considered and, as such, it has been 
amalgamated within the characteristic variables of the equivalent one-phase flow. 

The classification is based on the evaluation of two characteristic numbers or 
taxonomic coordinates, *

∞d  and *
∞e . The classification may be further decomposed and 

rearranged over a 3D map, by using a third axis to incorporate the effect of the network 
structure. An example would be to classify relative permeability diagrams according to 
the extent /intensity of the interaction between wettability (attributed to the 
physicochemical interaction between the NWP, WP and the pore network solid) and the 
geometrical structure of the pore network, e.g. classification of carbonates and sandstones 
or strongly heterogeneous formations, e.g. shales. This of course necessitates the 
evaluation of characteristic variables describing the pore network structure. In that 
context, new characteristic numbers need to be introduced /defined (as proposed in 
Section 7 of [2]). Future research activities should target this problem. 
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