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ABSTRACT
Known as CSEGR (Carbon Sequestration with Enhanced Gas Recovery), sequestered CO2
can be used to re-pressurise partially depleted natural gas reservoirs to increase gas
recovery, with the intention to also store the CO2. Because natural gas and CO2 are fully
miscible, simulations require CO2-natural gas dispersion at supercritical conditions to be
accurately measured in order to quantify this mixing and hence establish the viability of
CSEGR. We have designed and constructed a unique core flooding apparatus capable of
accurately determining such supercritical gas dispersivity; this has been measured in two
sandstones and two carbonates cores as a function of temperature, pressure and interstitial
velocity. This is supplemented with Nuclear Magnetic Resonance (NMR) measurements of
tortuosity to quantify the underpinning effective diffusion process. The resultant
dispersivity data (K - Peclet number (Pe) plot) and tortuosity data are combined and
presented in a format which is readily incorporated into CSEGR simulations.

INTRODUCTION
Even though enhanced oil recovery (EOR) via CO2 flooding is a promising method to
improve the recovery factor of oil reservoirs and geologically sequester CO2, enhanced gas
recovery (EGR) with CO2 flooding/sequestration has not been widely considered by the oil
and gas industry. The only current field-scale EGR project is the Rotliegend K12-B gas
reservoir, located offshore of the Netherlands, which started in 2004 after 17 years of
conventional gas production (Vandeweijer et al., 2011). A Canadian depleted gas reservoir
was also used for an EGR/CO2 sequestration trial in 2002 but the operation was terminated
after three years due to the early CO2 breakthrough into the producing wells (PooladiDarvish et al., 2008).
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EGR cannot only safely store CO2 within the formation but also can improve the natural
gas recovery by maintaining the reservoir pressure and enhancing sweep efficiency and
production rates. However, natural gas and CO2 are entirely miscible in all proportions and
consequently the risks of extensive mixing of these fluids within the reservoir formation
and early CO2 breakthrough into production wells are the main hurdles for EGR
implementation. These associated risks and uncertainties of EGR projects can be estimated
by using reservoir simulations in which fluid flow in reservoir formations can be
quantitatively modeled and, in principle, the mixing process between the injected CO2 and
natural gas captured. Doing so reliably, however, requires (1) adequate characterization of
physical dispersion at all relevant length-scales, and (2) that numerical dispersion in such
simulations be kept sufficiently small. Extensive studies of dispersion at the field scale
have been published (Arya et al., 1988; Coats et al., 2009a; Lake, 1989) but generalizing
the results of these studies is not straightforward. Physical dispersion at smaller length
scales is also important because the description of transport at the core scale can play an
important role in the prediction of mixing at the field scale.
In this work, a unique core flooding apparatus capable of accurately determining
supercritical gas dispersivity has been designed and constructed. The measured dispersion
coefficients (KL) of CO2 and CH4 for two sandstone cores (Berea and Donnybrook) and
two carbonate rock samples (Ketton and Estaillades) are presented over a range of
pressure, temperature, and interstitial velocities. These highly reproducible data are used to
obtain the characteristic mixing length-scale for the different rocks. These measurements
were extended to also consider the effect of residual water on the dispersion process and
were supplemented by an independent measurement of tortuosity using appropriate NMR
methodology.

THEORY
Dispersion in floods of cylindrical core plugs with injection along the axis can be
adequately described by the one-dimensional advective-dispersion (AD) equation:

∂C
∂ 2C
∂C
,
(1)
= K L 2 − um
∂t
∂x
∂x
where C is the concentration of the dispersing species, t is time, KL is the longitudinal
dispersion coefficient and um is the mean interstitial velocity in the direction of bulk flow,
x, in the porous medium. We note the use of alternative models (continuous time random
walks and multi-rate mass transfer models) to describe dispersion in more complex,
heterogeneous porous media (e.g. Haggerty and Gorelick, 1995; Berkowitz et al., 2006).
The ratio of the dispersion coefficient calculated from Eq. (1) to the diffusion coefficient,
KL/D, has been commonly plotted as a function of Peclet number. This is defined here as
αum/D where α denotes the medium dispersivity. This differs from the classical definition
in which grain/particle diameter replaces α as the characteristic length scale for mixing in
the pores (Perkins and Johnston, 1963). Note that this latter definition is inappropriate for
consolidated media such as the rock cores studied here.
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Additionally, Eq.(2) has been frequently used to characterize the different dispersion
behaviors evident in such correlated data:

K L 1 α umn
(2)
= +
,
D τ
D
where τ is tortuosity, and n is an exponent. These three parameters characterize a given
porous medium: generally 1 ≤ n < 1.5 (Brigham et al., 1961; Gist et al., 1990; Legatski and
Katz, 1967) and τ can range from 2 (for ideal packed beds only) to as much as 13 for
certain consolidated media (Gist et al., 1990; Hurlimann et al., 1994). Generally for
consolidated media these three parameters are treated empirically and must be determined
from experiments with the rock; while τ can be determined via several methods, α and n
can only be determined from core flooding experiments.

METHODOLOGY
Materials
The methane, carbon dioxide and nitrogen used in our experiments were supplied by BOC
Scientific at purities greater than 0.999 mole fraction. Mixtures of CO2 and CH4 for pulse
injection were prepared gravimetrically. Two types of 1.5 inch diameter sandstone cores,
Berea and Donnybrook, and two carbonates, Estillades and Ketton were available. These
cores were cleaned prior to use by Soxhlet extraction with a mole fraction mixture of 0.9
dicholormethane (Chem-Supply) + 0.1 methanol (Ajax-Finechem). The geometrical
properties of the four cores used are listed in Table 1 with porosities, Φ, and
permeabilities, k.
Core
Berea sandstone

Length
(mm)

Diameter
(mm)

100.4

37.6

101

37.5

Ketton carbonate

104.7

38.0

Estillades carbonate

105.6

37.9

Donnybrook
sandstone

Table 1 Rock cores properties.

pconfining
(MPa)
8
10
12
8
10
12
8
10
12
8
10
12

Φ

k (mD)

0.2043 463.3
0.2039 460.7
0.2036 458.2
0.1576 12.07
0.1573 12.01
0.1572 11.95
0.2277 2922.4
0.2274 2912.2
0.2270 2902.7
0.2817 211.7
0.0811
211
0.2806 210.1
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Apparatus and method
The specialized core flooding apparatus for SCCO2-CH4 dispersion measurements was
adapted from our previous experimental set-up for breakthrough measurements (Hughes et
al., 2012) to allow for pulse injection and to enable water delivery to, and drainage of, the
rock core. A schematic of the apparatus is shown in Figure 1. A HPLC switching valve
was included to allow for a controlled injection of a pulse of a 50% CH4 and 50% CO2
mixture. This composition was calculated as the best trade-off between minimizing
density and viscosity contrasts between the fluids and maintaining an adequate signal to
noise ratio. Analysis of the core effluent was conducted at measurement pressure using a
HPIR cell and a syringe pump was used for effluent collection, ensuring better pressure
regulation during the pulse displacement process. Details of the core holder, core
wrapping, the core holder bath temperature control, pressure instrumentation and
calibration of FT-IR spectrometer are included in our previous work (Hughes et al., 2012).
All experiments described below were conducted with the core in a vertical orientation.
N2

ΔP
P1

P2

T

V5

V3
V4

Vent

CH4
CH4+CO2
mixture

Metering
Pump

Core

Collection
Syringe Pump
V8

Silicone Oil
Bath

Silicone Oil
Pump

Separator

V2
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0
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Syringe Pump

Switching
Valve
Triaxial Core Holder

V1

V6

V7
Vacuum pump

Scale

V9
Drain

Brine/Condensate Pump

Figure 1 Simplified schematic of the core-flood apparatus for accurate dispersion measurements. The HPLC
switching valve is shown in the sample loop filling position. To inject the pulse the valve is switched (rotated
180◦) so that the CH4 flow flushes the sample out of the loop.

The flow from the injection pump was stopped when the dispersed pulse had passed
completely through the IR cell. The experiments were conducted at core temperatures and
pressures of 40 to 100 °C and 8 to 14 MPa, respectively, and with interstitial velocities
between 0.004 and 1.908 mm·s-1.
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Data analysis
For pulse experiments, the boundary conditions are:
C(x > 0, t = 0) = 0, C(x = ∞, t) = 0, C(x = 0, 0 < t < δ) = C0 and C(x = 0, t > δ) = 0 where δ
is the pulse duration. The solution to Eq. (1) with these boundary conditions (Levenspiel,
1999) is:
⎛ ( L − um t )2 ⎞
um
(3)
C=
exp ⎜ −
⎟,
⎜
⎟
4
K
t
4π K Lt
L
⎝
⎠
where L is the experimental length scale (core length). Eq.(1), and its solution (Eq.(3)) are
one–dimensional, as such they are unable to account for any velocity variations in the
radial or cross-sectional direction.
However, Eq.(3) alone was not adequate for description of the effluent tracer concentration
curves produced from the Ketton carbonate because of the non-Fickian/preasymptotic
transport behavior associated with its heterogeneity in pore sizes. To describe this nonFickian flow regime, several alternative models have been developed including the mobileimmobile model (MIM) (Deans (1963)), diffusion models, MRMT models (Haggerty and
Gorelick, 1995) and CTRW models (Berkowitz et al., 2006). In this case, it was found that
the non-Fickian behavior of Ketton carbonate could be adequately modeled utilizing the
MIM approach, which assumes the existence of two distinct regions in the rock, mobile
and stagnant/immobile, and which describes the diffusional transport of species between
these two zones using a first order mass transfer expression. This model was initially
proposed by Deans (1963), who added two new parameters to Eq.(1), namely the mass
transfer coefficient and immobile volume fraction, but did not include the longitudinal
dispersion coefficient. Coats and Smith (1964) modified Deans’ version of Eq.(1) by
adding this dispersion coefficient to produce (Coats and Smith, 1964; Van Genuchten and
Wierenga, 1976)

∂Cm
∂Cim
∂ 2Cm
∂C
θm
+ θim
= θm KL
− umθm m ,
2
∂t
∂t
∂x
∂x
∂C
θim im = β ( Cm − Cim )
∂t

(4)
(5)

where Cm and Cim are the concentrations of the dispersing solute species in the mobile and
immobile regions, respectively; θm and θim are the mobile and stagnant fractions of the
fluid in the porous media; β is a mass transfer coefficient; and um is the mean interstitial
velocity in the mobile zone. To apply this solution to the measured effluent pulse profiles
obtained for the Ketton core, the dispersion coefficient (KL), the mobile fluid fraction (θm)
and the mass transfer coefficient (β) were treated as the fitting parameters and the
measured pulse breakthrough profiles were regressed to the analytical solutions of Eq. (4)
and Eq.(5).
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The dispersion that occurs in the tubing leading to and from the core, and the
inhomogeneous velocity profiles around the core entry and exit, both add to mixing and
erroneously increase the apparent dispersion. As discussed in our previous work (Hughes
et al., 2012), to remove these effects measurements were conducted at the same conditions
of T, P and flow rate with short and long Berea rock cores. The concentration profiles
collected with the short core were used as inlet boundary conditions to a hypothetical
undisturbed core of a length equal to the difference in length between our long and short
core. Eq.(1) was solved numerically using a central finite difference method (the method
of lines) implemented in Matlab within this hypothetical core and regressed to the
experimental (long core) data in order to determine Kcorr. In this manner this systematic
error, between Klong extracted via Eq.(3) and the above methodology employing long and
short core, was quantified. The modified setup produced a correction which was
significantly dependent on velocity; a clear trend is shown in Figure 2. Consequently all
Klong data measured for all the rock cores were corrected to account for these systematic
errors as shown in Figure 2 to give the Kcorr values listed in Table 2.

Figure 2 Relative size of dispersion coefficient correction as function of the interstitial velocity. The two
data sets correspond to the two halves obtained from the cut of the original long core.

Independent measure of tortuosity
The diffusion coefficients D in Eq.(2), which depend on pressure, temperature and
composition, were obtained from the data of Takahashi and Iwasaki (1970). An error in the
calculation of D would cause an offset in the value of (KL/D) determined from the
dispersion measurements, which would be most pronounced in the limit um → 0. To
confirm that no such offset was present, we measured the core’s tortuosity, τ, using a
second, completely independent technique. The Berea and Donnybrook rock core samples
were evacuated and then saturated with distilled water at a pressure of 10 MPa and left for
several hours to ensure complete saturation. These saturated cores were then placed in a
12.9 MHz nuclear magnetic resonance (NMR) rock core analyzer (Oxford Instruments) to
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enable self-diffusion measurements via the application of pulsed field gradient stimulatedecho (PGSTE) techniques (Stejskal and Tanner, 1965). Measurement of the water’s selfdiffusion coefficient for a free liquid sample (D0) and for the water in the saturated rock
core (D), enables calculation of the system tortuosity (τ = D0/D) if a sufficiently long
observation time is allowed to ensure the diffusion within the core is completely restricted.
The same experiments were also run with methane at 3MPa providing a tortuosity
consistent with the value obtained from water. In future, tortuosity will be measured as a
function of the residual water content; D2O will be adopted to avoid NMR signal from this
wetting phase.

RESULTS AND DISCUSSION
‘Dry’ Sandstones and Carbonates
Table 2 summarizes all our experimental conditions (T, P and um), and a selection of
dispersion coefficients (Kcorr) for all the cores considered. The values of Kcorr have been
corrected for entry/exit and tubing effects as outlined above.
Core

Berea

Donnybrook

T (°C)
40
40
40
40
40
40
60
60
60
60
60
80
80
80
80
80
80
100
100
100
100
100
40
40
40
40

P (MPa)
8
8
10
10
12
12
8
10
10
12
12
8
8
10
10
12
12
8
10
10
12
12
8
8
12
12

u (mm s-1)
0.025
0.499
0.006
0.140
0.010
0.199
0.452
0.012
0.304
0.004
0.035
0.034
0.216
0.016
0.085
0.120
0.482
0.085
0.085
0.142
0.085
0.207
0.025
0.140
0.050
0.141

D (10-8 m2 s-1)
16.4
16.4
12.5
12.5
10.0
10.0
19.6
15.2
15.2
12.3
12.3
23.1
23.1
18.0
18.0
14.7
14.7
26.6
21.0
21.0
17.2
17.2
16.4
16.4
10.0
10.0

Kcorr (10-8 m2 s-1)
6.63
22.12
3.98
9.58
4.00
10.37
20.24
5.39
13.63
3.21
5.36
8.00
13.27
6.18
8.47
8.45
18.67
10.17
8.45
9.64
7.81
10.18
7.21
18.22
6.69
18.66

SCA2016-016

Estillades

Ketton

8/12

60
60
60
60
40
40
40
40
60
60
60
60
40
40
40
40
40
40
60
60

10
10
12
12
8
10
10
12
10
10
12
12
8
10
10
10
12
14
10
10

0.007
0.304
0.008
0.035
0.09
0.004
0.04
1.151
0.23
1.149
0.016
1.646
0.053
0.011
0.141
1.124
1.743
1.908
0.015
0.745

15.2
15.2
12.3
12.3
16.4
12.5
12.5
10
15.2
15.2
12.3
12.3
16.4
12.5
12.5
12.5
10
8.1
15.2
15.2

5.17
39.95
2.72
5.36
10.38
3.79
5.76
140.03
21.59
133.65
4.39
214.59
17.08
8.49
27.06
212.49
381.7
424.03
10.03
115.94

Table 2 Dispersion coefficients of equimolar mixtures of CO2–CH4 into pure CH4 or pure CO2 for Berea,
Donnybrook, Estillades and Ketton cores.

Application of Eq.(2) allowed the dispersivity (α) to be determined for the two sandstone
cores. For the Berea and Donnybrook rocks, α = 0.35 mm and 1.31 mm, respectively, with
a relative statistical uncertainty in these parameters from the regression of less than 5%.
These values are consistent with those reported for sandstones by Coats et al. (2009b),
although in the case of the Berea sandstone, the dispersivity measured here is moderately
lower than other values reported in the literature (1.2 mm (Gist et al. (1990)); 3.75 mm
(Brigham et al. (1961)); 2.2 mm (Legatski and Katz (1967)); 1-6 mm (Schulze-Makuch
(2005))). However, as demonstrated by the discussions above, the value of the apparent
dispersivity obtained can readily be affected by systematic measurement errors,
compounded by the effects on α due to variation in sample length employed and, of
course, variability in the actual samples used.
In Figure 3 the pulse breakthrough profiles of Estillades and Ketton carbonates show the
reproducibility of the data and the better fitting obtained for Ketton with the MIM model in
comparison to the AD equation.
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Figure 3 Left: repeatability of the pulse-breakthrough profiles for Estaillades carbonate core at 60◦C, 10 MPa
and 0.14 mm s−1. Right: Ketton carbonate core at 60◦C, 10 MPa and 0.28 mm s−1. The lower panel
demonstrates the breakthrough profiles and the fits achieved using Eq. (3) for Estaillades and both Eqs. (3)
and (4) for Ketton. The upper panel shows the resulting residuals of the fits.

Our previous results showed the 1D-AD equation was adequate for the description of
dispersion of CO2-CH4 system through sandstone cores. Larger dispersion coefficients at
similar conditions for Donnybrook sandstone were reported, indicating a higher level of
heterogeneity relative to the homogenous Berea sandstone. Because carbonate rocks are
known as heterogeneous porous media, long tailing and early breakthrough profiles of the
CO2 together with comparatively higher dispersion coefficients were expected. After
comparing several measured dispersion coefficients of the sandstones and carbonates at
similar conditions, the dispersion coefficients for both carbonate samples were found to be
larger than those for the homogeneous sandstone rock (Berea) whereas Estaillades showed
similar dispersive behaviour to the more heterogeneous (Donnybrook) sandstone. Ketton
exhibited the greatest dispersion among all the core samples used during this study. The
pulse breakthrough profiles we observed for Ketton carbonate showed a more persistent
long tail and an earlier breakthrough than for Estaillades carbonate.
The calculated dispersivities were then used to produce Figure 4 where the ratios of
dispersion and diffusion coefficients, Kcorr/D, were plotted against Pem. Also shown are
two curves utilizing Eq.(2) where n was 1 for Pem<1 and 1.2 and 1.4 (power-law scaling)
for Pem>1 (Bijeljic and Blunt, 2006; Bijeljic et al., 2011). Figure 4 explicitly shows that
the curves produced using Eq.(2) with n = 1.2 for sandstones and n = 1.4 for carbonates are
an excellent fit with the Donnybrook and Ketton data respectively for Pem>10. This
provides experimental validation for the power law exponents derived from transport
simulations (e.g. Bijeljic and Blunt (2006) and Bijeljic et al. (2011)). Finally, the Pem<100
considered in the study is lower compared to other standard curves reported in literature
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(e.g. Seymour and Callaghan (1997)) since this the IR spectrometer could not detect the
breakthrough pulse for higher velocities due to the limited time resolutions of the
instrument.

Figure 4 Measured Kcorr/D vs. Pem for Berea and Donnybrook sandstone and Ketton and Estaillades
carbonate cores. The dashed lines indicate the independent NMR measurements of sandstone rocks
tortuosity. The fitted curves are produced by Eq. (2) for n equal to 1.2 and 1.4.

Inclusion of Residual Water
Figure 5 shows the impact of connate or residual water on the breakthrough profiles for
Donnybrook. The presence of this second phase clearly increases the dispersion
significantly, the corresponding dispersion coefficients are 5.7×10-7 and 39.0×10-7 m2·s-1
respectively. Future work will quantitatively measure the dependence of medium
properties such as dispersivity on the residual water content.

Figure 5 Pulse breakthrough profiles obtained for Donnybrook dry and 58% saturated with water. The
measurements were made at 40 °C, 10 MPa and with an interstitial velocities 0.34 mm·s-1.
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Measurement of Tortuosity
The NMR measurements of tortuosity (τ), using water with diffusion times between 10ms
and 1s, were 4.3 and 4.8 for Berea and Donnybrook sandstone cores, respectively. In
literature, lower values of tortuosities have been reported from electrical measurements
(Zhan et al. (2011)). The tortuosity value for the Berea rock core was also calculated by
measuring the self-diffusion coefficient of methane at 3MPa; the tortuosity value in this
case was 4.5 which is broadly in agreement with the water measurement. In Figure 6 we
show the raw signal attenuation NMR data – the slope of these data provides the diffusion
coefficient according to the Stejskal-Tanner equation (Stejskal and Tanner, 1965) and the
ratio of the free to restricted diffusion coefficient provides the tortuosity, τ. The diffusion
time for these measurements was 100 ms, ensuring the diffusion to be fully restricted
((Hurlimann (1994). In future we will measure τ as a function of water content.

Figure 6 NMR diffusion measurements of free and restricted methane at 3MPa.

CONCLUSIONS
A pulsed measurement apparatus was established for the measurement of the dispersion
coefficient (K) for SCCO2 and CH4 and successfully applied to two sandstones and two
carbonates samples. The methodology was adapted to minimize the effects of density and
concentration contrasts; the reproducibility obtained were excellent. By using 1D- ADE
approach for sandstones and Estillades carbonate and a mobile-immobile model to analyse
the breakthrough profiles observed for the Ketton carbonate, asymptotic dispersion
coefficients were obtained and compared. All acquired data collapsed onto a common
curve when K/D was plotted as a function of Pem, capturing variation with temperature and
pressure. Preliminary results showed the impact of residual water on the dispersion
mechanism and independent measurements of tortuosity with water and methane also
produced consistent results.
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ABSTRACT
Water injection has been applied with great success on the Norwegian continental shelf
(NCS) and has in addition to maintaining pore-pressure a significant EOR effect.
Understanding rock-fluid interactions during flooding experiments with synthetic
seawater under reservoir conditions comparable to the NCS, are of importance in order to
decide on the best-suited water-composition and to predict and control compactioneffects. For this objective fractured chalk samples are analysed with Scanning Electron
Microscope Mineral Liberation Analyzer (SEM-MLA), Electron MicroProbe Analyses
(EMPA) and nano Secondary Ion Mass Spectrometry (nano-SIMS) techniques to observe
chemical and mineralogical changes on smallest scale. The results point to a significant
influence of rock texture on fluid flow mechanisms and propagation through the sample.
Micro- and nano-sized silicates and minute grains of magnesium-rich carbonates most
likely grow on larger micron-sized calcite crystals and/or precipitate in pore-spaces. The
new grown inner-fracture minerals show higher magnesium-concentrations than those of
the surrounding matrix and minute Si-rich minerals have been detected. Remarkable is
the observation that shell fragments from macrofossils, orientated perpendicular to the
fluid flow, influence the rock-fluid interactions. Moreover, shell fragments of
macrofossils resist fluid flow and its effects on mineralogy stronger than micro- and
nanofossils and their fragments. This study shows that fluid flow and flooding
movements are, even in seemingly homogeneous rocks like chalk, strongly dependent on
the texture, which reflects in this case the environmental conditions during deposition of
the carbonate or later induced fractures. This has, in turn, a significant effect on the
distribution of mineral alteration caused by flooding at micron- and nanoscale. The
formation of secondary minerals has a significant effect on the surface properties of the
rock, such as surface charge, specific surface area, thus wettability, permeability and
porosity, which are control factors for the recovery of hydrocarbons.

INTRODUCTION
Flooding by non-equilibrium brines is an efficient EOR-method in chalk-reservoirs. The
composition and temperature of the brine seem to have an effect on oil recovery through
chemical and mineralogical alterations as well as changes in mineral surface complexes,
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thus surface-charge and -potential of the rock [1-4]. The primary composition of the rock
controls these interactions and studies have suggested that especially the silica-content in
carbonate rocks, may play an important role [5]. Chemical and textural alterations have
shown to affect the mechanical strength of the rock and the compaction of chalk, thus the
recovery of oil [2, 6-8]. A large variety of experiments carried out on flooded chalk cores
has led to a large dataset and reveals an extraordinary complexity of reactions even
though the mineralogy of the rock itself seems rather simple. Understanding the
mechanisms behind the water induced compaction, often called water weakening of
chalk, and its EOR effects is a multi-scale work, ranging from nano- to field-scale. To
understand these alterations at larger scale, one must also understand them at smaller
scale and as such pore-scale studies are carried out (e.g. [2] and [9]) When flooding
samples with synthetic seawater (SSW), anhydrite or gypsum have been found to
precipitate together with magnesium-bearing carbonates and silicates. This is linked to
dissolution of calcite [2]. The chalk core, which has been the subject of this experiment,
is from the Late Campanian to Early Maastrichtian Gulpen Formation [10], sampled from
an outcrop near Liège (Belgium). The chalk from this outcrop has a very clean nature,
with a non-carbonate content mostly below 5 weight% (wt%). Diagenesis did not affect
the rock significantly as such the preservation of mircofossils and pore-space is fairly
good. Calcite cementation is absent, however contact cement is commonly found [11].
Most of the oil in chalk reservoirs is trapped in the matrix. In fractured carbonate
reservoirs, displacement of oil is mostly related to spontaneous imbibition of water into
the matrix [4]. Hence, it is important to understand how fractures in the reservoir behave
during flooding to maximize the effect of the injected water, improving the sweep.

EXPERIMENTAL SET-UP AND METHODOLOGY
For this experiment, the chalk-core was fractured in two directions (Figure 1). One
perpendicular to the flow, cut by a saw, and one along the core-axis, induced by uniaxial
stress in a so-called Brazilian test cell. Parts of the latter fracture is the focus of this
paper. The experiment was performed in a tri-axial cell at 130°C, pore pressure of 0.7
MPa and two injection brines, NaCl and Synthetic seawater (SSW). After an initial
loading phase beyond the yield stress, a creep phase at 11.4 MPa followed with NaCl
injection for 5.7 days, before SSW was flooded through the core at the rate of one porevolume a day (PV/D) for 34 days. After this phase, the core clogged and was bypassed
with SSW for another 24 days and was subsequently cleaned by distilled water. Before
flooding, porosity was measured to 40.1 % and permeability to 5 mD. More detailed
description of the experimental set up can be found in [2].
The here presented data is based on the following analytical methods; field emission gun
Scanning Electron Microscope (SEM) with Energy-Dispersive X-ray Spectroscopy
(EDS), Mineral Liberation Analysis software (MLA; FEI Quanta 650 FEG with EDAXEDS and Quantix Esprit 1.8 software; 25 kV acceleration voltage 12 mm working
distance at TU Freiberg/Saxony), Electron MicroProbe Analyses (EMPA; JEOL JXA8900RL; 15 kV acceleration voltage, 20 nA current and 2 µm beam; TU
Freiberg/Saxony) and nano Secondary Ion Mass Spectrometry (NanoSIMS 50; 16 kV
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impact energy, 2 pA current and 150 nm probe size; LIST). Detailed methodologies are
described in [9]. In fine-grained chalk, it is difficult to resolve the composition of all
minute grains by MLA, and areas with different content of magnesium (Mg), were
classified into two so-called “mixed spectra”, in addition to minerals such as calcite,
magnesite, quartz, clay minerals, and feldspars. The names of the mixed spectra are
denoted “Low Mg calcite” (Mg wt% <1%) and “High Mg calcite” (Mg wt% >1%). The
spatial resolution is between 1 and 2 µm per pixel.

RESULTS
MLA-images show that inside fractures there is in general a higher concentration of
magnesium (Mg), silicon (Si) and aluminium (Al). Shells of micro- and macrofossils
stand out as to have very low Mg content, even contain pure calcite, while the matrix of
the rock has a mixture of high and low Mg concentrations. Figure 2 shows the fracture
running from the bottom to the top of the figure with fluid-flow direction along the
fracture. A shell from a macrofossil is embedded perpendicular to the fracture. This
texture provokes a significant difference in Mg content between the concave side of the
shell, with higher Mg concentrations, and the area of the convex side of the obstruction.
This trend is confirmed by EMPA data along the profile A-A’ in Figure 2, showing
higher values for MgO, SiO2 and Al2O3 on the concave side of the shell (Figure 3).
Analyses by nanoSIMS show that another fragment of a shell embedded in the matrix,
also exhibit different behavior than the surrounding particles (Figure 4). It does not seem
altered by flooding of SSW and the shell shows a clear depletion of Si and Mg while,
compared to the matrix, it seems to have kept its original calcitic composition. With the
methods used, no precise evidence of calcite dissolution is identified in the core, but as at
least part of the newly precipitated material is assumed to be Mg-bearing carbonate,
dissolution of calcite is a pre-requisite for having CO23 available in the fluid. In addition,
dissolution is confirmed by presence of calcium (Ca2+) in the produced water from the
experiment (not shown in this paper).

DISCUSSION
In the fracture, enrichments of Mg, Si and Al could be observed, measured as either
oxides, elements or isotope clusters. This is compatible with the results from studies
identifying precipitated clay-minerals and/or Mg-rich carbonates in fractured areas [12].
Even though the resolution of MLA measurements does not enable identification of the
mineralogy of single grains in every case, the increase in concentrations of Mg, Al and Si
corresponds to an increase in silicates and alumo-silicates, most probably clay
precipitates, in addition to Mg-rich carbonates including minute particles of magnesite. A
general increase in Mg content in the sample after flooding agrees with the information
from studies using effluent profiles in chalk-flooding experiments which show retention
of Mg2+ and production of Ca2+ [9, 12]. Remarkable is how the concentration of Mg, Si
and Al varies between the concave and the convex side of the shell-fragment
perpendicular to fluid flow and how the shells in Figures 3 and 4 resist to the effect of the
fluid. The flow is clearly obstructed by the shell-fragments (Figure 2 and Figure 4) and

SCA2016-038

4/7

cannot infiltrate the shell during the here used flooding time. Although most of the
surrounding matrix seems affected by the flooding of SSW, the shells and microfossils
seem inert to the flooding agent and show to much less degree, if any, mineralogical
changes. There may be several reasons for this differentiation: 1) The size of the
carbonaceous particle matters for the chemical stability of the grain. Smaller particles
may be more prone to alteration and mineralogical changes than larger ones. 2) The
initial composition of the fossils differs from the finer-grained matrix, such as Mg/Ca
ratio depending on e.g. age, seawater composition and temperature at formation. 3)
Curvature and surface properties affect the dissolution rates of the initial grains and
fossils [13]. 4) The increase in Mg-, Si- and Al-concentration may be due to precipitation
of smaller crystals/grains in the pore-spaces or in the fractures where there is more free
space and the stress state is different. If all these points would be deciding factors, then
the mineralogical composition of the rock itself is paramount for the fluid flow in chalks.
Without the knowledge of the micro-facies, fluid flow is barely predictable even on core
scale for the length of the experiment here. It is possible that these criteria are of less
significance when massive fluid flow affects entire rocks over a longer time. However,
they affect definitely simulation and modelling at core scale, assuming homogeneous
rock and rock-fluid interactions, which function for the entire rock in a similar way.
Chalk with large amounts of micro- or macrofossil shells, will react differently than those
rocks with fewer shell fragments. Furthermore, these chemically more resistant
components influence the fluid flow through the core and play an important role to
understand the progression of fluid in a core sample. As the rock-fluid interactions are the
key components controlling compaction in chalk during flooding, this factor is important
when studying the geo-mechanical behaviour of chalk. Obstruction of fluids may also
cause unpredicted high concentrations of ions in the fluid, which in turn would change
the equilibrium and influence the rock-fluid interactions in certain locations, enhancing
coupled dissolution and precipitation locally. At macro-scale this may cause sealing of
fractures, thus affecting the sweep and imbibition of water into the matrix.

CONCLUSION
The results from this study show clearly that chemical and textural alterations do take
place when flooding non-equilibrium synthetic seawater (SSW) through an onshore Liège
chalk-core with two fracture systems. Fluid flow through the core is significantly
influenced by the fractures and the texture of the rock. Microfossils and shell debris of
macrofossils play an important role in the rock-fluid interplay and affect estimates of
rock-fluid interaction as they react differently from the much finer-grained matrix in
chalk. Measurable differences in Mg-, Si- and Al-concentrations on either side of the
shell lying perpendicular to the fluid flow in the natural fracture, proves disturbances of
the fluid flow and variable alterations of the core at micro-scale. Hence, the presented
results imply that occurring heterogeneities in chalk after flooding can occur and should
be controlled before modelling the impact on a larger scale. This accounts also for the
texture and the pattern of existing fractures. Such alterations may lead to sealing of
fractures or heterogeneous alterations and may therefore be important to control fluidflow and imbibition of water and compaction in reservoirs.
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Figure 1. Sketch of the chalk core and how it was cut after flooding. Dark grey lines showing the positions of the
fractures created before flooding

A

A’

Figure 2: SEM-BSE micrograph (a) and MLA scan (b) of the same area of the fracture. The Mg-content is higher on
the concave side (below) of the shell than on the convex side (above). White areas relate to pore space.

Figure 3: Oxide values measured by EMPA along the profile A - A' in Figure 2. Dotted lines are average values
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Figure 4: NanoSIMS images showing relative concentrations of elements between a shell-fragment and the surrounding
matrix in fractured Liège chalk flooded with synthetic seawater (SSW). Notice the enrichment of Mg in the
surrounding matrix compared to the concentration of Mg in the shell-fragment
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ABSTRACT
In this study, we used core flooding techniques to mimic the uniform dissolution in
carbonate rocks. Tests sequentially induced mineral dissolution and characterized the
impact on multiphase flow properties. Temperature retarded acid was used to uniformly
dissolve calcite in Ketton and Estaillades carbonate rock cores. A single dissolution stage
removed approximately 0.5% of the mass of the rocks and measurements of relative
permeability and residual trapping were made after each stage along with mercury injection
capillary pressure (MICP) measurements to quantify the variation of pore throat size
distribution. Multiple Stages were performed on each of carbonates rocks. Images from xray micro-CT and medical CT were used to describe the porosity variation and observe the
changes in pore structure and multiphase flow properties at scales from the μm to the cm.
The pore throat size distribution of the rocks was observed to both increase and become
less uniform with progressive dissolution. For Ketton, the micro-pores, with size range
from 0.01μm to 0.1μm, have less been involved in the reaction than the macro-pores (10μm
to 100μm). A larger spread in capillary trapping was seen around a characteristic initialresidual curve.

INTRODUCTION
During CO2 injection into aquifers, the injected CO2 will progressively dissolve into
formation brine and leads to a decrease in pH (as a consequence of increasing CO2 partial
pressure), which changes the geochemical equilibrium between the formation water and
the minerals [1]. Therefore, the strong dissolution of rock matrix can be expected in the
carbonate dominated reservoir. This will result in the alternation of both the intrinsic
properties of rock such as porosity and pore throat size distribution, and further the change
of fluid flow properties, in terms of the permeability and residual trapping. There are
essentially two main types of dissolution: uniform dissolution, where a simple uniform
increase in porosity along the samples is observed, and non-uniform dissolution, where the
dissolution is concentrated in the upper part of the sample close to the injection sites
(compact dissolution) or the certain flow path along the sample (wormholes or

SCA2016-039

2/6

channelling). Although, the above theory was developed initially for single phase flow, it
is still applicable to two phase flow, when the saturation-dependent flow velocity of the
brine phase is considered [2].
At the core scale (the sample size in cm), the non-uniform dissolution features were
observed in depth. The formation of wormhole and channelling occurred preferentially at
the core inlets regardless of the sample orientation, the temperature and the injection rates
[3]. To date, little experimental data regarding the impact of dissolution on petrophysical
properties as relative permeability and residual trapping exist. The former is an important
descriptor in the reservoir model to predict the subsurface flow [4]. The latter is the key
process for maximizing capacity and ensuring the integrity of CO2 sequestration at the
industrial scale [5].
The petrophysical properties measurements must be performed on the samples that can be
considered as the representative elementary volume (REV) to ensure that the macroscopic
petrophysical parameters are uniform at the core scale [6]. Therefore, the samples have
non-uniform dissolution cannot be used for measuring relative permeability and porosity.
Furthermore, although the uniform dissolution can be achieved at the pore-scale samples
(sample size in mm) [7], the samples are not large enough for the direct measurement of
the properties. One of the possibility of creating the uniform dissolution at core scale is to
upscale the flow conditions directly from the pore-scale experiment. However, this
approach usually requires high injection flow rates or long experimental time. Therefore,
in most laboratory cases at core scale, the flow regime is governed by the non-uniform
dissolution.
In this study, we used temperature retarded acid (RA), described below, to develop the
uniform dissolution [6]. The test program sequentially induced mineral dissolution and
characterized the impacts on the multiphase flow properties in Ketton and Estaillades
carbonate rock cores, which are characteristic of different pore structures. We examined
the pore structure variation at the scales from micron to centimetre scale, by imaging rock
sample with x-ray micro-CT and medical CT. A sequence of MICP measurements were
conducted to characterizing the evolving pore throat size distribution.

EXPERIMENTAL CONDISTIONS AND PROCEDURES
Two carbonate rocks were used and their properties were summarised in table 1. These two
rock samples were mainly used in the core-scale experiments for the measurement of fluid
flow properties. Smaller samples (4mm diameters and 10mm length) for micro-CT
observation and the MICP measurements were also drilled from the same rock blocks
separately. These two types of rocks were composed of more than 99% calcite. The pore
throat size distribution of both Ketton and Estaillades, interpreted from the MICP tests,
showed a bimodal distribution, in the figure 1. The size of inter-granular pores in Ketton
was larger than the size of inter-aggregate pores of Estaillades. Nitrogen (N2) and distilled
water (DI) were used in our experiment (100bars and 20oC). The interfacial tension
between N2 and DI water was 73mN/m.
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The temperature retarded acid used in this experiment was the solution composed of ester
and enzyme, named Acidgen FG® (a trademark of Cleansorb Ltd.), which is an in-situ
organic acid production system. The solution was usually diluted with water as a mixture
of 10% w/v. It took 10.5hours for the completion of hydrolysis of the ester at temperature
65oC. The pH of solution went up to 3.
The relationships between relative permeability/residual trapping and porosity were still
uncertain in current literature. Therefore, we carefully chose small amount dissolution to
catch any possible significant variation of fluid flow properties due to little change of rock
porosity. In this paper, a single dissolution stage indicated that the sample was saturated
with 10w/v RA and heated for the dissolution reaction. During each stage, approximate
0.5% mass of rock sample was dissolved.
The relative permeability curves were measured by using the steady state approach. The
total injection rate as high as 20cc/min was used to lower the negative influence of capillary
end effect, minimize the impact of minor heterogeneity of rock and measure the intrinsic
relative permeability [4]. The residual trapping was measured by our novel technique, in
which the use of capillary end effect resulted in a rapid construction of the initial-residual
curves [5].
The samples were initially saturated with RA solution, and heated at 65 oC for more than
14hours to guarantee the completion of hydrolysis of the ester (The batch reactor
experiment from the supplier indicated that 13.5hours were sufficient.). After two
dissolution stages, the large samples shown in the table 1 were used for the measurement
of relative permeability and small samples were used for the MICP analysis and the microCT imaging. Tests continued and sequentially induced the mineral dissolution and
characterized the impacts on multiphase flow properties. The rock properties as
permeability, porosity and pore throat size distribution were measured after each
dissolution stage. The relative permeability and residual trapping were measured after
every two dissolution stages.

RESULTS AND DISCUSSION
The variation of porosity in Ketton after different dissolution stages was shown in the
figure 2. The homogeneously increasing porosity indicated that RA approach was an
efficient way to create the uniform dissolution. The porosity increased around 0.017 for
both rocks, in table 2. The permeability did not increasing monotonously with the porosity
in Ketton. This was possibly due to the pore blockage by the large dissociated particles
released by the dissolution of grain contact parts or the cementation materials of the rock
[7], and needed further investigation. In the figure 3, the residual trapping properties of
Estaillades almost did not change with dissolution. However, the residual trapping capacity
of Ketton slightly decreased. This indicated that less gas could be trapped in Ketton with
increasing porosity, which was mainly due to the fact that the macro-pores (10μm to
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100μm) became larger and the micro-pores (0.01μm to 0.1μm) almost remained the same
during the dissolution, as shown in the figure 4. The error source for the residual trapping
measurement was mainly from the noise in the images, and detailed analysis on images
could be found in our previous research [5]. The micro-CT images with resolution 4μm
also supported the observation of pore throat size distribution, in the figure 5. The macropores became larger with more gran materials dissolved. The pore size distribution of
Estaillades remained unchanged, which needed further repeated tests. The relative
permeability of Ketton were fitted by the power law, as shown in the figure 6. With little
variation of porosity (from 0.219 to 0.236), the rock became more preferable to gas flow,
competing with water.

CONCLUSION
In this pioneered study, we have successfully generated uniform dissolution along the core
sample and measured the change of flow properties due to the mineral dissolution. Our
initial results suggested that the small amount increase on porosity could possibly result in
noticeable changes on relative permeability and residua trapping in Ketton and almost no
variation in Estaillades, which were heavily dependent on the evolving pore throat size. In
the future, more work on experiments need to be fine-tuned and error considered in more
detail to quantitatively understand any changes due to acid dissolution.
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Table 1 Sample properties
Sample

Diameter
[cm]

Length
[cm]

Porosity
[-]

Permeaiblity
[D]

Pore volume
[cm3]

Ketton
Estaillades

3.800
3.800

16.400
16.400

0.218
0.279

2.840
0.196

40.530
52.180

Table 2 The change of porosity and permeability in Ketton and Estaillades

Porosity
[-]
Initial
1 dissolution
2nd dissolution
3rd dissolution
4th dissolution
st

Ketton
Permeability
(D)

0.219
0.224
0.228
0.231
0.236

Figure 1 Pore throat size distribution of Ketton and
Estaillades without dissolution experiments.

2.840
2.937
3.613
3.484
2.786

Estaillades
Porosity
Permeability
[-]
(D)
0.279

0.196

0.287

0.204

0.295

0.235

Figure 2 The variation of porosity at different
dissolution stages: Ketton
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Figure 3 The Initial-residual curves at different dissolution stages: Ketton (right), Estaillades (left)

Figure 4 The pore throat size distribution interpreted from MICP tests at different dissolution stages: Ketton
(right), Estaillades (left)

Figure 5 Micro-CT images of Ketton at different Figure 6 Relative permeability of Ketton at
dissolution stages: 1. Initial, 2. 1st dissolution, 3. different dissolution stages: Round: gas, Square:
2nd dissolution, 4. 3rd dissolution. Dark color:
water
pore space, Grey color: grain, bright color:
rubber sleeve.
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ABSTRACT
Solution gas drive is an effective way to yield large oil recovery in some heavy oil
reservoirs, and it is also identified as foamy oil. Due to the high viscosity of heavy oil
that prevents gas bubbles to move, bubbles do not form a continuous gas phase compared
with those in conventional oil reservoirs. Although many laboratory investigations and
field observations were published around this phenomenon, the mechanism of gas bubble
motion remained an essential issue. In this study, a sandpack study is designed to
investigate foamy oil displacement mechanism by CT scanning. According to oil and gas
production during the entire process, there are 3 stages corresponding to compressibility
single oil flow, foamy oil flow and channel gas flow and foamy oil flow accounts for the
major recovery. Combining oil saturation images and their histograms, the size and
volume of bubbles is determined. Gas bubbles are formed in the foamy oil flow stage,
and the quantity of bubbles increases exponentially with depletion pressure decreasing.
When it enters into gas channelling flow stage, a continuous gas phase develops.
Analyzing oil saturation images of inlet and outlet sections turn out that the low oil
saturation regions expand together near the inlet but shows a dispersed distribution at the
outlet, which indicates that free gas phase may formed near the inlet and gas bubbles are
not connected and foamy oil energy is still effective to enhance oil recovery at the outlet.

INTRODUCTION
Successful heavy-oil reservoir development by solution gas drive has been reported
recently. Different from conventional reservoir, heavy oil reservoir with solution gas
drive presents unusual development characteristic such as low producing oil-gas ration,
high oil recovery rate and more than expected recovery[1]. Studies show some special
mechanisms and foamy oil drive is one of them: due to high viscosity of crude oil, gas
releases slowly from the liquid phase and starts to flow in relative low gas saturation; at
the same time the gas phase mobility doesn’t increase with the increasing in saturation.
Gas, showing up as tiny bubbles and representing in discontinuous phase, distributes in
crude oil and flows in the porous medium. Such dispersed system (e.g. gas bubble
surrounded by oil) is called foamy oil and this fluid type is foamy oil fluid[2].
Although the understanding of foamy oil has been deepened in recent years, the flow
mechanism of foamy oil in porous medium is still not clear enough[3-6]. Using visual
glass micro model can observe the micro-phenomenon and flow mechanism, however,
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there is a certain difference between real pores and glass model in temperature and
pressure. This study based on real core sample to simulate reservoir pressure and
temperature and applies CT scan process to evaluate foamy oil depletion recovery
method, focusing on foamy oil production characteristic and establishing a bubble
generation evaluating system for bubble quantity, size and other factors.

EXPERIMENTAL
A 45mm (D) ×450mm (L) sandpack filled with 100-120 mesh quartz was used. Its
porosity was 36.5% and air permeability was 5541mD, which was similar to the target
reservoir. The test live oil was made by CO2 and CH4 (mole ratio 13:87), which has a
solution gas oil ratio (GOR) of 18.0m3/m3, viscosity of 6151mPa·s, density of 0.98 g/cm3,
bubble point pressure (BBP) of 6.07MPa and pseudo bubble point pressure (PBBP) of
4.44MPa at reservoir conditions of 53.7°C.
A GE medical CT scanner is used under 120 kV and 130 mA conditions, and foamy oil
analysis software based on CT data was developed by Beijing Digian-Sim Technology
Co., Ltd. A set of Quizix pumps was used for fluid injection and backpressure control.
The experimental process can be described as followed: Vacuum the prepared sandpack
and saturate it with live oil, and the pressure was maintained at 7.0 MPa during this
process. Then close the inlet and step down the backpressure of the outlet. Reduce the
pressure by 0.2 MPa each step until the backpressure was stable and no more fluid came
out. Terminate the experiment when the outlet pressure reached atmosphere pressure.
Maintain the whole system at reservoir temperature, and scan the sandpack and measure
the produced oil and gas of every pressure drop.

RESULTS AND DISCUSSIONS
Characteristic of Foamy Oil Depletion
In the initial stage of the experiment, only oil was produced due to the compressibility,
where collected gas was escaped from oil at ambient condition. When the pressure
dropped slightly lower than the BBP (6.07MPa), oil and gas were produced
simultaneously, and a large amount of oil was produced until the pressure reached PBBP
(4.44MPa). After that, only a great pressure drop, a little oil can be produced. Meanwhile,
bursting gas channelling was shown up intermittently. Accordingly, there were 3 stages
corresponding to compressibility single oil flow (Stage I), foamy oil flow (Stage II) and
channel gas flow (Stage III).
The production data of oil and gas from experiment were shown as Fig1 (the COP
represents cumulative oil production and SOP represents stage oil production, meanwhile,
CGP implies cumulative gas production and etc.). It can be seen from Fig 1 that stage I
had very limited effect on foamy oil recovery that the accumulated oil production was
only 4.8% of the entire experiment. Stage II took the major contribution for the whole
system, which occupied 72.3% oil recovery of the entire system. The recovery percent
increased rapidly in Stage II after the slow grow in Stage I, but substantially declined in
Stage III. It meant that the ultimate recovery, 17.4% in this experiment, relied on the span
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of Stage II which determined by the differences between the BBP and the PBBP. Fig 1 (b)
showed that the GOR maintained at 18.0m3/m3 in Stage I, and slightly rose to
20~35.0m3/m3 in Stage II. It can be explained that there were a few dispersed gas in the
foamy oil fluid and they acted as discontinued micro bubbles in the oil phase. However,
the GOR increased significantly in Stage III, which can reach to 300.0m3/m3 and then
decline to 60.0m3/m3 in the end. The cumulative gas production curve had several
increases in this stage, and each change maintained longer than the former one. It
indicated that with the increase of degassed oil viscosity, the energy that required for gas
bubble to create channel gas flow was also increased. Accordingly, lots of bubbles were
trapped in the porous media and channel gas flow was difficult to occur.
Flow Mechanism for Foamy Oil Depletion
In the foamy oil depletion process, the development of gas phase from dissolved gas
bubbling out of solution will lead to change of the effective density of the oil / gas-bubble
mixture, which is imaged by the medical CT scanner at a resolution of 1 millimeter as an
effective phase. CT scanning can monitor the fluid saturation throughout the experiment
so to understand the flow mechanism for foamy oil depletion more deeply. Fig 2 and Fig
3 display the oil saturation images and its saturation distribution in each stage.
In Stage I, the total oil saturation was close to100% but a little lower at the inlet (the blue
lines from Fig 2). This may due to the escaped gas with local pressure drop caused by
live oil injection. In addition, as this position was far away from the outlet, a huge flow
resistant kept these gas stay where they were and lead to a small decline of oil saturation,
which meant that small bubbles had been formed near inlet position.
In Stage II, the oil saturation was significantly decreased around BBP (the red cures in
Fig 4), which indicated that the optimum production period was the combination of
compressibility and foamy oil fluid energy. After that, the oil saturation curves along the
sandpack decreased uniformly, which meant that the production effect was proportional
to the amplitude of the step- down pressure drop. Comparing the CT images of different
positions, it can be seen that the oil saturation showed a uniform decline trend near the
outlet, which meant that bubbles were relative small and highly disconnected in this area.
While the inlet showed a low oil-saturation zone, which indicated bubbles were generally
gathered and grew larger. This phenomenon can be explained that the bubbles formed
near the outlet can be produced by foamy oil flow timely, so it is difficult to gather but
distributed uniformly. However, the bubbles near the inlet were too far from the end to be
produced, so they were trapped by degassed oil with high viscosity and expanded with
the pressure drop, and finally gathered into a connected gas phase.
In Stage III, the oil saturation did not decrease obviously with the pressure drop, and the
bubbles grew bigger and spread stronger comparing to the previous stage. At the end of
this experiment, a connected gas phase was also established near the outlet. After a large
number of degassing, the viscosity of oil increased significantly, which lead to the
trapping of a large amount of the bubbles. These bubbles expanded and gather into a
connected gas phase, even caused bursting gas channelling.
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Evaluation of Gas Bubbles in Foamy Oil
In CT scanning, the porosity and saturation of every pixel can be calculated from CT
number. Gas bubbles can be identified by setting saturation threshold of pixels
considering saturation distribution frequency and images change. This method can be
described as followed: When the pressure is lower than BPP, gas will escape and present
as unconnected micro-bubbles dispersed in the oil phase. The gas saturation at this
moment is called minimal bubble generation gas saturation (MBGGS), accompanied by
the sharp decline in the oil saturation distribution frequency (Fig 4). With the pressure
continuous decreasing, these micro-bubbles expand and gather. When the pressure is
lower than PBBP, the connected gas phase starts to move, and the gas saturation at this
moment is called critical gas saturation (CGS). The color of images changes uniformly
until CGS, low-oil-saturation zone appears (blue spots on Fig 5), and the distribution
frequency of gas saturation that higher than CGS, quite small and even close to zero
before, increases rapidly (Fig 4).According to the saturation data of every pixel, gas
bubble can be identified and its properties can be analysis by following rules: (1) Gas
saturation lower than MBGGS, no bubble; (2) Gas saturation between MBGGS and CGS,
discontinuous bubble, and its volume can be calculated by formula (a); (3) Gas saturation
higher than CGS, large bubble or continuous gas phase, and its volume can be calculated
by formula (b).
𝑉!"#$%&'"&(%(# = ∆𝑉!"#$% ∙ ∅! 𝑆!"

(a)

𝑉!"#$%#&"&' = ∆𝑉!"#$% ∙

(𝑏)

𝑉!"#$%& − 𝑑𝑖𝑠𝑐𝑜𝑛𝑡𝑖𝑛𝑢𝑜𝑢𝑠 𝑏𝑢𝑏𝑏𝑙𝑒 𝑣𝑜𝑙𝑢𝑚𝑒, 𝑚𝑙
𝑉!"#$%#&"&' − 𝑐𝑜𝑛𝑡𝑖𝑛𝑢𝑜𝑢𝑠 𝑏𝑢𝑏𝑏𝑙𝑒 𝑣𝑜𝑙𝑢𝑚, 𝑚𝑙

∅! ∙ 𝑆!"

∆𝑉!"#$% − 𝑝𝑖𝑥𝑒𝑙 𝑣𝑜𝑙𝑢𝑚𝑒, 𝑚𝑙
∅! − 𝑝𝑖𝑥𝑒𝑙 𝑝𝑜𝑟𝑜𝑠𝑖𝑡𝑦, %
𝑆!" − 𝑝𝑖𝑥𝑒𝑙 𝑔𝑎𝑠 𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑖𝑜𝑛, %

In this experiment, considering the propagation of the pressure, a CT image slice close to
the outlet was analysis. The threshold of MBGGS and CGS were 2.3% and 17.0%,
respectively. The volume of discontinuous bubbles was range from 0.00142ml to
0.0141ml, and the volume of continuous bubbles was range from 0.104ml to 12.36ml.
Take this slice for example, in Stage II the quantities of bubbles increased exponentially
with pressure drop and reached the top of 3592 at PBBP, while these bubbles were all
discontinuous. In Stage III the quantities of bubbles showed a little decrease. When the
pressure dropped to 4.0MPa, the quantities rose to 3437, but still presented as
discontinuous bubbles with a few large bubbles. After that the quantities of bubbles
decreased drastically to form large bubbles, and finally there were only 896 bubbles and
large bubbles took the main position around 87.4% at ambient condition. In general, the
foamy oil stage (Stage II) was the main period for single bubbles to form and the
expansion energy of gas perform well displacement of oil, which was the major
production period. With a large depletion in pressure, the residual oil has less potential to
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produce gas while existing small bubbles gathering into continuous gas phase even to
cause gas channelling, which result in reducing oil production.

CONCLUSION
In this study, a foamy oil depletion experiment was conducted to understand the flow
mechanism and evaluate the gas bubble by the aid of CT scanning. Some conclusions can
be drawn. There were 3 stages in foamy oil depletion process corresponding to
compressibility single oil flow, foamy oil flow and channel gas flow. The oil saturation
maintained 100% throughout the sandpack in the compressibility single oil flow stage. It
was significantly decreased around BBP, which indicated that the optimum production
period was the combination of compressibility energy and foamy oil fluid energy, and the
foamy oil flow stage accounts for 72.3% accumulated oil recovery of the whole process
and the length of this stage directly affects the ultimate oil recovery. In the channel gas
flow stage, the isolated gas bubbles expanded and gathered into continuous gas phase
even caused bursting gas channelling, which would reduce oil production. The volume of
discontinuous bubbles was range from 0.00142ml to 0.0141ml and that of continuous
bubbles was 0.104ml to 12.36ml. Bubbles occurred in the foamy oil flow stage and the
quantities of discontinuous bubbles increased with the pressure drop. However, when the
gas channelling came into being, the quantities of discontinuous bubbles decreased but
gather into large bubbles and continuous gas phase, which resulted in reducing oil
production.
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ABSTRACT
The Permian Basin Wolfcamp shale formation is a prolific producer of oil and gas from
horizontal wells. The formation is over 1000 feet thick in most areas and has multiple
prospective completion targets. The Wolfcamp formation is also highly variable in
mineralogy, total organic content (TOC), porosity and other key reservoir properties. For
this project, a full diameter core of 246 feet length was obtained, and a multi-faceted core
analysis program was conducted. The program included spectral gamma logging, dualenergy CT imaging, plug sample selection, geochemistry, traditional shale core analysis,
and digital rock analysis. Digital rock data from plug sample was upscaled to the whole
core scans and continuous vertical curves were computed for mineralogy, brittleness
index, TOC, porosity, and permeability.
Plug samples were taken from 34 depth locations selected to be representative of the key
lithologies as indicated by the bulk density (RHOB) and photo-electric factor (PEF)
computed from dual-energy CT imaging. Preserved plug samples were sent to three
different labs for physical lab testing, geochemistry, and digital rock analysis. One
objective of this project was to obtain key reservoir and completion quality data to aid in
selecting an optimum horizontal landing zone and to quantify hydrocarbon in place.
Another goal was to enable comparisons between physical lab and digital rock
experiments. Using ion-milled SEM images and 3D FIB-SEM data, TOC, intergranular
porosity, and porosity associated with organic matter (PAOM) were determined. Of
particular interest was to understand the importance of PAOM and to explore the
similarities and differences between SEM derived porosity and helium porosity from
traditional physical lab test.

INTRODUCTION
The subject well for this project was drilled in the Delaware Basin in west Texas, USA,
and was sampled in the upper Wolfcamp formation. In order to gain a more thorough
understanding of reservoir and completion-related rock properties, an extensive suite of
core and well log data was obtained. Approximately 246 feet (75 meters) of full diameter
core was recovered and it was immediately cut into 3 foot long sections while still inside
the aluminum inner core barrel liner. These individual tubes were sealed with rubber
end caps to reduce sample loss and drying, then shipped directly from the field to the
digital rock lab.
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METHODS
For this project, the entire core was CT and spectral gamma ray (SGR) scanned while still
sealed in the aluminum core barrel liners. From this imaging, a continuous highresolution (about 1000 points per linear foot) log was computed of RHOB and PEF using
a process described by Vinegar, 1986 and Coenen and Maas, 1994. By combining SGR
with RHOB and PEF, estimations of rock mineral volumes, clays, silicates, and
carbonates were computed, as well as TOC. X-ray fluorescence (XRF) data was acquired
at discrete points along the core for mineral volume calibration purposes.
In order to select plugs and ensure adequate characterization of the rocks with greatest
reservoir potential, the data was divided into classes as described by Walls and Sinclair,
2011. From each of the 34 selected plugs, a half inch end trim was removed and used for
digital rock analysis. The remaining portion of the plug and the second plug taken at the
same depth was used for quantitative XRD, LECO, TOC and other tests.
To aid with sub-sample selection for SEM imaging, Archimedes bulk density was
measured from the end trim, bulk TOC and mineralogy was measured from homogenized
material using Fourier Transform Infrared Spectroscopy (FTIR) and a three component
mineralogy classification was computed based on XRF measurements. From each subsample, a 1 millimeter by 0.5 millimeter argon ion polished area was SEM imaged using
both secondary electron (SE2) and back-scatter electron (ESB1) detectors at 10
nanometers per pixel. The sets of high resolution images were combined and segmented
for porosity, organic matter, higher density minerals, and matrix grains. The porosity was
further analyzed and separated into PAOM, intergranular and intragranular porosity.
For this project, 8 of the 34 plug samples had a 3D image data set acquired with a FIBSEM imaging system by alternately removing 15 nanometers of material with the Ga+
ion beam and then acquiring SE2 and ESB1 images simultaneously at a resolution of 15
nanometers per pixel. Each 3D volume was segmented into grain, porosity, and organic
matter. From the effective pore volume, connected and isolated porosities were computed
as well as PAOM. Horizontal and vertical absolute permeability was computed with the
use of Lattice-Boltzmann methods on the connected pore volume.

RESULTS
Mineral composition was measured with XRF and XRD from 34 samples. From each
analysis, a 3 component mineralogy group comprising of clays, silicates, and carbonates
was normalized and plotted onto a ternary diagram. The results from both techniques are
in good agreement with each other. The datasets show similar mineralogy distribution
with silica to clay ratio of about 70/30 and the carbonate content ranging from 0-90% by
weight. Each data point in Figure 1 represents the mineralogy for one sample. The data
points are also colored by rock classes characterized by the high resolution RHOB and
PEF obtained from the dual energy CT scan of the core.
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Figure 1: Comparison of mineralogy results from XRF (left) and XRD (right).

From the 34 plug samples, PHIE, organic matter, and PAOM were segmented and
measured from 10 SEM image data sets per sample. Each of the 10 pairs of images
(secondary and backscatter electron) span an area of approximately 20 X 30 microns.
The results were averaged per sample and are used for observations and comparisons.
The 34 samples show a wide range of porosity, organic matter and mineralogy. Each data
point in Figure 2 represents the average for a sample. The data points are also colored by
rock classes. The more siliceous samples (green and black data points) range in porosity
from 1 to 6% by volume and range in PAOM from 0.5 to 2% by volume. The more
calcareous samples (blue and purple data points) range in porosity from 0.5 to 5% and
range in PAOM from 0 to about 1% by volume. Most samples have a combination of
mineral bounded (intergranular plus intragranular) porosity and porosity associated with
organic matter. In Figures 3 the segmented PAOM from the image to the left is shown in
blue and the segmented intergranular porosity is in red.
LECO TOC from geochemical lab analysis was measured and compared to organic
matter from SEM for 13 samples with closely matching depths. The results in Figure 4
show that the SEM total organic matter and LECO TOC form a linear trend that has a
non-zero intercept. The higher LECO TOC values in the cluster of four low TOC
samples may have been caused by incomplete calcite dissolution as these were all high
calcite samples. Also we do not know the kerogen density exactly so it isn’t possible to
convert weight % to volume % exactly, but a factor of 2 is a common assumption. The
dashed line in Figure 4 shows the line of equality (slope = 1) between SEM and LECO
with the factor of 2 assumption. For 13 samples, the average equivalent Vro is 1.18 and
the average Tmax is 463 (late oil to early gas window).
Figure 2: Crossplot of PHIE and PAOM from SEM.
Data points colored by CT class.
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Figure 3: Left is an original 10 nm/pixel SE2 image,
and right is a segmented image with intergranular
porosity in red and organic porosity in blue.

The clay bound water volume cannot be resolved from SEM images and gets counted as
part of the clay mineral volume during image analysis. Therefore the SEM porosity can
be considered as porosity available for free water or hydrocarbons, which is a common
definition of effective porosity (PHIE). Clay in these samples is about 19% smectite and
81% illite as determined by XRD. The weighted average clay bound water porosity is
equal to about 0.18 times total clay volume using Chitale’s published clay porosity for
different clay species. This clay bound water (CBW) porosity was added to effective
porosity from SEM imaging to get an approximate total porosity.

Figure 4: Comparison of organic matter from 2D SEM
to LECO TOC for subset of samples with exactly
matching depths. Low TOC samples had high calcite
content which may have increased LECO TOC if there
was incomplete calcite dissolution.

Figure 5: Computed clay bound water (CBW) porosity
using results from Chitale, 2010 combined with clay
analysis from XRD.

From eight 3D FIB-SEM volumes, the properties computed were connected porosity,
isolated porosity, PAOM, organic matter, and absolute permeability in both the vertical
and horizontal directions. The porosity from these 3D volumes ranged from 4 to 11% by
volume. The horizontal absolute permeability ranged from about 40 to 1900 nD. The
porosity versus horizontal permeability trend was determined and compared to porosity
and permeability from GRI crushed sample analysis. The porosity ranges for both types
of data are similar and so are the porosity-permeability trends (Figure 6). We could not
cross plot porosity vs porosity or permeability vs permeability for the two methods
because none of the depths of the FIB-SEM and GRI samples matched.
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Figure 6: FIB-SEM computed porosity and permeability trend compared to GRI data. (not matching depths)

Petrophysical Integration and Upscaling:
The SEM and FIB-SEM analysis and results from selected plugs were incorporated into
the petrophysical analysis as calibration points. Thus, we were able to estimate total
porosity (PHIT), effective porosity (PHIE) and PAOM as continuous logs along the cored
interval. Since matrix permeability was computed at various depths from a 3D FIB-SEM
volume using a Lattice Boltzmann method (Tolke, et al., 2010), a matrix permeability log
was obtained from the correlation between FIB-SEM porosity and computed
permeability. Using a combination of X-ray CT data, SGR, SEM, and FIB-SEM
analysis, key shale reservoir rock properties were computed along the entire cored
interval (Figure 7). This analysis contributed to a better understanding of this well at an
early stage of the study process.
These rocks have a wide variability in mineralogy, porosity, and TOC over short vertical
distances. The CT scan data was able to detect and resolve the thin layers. Brittleness
index (BI), was based on a relationship between Young’s modulus and Poisson’s ratio,
similar to that of Rickman, et al., 2008. Estimation of BI shows that the most calcareous
rocks are generally more brittle than the more clay rich rocks. However, the tight, high
calcite layers also have high rock strength which can act as a barrier to vertical fracture
growth depending on the layer thickness and spacing.

OBSERVATIONS AND CONCLUSIONS
Some key findings from this project are;
• LECO TOC from geochemical lab analysis matches organic matter from SEM
with a correlation coefficient R2 of 0.84.
• SEM image derived porosity is analogous to effective porosity (hydrocarbon plus
free water plus capillary water).
• Porosity vs permeability trends computed using FIB-SEM data and traditional
“GRI” type data are similar.
• Data from plug samples, including SEM and FIB-SEM, can be upscaled by
applying trends and correlations to the continuously sampled dual energy CT and
SGR data.
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Figure 7: SGR, CT data, and computed curves. Track 1, spectral gamma; Track 2, RHOB, Track 3, PEF, Track 4,
computed mineralogy; Track 5, radial images, Track 6, brittleness index; Track 7, TOC; Track 8, PAOM, PHIE, PHIT ;
Track 9, permeability. Red curves are from well log data. Red data points are from plug samples. Cored interval is
about 247 feet.
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ABSTRACT
As a part of an evaluation program conducted on several of BP’s cores from deepwater
Gulf of Mexico fields, a new probe was used to assess its potential as a non-destructive
solution for geomechanical profiling. This mechanical probe measures the force-time
relationship of a mass (referred to as Impulse Hammer) while it is freely falling onto the
surface of a core from a known height. The force-time function is subsequently analyzed
by an elastic Hertzian solution to obtain a reduced Young’s modulus E*, which is then
used as a first-order strength indicator. Twenty one feet of slabbed core were analyzed for
variations in E* and compared with Scratch Test results. For comparison, we grouped the
data into several litho-facies while each group retained a minimum number of
representative data points. We observed that E* reliably captured the variability of
mechanical properties throughout the data. Results showed that the Impulse Hammer
method provides a nondestructive alternative to the Scratch Test as a mechanical
profiling tool. The Impulse Hammer data analysis also generates a second parameter that
quantifies the deviation of core from a purely elastic behavior. Even though the use of
this parameter is not thoroughly reviewed in the present study, its potential to yield a
more complete picture of the core’s mechanical properties and to improve the scratch test
comparison is briefly discussed.

INTRODUCTION
Historically, when a whole core is collected for analysis, some form of vertical variability
characterization is used to focus on sampling locations for special core analysis (SCAL).
For petrophysical SCAL, this process normally involves cutting routine core analysis
(RCA) plugs at a regularly sampled interval (1.0 or 0.5 foot are common depth
increments). The routine plugs are then used to determine porosity and gas permeability
as storage and flow capacity parameters to be employed in SCAL sample selection. Until
2008, the process by geomechanics specialists to characterize vertical variability included
the use of porosity and permeability, petrophysical rock typing, core gamma ray, and/or a
log-derived rock strength [1].
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Starting in 2008, Terratek (now a Schlumberger company) introduced a rock strength
profiling technique, known as the Scratch Test, which has been calibrated to unconfined
compressive strength (UCS) core tests [5]. This technique has proven reliable and
trustworthy in characterizing vertical variability in mechanical properties and
approximating unconfined compressive strength. Because the method results in the
cutting of a small furrow roughly 8 mm wide by 0.2 to 2 mm deep along the core face,
geologists and sedimentologists have typically been unwilling to allow this strength
profiling to occur on the geologic slab due to the concerns that the process damages the
core. Alternatively, the Scratch Test methodology can also be run on core butts (3/4
sections) before or after the routine core plugging process. If before, the scratch test
delays the cutting of the RCA plugs, geochemistry sampling, and/or petrophysical SCAL
plugs, which may be sensitive to oil-based mud invasion or mechanical degradation of
the rock strength (particularly in weakly consolidated sands). If after, the Scratch Test is
collected over short intervals and in between core plugs could be impacted by the
removal of core material.
In 2013, a new and non-damaging strength profiling technique was introduced by New
England Research (NER) onto their AutoScan platform. The technique, known as
Impulse Hammer, measures the reduced Young’s modulus, or E*, by measuring the
force-time response at the tip of a small instrumented sensor dropped on a core surface
from a specified height and sampling interval. The technique was designed to provide a
non-destructive option for mechanical profiling that can also be used to map 1 and 2D
variability in mechanical properties such as elastic stiffness. To evaluate this new
mechanical properties profiling process for incorporation into BP’s core analysis
workflows, BP worked with ALS Reservoir Laboratories (ALS) and New England
Research (NER) to trial the Impulse Hammer technique on core where Scratch Test
results were also available. More specifically, this study sought to answer the following
questions:
(1) Are Impulse Hammer and Scratch Test techniques consistent between each other in
capturing the variations of the core mechanical properties (i.e. what level of
heterogeneities is each testing platform sensitive to)?
(2) Can empirical relationships be formulated between the rock strength index values
obtained from the Scratch Test and the reduced Young’s modulus E* obtained from the
Impulse Hammer?
MATERIALS AND METHODS
Material Tested
The material tested consists of core sections and plugs selected by BP from three
different formations encountered in GoM deepwater fields. All the original sections had
previously been analyzed with a Scratch Test probe. For Fields A and B, the core sections
were still available for impulse hammer profiling, while plugs that had been extracted
from the scratched core were used for field C. The table below provides a description of
the core material.
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Table 1. Summary of tested core material
Rock Properties
Field ID
Brief lithological description
Well Consolidated, Fine Grained Sandstones
A
Interbedded with Thin Shale
Moderately Consolidated, Fine Grained
B
Sandstone and Shale
Loosely Consolidated, Medium Grained
C
Sandstone
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Strength

Experimental Dataset
Type
Amount

Strong

slabbed core

13.3 ft

Medium to
Strong

slabbed core

7.8 ft

Weak

plug sample

7 plugs

Terratek Scratch Test
The Scratch Test was developed in the late 1990’s at the University of Minnesota as a
fast rock mechanical profiling technique to provide a strength index (Terratek Strength
Index – TSI) that is positively correlated with UCS [2, 3, 4, and 5]. The Scratch Test
consists of creating a continuous groove of constant depth on the surface of a rock sample
at a constant velocity. The amplitude of the force acting on the cutter head are recorded
continuously. An intrinsic specific energy parameter is sought throughout scratch testing
which is a function of (a) the cutting process, (b) the inclination of the force acting on the
cutting face, and (c) the friction coefficient across the cutter flat. Depending on rock type,
mechanical properties, and cutter depth, the area of investigation and depth of damage
will vary significantly. Also, the depth of cut impacts the type of failure process observed
throughout testing, i.e., differing depths produce ductile and brittle failure. For ductile
failure, the energy consumed is related to the volume of removed rock, while in the brittle
mode, the energy consumed is related to the surface of the cracks while forming rock
chips [6].
The scratch testing technique is based on a model of rock/cutter interaction in the ductile
regime [7]. The model has four key assumptions: (1) the forces on the cutting face, which
is suitably averaged over a long distance compared to the depth of the cut, is proportional
to the cross-sectional area of the groove traced by the cutter, (2) the inclination of the
average force on the cutting face is constant, (3) there is a frictional contact between the
cutter flat and rock interface, and (4) the cutter wear is negligible.
Impulse Hammer Technique
The Impulse Hammer probe used is integrated to a petrophysical core scanning system
manufactured by New England Research. This system also allows for routine scanning of
gas permeability, P- and S-wave velocity, electrical resistivity and infrared absorbance.
The scanner platform, shown in Figure 1(a), can accommodate up to 12 feet of whole or
slabbed core material at a time. The computer-controlled gantry system first maps the
core surface with a laser to identify edges and fractures and exclude them from the
measurement grid. Then the system can run automatically with no further operator
assistance and map the selected physical properties according to the defined layout.
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Figure 1. (a) A photograph of the measurement platform used in this study, with several sample
types on the table. (b) Example of the Impulse Hammer response on two different elastic materials.
16 repeat measurements are made on each sample, illustrating the level of repeatability.

The Impulse Hammer was developed to provide a non-destructive mechanical profiling
method. It was also designed to be fully automated for use on standard slabbed core
without the need for special surface preparation. The area of investigation for the Impulse
Hammer measurement is on the order of a millimeter and is commonly used with a
measurement spacing of 2mm or greater depending on the application. Unlike more
traditional rebound hardness techniques, the Impulse Hammer method can be used to
extract both an elastic stiffness and a hardness index.
The measurement consists of dropping a mass equipped with a tip of known radius of
curvature onto the core surface while continuously measuring the force applied at the tip
at a very high sampling rate. A purely elastic Hertzian contact model is used to describe
the impact of a sphere with an infinite sheet [8, 9]. The observed force-time function is
fit to the model described in Equation (1).

f t ≅H

!
!

!

!

R ! ε∗ d!

;

d(t) ≅ sin (

! !!!!
!!∗

)d!"#

(1)

where t is the time along the force-time function, R is the tip radius, and ε* is related to
the tip properties and the reduced Young’s modulus of the sample, E*. The parameter H
is a dimensionless hardness parameter, which for the case of elastic impact has a value of
1. The displacement-time function is approximated as shown in (1), where t0 is the time
of impact.
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where, M is the mass of the impactor, V is the velocity of impact, νtip is the Poisson’s
ratio of the tip, Etip is the Young’s modulus of the tip, and E and ν are the material
Young’s modulus and Poisson’s ratio of the test sample.
Thus the measured force-time function of impact is fit to elastic theory and allowed two
free parameters, E* and the impulse hardness parameter H, which can be related to the
kinetic energy loss during impact.
Figure 1(b) shows several Impulse Hammer force-time functions for two different elastic
materials, polyetherimide (plastic) and macor (ceramic). The plastic sample has a low
Young’s modulus and exhibits much lower force amplitude and longer period of
indentation, while the ceramic sample has a high Young’s modulus and provides a much
higher force response in a relatively shorter time interval.
Procedures for Data Acquisition and Analysis
In the following, only the procedures that pertain to the Impulse Hammer work
performed at ALS are described:
For Fields A and B, where slabbed 1- and 2-foot long core sections were available, E*
was measured along the core axis at 5 mm spacing using NER’s standard medium
curvature tungsten carbide tip with R=3.8 mm, Etip=545 GPa, and νtip=0.23.. All
measurements were made using a fixed drop height of 12.5 mm and a total sensor mass
of 69.7 grams, The data were processed using NER’s default routine processing, yielding
E* and H. Due to different sampling rates and volume sensitivities for the Scratch Test
and Impulse Hammer outputs, the comparison between TSI and E* was initially carried
out using histograms from common depth ranges.
For Field C, where original core sections were not available, RCA plugs were secured to
the measurement table and mapped with the laser to delineate samples edges. A grid
pattern of several measurements was performed on the end surface of every plug to
provide a statistically representative data set. The data obtained were reduced by
calculating average E* values per plug and these were compared against TSI values from
the parent core at the same depth.
It is worth noting that although the Scratch Test provides a finer length resolution than
the Impulse Hammer, the volume effectively investigated by the Scratch Test itself is
larger than the mm scale footprint of the Impulse hammer.
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RESULTS
Fields A and B
Figure 2 shows a data set obtained on one of the core sections from Field A, together with
a core photograph. The reduced Young’s modulus and TSI values are plotted as a
function of depth using two different vertical scales. The comparison demonstrates a
visually good consistency between the two data sets, with some contrast in a few
intervals. Also, note that locations where plugs had been taken could not be probed by the
Impulse Hammer. In order to conduct a global comparison between the two data sets
across a number of core sections studied, histograms were used, as shown in Figure 3.
The same procedure was followed for all the core sections studied from Fields A and B.
Some results are showed in Figures 4 and 5.
Field C
Impulse Hammer data for Field C was obtained on RCA core plugs. Comparison between
average E* per plug and TSI obtained at the same location is listed in Table 2. In this
case, the strength measured by both methods was much lower than for Fields A and B.
Yet, reasonable correlation is observed between the two measurements.
Table 2. Summary of Field C plug properties and test results.
Plug
ID
1
2
3
4
5
6
7

Gas K,
md
278.
419.
742.
1290.
1140.
763.
1350.

Helium Porosity, %
PV
27.3
28.8
29.4
29.7
30.0
27.5
28.3

TSI from core
MPa
0.500
1.500
1.000
0.500
0.700
0.400
0.600

E*, GPa
1.329
0.833
0.656
0.396
0.717
0.561
0.361

Figure 2. Field A slabbed core photograph (above) and measured E* and TSI values along the core
length. This two foot interval consists of thin-bedded consolidated sand (tan color) and then shale
(gray color). Note the sensitivity of both properties to variability in strength.
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Figure 3. Field A: Histograms of all data showed in Figure 2. (a) TSI. (b) E*.

Figure 4. Field A slabbed core photograph and measured E* and TSI values along the core length
(above). This two foot interval consists of shale (gray color) and thin-bedded consolidated sand (tan
color). The tan-colored cross-bedded sandstone exhibits substantially higher strength than the rest
of the core per both methods. Below: Histograms for above data. (a) TSI. (b) E*.
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Figure 5. Field B slabbed core photograph and measured E* and TSI values along the core length
(above). This one foot section consists of moderately consolidated sandstone. Relatively high strength
interval associated with more bedded lithology is observed by both methods. Below: Histograms for
above data. (a) TSI. (b) E*.

DISCUSSION AND CONCLUSION

Impulse Hammer as a TSI predictor
The data acquired and discussed in the previous section allows us to conduct a global
comparison between the Scratch-Test-derived Terratek Strength Index (TSI) and the
Impulse-Hammer-derived reduced Young’s modulus E*. Based on our observations on
cores and data sets, all the measured sections were divided into several internallyhomogeneous subsets to perform the comparison. For each of those subsets, a separate
histogram of both TSI an E* values was traced and the averages of those histograms were
used as representative TSI-E* pairs for a global comparison. The result of this analysis is
shown in Table 3. Note that in Field A some intervals display very similar pairs of
average properties. In the case of Field C, each plug was considered as its own group.
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Table 3. Summary of results obtained from histogram analysis for each individual rock type
with lithological description.

Field

Length/
Quantity

Peak TSI,
Mpa

Peak IH, Gpa

Comment

A
A
A

2 ft
3 ft
3 ft

70.000
260.000
70.000

16.000
45.000
16.000

sand w/shale laminae
shale w/sand laminations
massive sand

A

3 ft

40.000

6.000

A

3 ft

B
B
B
B
C
C
C
C
C
C
C

3 ft
3 ft
1 ft
1 ft
1 plug
1 plug
1 plug
1 plug
1 plug
1 plug
1 plug

90.000
10.000
60.000
70.000
40.000
10.000
60.000
30.000
2.000
1.500
1.000
0.500
0.700
0.400
0.600

16.000
2.000
14.000
16.000
6.000
4.000
18.000
10.000
1.200
0.833
0.656
0.396
0.717
0.561
0.361

Combination of silt and sand
interbedded with shale laminae.

shale

sand

Alteration of clean sand and silt
with lower shale content
shale
massive sand
massive sand
massive sand
sand
sand
sand
sand
sand
sand
sand

The breakdown of Table 4 helps us to establish the global correlation between TSI and
E*, which is shown in Figure 8. The sands in Fields A, B and C appear to show very
strong TSI-E*correlation. Best fitting power laws given below show similar factors and
exponents:
Field A sand: TSI = 2.1226 E ∗!.!"#
Field B sand: TSI = 1.9194 E ∗!.!"#
Field C sand: TSI = 1.4131 E ∗!.!"#

(3)
(4)
(5)

The shales from Fields A and B are fit with the polynomial:
Field A and B shales: TSI = −0.1786 E ∗! + 8.9286E ∗ − 7.1429

(6)
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Figure 6. Group-wise correlation between TSI and E* with best fits per lithology

The obtained fits show that the correlation between TSI and E* for GoM sands is very
good over a wide range of strengths. More complex mechanical behavior may explain the
different trend observed in shale, although more data points might lead to finding a power
law equally relevant.
Based on these results, we find that the TSI and E* parameters are adequately
comparable in representing the variations of mechanical properties along a given profile
(as shown in Figures 3-5). In addition, those parameters are very consistent in their
relationship of magnitude, especially in sands. This provides a comparatively attractive
method as the impulse Hammer is non-destructive and provides independent
measurements at mm scale.
Impulse Hardness H
As described in the methods section, the Impulse Hammer produces an additional
parameter which is sensitive to the permanent deformation experienced by the material
during impact. This parameter, the impulse hardness, offers a more complete description
of the mechanical behavior of the material during the test. The impulse hardness H
operates in the numerical inversion as a scaling factor on the initial impact velocity and
reflects the contrast between the velocities at impact and after rebound. Therefore, it
correlates with another strength index known as the Leeb rebound hardness. Although H
essentially allows to draw a more complete picture of the elasto-plastic mechanical
response of the material during Impulse Hammer testing, it may also be used in the
context of the present study to achieve a TSI prediction that does not necessitate the
definition of rock types based on core observation. To explore that possibility, the data
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set presented here was first reworked to allow for a one-to-one correspondence at each
depth between TSI and pairs of E* and H values. That was achieved by averaging the TSI
data over entire Impulse Hammer depth spacings. Doing so, one can use the trends that
were defined in Figure 6 to cross-plot the predicted TSI versus the measured TSI for all
individual Impulse hammer data points. This comparison is shown in Figure 7a. Without
changing anything to the results obtained using the histogram analysis, we observe that
the predicted TSI values lie within a factor of two of the measured ones over three orders
of magnitude. In Figure 7b, instead of using the rock types of Table 3, the impulse
hardness was used to distinguish between two populations which can be loosely defined
as sands and shales. As can be seen on the plot, this procedure leads to a very similar
result, suggesting that in regard to the objective set here of recovering TSI values from
Impulse Hammer measurement, the use of both E* and H yields a result that is as
satisfactory as the one of E* and rock types defined from core observation.
(a)
(b)

Figure 7. Comparison between predictions realized using the Impulse hammer data. (a) Using the fits
of Figure 6 which use a lithology-based separation. (b) With Impulse Hammer data only but using
the hardness H as a rock type indicator.

In conclusion, the trial conducted on various BP GoM core to validate the Impulse
Hammer as a mechanical profiling tool can be considered successful as benchmarked
against existing TSI data. Both rock-type specific and rock-type independent correlations
are shown to fit the GOM dataset spanning 3 orders of magnitude in strength. It is worth
noting here that this study implicitly assumes that the Scratch Test results are a
representation of the variations that would be observed for uniaxial compressive strength
data. Comparing the Impulse Hammer directly with UCS data, and extending the dataset
to include a wider range of rock-types and compositions, could constitute another
worthwhile validation step. Looking forward in time, it appears that Impulse Hammer

SCA2016-045

12/12

provides a more complete set of mechanical parameters that should therefore be tested
against more complex data sets such as a combination of UCS and acoustic velocity in
order to explore its potential for a wider applicability. Modifications to tip geometry and
impact force are being explored as ways to characterize additional mechanical properties,
including terms such as brittleness, tensile strength, and mechanical anisotropy.
ACKNOWLEDGEMENTS
The authors would like to thank BP America, ALS Reservoir Laboratories, BHP Billiton
Petroleum, Chevron, Conoco Phillips, Exxon, New England Research and Petrobras
companies for permission to publish this work.
This paper reflects the views of the authors and does not necessarily reflect or represent
those of their employing companies.
REFERENCES
1. Chang, C., Zoback, M.D. et al. 2006. Empirical relations between rock strength
and physical properties in sedimentary rocks. Journal of Petroleum Science and
Engineering, 51, 223-237.
2. Adachi J., and E. Detournay. 1996. Drescher A. Determination of rock strength
parameters from cutting tests. 2nd North American Rock Mechanics Symposium.
3. Detournay E., A. Drescher, P. Defourny, and D. Fourmaintraux. 1995.
Assessment of rock strength properties from cutting tests: Preliminary
experimental evidence. Proc Of the colloquium Mundanum on Chalk and Shales,
Brussels. p. 11–3.
4. Detournay E, A. Drescher, and D.A. Hultman. 1997. Portable rock strength
evaluation device. US Patent 5,670,711. U.S. Patent; 5, 670, 711.
5. Richard T, E. Detournay, A. Drescher, P. Nicodeme, and D. Fourmaintraux. 1998.
The scratch test as a means to measure strength of sedimentary rocks. SPE/lSRM
EUROCK 98.
6. Naeimipour, A., J. Rostami, E. Keller, O. Frough, S. Wang. 2015. Estimation of
rock strength by means of scratch probe. 49th US Rock Mechanics/Geomechanics
Symposium. San Francisco, California, 28 June-1 July.
7. Detournay E, and P. Defourny. 1992. A Phenomenological Model for the Drilling
Action of Drag Bits. Int J Rock Mech Min Sci Geomech Abstr.
8. Rathbun, A.P., S.R. Carlson, R.T. Ewy, P.N. Hagin, C.A. Bovberg, G.N. Boitnott.
2014. Non-destructive impulse based index testing of rock core. 48th US Rock
Mechanics/Geomechanics Symposium. Minneapolis, Minnesota, 1-4 June.
9. Johnson, K. 1985. Contact Mechanics. Cambridge: Cambridge University Press.

SCA2016-046

1/6

A CASE STUDY FOR EFFECTIVE LABORATORY
EVALUATION OF MEOR TECHNOLOGY IN SULFIDE
CONTAMINATED MATURE OIL FIELDS
Cicha-Szot R.1, Falkowicz S. 1, Launt P. 2, Nelson S. 2, Grzesiak J. 3
Oil and Gas Institute – National Research Institute, Kraków, Poland
2
RAM Biochemicals, Inc. Research Triangle Park, North Carolina, USA
3
EIT+ Wrocław Research Centre, Poland
1

This paper was prepared for presentation at the International Symposium of the Society of Core
Analysts held in Snowmass, Colorado, USA, 21-26 August 2016

ABSTRACT
This paper describes an extensive MEOR experimental program for sulfide contaminated
mature oil fields comprised of a series of core flooding and glass model experiments and
measurements of fluid properties using sulfide contaminated reservoir fluids to determine
if the selected microbial system could be effective for enhanced oil recovery and
potentially effective to inhibit souring. The selected microbial composition demonstrated
positive growth in a sulfide contaminated environment, and core flooding tests produced
increases in oil recovery 2% to over 10% above waterflooding. Core and sand pack
studies confirmed that the MEOR displacement mechanisms were not inhibited by sulfide
levels in the Grobla oil field.

INTRODUCTION
The occurrence of poisonous and corrosive hydrogen sulfide in aqueous systems is a
major problem in upstream and downstream oil and gas production. In addition to
corrosion and iron sulfide plugging it can lead to environmental hazards and reduced oil
value. Moreover, it limits the use of standard MEOR technology. Among the Sulfate
Reducing Bacteria (SRB) mitigation methods found to be useful in MEOR work,
competitive exclusion emerges as the most efficient. This method uses fast growing
microbes, both facultative anaerobes (nitrate respiration) and fermentative anaerobes that
can out-compete the SRB’s sulfate respiration. Since the role microbes play in MEOR is
strongly correlated with growth and the production of primary and secondary metabolites,
a dual role of enhanced oil recovery and SRB mitigation is conceivably possible.
Grobla, a mature oil field located in the northern part of central Carpathian Foredeep was
selected for the current field trials. Two types of reservoir rocks are present and
hydrocarbons are accumulated in a structural stratigraphic (the Oxfordian carbonates
sealed by the marly Senonian – Turonian deposits) and stratigraphic (the pinching out of
the Cenomanian sandstones) type traps [1]. The field produces light oil with gravity
38.36 - 42.97 ºAPI. Production is in decline and undergoing reinjection of production
brine in a waterflood configuration. Challenges to effective MEOR treatment in this field
arise from the levels of hydrogen sulfide (H2S) and sulfide in production fluids (43g/m3
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of extracted gas and from 300 to 350 mg/dm3 of formation water) which could alter or
inhibit growth of the microbial composition selected for this field trial. Additionally, we
needed to investigate whether the sulfide would diminish other aspects of microbial
modes of action requisite to increase Recovery Factors necessary for economic success.

EXPERIMENTAL
The microbial system (MS) selected for the Grobla pilot was similar in composition to
the one used earlier for the Plawowice MEOR project. Bacterial strains selected for
Grobla were adapted to grow in sulfide free sterile brine that otherwise matched Grobla
water analysis both chemically and osmotically. Sugar beet molasses was used as
carbohydrate and nitrogen sources. Microbial materials for Grobla were batch produced
in 30L and 300L Sartorius fermenters at the BTEC facility in Raleigh, NC, USA. The
final 300L batch was concentrated in disc bowl centrifuges to produce the Grobla
microbial system inoculum (MSI) which was cryo-protected and air shipped frozen to the
INiG-PIB laboratory in Krakow, Poland for laboratory studies and field application.
A novel, but simple closed system using plastic syringes in anaerobic bags was developed
to incubate oil and brine with the microbial materials. Multiple tests were conducted;
three series contained 5% MSI (microbial system inoculum / bacterial concentrate) and
two series each with 2.5% and 0.5% MSI. Tables 2 and 3 show the results of serial
analyses of the two liquid phases by LSRV (low shear rate viscosity) and interfacial
tension (IFT) measurements. Basically, lab procedures consisted of serial inoculations of
oil (Fig.1), followed by 144 hours of anaerobic incubation at reservoir temperature
(35ºC). Further examination of inoculated and control oil using full computational
rotational viscometer (Anton Paar Physica MCR 301) generated quantitative indexes
describing the degree of oil compositional alteration such as: Newtonian Index (NI), the
Delta Viscosity Index (DV) and Enhanced Oil Recovery Index (EOR) related only to
viscosity (Table 4). Additional experiments using core plugs and sand pack models were
conducted to evaluate microbial system performance. All tests were carried out under
anaerobic conditions on TEMCO® core flooding system using original reservoir fluids
under simulated reservoir conditions (pressure, temperature, flow rate). Five core plugs
and 4 sand packs (1 inch in diameter and 11.8 inches in length) were prepared with
different grain size and/or layering and marked as Z1-Z4 (Table 1).
After determining the basic petro physical parameters of absolute permeability and
porosity, core plugs and sand packs were saturated with Grobla Formation Water (GFW)
by vacuum, aged for one month and then evacuated by a displacement method using high
pressure gradients, after which they were saturated with reservoir oil until irreducible
saturation of GFW (Swi,) was obtained. This allowed for estimation of oil saturation of
the cores and packs. Waterflooding and MEOR treatment were then simulated to produce
recovery factor (RF) volumes. Core plugs and sand packs were then injected with one
pore volume of bio-product and incubated for 4 days at 35°C under anaerobic conditions.
Microbial enhanced waterflood simulation displaced additional oil (Table 1).
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To confirm microbial activity in plugs cryo-SEM and energy-dispersive X-ray (EDX)
mapping were performed. Cores were thin sliced and immediately mounted on
microscope stubs without any adhesives. Samples were immersed in liquid nitrogen until
they reach its boiling temperature to avoid evaporation of oil remnants. Frozen samples
were quickly transferred to the preparation chamber (Quorum) to coat them with
platinum. The temperature at the preparation chamber and at the microscope chamber
was -140 C. Samples were sputtered with platinum for 80 sec/10uA and then transferred
to the cross-beam field-emission scanning electron microscope chamber (Auriga60,
Zeiss). Observations were made at 25kV of electron beam voltage using the SE2 and
InLens detectors (Pic. 1,2). Cross-sections made with FIB were visualized at 2kV with
ESB detector. The SEM-EDX mapping was performed at 25kV and -140 C using the
Oxford instrument and Aztec software.

RESULTS AND DISCUSSION
Initial experiments were designed to verify the hypothesis that a dual role of microbial
enhanced oil recovery and H2S mitigation is possible. Laboratory tests of Grobla
production fluids show high levels of sulfide and low levels of indigenous SRB’s. This
suggest that at least some H2S at Grobla may be due to a combination of biotic and
abiotic processes from deeper in the Grobla formation rather than SRB activity in the
near well bore and producing formation’s water. However, SRB’s are present in Grobla
brine which has an alkaline pH of 7.6-8.0, and therefore conducive to SRB growth.
The first step in verifying a possible dual role was to confirm that the selected microbial
system is capable of displacing additional oil under simulated oil field conditions. One
sees from Table 1 that microbial treatment after initial waterflooding recovered additional
oil. The average coefficient obtained in the laboratory from simulation microbial
waterflooding is 5.2% and per individual cores it range from 2.5% to 10.6%.
A second confirmation step was aimed at mitigating the biotic component of sulfide
generation using known SRB mitigating methods judged compatible with MEOR. This
step used nitrite and/or a nitrite proxy (nitrate). It it required additional RF testing with
using various SRB Mitigants, authentic field samples of Grobla brine and oil and
microbial system materials. Shown in Table 2 are increases in reservoir brine viscosity
with the addition of MSI (microbial system inoculum), N (Nitrogen) and Mo
(Molybdate). This is a very positive factor when assessing the potential effectiveness of
the proposed microbial treatment technology.
The best results from waterflooding are obtained when the viscosity of the oil recovery
displacement fluid is close to the viscosity of the fluid being displaced [3,4].
Quantitatively, the mobility factor (M) expresses the impact of changes in viscosity of
resorvoir fluids as a ratio. Ideally, the value of M should approach unity. All microbially
treated samples had lower values of M than the baseline value for crude oil / brine. The
incubated sample that included molybdate salt produced the lowest M value of 1.41.
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Another means of evaluating MEOR treatability is by oil viscosity analysis [2]. Oil is a
very complex liquid that exhibits typical non-Newtonian behavior. Viscosity is shear rate
sensitive (pseudo plastic model) and it correlates strongly with the fluid dynamics
occurring in the pore space. Specific quantitative lab procedures were conducted to
measure the shift in rheological properties in treated (inoculated) and untreated (control)
samples. One can see from Table 4 that all obtained indexes for bio-treatability show
positive changes in fluid characteristics after microbial treatment. The comparison
between control and inoculated oil samples clearly shows microbial cracking in that all
EOR values are greater than 1.10. A global change in viscosity is also indicated by DV
values greater than 0.10. Cryo-SEM images combined with EDX mapping also confirm
positive bacterial growth activity in a sulfide contaminated environment and show
clogging of pores by the biofilm produced by the bacteria strains (Pics.1,2).

CONCLUSION
Laboratory studies point to the possibility of a dual role for microbial enhanced oil
recovery; 1) increased oil recovery, and 2) inhibition of oil field souring. The selected
microbial composition demonstrated positive growth in a sulfide contaminated
environment, and core flooding tests produced increases in oil recovery 2% to over 10%
above waterflooding. Core and sand pack studies confirmed that the MEOR displacement
mechanisms were not inhibited by sulfide levels in the Grobla oil field production fluids.
Laboratory studies tested the hypothesis that H2S mitigation and microbial enhanced oil
recovery at Grobla are not mutually exclusive. The Grobla pilot field project which
commenced on March 25th may further validate a dual role of microbial EOR and H2S
mitigation.
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Table 1. Core and sand pack test results
Plug/Sand Pack

Initial Recovery
Factor (RFi) [%]

volume of displaced
oil in MEOR [cm3]

final recovery
Increment of recovery
factor (RFf)
factor E mwf [%]
[%]
1-C
24.4
0.00
24.4
0.0
Gr-5
17.8
0.20
22.2
4.4
Gr-8
14.5
0.20
18.2
3.6
Gr-9
15.4
0.55
26.0
10.6
Gr-10
19.0
0.20
23.8
4.8
Gr-11
19.6
0.13
22.2
2.5
Z-1
71.0
3.10
76.8
5.8
Z-2
81.8
1.50
84.5
2.7
Z-3
70.7
1.50
74.4
3.7
Z-4
82.2
1.05
84.6
2.3
Initial Recovery Factor (RF) from saturated cores and sand pack columns, volume of oil displaced by
MEOR, final RF of waterflood and MEOR flood combined, and percent of incremental oil recovered.

Table 2. MEOR viscosity, surface tension and pH alteration
Viscosity
Fluid

Surface tension

pH

Viscosity

Surface tension

pH

[mN/m]

[-]

[mPas]

[mN/m]

[-]

[mPas]

Base measurement

After 6 days of incubation

Oil

3.220

26.00

-

-

-

-

Brine

0.973

59.70

5.60

0.973

59.70

5.60

MSI

1.157

52.77

6.70

1.361

41.20

4.87

MSI+N

1.173

52.45

6.73

1.270

35.00

4.80

MSI+N+Mo
1.128
52.20
6.72
2.035
40.57
4.85
Table shows changes from baseline values for viscosity, surface tension and pH after 6-day incubation
period. MSI = Microbial System Inoculum, N = Nitrogen, Mo = Molybdate

Table 3. Percentage change in IFT
Phase

Interfacial tension
[mN/m]

Brine/oil

15.4

Table 4. MEOR Indexes

Change
[%]
-

Oil after contact
with:
NI
3.2

DV
0.17

EOR
1.21

3.8

0.15

1.18

MSI/oil

6.8

55.8

MS

MSI+N/oil

10.7

30.5

MS+N

19.5
MSI+N+Mo/oil
12.4
MSI = Microbial System Inoculum, N = Nitrogen
Mo = Molybdate
NI = Newtonian Index

𝑁𝐼 =

DV = Delta Viscosity Index

𝐷𝑉 =

EOR = Oil Recovery Index

𝐸𝑂𝑅 =

MEOR Indexes

MS+N+Mo
3.9
0.16
1.19
A positive test for bio-treatability results when the
value of NI > 1.10, DV > 0.10, and EOR > 1.15
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TERMS for Eq. 1-3: Control = original sample (pre-inoculation), minSR = minimum explored shear rate
[1/s], maxSR = maximum explored shear rate [1/s], i = data point, spatial reference, TMD = Temperature
of maximum discrimination of rheological properties [ºC]
OTHER TERMS: GFW = Grobla Formation Water, SRB = Sulfate Reducing Bacteria, IFT – Interefacial
Tension, RF = Recovery Factor, Swi = irreducible saturation, MSN = Microbial System Nutrient, MSI =
Microbial System Inoculum, MS = Microbial System

Fig. 1. Scheme of laboratory incubation tests (MS – microbial system, MSN – microbial system nutrient,
MSI – microbial system inoculum, N – nitrogen, Mo – molybdate)

Biofilm

Biofilm

Pics. 1 and 2. Cryo-SEM observation made at 25kV using the SE2 and InLens detectors of an Auriga60
Zeiss cross-beam field-emission scanning electron microscope. Image show microbial growth in the core
after incubation.
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ABSTRACT
Shale is the most abundant sedimentary rock, which under certain conditions might be both
source and reservoir rock. A Micrometer to nanometer scale pore system has been found in
organic matter and inorganic matrix of shale reservoirs, which can have significant
influence on storage and fluid transport. Peculiar MICP results are observed in 5-15% of
the investigated Silurian shales from the Central European formations. These samples have
calculated porosity that is greater than total porosity measured with the use of helium
pycnometry on powdered samples. This effect is visible only for pores of diameters smaller
than 10 nm and produces a characteristic shape of cumulative pore size distribution curves.
The combination of helium pycnometry, MICP and adsorption investigations as well as a
set of mineralogical measurements (XRD, thin section microscopic investigations, SEM
analyses) were performed in order to describe pore space. The results show that
inaccessible porosity is created by a large number of isolated pores, which collapse under
great pressure of mercury exerted during measurements. The results show that isolated
nanopores can create up to 4% of MICP porosity.

INTRODUCTION
A problem of inaccessible porosity was mentioned by several authors. Clarkson at.al. [1]
estimated the volume of this part of pore space in the range of 15-30%.Typical situation is
presented in Figure 1A and 1B. During laboratory investigations of the Polish shale rocks
about 5% of investigated samples show the effect presented in Figure 1C For pore
diameters smaller than 10 nm cumulative curve sharply goes up and reaches the volume of
porosity greater than open porosity calculated with the use of helium pycnometry, or even
greater than total porosity (which is performed using powdered sample). The hypothesis is
that this effect is caused by closed porosity which collapsed under very high pressure
applied during MICP measurements.
INVESTIGATIONS
More than 2000 samples from the Polish shale basin were investigated. A workflow
consisted of density measurements, total and connected porosity investigations as well as
nitrogen adsorption [5] and high pressure MICP analyses and petrographical analyses with
the use of thin sections and SEM [2,3,8]. This set of analyses was done for all samples.
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Special attention was paid to prepare homogeneous samples to all analyses. Total porosity
was performed with the use of powder sample while connected porosity, MICP and
adsorption low pressure analyses were done using granulated samples (0.5-1 mm) [4,8].
Such granulation conserves porosity and specific surface of investigated rocks (correctness
and reliability was checked during independent investigations). Total porosity was
measured with the use of powdered sample and this analysis shows some volume of
closed pores in great part of investigated samples. These both analyses were done with the
use of helium and mercury pycnometry. During MICP analysis full intrusion and drainage
curve are completed. In the figures only part of intrusion curve is presented. From 40 m of
core analyzed during petrophysical investigations 6 samples were chosen to cover a broad
range of properties (Table 1). Additionally, for all selected samples a thin section was
prepared and for 3 of them SEM analyses were performed. One can see from Table 1 that
sample 2 shows an extreme value of MICP porosity in comparison with total and open. To
a lesser degree this phenomenon is also present in sample 5 (helium porosity is almost equal
to MICP porosity). Sample 1, 3, 4 and 6 were used in order to prepare reliable pore space
characteristics of over 80 % of shale rock matrix. The mineral composition of all samples
is very similar. The main minerals are quartz (29-45%), minerals from group
muscovite/illite (33-45%), chlorite (6-17%), carbonates (calcite, dolomite, ankerite) (26%), feldspar (2-5%), minerals from illite/smectite group (2- 8%) and pyrite and marcasite
(3-8%). Generally the analyzed rocks can be described as silty clays (clays with a large
admixture of thicker detrital material).
These samples contain from 1 to 7% of TOC. A degree of thermal transformation of
organic matter reached the level of gas window. SEM analyses were performed for
samples number 2, 3 and 5. These samples were chosen because of their extreme MICP
and porosity analyses (total and open porosity). In these samples a mixed pore network is
dominant with the presence of interparticle pores (interP), intraparticle pores (intraP) and
pores in organic matter (OM) [ 6,7].

DISCUSSION
MICP measurements show generally low calculated porosity. All factors present during
analyses decreased it. These are compressibility of rocks and bad penetrability of mercury.
The effect is that 60-70% of the investigated samples show calculated porosity lower than
2,5%. For the rest this parameter could reach 5%.
The results presented for sample 2 from Table 1 show, that in shale rocks there must exist
closed porosity, not penetrable even to helium (even for powdered sample). Of course
there are no isolated pores in geological time because of molecular diffusion but we are
interested in exploitation time. In this time these pore can be treated as isolated (eventually
the volume of transport is negligible. Typical shape of such cumulative curve shows
inflexion point for diameter lower than 10 nm – it means it is connected with the pressures
greater than 1000 at and covers one or two points of cumulative curve (it mean that time is
1-3 min). These parameters indicate that the observed phenomena must depend only on
invades of mercury into closed objects.
After reaching inflexion point, cumulative volume occupied by mercury rapidly grows.
The key word to this situation is high pressure. When the pressure produced by
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porosimeter becomes greater than 50 000 psi and still increases, the closed pores start to
squeeze and break providing additional volume of pore space. Such great pressure is
necessary to displace mercury through nanopore space and additionally break the pore in
organic matter. For those types of rocks MICP shows in fact rather total than dynamic
porosity.
In order to confirm above stated hypothesis three questions must be answered:
• Is really such part of pore space closed/inaccessible?
• Why do such pores occur only in 5-8% of investigated samples?
• Which element of shale rock is responsible for closed pore space (residual matter or
some kinds of minerals)?
Answers to above mentioned questions might be found analysing MICP data and SEM
images. For discussed samples (sample 2 and 5) MICP data do not show distribution of
diameters (below 10 nm) but only the pressure of collapse. The results show that the only
restriction for inaccessible pores is diameter of powdered grains (too big to open that pore
space). All surface effects were precisely removed from MICP curves. Figure 2 shows
cumulative curves of selected investigated samples. Collapse of sample 2 and 5 started
near pore diameter equal to 10 nm. Figure 3 shows incremental curves for the same set of
samples. Open part of its pore space is built with pores of diameter 1 – 0.1 µm. The
interpretation is that the dominant peak in samples 2 and 5 consists of inaccessible pores,
closed accessible pores (open by powdered sample) and even part of open pores. The
significance of this effect is even greater because porosity built with pores greater than 10
nm is less than 2% for these samples so the rest of pore space (over 8 and 6%,
respectively) is included in great peak below 10 nm. More precise and direct answer to the
stated questions is given by SEM images analysis which indicates main differences
between pore space in analyzed shale rocks (resolution of instrument equal to 5 nm).
Figure 4 shows SEM images of pore space of investigated samples (sample 2 - A, B,
sample 3 - C, D and sample 5 - E, F). In sample 2 all OM pores, interP pores and intraP
pores were found, which suggests mixed pore network [7]. Pores observed in organic
matter (1.9%), which is highly dispersed in a rock sample, achieve the size of 300 nm and
are mainly in the center part of the OM grains. Arrangement of pores inside the grains of
OM, with no contact with the grains of mineral framework (Figure 4 A), allows for a
statement that the pores occurring in OM, in the majority of cases, are isolated. Organic
matter is pressed into ductile clay mineral packages, which provide also isolation of OM
from interparticle pore space. Moreover, in pyrite framboids interparticle pores between
crystals of pyrite were found and pores in OM, which fill and surround framboid
structures. A part of pores in framboids might be also isolated by OM. Sample 2 shows
also a number of intraparticle pores located in the plaques of clay minerals and detrital
grains and interparticle pores (intrerP) between detrital grains. Presented SEM images
suggest that differences between MICP and helium pycnometry might be associated with
isolated pores in OM and framboidal pyrites. Pore space of sample 5 (Figure 4 – E, F), in
which similar effect like in sample 2 is observed, can also be described as mixed pore
network. Both pores in OM, interP and intraP pores were distinguished. Differences from
the sample 2 are associated with the location of the pores in the OM. Most of these pores
adhere to the detrital grain boundaries and clay minerals, and probably creates the system
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connected to the system of interparticle pores. These pores are larger than the pores
observed in sample 2 (the size reaches 800nm). OM (3.66%) is also highly dispersed in the
rock matrix. Differences are also observed in the pores of the pyrite framboids, which are
filled with less OM resulting in fewer pores isolated. Such structure of the pore space
results in lower number of isolated pores what consequently leads to slight difference
between MICP (8.25%) and helium porosity (6.12%). In sample 3 inerP and intraP pores
are two main types of pores observed. Although most of the OM do not contain pores,
very few pores in OM might be distinguished. The size of such pores is in the range of
several nm. The position of OM (7.16%) in the rock matrix indicates strong compression
of OM between detrital grains and ductile clay minerals. Often thin laminas of OM are
observed. No pores in OM indicates a different type of OM, requiring a greater activation
energy for the generation of hydrocarbons. Rock-Eval studies showed that very high
content of residual carbon (RC) indicating a very low transformation of OM in discussed
sample.
Analyzing such samples another question arises: is existence of such isolated pores
possible? In geological time it is not. Molecular diffusion is fast enough to connect all
empty spaces in rocks. But this scale is not interesting for us. Our problem is: are such
pores accessible during exploitation of shale well (up to three years). The first visible
effect is difference of porosity between granulated and powdered sample. Difference
between total and connect porosity shows volume of pores opened in powdering process.
Empty spaces opened during collapse of pore space were also inaccessible by helium even
for powdered sample. Dimensions of these closed pores are restricted only by dimensions
of powder grains not by Washbourne formula. Taking into consideration very short path of
migration in powdered sample and helium penetrability we can conclude that possible
influence of this part of pores space on total flux will be negligible.

CONCLUSION
1. In part of examined samples there exists closed porosity, inaccessible even to helium.
These pores can be opened only by collapse of rock due to high pressure. It manifests
during high pressure MICP on the cumulative curve as a great peak of pores below 10
nm range of diameter. However, interpretation of MICP data needs to be performed
very carefully, because as the results show, the pore sizes reflected by that peak are
much higher than 10 nm. That is why, in order to depict pore size distribution,
additional investigations are needed.
2. Inaccessible porosity is found in dispersed organic matter and in framboidal pyrite.
Single pores can reach diameters of several hundreds of nanometers.
3. Higher value of MICP porosity than of open porosity might be considered as a
parameter that indicates the occurrence of dispersed organic matter (highly thermally
transformed) in the rock sample.
4. A lower value of MICP porosity than open porosity in the shale samples suggests the
presence of OM that is considered as a low thermal maturity OM (another type of OM)
or in this sample pores are filled with asphaltenes (as a result of bitumen migration).
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Table1. Porosity data
Sample ID
1
2
3
4
5
6

MICP porosity
(%)
4.98
10.22
1.76
2.88
8.25
4.19

Total porosity
(%)
5.49
4.62
8.57
8.41
8.53
8.00

Open porosity
(%)
2.56
0.70
3.29
8.40
6.12
1.85
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1

0.000
1E-3
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0.000
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Figure 1. Comparison of MICP and adsorption pore size distributions cumulative curves calculated using
BHJ and Halsey theory. MICP – blue curve, Nitrogen adsorption – red curve. Merging procedures was
applied to combine both cumulative curves. Of course MICP curves shows volume of porosity in a function
of pore throats while adsorption shows pore bodies. Obtained results are similar to results obtained by
Clarkson at al. Typical curves are presented in Fig A and B. Adsorption curve in fig A could be shifted
during greater values of diameter but because of plateau or near plateau part of MICP curve total volume of
penetrated pores can be reliably estimated. Fig B shows the same run of both curves in some range of
diameters and it also give us opportunity to calculate pore volume. Figure 1C – calculated total volume is
lower than calculated MICP porosity
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Figure 3. Incremental curves
(sample 2 – green, sample 3 – red sample 5 – blue)
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Figure 2. Cumulative curves for 3 investigated samples
(sample 2 – green, sample 3 – red sample 5 – blue)

Figure 4 Types of pore space in analyzed samples. A, B – sample 2, B, C sample 3, E, F – sample 5.
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ABSTRACT
In this study, the main objective was to examine the interactions between nanocellulose
dispersions and Berea sandstone through retention studies using a vertically-oriented particle
mobility coreflooding (PMC) procedure. The type of nanocellulose evaluated was cellulose
nanocrystals (CNC).
The results showed that CNC in low salinity water (LSW) was able to transport through the core
causing moderate rock impairment (permeability reduction between 17 % to 25 %). Furthermore,
it was observed an increase in differential pressure as CNC concentration increased. Indicating
that retention increases as a function of concentration. A higher pressure was obtained when
injecting with a high flow rate (3.0 ml/min) compared to a low rate (0.3 ml/min). CNC at higher
salt concentration (3.53%) was not stable and plugged the inlet of the core. More research is
required to improve the stability of CNC in brine and thus increase its mobility through the core.

INTRODUCTION
Chemical flooding with polymers is considered one of the most promising enhanced oil recovery
(EOR) methods and has been researched for over 40 years. The main objective with polymer
flooding is to improve the macroscopic displacement efficiency by increasing the viscosity of the
aqueous phase. A higher viscosity of water results in a favorable mobility ratio, which reduces
viscous fingering effects and changes the flow pattern in the reservoir.5,7,8 Polymers will also help
to increase microscopic efficiency due to their viscoelastic nature.5
When polymer flooding is applied to a reservoir, water-soluble polymers are added to the water
prior to injection. Today, two main polymers are used commercially; the biopolymer xanthan
gum and the synthetic polymer hydrolyzed polyacrylamide (HPAM).2 The disadvantages with
HPAM are that they are sensitive to high reservoir temperatures and shear degradation. Xanthan
gum on the other hand is less sensitive to shear degradation, but the polymer is susceptible to
bacterial degradation. In addition, it has a significantly higher cost than HPAM.7
This study examines the potential of using a novel additive derived from cellulose for chemical
flooding. Cellulose is a renewable, non-toxic and biodegradable biopolymer obtained from wood.
A particle character is obtained by utilizing cellulose in the nanoscale (nanocellulose). Particle
characteristics at this size attain an advantage in the micron sized pore throats compared to
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dissolved polymers. The cellulose polymers occurs as bundles, not as single molecules, and they
exhibit a high crystallinity. This makes them less vulnerable for degradation. It is therefore
assumed that nanocellulose have a higher thermal stability and are less susceptible to bacterial
degradation, compared to HPAM and xanthan gum.
Formation damage could be a problem when injecting polymers into a reservoir, as polymer
molecules adsorb well at solid interfaces. Retention of particles inside the core creates an extra
layer inside the pores and pore throats, which might lead to flow resistance. Furthermore, the
adsorption is practically irreversible because it takes a large pore volume of displacing fluid to
desorb the polymer.8 Such a process might not be economically feasible. Hence, the polymeric
additive is lost. Another option is to inject polymers with a higher initial concentration to take
into account that some will be adsorbed by the rock. This will also cost more money and might
not be the best solution. The most promising EOR additives have little to no adsorption. If the
polymers exhibit high retention, they need to be modified to alleviate the issue; otherwise they
will be excluded from further EOR research. Polymer chemistry, reservoir rock composition,
temperature, salinity and polymer composition are the main factors influencing polymer
retention.5 A retention study on xanthan gum in a sandstone core showed that retention increased
with increasing polymer concentration, and it also increased somewhat with the flow velocity.4
In this study, cellulose nanocrystals were flooded through a dry core plug to evaluate particle
mobility. Ionic strength of the dispersion fluid and CNC concentration were varied to see if they
displayed a trend with increasing or decreasing retention. The effect of flow rate was also
evaluated.

EXPERIMENTAL MATERIALS
Base Fluids
Low salinity water (LSW) and synthetic North Sea water (NSW) were used as base fluids. LSW
consisted of 0.1 wt.% sodium chloride (NaCl), while NSW comprised deionized water and seven
different salts, resulting in a salinity of 3.53%. The base fluids were used as the aqueous phases
into which CNC was dispersed.
Nanocellulose
Cellulose nanocrystals are rod-like particles with sizes in the nanometer range. The CNC used in
this study were purchased from the University of Maine. This material was manufactured at the
US Forest Service’s Cellulose Nano-Materials Pilot Plant at the Forest Products Laboratory in
Madison, Wisconsin. The cellulose nanocrystals were produced using 64 % sulphuric acid to
hydrolyze the amorphous regions of the cellulose material, resulting in acid resistant crystals.3
After washing, dialysis and sonication, a dispersion of 12 % CNC was obtained. This suspension
was then diluted to 0.5 wt.% and 1.0 wt.% in the LSW and to 1.0 wt.% in the NSW.
Porous Media
The core plugs were extracted from a Berea sandstone block, which is considered to be strongly
water-wet. Six core plugs were used in the study and their properties are listed in Table 1.
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X-ray diffraction (XRD) analysis was performed for five samples taken from the same block as
the core plugs used in this study. The results showed that the rock is composed of three main
minerals: quartz (93.7 wt.%), microcline (5 wt.%) and diopside (1.3 wt.%).
Table 1. Properties of Berea sandstone core plugs. Porosity was measured with a helium porosimeter, and
permeability was measured with air and corrected by use of the Klinkenberg effect.
Core #

Length [cm]

Diameter [cm]

Pore volume [ml]

Porosity [%]

Permeability [mD]

1
2
3
4
5
6
7

4.5
4.5
4.5
4.5
4.5
4.5
4.5

3.8
3.8
3.8
3.8
3.8
3.8
3.8

9.5
9.1
8.5
8.8
8.7
9.2
8.8

18.1
17.4
16.4
16.8
16.6
17.8
17.0

435
413
307
354
316
307
275

Average

4.5

3.8

9.0

17.2

344

EXPERIMENTAL METHOD

The standard PMC rig set-up was used for this study.1 A dry core plug was mounted in a
vertically-oriented core holder with 20 bar sleeve pressure. The base fluid or nanocellulose fluid
was then injected from the bottom of the core. Effluent was collected from the top of the core
holder every pore volume (PV) for 5 PV. A pressure gauge measured the pressure drop across the
core. The core’s final saturation was measured after flooding was complete. The cores were
cleaned with methanol using a soxhlet extraction apparatus and dried in an oven at 60°C after
flooding. Pre- and post-flooding porosity and permeability measurements were conducted to
determine possible rock impairment.
Effluent samples were analyzed for concentration and pH. The concentrations of CNC will be
determined quantitatively at a later point. However, CNC solutions become whiter and more
opaque with increasing concentration, so it is possible to qualify concentration using visual
observation. Therefore, the original injection fluid was placed in a vial and compared to the
effluent samples. If the effluent had the same opacity as the original solution, it was concluded
that little to no retention had taken place. As the transparency of the effluent increased, more
retention was occurring. The retention results from the visual inspection were compared with the
differential pressure curves for validation.
An overview of the experimental plan is displayed in Table 2. Concentration of CNC, dispersing
fluid, and injection rate were the parameters that were changed for each experiment. The low
flow rate was chosen to mimic the typical flow velocity in a reservoir (1 ft/day, which
corresponds to 0.24 ml/min with the core’s cross-sectional area).
Table 2. The different fluid types that were tested with the corresponding injection rates.
Core #

CNC concentration [wt.%]

Dispersing fluid

Flow rate [ml/min]

1

---

LSW

0.3
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2

0.5

LSW

0.3

3

1.0

LSW

0.3

4

0.5

LSW

3.0

5

1.0

LSW

3.0

6

---

NSW

0.3

7

1.0

NSW

0.3

RESULTS AND DISCUSSION
A total of seven PMC experiments were conducted, where two of them were regarded as base
cases. The LSW and NSW base cases were pure brines; they did not contain any nanocellulose
particles. Therefore, no retention was occurring. The pressure curves from the experiments with
nanocellulose particles were compared to the base cases. If the differential pressure was
significantly higher than the base case, retention was assumed to occur, causing the pressure
increase. On average, the cores were saturated 60 % at the end of the experiment. The pH was
measured prior to injection and for the first and fifth pore volume of the effluent samples. It
remained constant for all experiments.
LSW as Dispersing Fluid
Both concentrations that were used with LSW were considered stable solutions. The stability of
1.0 wt.% CNC with LSW was also confirmed in the research conducted by Molnes et al.6 From
the experimental results where the low rate was applied, it was observed a higher pressure for the
case where 1.0 wt% CNC was used compared to 0.5 wt.% CNC (Figure 1A). The same trend was
also observed when the high rate was used (Figure 1B). This indicates that particle retention
increases with increasing CNC concentration. The same observation was also found in the
retention experiments conducted on xanthan gum by Huh et al.4
For the low rate, both fluid systems follows the same trend as the base case, where the low
concentration (0.5 wt.% CNC) is almost identical to the pressure curves of pure LSW (Figure
1A). The only difference is a slightly increased pressure at the end (pressure increased from 0.10
bar to 0.12 bar). This could be a result of particles adsorbing onto the rock grains leading to a
tighter flow path and hence an increase in pressure. At the very end the pressure dropped to 0.10
bar again, which could mean that these particles were pushed further out or that a new flow path
opened in the core.
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Figure 1. Pressure curves for the low rate (A) and high rate (B) using LSW as dispersing fluid for CNC. The points
illustrate the breakthrough times for the water.

A base case was not conducted for the high rate in this particular study. However, Aurand et al.1
did a PMC study where different rates were tested using NSW as base fluid. In the case where 3
ml/min was used as the rate, the differential pressure reached its maximum at 0.36 bar. It is
therefore assumed that the base case for LSW would follow the same trend as NSW. This
assumption is based on the fact that NSW and LSW do not contain any particles, and they had the
same pressure curve when the low rate was applied. 0.5 wt% CNC and 1.0 wt.% CNC have a
higher differential pressure than the base case for the high rate, and particles could be retained
within the core.
NSW as Dispersing Fluid
For the solution where NSW was used as dispersing fluid, larger particles were visible with the
eye, indicating that the CNC aggregated throughout the duration of the experiment. This caused
particle accumulation at the inlet face of the core (Figure 2), inhibiting injection. Differential
pressure increased throughout the experiment to a final, maximum pressure of 3.5 bar. This is
over 20 times greater than the maximum pressure of the flooding experiments conducted with the
low rate. The PMC test cannot be accurately run with particle aggregation, so this test does little
more than to show that more work needs to be done on the stabilization in the presence of
synthetic saltwater.

Figure 2. A) Picture of the core inlet for 1.0 wt.% CNC with NSW taken after PMC. A thin film of nanocellulose is
observed. B) The other tests did not display this effect, which is illustrated by the core that was flooded with 0.5
wt.% CNC with LSW.

Porosity and Permeability
The permeability was altered during the PMC tests, and lead to a moderate impairment (ranging
from 17% to 25%) for the majority of the cores. Core 6 (1 wt.% CNC with NSW) had a
significant permeability reduction of 61 %, which could be explained by the nanocellulose film
that was created on the inlet of the core. The porosity of the core plugs did not change during the
PMC
tests.
Effluent
Analysis
The effluent analysis confirmed the observations from the pressure curves. From sample 1 PV to
5 PV it is seen that nanocellulose has been transported through the core in the cases where LSW
was used as dispersing fluid (Figure 3). However, it is not possible to determine the exact amount
of particles by visual analysis only. It is difficult to determine the extent of retention as a function
influent concentration and flow rate without a quantitative measurement of the effluent
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concentrations. The observations from the effluent study therefore just give an indication of
which
system
will
perform
best
for
further
EOR
research.
In the case where NSW was used as dispersing fluid, it is observed that PV 1 to 4 is quite
transparent when compared to PV 0 (Figure 3). This indicates that CNC is retained within the
core. In the fifth PV it is possible to see that CNC has had a breakthrough in the core because a
small amount of CNC is observed in the bottom of the sample.

Figure 3. Effluent samples from flooding experiments, where sample 0 is the original fluid prior to injection and
sample 1 to 5 illustrates PV 1 to 5, respectively. From left to right: 0.5 wt.% CNC with LSW (0.3 ml/min), 1.0 wt.%
CNC with LSW (0.3 ml/min), 1.0 wt.% CNC with NSW (0.3 ml/min), 0.5 wt.% CNC with LSW (3.0 ml/min) and
1.0 wt.% CNC with LSW (3.0 ml/min).

CONCLUSIONS
•
•

•

The studies show that there is a trend between CNC concentration and retention.
Retention is increasing as CNC concentration increases.
CNC exhibits a greater retention in the core when dispersed in a fluid with high ionic
strength (3.53% salinity), which was evident from pressure data, permeability impairment
and effluent analysis. This could be a result of an unstable solution. Thus, more research
concerning the stability of the nanocellulose dispersions in salt is needed in order to
prevent aggregation and plugging of pores.
A higher flow rate might lead to more particles being retained, but this statement needs to
be confirmed by running more parallel experiments together with accurate measurement
of effluent concentration.
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ABSTRACT
The Darcy law provides the basic linear equation for fluid flow in porous media in an
ideal, simplified condition. The Darcy’s equation has been shown to be valid in flow
processes happening in sufficiently low Reynolds number regimes. At higher Reynolds
numbers, the inertial effect causes extra pressure drop and a decrease in the apparent
permeability of the porous media. The Forchheimer’s equation is a semi-empirical
relationship which accounts for the inertial effects on the flow characteristics.
In this research, high Reynolds number flow through two-dimensional pore-throat
combinations were simulated by the Lattice Boltzmann method. The effect of the
geometry on the extent of the inertial effects was studied based on the outputs of the
simulation. The validity and sensitivity of the Forchheimer’s correlation was tested in this
work.

1. INTRODUCTION
Permeability is defined as the capability of a porous medium to pass a single phase,
single component flow. For a natural porous medium such as a natural hydrocarbon
reservoir, the porous medium consists of a wide range size of pores and the connecting
pore throats.
The first basic mathematical model to study fluid flow in porous media is the empirical
relationship known as the Darcy’s law. This equation relates the fluid viscosity µ, the
rock permeability k, the flow area A, the sample length L and the piezometric pressure
difference ∆Ф of the fluid flow rate through the sample Q as
𝑄=

𝑘𝐴 ∆Ф
,
𝜇 𝐿

∆Ф = ∆𝑃 + 𝜌𝑔∆𝑧

(1)
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At higher Reynolds numbers, the relationship between the pressure gradient and flow
velocity becomes non-linear. Forchheimer (1901) was one of the first people to provide a
quadratic empirical correlation for the velocity and pressure gradient relationship
−

𝑑𝑃 𝜇𝑢
=
+ 𝛽𝜌𝑢!
𝑑𝑥 𝑘!

(2)

where β is termed the Forchheimer coefficient, u is the average velocity of the fluid, kF
is the Forchheimer permeability and ρ is the fluid density. There has been some research
works that propose a cubic relationship for the velocity and pressure gradient (Mei and
Auriault 1991; Coulaud et al. 1998; Balhoff and Wheeler 2009). However, the range of
the applicability of the cubic relationship is not wide.
Ruth and Ma (1992) proposed an alternative form of representing the inertial effects on
the permeability as
1
1
𝛽𝑘! 𝜌𝑢
=
1+
𝑘 𝑘!
𝜇

(3)

where k is the permeability, and ko is the apparent permeability. The Forchheimer
coefficient β is measured experimentally for each type of fluid and porous media by
multi-rate flow tests and there is no generally accepted theory to predict its value.
However, there are empirical correlations relating the Forchheimer coefficient to
permeability and porosity.
Considering a porous medium to be a bead pack, Ergun (1952) derived a correlation for
the Forchheimer coefficient as
𝛽 = 𝑎𝑏 !!.! (10!! 𝑘)!!.! ∅!!/!

(4)

where a and b are constants depending on the porous structure surface, and ϕ is the
porosity. MacDonald et al. (1979) modified Ergun’s correlation and defined ranges for a
and b. There are also some other correlations obtained for natural porous media. Table 4
presents a few of the correlations found in the literature.
Flow test experiments on regular shaped sphere packs have shown the applicability range
of the Forchheimer equation (Dybbs and Edwards 1984; Fand et al. 1987). This ranges
differ for each type of the packings.

2. MODEL ANALYSIS AND RESULTS
Natural porous media consists of a wide range of pores and pore throats of different sizes
and shapes. In natural porous media the pores could be connected to any number of
throats. In this study a simple circle in 2D is chosen to represent the pore and channels
are assumed to represent the pore throats. Figure 1 shows the schematic of the simplified
pore.
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The purpose of this study is to investigate the onset of the non-Darcy flow and the
pressure loss and velocity relationship in the pore-throat combination by simulating the
hydrodynamics of flow in pore bodies by the Lattice Boltzmann method. The Lattice
Boltzmann method is a popular fluid dynamics simulation method. For a detailed
explanation of the method, the paper by Arabjamaloei & Ruth (2016) is suggested.
It is known that the sudden change in the flow path width causes a shift of the laminar
flow from the Darcy regime (creeping flow) to non-Darcy regime (Forchheimer or
turbulent). Turbulent flow happens at very large velocity and rarely innatural porous
media flow. The dimensionless Reynolds number (Re) is typically the main indicator of
the onset of the flow regime change. Studies on the onset of non-Darcy flow in sphere
packs have shown that assigning a unique Re onset for all types of porous media is not
possible due to the sensitivity of the fluid flow to the geometrical properties of the porous
medium (Hassanizadeh and Gray 1987).
Reforming equation 2, for gravity driven flow, by inserting the kinematic viscosity v
instead of the dynamic viscosity µ, results in another form of the Forchheimer equation as
𝑔=

𝑣𝑢
+ 𝛽𝑢!
𝑘!

(5)

The flow processes in all the pore-channel combinations at varying gravity force was
simulated. The plot of gravity (g) and the average exit velocity (u) for 4 different porethroat combinations is provided by figure 2. As it is seen in figure 2, a second order
Forchheimer type polynomial fits the data well but the trend of the velocity profile is
more like a third order polynomial with an obvious critical point that could be related to
the critical Re. The velocity and gravity force in lattice Boltzmann units show a well
behaved cubic relationship for each combination. However, the effectiveness of this
relationship depends on its applicability to the whole range of aspect ratio combinations.
To investigate this issue, the plot of the velocity and gravity for 10 different pore-channel
combinations with varying aspect ratio was produced, as shown in figure 3. The mass
flow rate is also a characteristic of the flow process and the inertial effects extent. The
permeability for all the different cases was scaled by dividing the calculated permeability
to the absolute permeability for all the data 10 combinations. The absolute permeability
was calculated at vanishing Reynolds number. Scaled permeability (Ks) was plotted
versus the mass flow rate in figure 4. Comparing figures 3 and four illustrates that the
mass flow rate and scaled permeability provide a well behaved relationship for the whole
ranges of pore-throat geometries while the velocity and head loss relationship foe all the
geometries is not correlating well.
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4. DISSCUSSIONS AND CONCLUSIONS
•

•

•
•

As it is seen in figure 3, neither third order nor second order polynomial can perfectly
predict the velocity and gravity relationship. This indicated the weakness of the
Forchheimer type equation for the pore network combinations.
A second order polynomial precisely predicts the permeability change as a function of
mass flow rate due to the inertial effects in the simplified geometries used for this
research.
The Forchheimer equation seems to work for some pore-throat combinations,
however it doesn’t work well for all size combinations.
The third order form of the Forchheimer equation works better than the second-order
form in the two dimensional models studied (Figure 2).
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Figure 1: Schematic of the velocity streamlines in simple pore (the green circle) and two connecting channels (the
green channels) surrounded by solid impermeable medium (the red color)
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Figure 2: Average exit velocity (u) versus dimensionless gravity acceleration and two orders of polynomial
fits for 4different pore-throat combinations. Data points show the simulation results and the line shows
the fitted polynomial.
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Figure 3: Plot of average exit velocity (u) versus dimensionless gravity (g).
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ABSTRACT
Multiphase flow induced by solution gas evolution impacts water flooding performance,
such as drastically decline of oil and liquid production, which raises the necessity to take into
account the gas evolution effect when designing oilfield development plan and optimizing
oilfield development model. In this work a three-phase flow experiment was conducted to
simulate water flooding process in a core sample from one low permeability reservoir with
high GOR located in northwestern China and the impact of solution gas evolution was
studied quantitatively. By imaging the flooding process in a core sample with an X-ray CT
facility and recording the variance profile of gas saturations on multiple locations of the core
sample was observed. Also, relative permeability of oil phase is reduced by 27.5% from that
of two-phase (oil/water) flow where solution gas evolution effect is omitted. On the other
hand, reduction of relative permeability of water phase is only 1.4%, indicating that water
phase flow is less impacted by solution gas evolution, assuming a water-wet reservoir where
water-phase has little direct contact with gas-phase.

INTRODUCTION
Water flooding is often approached as an effective way for oil production in low
permeability reservoirs featuring low formation energy. However, rapid dissipation of the
injected energy due to high flow resistance of low permeability reservoirs makes it difficult
to supplement adequate energy in time to support the formation pressure. Solution gas tends
to come out of crude oil as the formation pressure drops below the saturation pressure point,
which is a prevalent occurrence near wellbore area, particularly for low permeability
reservoirs with high GOR (Gas/oil ratio). [1-2]
Higher saturation pressure would be beneﬁcial in solution gas drive since it permits higher
drawdown pressure. The effect of increased GOR at a constant saturation pressure due to
compositional effects is not obvious. Increased GOR would give lower live oil viscosity and
increased gas ﬂow. [3]
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In all solution gas drive reservoirs, gas is released from solution as formation pressure
declines, initially in the form of tiny bubbles within individual pore bodies. As formation
pressure declines further, the tiny bubbles expand to occupy connected pores. Eventually the
bubbles expand large enough due to very low pressure and merge each other into a
continuous gas phase. [4]
Although the understanding of solution gas drive has been intensively studied in recent years,
the flow mechanism of solution gas drive in porous medium still remains unclear enough [56], although microscopic flow behavior can be observed in micro-models by various
approaches. There still exists certain representative issue of microscopic pore spaces to
realistic pore spaces, as well as different temperature and pressure between underground
formation condition and at room conditions. This study uses core sample of realistic length
scale at reservoir pressure and temperature and applies CT scanning process to identify the
place where solution gas appears and to observe the solution gas evolution.

EXPERIMENTAL
Core Samples and Fluids
Two core plugs, 5 inches in length and 1 inch in diameter, were drilled from a block of
conglomerate using liquid nitrogen as coolant, dried in an oven at 110°C for 3 days and
cooled in a desiccator for 2 days. The plugs (Sample XJ1 and Sample XJ2) were then
imaged by X-ray CT facility to investigate their homogeneity and comparability. The threedimensional images of the samples demonstrated that they were heterogeneous. Air
permeabilities of Samples XJ1 and XJ2 were 1.6mD and 1.4mD, respectively, and they have
close average CT number which shows Sample XJ1 and Sample XJ1 can be used as parallel
reference samples. Figure 1 shows the distribution of porosity along the length of the core
for both sample XJ1 and sample XJ2 and the petrophysical parameters are shown in Table 1.
The test live oil was made by dissolving CO2 and CH4 into crude oil with mole ratio 19:97,
which has a solution gas oil ratio (GOR) of 179.0m3/m3, viscosity of 26.12mPa·s, density of
0.7165 g/cm3, bubble point pressure (BBP) of 10.07MPa at reservoir conditions of 53.7°C.
Experimental Set-up and Conditions
The scheme of the experimental set-up is illustrated in Figure 2. A medical CT scanner
manufactured by GE was used as a base platform where a set of core flooding experimental
equipment was attached to realize the function of simultaneous scanning and flooding. The
core samples and the fluids were scanned at low energy (100kV) and high energy (140kV)
respectively by changing the volt of the X-ray source, and the filament current was fixed at
150mA. Helical mode was adopted to reduce the scanning time. CT images were processed
by CT image analysis software (CTIAS 2.0, developed by RIPED). Two sets of QUIZIX
pumps were employed to control the injection of water and oil. A set of ISCO pumps was
used to control the back pressure. Image slices from the scanning were taken as platforms for
the three-phase saturation calculations [7].
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PROCEDURES
A workflow of simulating the evolved gas-driving flooding experiment by displacing the
crude oil containing solution gas with injected brine is designed and carried out on the
proposed experimental configuration. This workflow is a modification and extension of our
previous traditional water flooding experiment on core samples with the aid of Dual-energy
X-ray CT scanning and imaging processing. The procedures of the workflow are proposed as
following:
1. A core sample is vacuumed within the core holder with a confining pressure of 20MPa.
The same gas as the solution gas in oil is injected into the vacuumed core sample till full
saturation. Then, X-ray CT imaging is performed and the image slices obtained are
taken as ‘dry model’.
2. The gas saturated core sample is re-vacuumed and white oil is injected until it reaches
full saturation. Then, the live crude oil is injected into the core sample to displace the
white oil. The reason that live crude oil displaces white oil instead of being directly
injected into the vacuumed pore space is to avoid that the unexpected gas is coming out
due to extremely low pressure in the vacuumed pore space. X-ray CT images obtained
by scanning the core sample with fully saturated crude oil are taken as ‘oil-wet model’.
3. After core sample with saturated crude oil is scanned by X-ray CT, the sample is then
cleaned by alternately injecting petroleum ether and air into the sample until it is
believed that no petroleum ether remains within the core sample.
4. The vacuumed core sample is once again saturated by injecting brine and the X-ray CT
image slices obtained are taken as ‘water-wet model’.
5. A pressure-controlled live crude oil injection is carried out on the brine saturated core
sample, with initial pressure starting from 12MPa. The pressure is incremented until no
water is produced at the outlet of the sample. X-ray CT image slices obtained at this
stage are considered to be the initial reservoir condition prior to production, hence
labelled as ‘initial-model’
6. Production stage is simulated by injecting brine into the crude-oil-saturated sample
while the pressure and flow rate is measured at the outlet end. The injection is controlled
to maintain a constant flow rate during the whole procedure and injecting pressure is
gradually incremented till the maximum pressure of 17MPa. Various injecting stages are
scanned by X-ray CT and are labelled as ‘intermedia models’. This procedure stops as
no more oil and gas are produced at the outlet.

RESULTS AND DISCUSSION
Gas saturation of sample XJ1 calculated from the CT image slices shows in Figure 3 that no
gas coming out in the first half section of the sample. As back pressure declines from 12MPa
to 8MPa, gas begins to come out near the outlet end and the region where dissolved gas can
be detected occupies the second half section of the core sample. It is obvious that gas
saturation increases as pressure goes down, which is consistent with the reservoir
observation that more gas evolves from the solution as pressure declines.
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With permeability and porosity close to sample XJ1, sample XJ2 is taken as a parallel
reference sample and performed with the same workflow except that on XJ2 the back
pressure declines to 4MPa, instead of 8MPa on XJ1. Figure 4 compares the gas production
of the two samples with different declining pressures. It can be observed that gas evolution
in XJ2 occupies larger section of a core sample than that in XJ1. Further, the effect of higher
declined pressure leads to higher gas production from XJ2 (16%) than that of XJ1 (10%).
Overlapping relative permeability curves of XJ1 and XJ2 and comparing them with regular
two-phase relative permeability curves can obviously shows in Figure 5 the effect of higher
declined pressure at the outlet end. The reduction of the oil-phase relative permeability by
the impact of gas evolution is proportional to the magnitude of the declined pressure.
Relative permeability of oil phase is reduced by 27.5% on XJ2 from that of two-phase
(oil/water) flow. On the other hand, reduction of relative permeability of water phase is only
1.4%, indicating that water phase flow is less impacted by solution gas evolution, assuming a
water-wet reservoir where water-phase has little direct contact with gas-phase.
As mentioned already, Three-phase saturations in this study were measured in-situ using
computed tomography. To calculate three phase saturations, the cores were scanned at two
different energy levels during the experiments and three phase relative permeability was
obtained by assuming that relative permeability of each phase was a function of its own
saturation. Combining with the measured gas production at the outlet end, the flow ability of
oil phase in the core sample is significantly depressed by large volume of gas evolved into
the pore space, which is consistent with the microscopic explanation of 2-phase flowing
mechanism in porous media. On the other hand, the dissolved gas has little impact on the
relative permeability of water phase through the whole production stage except on the
residual water saturation.

CONCLUSION
A modified flooding experiment, combined with X-ray CT scanning, is proposed to study
the characteristic of gas evolution occurrence within the pore space during production stage.
It can be concluded that three-phase flowing, which implies the gas coming out occurs
mainly near the outlet end of a flooded core sample.
Comparison between 2-phase (oil/water) flow and 3-phase relative permeability shows that
gas evolved will depress the previous 2-phase oil-water flowing channels, hence leads to a
significant reduction of oil-phase production by about 20%, while water-phase production
remains much less impacted, which is consistent with the theoretical model of 3-phase
flowing in channels.
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Figure 1. Slice-averaged porosity distribution along the length of the core samples determined using X-ray imaging.

Table 1. Petrophysical Parameters of Core Samples
Sample No.
XJ1
XJ2

Porosity,%
15.7
16.1

Kair,10-3 µm2
1.6
1.4
6

CT number
2053
2098
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Figure 2. Experimental Schematic

Figure 3. Gas Saturation distribution changes along the
length of the sample XJ1 when back pressure declines
from 12MPa to 8MPa

Figure 4. Gas Saturation distribution changes along
the length of the sample XJ2 when back pressure
declines from 12MPa to 4MPa

Figure 5. Comparison of relative permeability for 2-phase flow and 3-phase flow
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ABSTRACT
In this study, a novel methodology of dual core flooding was first developed and
described in detail, and applied to evaluate displacement efficiency and performance of
seawater and supercritical CO2 (sc-CO2) injection for two carbonate core plugs with
different permeabilities at reservoir conditions. The dual core flooding apparatus consists
of seven components and can be used to inject individually or simultaneously for one or
two phases fluids into core plugs with variety of length in a single or dual core flooding
configuration. The orientation of single or dual core holder with test core plugs can
change horizontally or vertically for the different experiments. The experimental
conditions of this new apparatus are up to 150oC for temperature, up to 6000 psi for pore
pressure and 10,000 psi for confining pressure.
As an example of application of dual core flooding experiments, the different oil recovery
schemes of seawater flooding, as a secondary EOR process followed by a sc-CO2
injection, as a tertiary EOR process was conducted at reservoir conditions. The results
from the dual core flooding experiments are discussed for high and low permeability
carbonate rocks, and show the potential of CO2-EOR projects. Experimental procedures
are provided for conducting these dual core experiments, and show the potential to
become a gold standard for such studies.

INTRODUCTION
Development of core flooding apparatus started in the 1940s. There is various equipment
in laboratories experiments for reservoir engineering processes. Some examples of the
classical steady-state method are the Penn State method [1], the Hassler method [2], the
single-core dynamic method [3], the stationary fluid method [4] and the Hafford’s
method [3]. With development of laboratory testing techniques, the apparatus included
in-situ saturation imaging techniques by X-ray to measure saturations when two or three
fluids are injected into core. Based on research objectives, the components of core
flooding apparatus have to be changed to meet the requirements of the investigation. The
utilization of core flooding apparatus covers many research areas such as oil recovery by
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seawater and Low-Salinity waterflooding [5], Chemical Flooding [6] and CO2 injection
[7]. A review of the core flooding apparatus described in areas above found that one core
holder was used, no matter which research objectives were investigated.
In this paper, dual core flooding apparatus (DCFA) is proposed and designed to apply to
oil recovery and performance studies by different oil recovery schemes of seawater
flooding and initial and post sc-CO2 injection at reservoir conditions as an evaluation of
the practicability of a dual core flooding system.

Dual Core Flooding Apparatus
A dual core flooding apparatus (DCFA) is custom designed to perform tests on stacked or
composite core plug samples to study oil recovery by IOR and EOR processes and
evaluate the impact of reservoir heterogeneities such as permeability contrast and gravity
override on performance of oil/water production at reservoir conditions. The schematic of
the core flooding apparatus are presented in Figure 1. The core holders are placed
horizontally with high permeable core plug (HPCP) on top of low permeable core plug
(LPCP) core-holder. A detailed description of dual core flooding system has been
presented [8].

Application of Dual Core Flooding Apparatus
As an example of application of the dual core flooding experiments the different oil
recovery schemes of seawater flooding, as secondary EOR and sc-CO2 injection, as
tertiary EOR were conducted for carbonate core plugs with different permeabilities at
reservoir conditions.
Properties of fluids
Brines: Two types of brines were used in this study, field connate water and seawater.
The field connate water was used to saturate the core plugs for brine permeability
measurement and acquiring the initial water saturation (Swi). Seawater was used to
displace live oil for evaluating displacement efficiency by injecting seawater
simultaneously into both HPCP and LPCP. The compositions, density and viscosity of
both brines were described [8].
Dead and live crude oils: A dead crude oil from a carbonate reservoir was used in this
study to set up initial water saturation (Swi) and age core plugs at reservoir conditions.
Separator crude oil and gas were collected from the same reservoir to recombine the live
crude oil sample. The live oil was then used to age the core plugs and to represent the oil
phase for the seawater flood and sc-CO2 miscible flooding experiments. The viscosity
and density of dead and live crude oils at reservoir temperature were described [8].
Supercritical CO2 (sc-CO2): sc-CO2 was also used as a displacing agent for tertiary oil
recovery at a pressure of 3200 psi and temperature of 102oC. This created the miscible
flooding condition with the live crude oil in reservoir. The minimum miscible pressure
(MMP) between live oil and sc-CO2 was 2600 psi. The viscosity and density of sc-CO2
were described [8].
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Preparation of Core plugs
Core plugs: The core plugs were selected from a carbonate reservoir and scanned to
ensure consistency, i.e. no fractures or permeability barriers in single core plug. The
length (L) and diameter (D) of core plugs show in Table 1.
Set up initial water saturation (Swi) and original oil in core (OOIC):
Before running dead crude oil flooding for setting up initial conditions, Swi and Soi,
several tests were done to saturate the core plugs with field connate water and measure
brine permeabilities. Core plugs were assembled using Teflon Tape, aluminum foil and 1
layer of Teflon shrink tube as a stack. The aluminum foil functioned as a diffusion barrier
between the core plug and the overburden sleeve. The procedure of setting up initial
conditions was described in detail [8]. Table 1 shows these data.
Table 1 Initial Date of live oil flooding at reservoir conditions
Composite
ID
L
D
PV
Kb
(cm)
(cm)
(cc)
(mD)
Composite
1
6.394
3.8
20.6
967
(HPCP)
Composite
2
6.018
3.8
14.1
22.3
(LPCP)

Swi
(%)

Soi
(%)

Keo at Swi
(mD)

24.6

75.4

104

17.6

82.4

3

Aged composite core plugs with live crude oil: After initial water and original oil
saturation was set up, live oil flooding was conducted at reservoir condition of pore
pressure 3200 psi, confining pressure of 4500 psi and temperature of 102oC for both
HPCP and LPCP. One pore volume of live oil was injected into each composite core at a
flow rate of 1.0 cc/min in order to check stabilization of injection pressure and effective
oil permeability of core plugs every day for three weeks. The initial water saturation (Swi)
and original oil in core (OOIC) were 24.6% and 75.4% for HPCP and 17.6% and 82.4%
for LPCP, respectively.
Oil Recovery by Seawater and sc-CO2 Injection
Oil recovery by seawater flooding: Once both composites were aged with live oil at
reservoir conditions, seawater was injected simultaneously into both HPCP and LPCP at
injection rates of 0.5, 1.0 and 2.0 cc/min until the water cut reached 99%. The recovered
oil was collected separately from the two composites as a function of pore volumes of
seawater injected. The differential pressures across both composites and injection
pressure were also recorded as a function of time.
Oil recovery by initial sc-CO2 miscible flooding: After the initial seawater flooding and
the remaining oil saturation was established, the inlet and outlet valves of both
composites were closed. All the lines which were filled with seawater were first displaced
with sc-CO2. Thereafter the two composites were opened again and sc-CO2 was injected
simultaneously into both at a rate of 0.2 cc/min. The recovered oil was collected from the
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two composites separately. Differential pressures and injection pressure for each
composites was also recorded as a function of time.
Injection of a diverting system: To investigate the effect of permeability contract and to
mitigate its impact on oil recovery, a diverting system was injected into the HPCP
composite. The main idea was to block the HPCP composite so that the subsequent scCO2 would travel through the LPCP composite and recover the bypassed oil. The
diverting system used for this experiment was described [8].
2nd sc-CO2 miscible flooding: After accomplishing the diverting system injection, both
HPCP and LPCP composites were opened for the 2nd sc-CO2 miscible flooding at
injection rate of 0.2 cc/min. Oil production and differential pressure across composites
and injection pressure were recorded individually for HPCP and LPCP.

Results and Discussion
Profile of differential pressure during seawater and sc-CO2 injection
The differential pressure across the high and low permeable core plugs vs total pore
volume of seawater injection is presented in Figure 2 (left). At breakthrough of injection
fluid, the differential pressure across the HPCP core reached a maximum value of 0.8 psi
and then dropped to a value of about 0.2 psi at an injection rate of 0.5cc/min. For the
LPCP, the differential pressure across the core reached a maximum value of 11 psi and
then dropped down to same value as the HPCP. This phenomenon is due to the seawater
bypassing through HPCP and the effect of rock heterogeneity. Figure 2 (right) presents
the differential pressure drop across both cores during initial sc-CO2 injection. The
performance of initial sc-CO2 injection was quite different to that of the seawater
injection for LPCP composite. After sc-CO2 breakthrough, the differential pressure drop
across the two cores was different (unlike the case during in the seawater flood). A
second peak value of differential pressure was observed for LPCP, and the value was
greater than 5psi. This was due to two-phase and three-phase flow in the LPCP. Slow
continuous oil production was observed beyond 0.2 PV sc-CO2 injected.
Oil recovery during seawater and sc-CO2 injection
Figure 3 shows the overall oil recovery with seawater, sc-CO2 before and after the
diverting system slug injection. The results show exceptional recovery (98%) in the
HPCP composite after the seawater and first CO2 injection cycles. Due to seawater and
sc-CO2 bypassing through the HPCP, the performance of the LPCP composite was
relatively poor. By plugging the HPCP with the diverting system slug, the subsequent
CO2 was able to extract some of the remaining oil from the LPCP composite.

Conclusions
Based on results and observations of seawater and sc-CO2 flooding using dual core
flooding apparatus at reservoir conditions, the following conclusions can be drawn:
1. A novel apparatus and experimental procedure for dual core flooding experiments
were first developed and then applied successfully to study oil recovery by
seawater and sc-CO2 as well as conformance control using a diverting system at
reservoir conditions.
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2. Novel methodologies of dual core flooding are an effective technique, and dual
core flooding apparatus is a very useful tool to study oil recovery and
performance by IOR and EOR processes, and to evaluate the effect of
permeability contrast, reservoir heterogeneities and injection flow rate on oil
recovery at reservoir conditions.
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Flow Chart For Dual Core Flooding Setup at Reservoir Condition
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Fig.1 flow chart for dual core flooding apparatus at reservoir conditions
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Fig.2 Comparison of differential pressure vs. the sum of PV injected during simultaneous seawater
injection for LPCP and HPCP composites, Left: Seawater flooding; right: sc-CO2 injection
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Fig.3 Overall oil recovery by seawater, initial sc-CO2 and 2nd-sc-CO2 flooding after diverting system slug
injection at reservoir conditions
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ABSTRACT
Recently with the rapid development of digital core technology, applications are used in
the practical oil and gas field production. To illustrate the effect of pore structure on
micro-distribution of residual oil, sandstones with different kinds of pore structure were
imaged under the resolution of 3.78µm during water flooding process using X-ray
tomography. Based on cluster-size distribution of oil segmented from the tomography
images and classification using shape factor and Euler number, transformation of oil
distribution pattern in different injection stages has been studied for the samples with
different pore structures, which demonstrated distinctly different evolution behaviors of
oil cluster. In general, distribution patterns of oil cluster constantly change during
imbibition. Large connected oil clusters break off into smaller segments. Residual oil
saturation tends to increase as the pore structure becomes more complicated where large
oil blobs are trapped in such systems. For cores with good pore connectivity, which
showed the largest change of distribution pattern, the oil distribution is relatively simple,
and clusters are always concentrated on one or two kinds of distribution patterns.
Meanwhile, some disconnected clusters merge and lead to re-connection at the stage of a
high water cut. While pore structure becomes compact and complex, residual nonwetting
phase becomes static and is difficult to move, so that all distribution patterns coexist
during whole displacement process. As EOR methods for reservoirs containing residual
oil are greatly influenced by pore scale entrapment characteristics of the oil phase, this
study improves our ability to further enhance oil recovery.

INTRODUCTION
With advancement in X-ray computed micro tomography (µCT) and increase in
computational power, detailed information extracted from 3D CT images of rocks can be
used to accurately study multiphase flow in porous media at representative conditions.
Started with glass bead packs[1-4], reseachers obtained the images of cores after both
drainage and imbibition in real rock systems.The experimental examinations focus on
relative permeability[5], fluid distribution[6-11], capillary pressure measurements[12], oil
recovery[13], or wettability [14-16]. When displacement is carried out by usual
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waterflooding, the complex pore structure is responsible for trapping a large portion of
the oil phase within the pores of the rock. This in turn impacts the overall flow behaviour,
such as oil recovery. Therefore, understanding of transport properties in porous materials
and their dependence on pore geometry is critical. In the earliest studies, clusters of all
sizes were observed, with approximately power-law distributions[17]. Cluster size has
been found that can range from a single pore to multiple-pore configurations[4, 10, 18].
More recently, a tendency for residual nonwetting-phase saturations to increase as
porosity decreased was noted[9]. However, these experiments do not reveal the
morphology change of trapped cluster.
To overcome this, We focus here on two-phase flow of high water cut period in
sandstones at pore-scale in 3D with micro-computed tomography(µ-CT). Four sandstones
samples of different permeability scale were selected to representative of different
reservoir sandstones. We have imaged sequences of water flooding production steps to
study on changes of residual oil distribution and improve fundamental understanding
with which it will be possible to reduce Sor further.

METHODOLOGY
Experiments
To introduce the effect of pore structure on residual oil distribution in the investigation,
relatively homogeneous sandstone samples of different permeabilities were used to model
the different kinds of porous media. Permeability and porosity of the four water-wet
systems are 48.53mD, 110.84mD, 430.03mD, 520.81mD, and 0.25, 0.23, 0.21, 0.20,
respectively. As the rapid development of pore network model, this method can be used
to determine pore body and throat size locations and distributions from high-resolution
tomographic images. Characterizations of pore structure, such as pore radius, throat
radius, and coordination number etc. are calculated based on pore network model.
Brine doped with 10wt% potassium iodide (to enhance CT contrast) is the brine, and
crude oil mixed with 52.1wt% kerosene is used as oil phase. The viscosity of aqueous
phase is 1.2 mPa s and for oil phase it is 0.75 mPa s. Initially, the dry samples were
scanned in order to obtain an accurate mapping of pore structure. Then the cores
saturated with brine were displaced by oil until water production ceased. After ageing,
the cores were scanned again to obtain the distribution of oil phase at connate oil
saturation (So) state. Thirdly, the core plug was waterflooded by brine with a velocity of
0.1ml/min, and µCT images with a resolution of 3.78µm at 1PV, 5PV, 15PV, 50PV
injection stages were then acquired respectively. All experiments were conducted at
297.15K and 0.1MPA.
The raw CT images were filtered and segmented by image filters and segmentation
algorithms available within the commercial software package Avizo. Note that for each
process step the same areas of 300 300 300pixel3 are compared.
Characterization of residual oil
Residual oil distribution we got from the experimental CT images can be separated into a
new image of the oil phase only, where disconnected blobs are labeled by distinct
numerical values starting from the value of one to the maximum number of individual
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blobs in the image. Then, attributes of every individual oil blob such as volume and
interfacial area can be computed by performing operations on these sets of voxels.
There are two important parameters that we use to classify the distribution pattern. One is
the sphericity index(G) which describes how closely an oil blob resembles a sphere. For a
perfect sphere, G=1. It is computed as follows[19]:
Where S is the surface area of the oil cluster and V is the volume of the oil cluster.
Another is the Euler number(E) which can be used as a characteristic describing the
topological properties of the residual oil clusters. Euler number can be expressed by three
Betti number[20].
Where E is the Euler number of oil cluster, b0 is the number of isolated components, b1 is
the number of tunnels, b2 is the number of cavities.
Combine the sphericity index (G) and Euler number(E) so that distribution pattern of
residual oil can be defined(Table 1), as shown in Fig. 1.
Distribution pattern
G<0.1
Network
0.1<G<0.3
Branch
0.3<G<0.7 & EN 1
Multiple
Singlet

G>0.7

Film and tubular

0.3<G<0.7 & EN 1

Table 1 Classification of distribution patterns
of micro residual oil

Fig. 1 Distribution patterns of oil cluster

RESULTS AND DISCCUSION

Fig. 2 Cross sections of the 4 sandstone samples

Fig. 3 Three-dimensional visualization of
residual oil (sample 1#)

Fig. 2 shows the cross sections of the samples. As the permeability and porosity of the
samples reduce, the pore structure getting complex, the pore connectivity poor, middle
pores, small pores and fine throats develop and are short of big pores. Then portion of the
original CT images of 300 300 300 voxels were extracted to segment and built into pore
network. Table 2 shows parameters obtained by pore network characterization. As the
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permeability and porosity of the samples reduces, the pore structure changes. Mean
volume of pore and throat decreases, mean tortuosity has a tendency to increase, and
mean coordination shows a decrease tendency. Mean pore radius and throat radius get
smaller, and throat radius changes more than pore radius.
Table 2 Parameters of the samples abtained by pore network characterization
1#
2#
3#
Number of pores
598
4102
3175
Mean pore radius(um)
25.37
11.30
10.99
Number of throats
1061
7649
5832
Mean throat radius(um)
17.06
8.43
7.99
Mean coordination number
3.47
3.70
3.64
Mean Tortuosity
2.26
2.20
2.31
porosity(%)
22.29
20.33
18.47

4#
3981
8.15
6718
6.63
3.34
2.35
13.67

As the complication pore structure, the decreased tendency of residual oil saturation
become slower during water flooding process. Three-dimensional visualization of
residual oil(Fig. 3) shows that the volume of residual oil reduces and its distribution
patterns constantly change. The volume fraction of each pattern at each stage is
calculated

(
Fig. 4).
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Fig. 4 Change of distribution pattern during water displacement

Sample 1# which has good connectivity between pores and throats has biggest changes in
terms of the distribution pattern of residual oil. There is one dominating oil cluster in
“network” form, which initially contains 99% of the total oil volume and is connected
across the whole sample, disappeared after displacement. This could be because of the oil
cluster breakup affected by snap-off events. Distribution pattern mainly is “branched”
form after injection of 50PV brine.
Sample 2#, similar to sample 1#, due to affection of pore structure, prime distribution
patterns are “branched” form and “multiple” form after injection of 50PV brine. We also
observed a transition from a connected oil phase flow to disconnected clusters. In this
process, the oil volume of “branched” rises sharply when “network” form of oil
disappeared. Furthermore, redistribution of residual oil can be observed after 15 pore
volume of water flooding displacement. Volume of “branch” form increases when the
volume of “multiple” form decreases, this may be because of the coalescence events.
By contrast, water flooding displacement do not work well on sample3# and sample
4#which have more complicated pore structure. Their residual oil distribution patterns
change less while oil clusters distribution is more complex. Especially 4# sample. All five
distribution patterns coexist during whole displacement process, and mainly is “network”
form.

CONCLUSION
Digital core technology is used to investigate the characteristics of residual oil clusters.
The finding indicate that distribution of residual oil is influenced by pore structure and
injected fluid volumes. Low permeability sandstones cores were more likely to have
smaller pore radius, smaller throat radius, and poor coordination number which making
process of oil production encounter greater resistance.
In imbibition, volume of residual oil in the pore space reduce, distribution patterns of oil
clusters constantly change during displacement process. Cores with good pore
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connectivity have biggest changes in terms of the distribution pattern of residual oil.
Transition from a connected oil phase to disconnected clusters can be observed during
water flooding. Oil volume of “branched”, “multiple” rise sharply when “network” form
of oil disappeared at the stage of a high water cut. Residual oil distribution pattern of
cores with compact pore structure has smaller change while oil clusters distribute more
complex. All five distribution patterns coexist during whole displacement process, and
mainly is “network” form. As EOR methods for reservoirs containing residual oil are
greatly influenced by pore scale entrapment characteristics of the oil phase, this study
should result in improvements in our ability to further enhance oil recovery.
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ABSTRACT
Petrophysical analysis of reservoirs often involves calculating key hydraulic flow unit
parameters, such as the reservoir quality index (RQI) and the flow zone indicator (FZI),
from core porosity and permeability measurements. The purpose of the present study was
to see whether there were correlations between these hydraulic unit parameters and
magnetic susceptibility measurements on core plugs from two oil wells in shoreface
reservoirs in the North Sea. Good correlations could potentially allow future rapid
estimation of RQI and FZI from magnetic measurements long before the conventional
core porosity and permeability data normally becomes available. The main control on
permeability in the two oil wells was illite clay, and the results showed good correlations
between magnetically derived illite content (from the magnetic susceptibility
measurements) and each of the parameters RQI and FZI in both wells. In one of the
wells, where we had additional mineralogical data from X-ray diffraction (XRD), we
obtained slightly improved estimates of the magnetically derived illite content by
correcting for the presence of pyrite. This in turn led to slightly better correlations with
RQI and FZI than the raw uncorrected values. Significantly poorer relationships were
observed between XRD derived illite content and each of the parameters RQI and FZI.
This may in part be because XRD is generally regarded as a semi-quantitative technique,
whereas the magnetic method is extremely sensitive at quantifying the mineral
components if the mineralogy is known. Also the XRD analyses required powdered
samples that were much smaller than the core plugs used for the magnetic measurements,
and therefore were not volumetrically identical to the core plug scale. The magnetic
method is very rapid, non-destructive, easy to undertake and inexpensive. The good
relationships generated in this study demonstrate its potential usefulness for rapidly
estimating the hydraulic flow unit parameters RQI and FZI in these shoreface reservoirs.
These measurements potentially allow field development decisions to be made at an
earlier stage (before the conventional porosity and permeability data become available) in
future cases in similar reservoirs, and this may have associated economic benefits.

INTRODUCTION AND METHODOLOGY
Recent studies have shown correlations between magnetic susceptibility, clay content and
key petrophysical properties such as permeability [1,2]. The purpose of the present study
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was to see if rapid, non-destructive magnetic susceptibility measurements also correlate
with the key hydraulic flow unit parameters reservoir quality index (RQI) and flow zone
indicator (FZI). These parameters were first proposed by Amaefule et al [3] as a means of
splitting a reservoir into quantifiable hydraulic flow units, and the methodology has been
widely adopted in the industry. All samples in a particular hydraulic flow unit have
similar values of FZI, which is related to porosity and permeability as follows:
FZI = RQI / Фz
(1)
where RQI is the reservoir quality index ( = 0.0314 √{K/Фe} where K is the permeability
and Фe is the effective porosity), and Фz is the pore volume to grain volume ratio (= Фe/1Фe). The present study determined the FZI and RQI values for several hundred core plugs
from the conventional core porosity and permeability data in two wells (Well 2 and 2a)
containing shoreface reservoirs in a North Sea oilfield. The FZI and RQI values were
then compared to the illite content derived from magnetic susceptibility measurements on
the identical conventional core plugs. These measurements were obtained using a
Molspin magnetic susceptibility bridge. Each measurement, which requires a background
reading followed by a core plug sample reading, can be acquired in about 5 seconds.
Thus many samples can be measured extremely rapidly. Assuming a simple mixture of
quartz and illite (which was a reasonably good assumption according to our XRD data),
then following the procedure of Potter et al [1,4] the fraction of illite, FI, is given by:
FI = (χQ – χT) / (χQ – χI)
(2)
where (1- FI) is the fraction of quartz, and χI and χQ are the magnetic susceptibilities per
unit mass of illite and quartz (15 x 10-8 m3 kg-1 and -0.62 x 10-8 m3 kg-1 respectively). In
Well 2a we were also able to compare XRD derived illite content with RQI and FZI. The
XRD data was acquired using the Siroquant technique, which quantifies clay and nonclay minerals in one run.

RESULTS AND DISCUSSION
Figure 1 shows crossplots of magnetically derived illite content against RQI (top) and
FZI (bottom) for the nearly 300 core plugs in Well 2. The R2 regression coefficients are
relatively high (0.73 and 0.67 respectively) demonstrating good correlations between the
hydraulic unit parameters and the magnetically derived illite content. The correlations
might be expected given that a correlation was previously identified between
permeability and magnetically derived illite content [1], and porosity is relatively
constant. Figure 2 shows crossplots of magnetically derived illite content (corrected for
the presence of pyrite) against RQI (top) and XRD derived illite content against RQI
(bottom) for the 87 core plugs in Well 2a. Whilst the R2 regression coefficient is quite
high (0.80) for the magnetic data, it is significantly lower (0.31) for the XRD data. A
similar pattern is evident in Figure 3, which shows crossplots of magnetically derived
illite content (corrected for the presence of pyrite) against FZI (top, with R2 = 0.76) and
XRD derived illite content against FZI (bottom, with R2 = 0.27) for the 87 core plugs in
Well 2a. Whilst XRD is good at identifying which minerals are present, it is a semiquantitative technique, which may partly explain the poorer correlations with RQI and
FZI. It may also partly be due to the XRD analyses requiring powdered samples that
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were much smaller than the core plugs used for the magnetic measurements, however,
since the magnetic measurements indicate several samples with low illite content it seems
unlikely that many of the XRD samples merely sampled the more illite rich zones. We
have greater confidence in the magnetic measurements that are extremely sensitive to
small amounts of illite clay (with uncertainties of less than ± 0.1%, compared to at least ±
0.5% for the XRD measurements). Note also that the differences between the magnetic
and XRD values at low illite content appear exaggerated due to the logarithmic scale.
There are also instances where the magnetic measurements give a higher illite content
than XRD. This may partly be due to a very small amount of ferrimagnetic material in the
samples (causing a slight overestimate in magnetically derived illite content), or that
XRD may not see some very fine grained amorphous illite within the samples.

CONCLUSIONS
1. Good correlations exist between the hydraulic flow unit parameters (RQI, FZI) and
magnetically derived illite content in Wells 2 and 2a. Hence, the magnetic method shows
good promise for rapidly and non-destructively estimating the hydraulic unit parameters
in this type of shoreface reservoir where porosity remains fairly constant and
permeability varies with illite content.
2. Significantly poorer relationships were observed between the hydraulic flow unit
parameters and the XRD derived illite content. This may be due to some of the reasons
suggested in the Results and Discussion section. Unlike the XRD technique, which is
more expensive and requires extra time for preparation, the magnetic method is rapid,
sensitive, easy and less expensive for predicting the hydraulic flow unit parameters.
3. The correlations between the hydraulic flow unit parameters and magnetically derived
illite content in Well 2a were very slightly better after the magnetic susceptibility results
were corrected for the presence of paramagnetic pyrite (identified from XRD data).
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Figure 1. Crossplots of magnetically derived illite content against RQI (top) and FZI (bottom) for the
nearly 300 core plugs in Well 2. The cause of the two samples that exhibit “illite” contents just over 100%
is most likely due to the samples containing extremely small amounts of ferrimagnetic material.
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Figure 2. Crossplots of magnetically derived illite content against RQI (top) and XRD derived illite content
against RQI (bottom) for the 87 core plugs in Well 2a. The magnetically derived illite content was
corrected for the presence of small amounts of pyrite (identified from XRD). This made only a slight
difference to the regression, since the R2 value for the uncorrected data for the top figure was 0.7933.
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Figure 3. Crossplots of magnetically derived illite content against FZI (top) and XRD derived illite content
against FZI (bottom) for the 87 core plugs in Well 2a. The magnetically derived illite content was corrected
for the presence of small amounts of pyrite (identified from XRD). This made only a slight difference to the
regression, since the R2 value for the uncorrected data for the top figure was 0.7579.
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ABSTRACT
Although pressure-pulse-decay permeametry has been in wide use for the past 50 years,
its standard configuration and design have remained largely intact, with performance
optimizations based mostly on sample geometry and reservoir volumes.
For
characterizing ultra-low permeability materials like shales or caprocks, where the pulsedecay methodology often becomes problematic, many have turned to unsteady-state
analyses on crushed fragments. A paucity of models exists in the public literature for the
latter scenario, most of which are analytical approximations of very simple cases. This
study addresses both issues by proposing analytical flow models for alternative
experimental schemes. First, new unidimensional flow scenarios are considered as
substitutes for the classical pulse-decay techniques on cylindrical core samples. Such
strategies can decrease testing times by more than an order of magnitude as compared to
conventional pressure-pulse-decay strategies with similar fidelity. Second, a model is
presented here that relaxes a key simplifying assumption inherent to publicly available
models for crushed media, namely that the entire collection of particles is of uniform size.
Rather, an analytical model for a discrete distribution of sizes is presented that more
accurately represent the broad range of particle sizes that are typically seen in crushed
materials.

INTRODUCTION
Site characterization of geologic formations begins with the collection of native core
samples and their analysis by bench-top laboratory experiments. Although these analyses
occur on a minute sample size with respect to the reservoirs under investigation, they are
used as the “ground truth” against which field-scale data are calibrated. Perhaps nowhere
is this approach more important than in the assessment of permeability. Conventional
steady-state measurements performed on samples from highly porous and permeable
storage formations provide accurate estimates of permeability in a reasonable amount of
time. But for the ultra-tight formations interlaced between them, measuring permeability
is much more difficult. The ability to perform such measurements in a way that is both
reproducible and timely continues to elude interested parties, who require them for
applications such as unconventional hydrocarbon recovery [1] or geological contaminant
storage [2].

SCA2016-061

2/6

The most prevalent rapid permeametry techniques for shale and caprock materials are
based upon the pressure-pulse-decay experimental scheme [3]. Offshoot approaches of
this baseline strategy, most notably the pulse-decay analysis performed on crushed
samples [4], provide estimates of very low permeability quite rapidly. But they do not
always do so within a level of certainty that meets industry needs [5]. A technique that
could resolve core-scale permeabilities reliably in a reasonable amount of time would be
a significant technological leap forward. As a step in that direction, this report considers
alternative approaches to the standard pressure-pulse decay on cylindrical core samples
and an additional flow model for pulses applied to crushed media.

ALTERNATIVE FLOW SCENARIOS
To address many of the limitations inherent to the models outlined in the current art, this
section considers alternative unidimensional flow scenarios which can be reduced to
analytical models. It begins by describing slight modifications to the classical techniques
involving flow along the axial direction of cylindrical core samples, followed by models
for flow in the radial direction of cylindrical specimens. These approaches could form
baseline alternatives to the industry-standard pulse-decay. The most prevalent of these
variant approaches is crushed-core transient-flow permeametry, which has a shortage of
publicly available flow models to compare against its experimental data. Toward that
end, a model is presented for a pulse applied to a discrete size distribution of porous
spherical particles.
In order to linearize the governing equations in the presence of changing fluid viscosity
, compressibility , and compressibility factor , the pressure variable and temporal
variable were transformed to the pseudo-pressure (
and pseudo-time ( ) domains
defined in Equations 1 and 2, respectively [6].
(1)
(2)
The subscript “ref” denotes properties evaluated at a reference condition, such as their
average values over the duration of the test. The dependent variable is nondimensionalized to its final form
by the pseudo-pressure evaluated under pulse
conditions
(i.e.,
) and the independent temporal variable is normalized by
the time constant (i.e.,
). Defined by Eq. 3, this time constant depends on
the thermo-physical properties of the permeant
, the length scale of each scenario
, the porosity of the sample , and the apparent permeability (assumed constant) of
the sample to the gaseous permeant under the pressure conditions of a given experiment.
(3)
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Axial Flow in Cylindrical Samples (
)
One slight change to the standard pressure-pulse decay would be to apply a step
disturbance in both reservoirs (having volumes
and ) simultaneously, as shown in
Figure 1. By doing so, the time
required for the system to reach
equilibrium
decreases
significantly.
A four-fold
decrease in time can be
attributed to effectively cutting
the characteristic length scale
(in this case, chosen as the
sample length ) in half (see
Equation 3), and equilibration
no longer requires filling the
downstream reservoir. Figure 1
provides example pressure
responses to a simultaneous
pulse applied to both ends of a
homogenous
sample
with
apparatuses having various
reservoir volumes (
, Figure 3. Schematic of a bi-directional pressure-pulse-decay
, where
indicates model for a sample having a discrete discontinuity of
permeability at a distance δL from the upstream face.
the pore volume of the sample).
Applying a simultaneous pressure increase in both reservoirs also enables a rapid
characterization of core-scale longitudinal heterogeneity [7] from a single test. Toward

Figure 1. Bidirectional pressure-pulse decay of a
homogeneous sample (i.e,
) with one
reservoir-volume ratio fixed (
) and the other
( ) variable.

Figure 2. Bidirectional pressure-pulse decay with
fixed reservoir volumes (
) of a
heterogeneous sample with varying permeability
ratio
and fixed discontinuity location (
).
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that end, an analytical solution for the case of a discrete permeability discontinuity
imposed at an arbitrary plane (located a distance δL from the upstream face) within a
sample having uniform porosity is presented in Figure 2.
Radial Flow in Cylindrical Samples (
)
Another technique for decreasing the length of the flow path for the permeant, and
therefore the equilibration time, is to invert the normal pulse-decay apparatus by sealing
the circular ends of a cylindrical sample and allowing the fluid to infiltrate its
circumferential surface (Figure 4). The underlying assumption here is a uniformpermeability fabric along the radial direction of the sample. At the core scale, this is
reasonable for many varieties of lithologic samples extracted perpendicular to their native
bedding planes under uniform radial confining stress, which is the only stress state
achievable in cylindrical core-holder apparatuses. Figure 5 shows pressure-response
curves from the outer reservoir (
) and along the sample centerline (
),
plotted for various reservoir volumes (
, where is the volume of the reservoir).
Although the latter of these pressures could not be measured directly, they are shown
here to indicate equilibration of the system.

Figure 5. Radial pressure-pulse decay in apparatus having
various reservoir volumes.
Figure 4. Schematic of a radially oriented
pressure-pulse-decay experiment.

Radial Flow in a Discrete Size Distribution of Spherical Particles (
)
Publicly available models predicting the pressure response from pulse-decay tests on
crushed particles assume them to be a collection of uniformly sized homogeneous,
isotropic spheres [8]. While this may be a suitable approach for a select portion of
crushed materials (such as those collected from a single sieve layer), permeability
estimates are known to decrease with decreasing particle size [4]. To analyze a wider
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array of particle sizes, an analytical model was generated for a pressure disturbance
applied to a collection of spherical particles having a discrete distribution of
different
sizes, the
of which has particles of radius
and contains fraction
of the overall
volume (or mass, assuming constant grain density) of the particles. The characteristic
length is chosen as the equivalent radius
of a single sphere having identical volume
as the entire collection of particles. Pressure-decay curves from these solutions are
plotted in Figure 6 for a discrete particle size distribution comparable to those typically
seen in industry, as given in Table 1.

Table 1. Typical particle size distribution
for crushed shale samples, provided by
Weatherford International, Ltd. (personal
communication, 2015).

Sieve
Size
>60
60
35
20
12
8

[%]
9.20
5.47
6.73
29.4
21.7
27.5

[mm]
0.088
0.177
0.324
0.594
0.996
1.53
1.08 mm

Figure 6. Pressure-pulse decay for a distribution of spherical
particles collected from a cylindrical core having diameter
equal its length, partitioned in a typical sieve-size
distribution (Table 1) in a typical reservoir volume (
).

COMPARISONS AMONG EXPERIMENTAL SCHEMES
Error! Reference source not found. shows the anticipated pressure responses from the
multiple pulse-decay techniques discussed previously, based on a homogeneous,
Table 2. Comparison of the times required by
each flow condition demonstrated in Figure 11
to decay the pressure disturbance to within
0.01% of equilibrium. The “crushed” case
indicates the pressure response to a pulse
applied to spherical particles collected by
crushing the same cylindrical plug into the
size distribution of particles described in
Table 1.

Experiment
Unidirectional
Bidirectional
Radial
Crushed

5.17
0.665
0.294
0.00203

Faster
1.0
7.77
17.6
2,550

Figure 7. Comparison of various unsteady-state
permeametry methodologies based on a cylindrical
sample having diameter equal to its length.
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cylindrical sample having a diameter equal to its length. Error! Reference source not
found. compares the amount of time necessary for the pressure disturbance to decay to
within 0.01% of its final equilibrium value for each experimental scheme, with similar
comparisons noted for various stages of partial equilibrium. Reservoir sizes (provided
in the legend of Error! Reference source not found.) were selectively chosen to draw
appropriate comparisons among the various experimental schemes. The bi-directionaland radial-flow cases would provide more than a 7.5- and 17.5-fold reduction,
respectively, in test time compared to the conventional approach. These benefits come at
the cost of a more limited range on the observed pressure response, but transducers are
available having sufficiently high precision to provide satisfactory measurements over
this range. A much faster (>2,500 ) reduction in equilibration time is noted from the
crushed-sample approach, but it has well-documented limitations in the accuracy of its
permeability estimates [5]. The bi-directional and radial transient-flow schemes provide
means for low-permeability assessment with a combination of speed, reliability and
representativeness far more practical to many industrial applications.
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ABSTRACT
Hydraulic fracturing is the most effective stimulation method of hydrocarbon reservoirs.
The main goal of this treatment is to increase production rate and recovery factor of oil
and/or gas. Originally fracturing has been developed for conventional reservoirs and has
been performed successfully in different oil and gas formations for decades. This
technology has also become invaluable for completion of unconventional hydrocarbon
deposits. It has been proved, that so far it is the only, effective method to allow
hydrocarbons drainage and commercial production from gas shales and tight gas
sandstones. Thanks to hydraulic fracturing it is possible to increase the recovery rate of
hydrocarbons.
Just like any other technology along with benefits it also has drawbacks. One of the key
drawbacks is the impact of technological fluids on reservoir rock. Any interference of
technological fluids with stable reservoir system (rock – water - hydrocarbons) may result
in undesirable effects. During the fracturing treatment, fracking fluids are injected also
into pores and natural fractures of reservoir rock. In many cases the contact and
interaction of these fluids with the formation may generate serious problems like clays
swelling and precipitation of secondary minerals. Each of these phenomena may cause
temporary or permanent formation damage and reduce its permeability.
There are several different field and laboratory methods designed to assess the degree and
range of formation damage. In this area many possibilities is offered by comprehensive
analysis of the core material. In our study, several techniques to evaluate the formation
damage have been used. At first routine core analysis was applied and permeability and
porosity coefficients were measured. Next, auxiliary analyses were performed, including
fluorescence microscopy and Scanning Electron Microscopy in order to confirm the
structural effect of formation damage by fracturing fluids. Presented results and
conclusions of this research may be very useful to design more “clean” and efficient
fluids for hydraulic fracturing.
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INTRODUCTION
Hydraulic fracturing is now the most popular method of stimulating gas and oil reservoirs
in non-conventional formations. Fracturing is necessary to enable production of
hydrocarbons from formations of very low permeability, i.e. tight gas, coal and gasbearing shales deposits that cannot be exploited without fracking [1]. When fracking
fluids used are based on water, the so-called permeability damage is likely to occur
caused by, among others, swelling of clay minerals, or by other physical and chemical
mechanisms taking place in a formation being fractured. [2] The role of fracking fluid is
to generate and propagate fractures. Any applied fracking fluid should transport the
proppant in suspension, and then to leave it in the fracture made in the reservoir. It turns
out, that in many Polish shale formations, swelling clay minerals occur, preventing the
use of traditional water-based fracturing liquids due to the permeability damage hazard.
PERMEABILITY DAMAGE IN FRACTURING
In practice, fracking fluids based on water are most often used in hydraulic fracturing
operations. They include water solutions of natural or synthetic linear and cross-linked
polymers. Fracking fluid used for hydraulic fracking treatments in conventional deposits
(cross-linked linear polymer technology) should have in surface conditions apparent
viscosity in the range of thousands of mPa* s. And in formation conditions, apparent
viscosity in the range of at least 100 mPa* s, at shear rate 40 s-1, because it is assumed
that such a shear rate occurs in a fracture [3]. In non-conventional deposits, in particular
in shale formations, the role and types of fracking fluids are somehow different. From
technological point of view, US onshore American experience shows that obtaining high
number of fractures in the largest possible volume is achievable even when using lowviscosity fluids of several mPa* s at high pumping rate, however, its friction, when
flowing in pipes, is high. As a result, small amount of synthetic polymer is added to
water, usually polyacrylamide, which significantly, due to its low viscosity reduces the
flow resistance. Shale fracturing in some cases also uses more "conventional" fracking
fluids (linear and cross-linked polymer). Sometimes it is necessary to perform so-called
hybrid fracturing. Fracturing of unconventional tight gas deposits also uses fluids based
on gels, and foams [4,5].
During fracking, considerable amounts of technological fluid is injected (thousands of
m3), with a very high flow rate, even up to 25 m3/min [2,6]. As a result, the fracturing
pressure of the formation is exceeded, the fracture propagation is maintained, proppant in
the fracking fluid of low viscosity is kept in the form of a suspension, in order to
transport it to the fracture.
An important parameter that characterizes a fracturing fluid is its leak off into the rock
matrix. Hydraulic fracking operations are always performed at high pressure. The
difference of fracturing pressure and deposit pressure causes filtration of the fracking
fluid into the matrix of formation. When using polymer fluids, the filtrate that infiltrates
the matrix is water, and the filtration cake is formed on the fracture wall. Filter cake on a
sandstone during laboratory filtration tests is shown on Figure 1
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Figure 1. Filter cake example

The degree of filtration significantly affects the efficiency of a fracking fluids and is one
of the main parameter taken into consideration in the fracturing treatments design. Too
high, uncontrolled filtration of fracturing fluid into the rock matrix during fracking can
lead to screen out of proppant. Sandstone and carbonate reservoirs of low permeability
have slightly different leak off nature of a fracking fluid. This difference stems mainly
from the porosity and permeability. Sandstones have usually porous structure. Polymer
on the surface of a porous rock creates filter cake and filtrate fills the pores. With low
permeability of sandstone, the filtration range and the thickness of the filter cake are
significantly limited. In reservoirs that have fracture porosity and permeability, frack
fluid will rather fill fractures and micro-fractures, causing their further propagation.
Classic filtration with filter cake shall be in this case marginal. In the process of filtration,
the type of the reservoir fluid that fills the porous volume is also significant. Gas, as a
compressible medium, will limit filtration to a very small extent, and oil, as less
compressible, will limit it to much greater extent.
Another phenomenon that negatively affects the appropriate conductivity of a fracture is
the insufficient cleaning of a fracture from polymers present in the fracking fluid. Also,
insoluble residues included in the fracking fluid or formed during fluid breaking may
remain in a fracture or in the porous space, thus reducing the primary conductivity of a
fracture. It shows in particular during the flow of fracturing liquid filtrate into the
reservoir rock (creating filter cake), and hence polymer thickening in a fracture filled
with proppant [3].

PROCEDURES
When preparing the formulation for a fracturing fluid, its possible interaction with
components of rock structure and the cement of the rock should be taken into account.
The research was supposed to evaluate such interaction based on the results of
experimental tests. In order to test formation damage with selected fluids, the following
laboratory tests have been planned:
- how the prepared fracking fluids are damaging the rock formations (based on flow
tests on natural cores)
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- identification, analysis and assessment of rock formation damage
The tests have been conducted on natural rock cores from Rotliegend samples.
The impact of three fracking fluids on rock formation damage has been tested:
- fluid based on synthetic polymer - slick water
- fluid based on natural linear polymer
- fluid based on natural cross-linked polymer
Fig. 2 presents the core face after the flow tests with the use of cross-linked polymer,
linear polymer, and slick water liquid. The core flow tests of the fracturing fluids have
been conducted on AFS Core Flood System at ambient temperature using low
backpressure (140 psi).

Figure 2. The Rotliegend Sandstone cores after the injection of A-cross-linked polymer, B-linear
polymer, C-slick water.

RESULTS
The level of damage to rock pores after the flow tests has been defined using:
- permeability and porosity tests,
- SEM analysis
- fluorescence tests in UV light
According to our results –Table 1, the permeability of the cores significantly decreased
after the application of the technological fluid with linear polymer and cross-linked
polymer. The permeability has been reduced mainly by the filter cake, formed on the face
surface of the cores. The permeability was reduced on the samples’ surface, as visible in
the microscopic photos. In the case of these cores, the porosity slightly increased as a
result of solid particle elution. The sample core permeability increased after the injection
of the slickwater-based fluid. Probable increase in permeability and porosity of the
samples might be attributed to the washing out of solid particles from the cores, visible
also in the received filtrate.
Table. 1 Porosity and permeability coefficient measured before and after the core flow tests.

Type of Fluid

slick water
linear polymer
cross-linked polymer

k0
initial core
permeability
[md]
78,09
146,64
155,01

kk
final core
permeability
[md]
99,39
15,47
19,45

φ0
initial core
porosity
[%]
24,77
26,88
21,15

φk
final core
porosity
[%]
26,28
27,01
21,58
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To identify the mineral phases in the samples, a FEI Quanta-650 FEG electron
microscope (15 kV, 8–10 nA, 50 Pa) was used before and after the experimental tests.
Below are the example images of the pore space after the linear polymer-based, and
cross-linked polymer-based fluid injection into the core. The observation of fine clayey
fractions, that were present in the intergranular space, and traces of the fracturing fluid,
under the scanning electron microscope is important from the point of view of
stimulation procedures.

A

B

Figure 3. A-Polymer shreds (arrow) in the pore space visible even more than 3-4 mm from the
front surface. B-The front surface of a core with visible polymer coating (arrow)

The level of the fracturing fluid impact on the permeability damage was confirmed by the
UV tests. When using a slick water fluid, only a thin polymer coating was visible in the
form of weak light blue fluorescence. Based on a linear scale visible on each image it was
found that the thickness of the polymer coating is approximately 50 microns - Figure 3B.
After inaction of linear polymer- based fluid, the traces of polymer were visible even at a
distance of 6mm from the core surface. In the case of cross-linked polymer, the front
surface of a core was covered with organic polymer layer with intensive, blue
fluorescence.
A

B

Figure 4. Core face surfaces: A-slick water, B-linear, C-cross-linked.

C
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CONCLUSION
We defined the impact of the prepared fracking fluids on low permeability of rocks,
based on experimental flow tests on natural cores. The presented fracturing fluids may
damage a created fracture. The damage is caused by leak off into the rock matrix. As a
result of filtrate escaping from a fracturing fluid into reservoir, the conductivity and
permeability of a fracture, and the conductivity and permeability of the reservoir near the
walls of the fracture can be decreased.
The tests show that this phenomenon is visible not only with cross-linked liquids, but also
with linear polymer, and slick water. For this reason, when fracking low-permeability
deposits, attention should be paid to fracking fluids prepared on the basis of surfaceactive agents, and to multi-phase fluids (the so-called energized fluids) [7].
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DIFFUSION VIA T2 (z, t) RELAXATION NMR
Igor Shikhov and Christoph H. Arns
University of New South Wales, Sydney, Australia
This paper was prepared for presentation at the International Symposium of the Society of Core
Analysts held in Snowmass, Colorado, USA, 21-26 August 2016

ABSTRACT
Petrophysical interpretation of NMR responses may be affected by the presence of
dissolved oxygen in the fluids saturating rocks. Oxygen shortens longitudinal and
transverse relaxation times of liquids due to NMR paramagnetic relaxation enhancement
(PRE). The presence of oxygen in solution and its effect on relaxation time of fluids is
often considered unwanted requiring thorough purification and degassing of liquids for
proper experimental conditions. However, the design of laboratory experiments to
characterize saturated rock samples may require exposure of the bulk fluid or saturated
solid sample to atmosphere while under field conditions air-saturated fluids may be
introduced in the near well-bore formation. We utilize relaxation time contrast between
air-saturated and oxygen-free fluids to evaluate transport properties of a porous system by
observing the dynamics of oxygen concentration change and estimate the time required
for equilibration. For the case of two phases, the diffusion of oxygen becomes dependent
on local saturation, fluid distribution pattern and wettability since it may occur
predominantly through connected continuous fluid patches. Using spatially-resolved T2
(z, t) experiments we derived time-dependent oxygen concentration change CO2 (z, t)
along a fully- and partially-saturated carbonate core plug exposed to air saturated oil at its
inlet. This provided an effective mutual diffusion coefficient of oxygen and a tortuosity
estimate. We compare with electrical tortuosity calculated on a micro-tomographic image
of that core by solving the stationary Laplace equation for conductivity. We demonstrate
that by solving a forward problem of finding an effective mutual-diffusion coefficient of
oxygen it is possible to obtain a reasonable estimate of equilibration time and access
tortuosity via NMR over longer length scales.

INTRODUCTION
Formation waters and hydrocarbons at reservoir conditions are free from oxygen. Well
operations may result in introduction of oxygen into near-wellbore parts of the formation
through air-saturated drilling fluids. Even more likely is that air may be introduced in the
cores in the laboratory during the SCAL experiments. Oxygen dissolved in fluids affects
NMR relaxation and may lead to improper petrophysical interpretation. It may diffuse
inside the rock following a particular connected fluid phase or diffuse between fluid
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phases through their interface. Understanding these processes enables to correct the
reduction of observed NMR relaxation time. Furthermore, use of oxygen as a tracer and
access to NMR relaxation resolved in time and space provides a potential for enhanced
petrophysical characterization of rocks subjected to contact with oxygen-saturated fluid.
Transport and evolution of oxygen concentration have been routinely studied in
medicine, chemical and bioengineering, soil sciences etc. These studies typically consider
diffusion of oxygen in a single phase saturating the porous medium (soil or rock) [1]. The
ability of alkanes to store and conduct oxygen much faster in emulsions than in pure
aqueous solutions was studied [2] who reported a so-called “shuttle mechanism”.
However, there is a gap in studies of oxygen as tracer in multi-phase transport through
saturated porous systems in a petrophysical context. Paramagnetic species, including
dissolved gaseous oxygen, are known to cause an enhanced relaxation to protons of a
solvent, e.g. water or hydrocarbons. We describe the effect of paramagnetic enhancement
(PRE) on observed relaxation time as a linear sum of oxygen-free bulk fluid relaxation
rate and PRE related rate [3], [4]
!
!!,! !"#

=

!
!!,!! !"#$

+

!
!!,! !!

.

(1)

The latter term is a linear function of oxygen concentration [5], enabling direct estimation
of oxygen concentration when end-point relaxation rates are known (fully oxygen
saturated and oxygen free responses). We use a spatially resolved T2(z,t) experiment to
measure the change of relaxation time along the core length and to estimate oxygen
concentration evolution. The latter is used to derive oxygen effective diffusion coefficient
using an analytical solution to 1D concentration-diffusion equation.

DIFFUSION OF A GAS TRACER IN A MULTI-PHASE SYSTEM

Oxygen present in liquids greatly increases relaxation rate of 1H of a host fluid due to
interaction of magnetic moments of its protons and O2 outer unpaired electrons. Consider
a rock partially saturated with oxygen-free water and oil having one boundary exposed to
oil saturated with air and all other boundaries closed, (Fig.1). Air diffuses towards lower
concentration along the core following two path-ways: (1) along the connected path of
oil; (2) diffusion of gas across the interface is slow relative to diffusion within the
continuous liquid face, yet still occurs at substantial rate. Air contained in oil will diffuse
into the water and then spread along the water phase, which in water-wet rock is
connected along the core length. This also offers a mechanism to connect isolated patches
of oil. Diffusion of tracer dissolved gas with concentration gradient in liquid is described
by Fick’s second law which leads to the unsteady state diffusion equation
𝐶! = 𝐷! 𝐶!! ,

(2)

where C is concentration in the solution, t is time and D the mutual diffusion coefficient
of tracer in the fluid. Boundary conditions are constant inlet concentration C(0,t) = C0 and
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open at the outlet with side boundaries closed. For two fluids an additional boundary
condition is set at the fluids interface proportional to the relative solubility gradient on
both sides of the interface. We solved Eqn.2 using finite difference method on a regular
mesh to calculate a change of oxygen concentration for a single fluid (Fig.1b, Fig.2a).
The solubility of oxygen in water in equilibrium with air is 8.5 mg/L at 25°C, while
solubility in n-paraffins is almost an order of magnitude higher, 71 mg/L at 25°C for ndecane. Mutual diffusion coefficient of oxygen in n-alkanes is also much higher than that
in water, although data is published only for n-hexane (9.9·10-5 cm2/s) and n-hexadecane
(2.46·10-5 cm2/s). The expected value of oxygen diffusion in decane is in between,
approximately 6·10-5 cm2/s. The analytical solution to Eqn.2 with relevant boundary and
initial conditions is used to calibrate the numerical solution to physical dimensions
[b]
C(z,t) = C0 (1 – erf{z/√(4Dt)}) , or
(3)
ln C = a – z2 / (4Dt) for a semi-infinite medium ([6]).

(4)

T2 (z, t) SIMULATION AND EXPERIMENTAL PROCEDURES

Mount Gambier limestone exhibits very high porosity, φbrine=52% and permeability, k
brine = 4.47 D. The majority of the pore space is associated with large pores (82% effective
porosity is resolved at 10.95 µm resolution). Fig.3a,b shows the effect of dissolved
oxygen on NMR T2 relaxation for fully decane saturated core. Matching modes of MICP
and T2 distributions in air-saturated and oxygen-free states requires application of a 60%
lower effective relaxivity ρ2 for O2-free oil case (10.5 µm/s compared to 16.0 µm/s). The
T2(z,t) experiment utilizes CPMG at constant gradient 0.6 G/cm (frequency encoding)
providing 3-mm spatial resolution. T2(z) is averaged over a total acquisition time of two
minutes. T2(z) was obtained every 6, 8 or 18 minutes depending on samples.
The impact on mean relaxation time is very high when dealing with decane as a
representation of light oil (Fig.3a). Interestingly, no difference between T2 distributions
obtained on fully water saturated Mount Gambier core was observed irrespectively
whether or not water was deoxygenated, while bulk water T2,B shows an easily detectable
difference (with T2B of 3.2 and 2.5 sec respectively). This implies that such measurements
are inherently sensitive to wettability conditions or certainly tells if rock is water-wet.

RESULTS AND DISCUSSION
The contrast offered by oxygen to relaxation times of bulk fluids and saturated Mount
Gambier rock is given in Table 1. No difference in T2LM was observed in case of a fully
water saturated sample. Decane can carry eight times more oxygen than water and offers
four times greater contrast between oxygen-free and air-saturated fluid (in our
experiments oxygen is always a fraction of that gas in the air, i.e. 0.209). Expectedly,
partially saturated rock, where the water phase consists of deuterium oxide (D2O), shows
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a larger difference between these states than fully decane saturated rock and less than
bulk decane sample. This evidences partially oil wetting conditions.
Fig.4b,c demonstrates the time-evolution of oxygen concentration along the core (the first
6-7 3-mm thick slabs) calculated from T2 (z, t) experiments. Initially the core was fully
saturated with deoxygenated n-decane, followed by exposure of the inlet to bulk decane
equilibrated with air. Fitting to analytical solution results in the following oxygen
effective diffusion coefficients: (1) bulk decane De,O2 = 6.9·10-5 cm2/s; (2) Mt. Gambier
at So=100% De,O2 = 6.1·10-5 cm2/s; (3) Mt. Gambier at So=51% (the rest is D2O) De,O2 =
3.7·10-5 cm2/s. De-based tortuosity, τd is estimated as τd = φ De / Do. Another tortuosity
value is obtained by solving Laplace equation for conductivity on a voxelized image,
τc = φ ce / co assuming perfectly water-wet conditions (see Fig. 5). Tortuosity estimate
based on oxygen diffusion is expectedly higher than conductivity since some transport is
possible between two phases. It reasonably well captures change of tortuosity due to
saturation decrease. Factors requiring further consideration include an exposure of a core
to atmosphere prior to NMR experiment; deoxygenating fluids by substitution of air with
pure nitrogen, and wettability conditions which may result in better oil connectivity.

CONCLUSION
We demonstrated that the proposed approach can be applied for quantitative
characterization of multi-fluid systems saturated rocks by exploiting relaxation contrast
offered by oxygen solubility in aqueous and oil phases and their wettability.
Interpretation of time- and spatially-resolved relaxation signal (typical in well-logging)
may provide information about spatial fluid distribution. Furthermore, the approach can
provide information which is difficult otherwise to obtain such as tortuosity, wettability,
fluids interfacial area and potentially relative permeability. Alternatively, the approach
may be used to correct NMR signal for oxygen related environmental effects.
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[a]
[b]
Fig.1: [a] Sketch of porous system saturated with wetting (water) and non-wetting (oil) fluids. Top:
connected path of oil phase, bottom: isolated oil patches. O2 transport is expected to be much slower
in the latter case. [b] Finite difference approximation to 2D concentration-diffusion equation
illustrating change of concentration with time in presence of interface and different solubility of
phases. Air dissolved in the oil diffuses from the high concentration at the inlet towards the low
concentration primarily along the connected oil pathway.

[a]
[b]
Fig.2: [a] Concentration of O2 C(z,t) calculated using a finite-difference method (FDM) for 1D
time-dependent concentration-diffusion equation Ct =De Czz for six 3-mm slabs and [b] O2 C(z,t)
measured for bulk decane (a soaked sponge) using a T2 (z, t) experiment.

[a]

[b]

Fig.3: [a] Comparison of experimental T2 distributions of a core fully saturated with water or oil
in equilibrium with air / oxygen free state. Shift is apparent in case of oil. [b] Shift of T2
responses to match mode MICP values at fully water and fully oil saturation states (air-saturated
and O2 free).
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[a]

[b]

[c]

Fig.4: Fluids only: [a] Change of relaxation rate with time for deoxygenated bulk water sample
exposed to air compared to air-saturated decane. The rate of oxygen concentration change is
controlled by diffusion of air across the phases interface since the diffusion rate of oxygen in both
cases is the same, 2·10-5 cm2/s. The change of average O2 concentration is 6~8 times higher in an
air-water system comparing to decane-water one. Mt Gambier: [b,c] Change of oxygen
concentration C(z, t) as normalized fraction of solubility with time at different distances from the
core inlet evaluated from the T2(z, t) experiment for the case of [b] So=100% and [c] So=51%.
Distances L (to the middle of 3 mm slabs) are: 3, 6, 9, 12, 15 mm, etc.

[a]

[b]

[c]

Fig.5: [a] Slice through the tomogram of Mt Gambier limestone at 10.95 µm voxel resolution
(2160x2160 voxel). [b] Subsection of two-phase solid-void segmented image (1440x1440 voxel).
[c] Slice through capillary drainage transformation (CDT) to set fluid distributions assuming fully
water-wet rock; So=48.9%.
Table 1. T2LM relaxation times of bulk fluids and saturated rock.
sample
bulk water
MtG, Sw=100%
bulk n-decane
MtG, So=100%
MtG, So=51%+D2O

air
2470
463
1250
775
1077

O2-free
3220
463
2850
1113
1983

Ratio O2-free/air
1.30
1.00
2.28
1.44
1.84

Table 2. Tortuosity estimated from µ-CT image and T2LM experiment.
sample
T2(z, t) - De,O2 : τd
Image, c : τc

MtG, So=1.0
0.451
0.186

MtG, So=0.5
0.248
0.054

ratio
1.82
3.44
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Pore-Level Simulation of Heavy Oil and Bitumen Recovery Using
the Steam Assisted Gravity Drainage (SAGD)
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Abstract:
A CFD-based numerical solver is developed to simulate the pore-scale behaviour of SAGD
process, including phase change phenomena (i.e., condensation and vaporization). During the
simulation a complete set of mass conservation and Navier-Stokes momentum and energy
equations under non-isothermal condition are solved simultaneously. In addition to take phase
change phenomena into account, the flow pattern in porous media is well-demonstrated. Then,
the solver is validated against visualization experimental studies of SAGD process available in
the literature. The results include a demonstration of a series of pore-scale events particularly in
the vicinity of the bitumen-steam interface. The results of this study are a part of the larger
investigation the objective of which is to understand deeply physics of complex multiphase flow
in heterogeneous structures.

Introduction:
Due to its high recovery, stable oil production rate and reduced environmental footprint, Steam
Assisted Gravity Drainage (SAGD) recovery is one of the promising approaches developed to
enhance oil recovery in heavy oil and bitumen resources (Butler, 1997; Butler et al., 1981).
However, pore-scale physics and interactions between steam, condensed water and oil in the
SAGD process are not yet fully-understood (Lee et al., 2015). Thus, pore-level studies of the
fundamentals of complex transport phenomena (including flow pattern and heat transfer) in
porous media can result in a significant improvement in understanding the field-scale
macroscopic observations (Al-Bahlani and Babadagli, 2009).
The viscosity of heavy oil is very high, typically over million centipoise (Meyer and Attanasi,
2003). In order to produce heavy oil, it has to be mobilized in the reservoir. Because of
extremely high viscosity, i.e. resistance to flow, fundamental recovery techniques are not
applicable to improve the oil recovery factor (Hart, 2014). The key to mobilize heavy oil is to
decrease its viscosity. There are two general ways to reduce heavy oil viscosity: first, heat heavy
oil and second, dissolve solvent in heavy oil (Butler, 1997). The steam injection is a common
way to enhance heavy oil recovery in unconventional oil resources. During steam injection, the
heavy oil temperature increases sufficiently and consequently the viscosity of heavy oil drops
rapidly. In contrast to non-thermal methods where viscosity reduction is very slow and depend
on the diffusion and dispersion of the fluids. When steam is contact with cold heavy oil, another
phase (condensate phase) is produced at the interface between the steam and heavy oil. The
effect of the layer of condensate phase on the heavy oil recovery is not yet fully understood.
Numerical simulation technique can be used to tackle this problem (Mohammadmoradi, 2016).
Most of the previous works on the simulation of fluid flow in porous media deal with a single
phase (either gas or liquid) or two phase flow. In this study a new solver is developed to study
flow pattern in a porous media when the phase change occurs. The volume of fluid (VOF)
approach is used to perform phase change in this study. Easy capturing of the interface during
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the phase change and inherent mass conservation property are two main advantages of the VOF
method (Gueyffier et al., 1999).
Governing equations:
To use the VOF method a volume fraction term α is defined. The volume fraction term lies
between 0 and 1 and
𝛼! = 1
!!!"#,!"#$%,!"#$%

The continuity equation for each phase is given by (Kartuzova and Kassemi, 2011):
!(!! !! )
!"

+ ∇. 𝛼! 𝜌! 𝒗 = 𝑆! , 𝑖 = 𝑜𝑖𝑙, 𝑤𝑎𝑡𝑒𝑟, 𝑠𝑡𝑒𝑎𝑚

Where ρ, v and t are density, velocity and time, respectively. Note that 𝑚 stands for the mass
transfer between phases. There are many equations to express mass transfer term. In this study,
we use an empirical relation to quantify the interfacial heat and mass transfer (Lee et al., 2015).
!!!
𝑆!! = −𝑆!! = 𝑟! 𝛼! 𝜌! ! !"# 𝑇 > 𝑇!"# evaporation process
!"#

𝑆!! = −𝑆!! = 𝑟! 𝛼! 𝜌!

!!"# !!
!!"#

𝑇 < 𝑇!"# condensation process

Where 𝑆!! is the interfacial mass transfer rate from liquid to vapor, 𝑆!! is the interfacial mass
transfer rate from vapor to liquid. 𝑟 denotes the mass transfer intensity factor with unit 𝑆 !! . The
value of 𝑟 is recommended to be such as to maintain the interfacial temperature reasonably close
to the saturation temperature, and to avoid divergence issues. As an empirical coefficient, 𝑟 is
given different values for different problems. Researchers have used a very wide range of
values, depending on flow regime, geometry, mesh size and time steps. (Alizadehdakhel et al.,
2010; De Schepper et al., 2009; Wu et al., 2007) set 𝑟! = 𝑟! =0.1 in their simulations for
investigation of evaporation and condensation in a thermosiphon, simulating flow boiling in a
hydrocarbon feedstock and flow boiling in serpentine tubes respectively.(Goodson et al., 2010;
Yang et al., 2008)
For pore-scale simulation, we used 𝑟 = 100 for both condensation and vaporization process in
order to numerically maintain the consistency between saturation and temperature profiles i.e.
keep the interfacial temperature around 𝑇!"# . It is founded that as 𝑟 goes to very small values,
interfacial temperature start deviating from saturation temperature and increasing 𝑟 helps
maintain interfacial temperature close to 𝑇!"# . Note that extremely large values of 𝑟 cause
numerical convergence problems(Yang et al., 2008).
The momentum equation is expressed as follow:
𝜕(𝜌𝝊)
+ ∇. 𝜌𝝊𝒗 = −∇𝑃 + ∇. 𝜇 ∇𝒗 + ∇𝒗!
𝜕𝑡

+ 𝜌𝑔 + 𝐹

Where P is the pressure. The viscosity is denoted by µ. F and g are surface tension term and
gravity respectively. Note that
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𝜌=

𝜌! 𝛼!
!!!"#,!"#$%,!"#$%

𝜇=

𝜇! 𝛼!
!!!"#,!"#$%,!"#$%

To implement the effect of surface tension in our calculations, F is defined as follow:
𝐹 = 𝜎𝜅𝒏 +

𝑑𝜎
𝜎𝑇 − 𝒏 𝒏. ∇𝑇
𝑑𝑇

|∇𝛼|

2𝜌
𝜌! + 𝜌!

Where 𝜅 = −∇. 𝐧 and 𝜎 are the curvature and surface tension terms, respectively. By T and n=
∇𝛼/|∇𝛼|, the temperature and the surface normal vector are respectively defined. The energy
equation is written as follow:
!(!!! !)
!"

+ ∇ . 𝜌𝒗𝐶! 𝑇 = ∇. 𝑘∇𝑇 + 𝑄

Where Q is the volumetric heat sources, k is the thermal conductivity term given by
𝜌=

𝑘! 𝛼!
!!!"#,!"#$%,!"#$%

Using these equations, a new solver is developed in OpenFOAM solver in order to address the
phase change problem.

Conclusion and Results:
Figure 1 shows a typical porous medium which is used in our study. The porous medium is fully
saturated by heavy oil (T=300 K) while steam (T=400K) is injected. The saturation temperature
is 373 K.

Figure 1. porous media saturated by oil and steam

The viscosity ratio and density ratio in our studies are 10000 and 1000, respectively. Material
properties of water, steam and oil is provided in the table below:
Table 1. Properties of water, steam and oil
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𝜌 [𝑘𝑔/𝑚 ! ]
1
1000
1000

𝜇 [𝑝𝑎. 𝑠]
0.0001
1
0.01

𝑐! [𝑘𝑗/(𝑘𝑔 𝐾)]
2100
1900
4200

𝑘 [𝑤/(𝑚 𝐾)]
0.02
0.3
0.6

As illustrated in Figure 2, at the interface between oil and steam, the temperature of injected
steam drops and the condensate phase is produced. Dark blue is used to present the condensate
phase.

Figure 2. Displacement of oil by the injected steam. The dark blue represents the condensate phase

In the second case, a more complex medium is used to examine the oil production as a result of
viscosity reduction (Figure 3). During the process starting from a to f, oil phase is heated and the
production continues from the bottom face. The aqueous phase (blue color in Figure 3b) forms
and disappears quickly due to condensation and evaporation phenomena.
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Figure 3 Simulated steam-oil interface development from (a) to (f)

The results are in a good agreement with a similar process which is conducted experimentally
(Mohammadzadeh 2015) (Figure 4).

Figure 4 Residual oil pattern, (experimental (left), and simulation(right) results)

To sum up, a new solver has been developed to study phase change in porous media. This solver
can help to understand complex physics which are dominated in thermal recovery approaches.
Using this solver, the influence of material properties such as viscosity, density, thermal
conductivity, heat capacity, interfacial tension and wettability on the phase change and
consequently oil recovery can be addressed. This solver will be further modified to capture the
heat transfer in grains.
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ABSTRACT
Klinkenberg effect becomes more significant in tight rocks. Unsteady-state transient
methods have been used in the industry to obtain Klinkenberg permeability. However,
higher values are reported compared to conventional steady-state method. In this study
we report measurements of Klinkenberg permeability on the same samples using three
different methods 1) the steady-state method; 2) the pressure pulse decay method; and
3) the pressure decay (pressure draw-down) method. In addition to the conventional gas
permeability method for steady-state measurements with mass flow meter, an accurate
capillary tube soap bubble meter was used for samples with microdarcy permeability.
The Klinkenberg permeability values are compared with inert oil permeability value.
The pressure decay method allows permeability measurements at a wide range of mean
pore pressures in a single run. Our results show that accurate Klinkenberg permeability
can be obtained in a single run of pressure decay (drawdown) test using Brace’s
calculation, especially for tight rock samples in the permeability range of milidarcy to
microdarcy.

INTRODUCTION
Gas permeability depends not only on the rock flow properties and types of probe gas,
but also on the mean pore pressure at which it is measured. Gas permeability is higher
than its intrinsic permeability due to the effect of “gas slippage” [1]. Hence the
Klinkenberg permeability, which is independent of the type of probe gas and measuring
pressures, as opposed to the gas permeability, is more commonly used in core analysis
and it can be taken as inert liquid permeability.
Klinkenberg permeability can be obtained either by steady-state or unsteady-state
method. Using the steady-state method, the permeability is normally obtained by
measuring several gas permeability values at different mean pore pressures. The
Klinkenberg permeability can then be calculated. Alternatively, unsteady-state pressure
decay (draw-down) method can be used to obtain the Klinkenberg permeability by a
single run [2,3]. However, as it has been reported [4,5,6], unsteady-state method gives
higher Klinkenberg permeability values compared to steady-state ones. In our routine
measurements, we also consistently measure much higher Klinkenberg permeability
using industrial standard unsteady-state permeameter and data processing method [2],
compared to those from steady-state method under similar conditions. With the
increasing activities of exploration and P&D in tight gas in the permeability range of
mili-micro darcy, fast and accurate methods are apparently more important than ever
before.
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The aim of this study is to investigate the unsteady-state method, by comparing it to the
steady-state method for Klinkenberg permeability in terms of experimental setup, data
processing methods, gas types under well-controlled conditions.
Our results show that the unsteady-state pressure decay method can give the same
Klinkenberg permeability as the steady-state method for samples ranging from
millidarcies to microdarcies, when Brace’s method [7,8] is used for the calculation.

SAMPLES, METHODS AND EXPERIMENTAL
Four samples with permeabilities ranging from millidarcies to microdarcies were
selected for the study. Nitrogen and Helium gases were used in unsteady-state
measurements. In the steady-state measurements, only Nitrogen gas was used. The
Klinkenberg permeability values obtained in the steady-state and unsteady-state
measurements were compared. Oil permeability was compared as a reference to the
Klinkenberg permeability on the same sample. All experiments were performed at the
same effective confining pressure of 500 psi.
Klinkenberg permeability by steady-state method (SS)
For the two samples with a relative higher permeability, the steady-state gas
permeability was measured using a permeameter equipped with a mass flow meter with
Nitrogen as the probe gas. The volumetric gas flow rate was converted to ambient
conditions of temperature (20 ̊C) and 1 atm pressure. Gas permeability was calculated
using Darcy’s law. For each sample several gas permeability values were obtained at
various mean pore pressures. The mean gas pressures were selected from a wide
pressure range to allow for an accurate regression [9]. The gas permeability values were
plotted against inverse mean gas pore pressures. The fitting line was extrapolated to
zero (infinite pore pressure) to obtain Klinkenberg permeability. The slope can be used
to calculate the gas slippage factor b.
Kg=kL(1+b/Pm)

(1)

For sample S4 with low permeability, the steady-state permeability was measured using
an accurate micropipette as a gas bubble flowmeter.
Klinkenberg permeability by pressure pulse decay (PPD)
Detailed information about the pulse decay apparatus developed by PanTerra and
University of Utrecht was published previously [8]. The transient pressure pulse decay
setup consists of an upstream and downstream reservoir. A small pressure pulse is
applied in the upstream reservoir and the differential pressure allows gas flow from the
upstream reservoir, through the sample and to the downstream reservoir. The pressure
changes across the sample and in the two reservoirs are recorded as a function of time.
The apparent gas permeability was then calculated based on the method originally
proposed by Brace et al. [7] although many other calculation methods were proposed
[10,11,12]. When a pressure pulse P0 is applied, the differential pressure P(t) decays
exponentially as a function of time, t:
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(2)

Where, V1 andV2 are the upstream and downstream reservoir volumes and t is testing
time. m is a decay time constant. Plotting the decay curve in terms of ln[ P(t)/ P0] vs.
time t yields a straight line having a slope m. The permeability k can be determined by:
k = m µβ(L/A) × [V1 V2/(V1 + V2)]

(3)

where
L - length of the sample,
A - cross-sectional area of the sample,
µ- Nitrogen viscosity at room temperature and mean pore pressure,
β -Nitrogen compressibility.
Four gas permeability measurements using Nitrogen (N2) were performed for sample S3 at
various mean pore pressures. The Klinkenberg permeability was then calculated the same
way as four-point Klinkenberg permeability by steady-state method. For sample S4, two
gas permeabilities were measured at high mean pore pressures.
Klinkenberg permeability by pressure decay (draw-down) method (PD)
The pressure decay (PD) or the draw-down method can be considered as a special case of
pressure pulse decay as described above with an infinitely V2 volume and a fixed downstream pressure of 1atm.
Two permeameters were used for the pressure decay gas permeability measurements. The
first one is the PanTerra in-house pressure pulse decay permeameter with down-stream
reservoir open to atmosphere. Nitrogen gas was used for this apparatus. A series Nitrogen
gas permeability values were calculated using the Brace method as described above at each
mean pore pressure step.
The second permeameter was from an industry provider. This is a combined Helium
permeameter and Helium porosimeter. The automated permeameter provides Klinkenberg
permeability and gas slippage factor b for Helium. The calculation is based on the method
proposed by Jones [2][3]. The Helium gas permeability values were reconstructed based
on the Klinkenberg permeability, the Helium slippage factor b and the pressure decay data.
We also re-calculated the Helium gas permeability values based on the pressure decay data
using the Brace method and using the equipment parameter such as V1 volume and
Helium gas properties. Klinkenberg permeabilities for samples of S1, S2 and S3 were recalculated based on the re-calculated Helium gas permeability.
Oil permeability
For the two samples of S1 and S2, the oil permeability (Kerosene lab oil) was measured
after the gas permeability. For each sample four flow rates were applied in the
measurements. The two samples were cleaned after oil permeability measurement and
Klinkenberg permeability re-measured by the steady-state method. The same value of
Klinkenberg permeability was obtained as the original one before oil permeability
measurement. The oil permeability values are shown in Figure 1 and Figure 2 as inverse
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of mean gas pore pressure of zero to compare with their gas permeability and
Klinkenberg permeability. Please note that these mean pore pressures are only for
comparison with gas and Klinkenberg permeability and not the true mean pore pressures
in oil permeability tests.

DISCUSSION
For sample S1 (cf. Figure 1), the Klinkenberg permeability derived from the Brace
method matches the Klinkenberg permeability from steady state measurement by using
Nitrogen. The Klinkenberg permeability is close to the oil permeability. The
Klinkenberg permeability by Jones method gives a value 50% higher.
For sample S2 (cf. Figure 2), four Klinkenberg permeability were obtained. Among
them, three are close to the oil permeability given the experimental error. However, the
Klinkenberg permeability calculated based on the Jones’ method is two times higher.
For sample S3 (cf. Figure 3), the pressure pulse decay method and pressure decay
(draw-down method) tested using the same apparatus and same probe gas of Nitrogen
give the same results of Klinkenberg permeability considering the experimental error.
The Klinkenberg permeability by a different apparatus, and different probe gas of
Helium also give the same value when data is reprocessed using the Brace method. The
Klinkenberg permeability by the Jones’ calculation [2] gives a value two times higher
compared to the rests.
For sample S4 (cf. Figure 4), the gas permeability measured by the steady-state method
gives the same results as measured by single pressure decay run when compared at the
same mean pore pressures. The pressure decay (draw-down) method gives comparable
results with pressure pulse decay method when extrapolated to the same mean pore
pressure. All measurements for sample S4 give the same single Klinkenberg
permeability.
It is evident that the Klinkenberg permeability based on the pressure decay data and
Jones method give a value too high. However, the same data when processed with
Braces’ method [8] give much close values to those obtained from steady- state method.
It seems that Jones method masked the effect of “b” on the individual sample. By
applying brace method while using the pressure decay setup, a more accurate
Klinkenberg permeability can be obtained, furthermore a characterized ‘b” value can be
obtained which has the potential to be used for pore characterization in tight rocks. The
number and type of samples tested in this study are limited. More works are planned to
continue the studies in terms of enlarging the database and refining the algorithm of
Brace method et al.[7].

CONCLUSIONS
Unsteady-state pressure decay (drawdown) is a quick method to obtain accurate
Klinkenberg permeability for tight rock in the permeability range of millidarcy to
microdarcy. Experimental results show that the unsteady-state method gives the same
Klinkenberg permeability results as steady-state method. More work needs to be done
on different samples in a wider permeability range.
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Figure 1. Sample
S1: Klinkenberg
permeability measured by 1) unsteady-state
pressure decay (draw-down) using Helium;
2)Klinkenberg permeability measured by
steady-state method using N2 gas (green
triangle); 3)permeability of lab oil (purple
dot).

Figure 2. Sample S2: Klinkenberg
permeability measured by 1) unsteady-state
pressure decay (drawdown) using Nitrogen;
2)Klinkenberg permeability measured by
steady-state method using N2 gas )(green
triangle; 3)permeability of lab oil (dot).
4)unsteady-state pressure decay for Helium
calculated by Jones method; 5) unsteadystate pressure decay (draw-down) using
Helium calculated by Brace’s method.

Figure 3. Sample S3: Klinkenberg
permeability by 1) unsteady-state pressure
decay (draw-down) using Helium; 2)
unsteady-state pressure decay (draw-down)
using
(N2)
Nitrogen;
3)Klinkenberg
permeability by four pressure pulse decay
measurements using N2 gas; 4)unsteady- state
pressure decay for Helium calculated by
Jones method.

Figure 4. Sample S4: Gas permeability by
1) unsteady-state pressure decay (drawdown) using (N2) Nitrogen; 2) pressure pulse
decay measurements using N2 gas; 3) gas
permeability measured by steady-state
method.
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ABSTRACT
Optimizing oil production from current resources is becoming the main strategy for many
oil producing companies around the world. The applications of Enhanced Oil Recovery
(EOR) techniques are encouraged by the current growing demand in producing from
unconventional resources. Among EOR processes, polymer flooding which is an
attractive option for many reservoirs. The objective of polymer flooding techniques is to
control water mobility inside the reservoir to favor higher oil recovery. In this study, the
polymer flood efficiency was evaluated in fractured system. The fluid flow interactions
between the fractures and the matrix have a significant impact on displacement processes.
This work focuses on multi-phase flow in the presence of a fracture tip. The impact of
the fracture tip on polymer flow was studied. The fluid saturations and oil recovery
information were evaluated to study the interaction of fracture-matrix environment with
multi-phase flow. Polymer slug size, polymer concentration, and location of fracture tip
were studies. They showed different impacts on polymer flooding performance. Fluid
saturations around fracture tip were quantified with time. The diversion and convergence
of polymer from and into the fracture were analyzed. Understanding the effect of these
parameters on the stability and performance of polymer flood will help in designing the
optimum scenario to maximize the oil recovery.

INTRODUCTION
Natural and artificially-induced fractures in a reservoir have a great impact on
fluid flow patterns and on the ability to recover hydrocarbons. Fractures can have a
negative effect on recovery process when they form bypass paths, especially in
production-injection systems. For example, injected fluid may preferentially flow through
the fractures leaving behind inaccessible and non-contacted hydrocarbons. It is important
to understand the local and global effect of fractures on reservoir performance. In this
paper, we are studying the effect of the presence of a fracture tip in a single fracture.
Hydrocarbon recovery depends on the interaction between fluids in the fractures
and in the matrix. Polymer flooding is a chemical enhanced oil recovery (EOR) process
which is used in many reservoirs to improve their productivity. In order to ensure
favorable flood, polymers are used to reduce mobility ratio between water and oil and
hence increase oil cut. The polymer increases the viscosity of the injected water and
improves the mobility ratio, allowing for an increase in the vertical and areal sweep
efficiency of the injected water and consequently, increases the oil recovery. Generally,
there are two commonly used polymers in EOR applications which are the synthetic
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material, polyacrylamide in its partially hydrolyzed form (HPAM) and the biopolymer,
xanthan (2). Currently, HPAM is the favorably used polymer in the industry owing to its
improved characteristics.
Polymer flooding has been used for more than 20 years with an ultimate recovery
expectation of 50% and 10–15% incremental oil recovery over water flood. There are
several examples for field implementations of polymer flood mentioned in the literatures.
Morel et al. (3) presented a planning case study for a polymer flooding in a deep offshore
oil reservoir in Angola. They illustrated the feasibility of polymer flooding in such
environment given the challenging space allocation for offshore injection facilities.
Furthermore, Alvarado and Thyne (4) constructed a fuzzy logic and data clustering
algorithm to screen chemical enhanced oil recovery techniques in Wyoming based on
results reported from field cases. They concluded that chemical flooding ranks high for
some of the reservoir under investigation.
Liu et al. (5) conducted a simulation study for an oil reservoir in Daqing field in China
indicating that polymer flood might reach an oil recovery factor of 61% OOIP. In
another work, Fulin et al. (6) presented a case study for two pilot projects in Daqing oil
field which indicates that an incremental oil recovery, over water flood, of 20-23% can be
achieved for the first pilot and around 20% for the second pilot. Before implementing
these pilots, the results from core flood experiments showed that an incremental recovery
over water flooding of more than 20% OOIP can be achieved by early time injection of
high molecular weight, high concentration polymer. Tielong et al. (7) investigated the
feasibility of polymer flooding in a pilot test conducted in Shuanghe reservoir located in
the southeast Henan oil field in China which is known as an elevated-temperature
reservoir. At the end of the pilot, a total of 10% incremental oil recovery was achieved.
They concluded that polymer with extra-high molecular weight can successfully control
the mobility ratio and modify the permeability profile.
The objective of this work is to investigate the polymer flood performance in a single
fractured system.

MOTIVATION

Alajmi et al. (8) studied experimentally and numerically the effect of fracture tip in
a single fracture during a water flood to light oil. Figure 1 presents 24 X-ray CT images
along a 2-feet Berea sandstone sample. It shows the injected fluid saturations for several
stages during the flooding processes. These images present the net value of the injected
fluid in the core. Each stage of injection was subtracted from the initial condition. Since
the fracture had high permeability, it captured the early time, as shown by the first row of
images at 0.051 pore volume injected (PVI). The fluid then was transported through the
fracture to the downstream tip of the fracture. At the downstream tip, the injected fluid
started to diverge out from the fracture to the matrix. When the water diverged, it formed
a sharp front, which moved along the core until breakthrough.
The movement of the fluid front away from the fracture was not as fast as the
movement in the fracture due to the high permeability of the fracture. These differences
in velocity forced a by-passed middle regions around the fracture. At later time, as
injection continued, most of the by-passed region was displaced.
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Figure 1: Injected Fluid Flow distribution.
The experimental work presented in Figure 1 was numerically simulated to
understand the fracture tip effect on fluid flow. Figure 2 shows a simulated reconstruction
of the net injected fluid at 0.304 pore volume injected (PVI). The injected fluid diverged
from the fracture to the adjacent matrix due to the presence of the fracture tip. It shows
the flow vectors direction of the fluid as the fracture is filled, the flow was then diverged
to the adjacent matrix.
Fracture

Flow

Figure 2: Flow vectors of the injected fluid.
The objectives of this paper are to investigate the efficiency of polymer flood in single
fractured porous media and quantify the fracture-matrix interaction.

POLYMER FLOOD MODELLING
A numerical simulation was developed to achieve the objectives of this study. Two cases
were studied, one without fracture tip (case A) and one with a fracture tip (case B).

(A)

(B)

Figure 3: Schematic of the two cases.
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The polymer concentration of 3000 ppm (equivalent to 10cp) was used to displace an oil
with 60 cp viscosity. Water flood (1cp) was tested as a comparison to the polymer flood.

RESULTS AND DISSCUSION
Case A
In this case, the system is fully fractured with a single fracture. Two floods were
preformed, water and polymer floods. Figure 4 shows the oil saturations after injecting
0.6 pore volume. The presence of the full fracture lowered the efficiencies of both floods
leaving large undisplaced oil behind, which is expected. The fracture permeability is
dependent of the formation stress. So average values of fracture and matrix permeabilities
were selected. The fracture permeability was 10 Darcy and matrix permeability was 0.5
Darcy having a 20:1 contrast ratio.
The injected fluid moved inside the fracture much faster than in the matrix causing early
breakthrough. Even though the polymer flood showed better performance and improved
the mobility ratio, but still it left large oil volume behind.

Water Flood

Polymer Flood

Figure 4: Oil Saturation maps for full fracture.

Case B
This case represents a system with a single fracture with a fracture tip as explained in the
polymer flood modeling section.
Water Flood
Figure 5 shows the oil saturation maps during water flood. The presence of the fracture
tip changed the saturation distribution compared to case A. More oil was displaced, but
still the mobility ratio was not in a favorable condition. In the fracture region, the water
advanced further in the matrix as the fracture was fully filled. Downstream of the
fracture, since the viscosity ratio was high, the water movement was centered in the
middle having difficulty to displace the oil on the sides.

SCA2016-067

5/6

0.1 PVI

0.3 PVI

0.6 PVI

Figure 5: Oil Saturation maps during water flood.
Polymer Flood
Figure 6 shows the oil saturation maps during polymer flood. The injection of polymer
improved the mobility ratio and resulted in better sweep efficiency. The same phenomena
was seen as the fracture was first to be filled with the injected fluid. In the fracture
region, the polymer advanced further in the matrix as the fracture was fully filled due to
the improved injected fluid viscosity. Downstream of the fracture, the polymer movement
was expanded across the system having a better displacing efficiency.

0.3 PVI

0.1 PVI

0.6 PVI

Figure 6: Oil Saturation maps during Polymer flood.

CONCLUSIONS

This study was aimed at investigating the fracture-matrix interaction assuming a
permeability contrast ratio of 20:1. The performance of water and polymer floods in
systems with single fracture (with and without fracture tip) were quantified.
Numerical reservoir simulation was done to achieve the objectives of the study.
Simulation runs were performed to determine the functional relationships between
the displacement performance and fracture structure during both water flooding
and polymer flooding. Results showed that the fracture structure had significant
effects on the displacement performance. The displacement behavior of water flood
and polymer floods can be either fracture-matrix-dominated or fracture-dominated
by the presence of the fracture tip.
Results also indicated that the presence of the fracture tip allowed the polymer
flood to retain it superiority and produce more oil downstream of the fracture.
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ABSTRACT
In this work we focused on the enhanced pore space characterization of shale and tight gas
sandstones from Brazilian unconventional reservoirs, using fractal dimension determined
by distinct laboratory techniques. The usage of several techniques is essential to properly
cover the whole porous scale in shale and tight gas sandstone (TGS) consisting of ultrafine (nanopore) structures, often associated with clay content and wide pore (fractures)
resulting in broad pore sizes distribution. Fractal theory is an effective method that has
been applied in geophysics to quantify the complexity of the rocks pore structure. As the
rock pore geometry is conventionally divided into the surface geometry and the collective
geometry of all the pore space, for the global description of the pore geometry a
multifractal approach is presumably required. Routine core analyses, Mercury Intrusion
Capillary Pressure (MICP), Nitrogen Gas Adsorption (N2GA), X-Ray Nano- and MicroTomography were applied on two samples, one of each shale and TGS. From the tests
statistical quantification of pore geometries and pore size distributions were acquired
allowing to determine fractal dimension using, i.a., “fractal FHH” (Frenkel, Halsey, Hill),
“Pittman's hyperbola” and 3D box-counting methods. The results show that fractal
dimension of shale and TGS reflects their complex pore systems mainly consisting of three
defined regions (D1: macropores, D2: mesopores and D3: micropores). Naturally the
distinct trends showed by the investigated techniques are expected as each method detects
particular pore ranges and textures. In a practical manner both pore structure and surface
irregularities play a role in the increases of capacity and rate flow of oil and gas reservoirs.

INTRODUCTION
Fractal analysis has proven to be useful to describe the geometric and structural properties
of pores and rough surfaces. According many authors [1] there are two conventional
definitions in describing the fractality of porous material: the pore fractal dimension
representing the pore distribution irregularity and the surface fractal dimension
characterizing the pore surface irregularity. At molecular size and microscopic range,
surfaces of most materials including those of natural rocks show irregularities and defects
that appear to be self-similar upon variation of resolution. A self-similar object is
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characterized by similar structures at different scales. The regularity of self-similar
structures can be quantified by the parameter of fractal dimension [2]. The topological
dimension of a smooth surface is equal to two, while a rough surface is described by a
fractal surface dimension Ds > 2. The fractal dimension of a volume distribution can be
analyzed in a similar way. A uniform pore-size distribution corresponds to the topological
dimension of three, but a variation in the pore-size distribution results in a fractal volume
dimension Dv < 3. Many studies have shown methods that investigate the relation between
capillary pressure and fluid saturation of wetting phase can be used to determine the fractal
volume dimension of porous rocks [2]. The capillary pressure Pc in a cylindrical pore with
radius r is related to the surface tension σ and contact angle θ between the injected and
replaced fluid by:
Pc = (2σ cosθ) / r.
(1)
Considering the inverse proportionality Pc ∝ 1/r and Pc min=2σ cosθ / rmax being the
capillary pressure related to the largest pore radius (rmax), the cumulative volume fraction
Vc in the rock pore structure can be related to the ratio of capillary pressures Pc/Pc min:
Vc = (V (< r)) / V = (Pc / Pcmin )^(D-3).
(2)
Taking the logarithm to both sides of equation 2 results in:
log Vc = (D - 3) log Pc – (D - 3) log Pcmin,

(3)

which describes a linear relation between log Vc and log Pc. In the case of fractal behavior
of the pore volume distribution, the slope (S) of the resulting line in double logarithmic
presentation and fractal dimension is D = 3 - S.
For analysis of the relative pressures (P/Po) N2 adsorption and desorption data, the FHH
(Frenkel, Halsey, Hill) equation has been widely used for calculating the fractal dimension
and its simple form can be presented as follows [3]:
ln(V/Vo) = K ln(ln(Po/P)) + C,
(4)
where P is the equilibrium pressure, Po is N2 saturation pressure, V is the volume of N2
adsorbed at each equilibrium pressure and Vo is the volume of N2 in the monolayer (cm3/g).
K is the power-law exponent, dimensionless and C is the constant of gas adsorption. In the
linear relationship between ln(V) and ln(ln(Po/P)) the slope of the plot of ln(V) versus
ln(ln(Po/P)) should be equal to K, which can be used to calculate fractal dimension D as
D=3+3K in the regime of capillary condensation.
The 3D X-ray Nano- and µ-CT images were reconstructed using a FDK (Feldkamp-DavisKress) algorithm [4], data visualization and quantification were performed with Avizo Fire
8.1.0 software [5]. Fractal Dimension (D) representing a reasonable quality index for the
reconstructed image is a ratio providing a statistical index of complexity comparing how
detail in a fractal pattern changes with the scale at which it is measured. In Avizo software
the very popular Box-Counting method [6] is coupled and was used for D measurements.

RESULTS AND DISCUSSION
In this work we used non-wetting (Mercury Intrusion/Extrusion Capillary Pressure) and
wetting (Nitrogen Gas Adsorption/Desorption) fluids phase’s experiments and 3D image
analysis to investigate fractal dimension of rocks from unconventional reservoirs of two
basis settings in Brazil. Only the results for one sample of each oil and gas fields are shown
and discussed: TGS-59 and Shale-17. Figure 1 depicts the results related to the fluid phases
experiments; Figures 2 and 3 show the results obtained from the 3D X-ray Nano and µ-CT
image acquisitions; Table 1 gives a summary of the all calculated fractal dimensions.
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Figure 1. Slopes of the linear equations fitted to the MICP (a) and N2GA (b) data to calculate: total fractal
(Dt), fractal of the macropores (D1), mesopore (D2) and micropores (D3). (c) Range of pore sizes accessed by
the two techniques (intrusion and adsorption only).
Table 1. Summary of the fractal dimension values calculated from the distinct pore ranges detected using
fluid phases experiment and 3D image analysis.

From the Hg intrusion/extrusion and N2 adsorption/desorption curves, samples had fractal
dimension calculated according to Equation (3) – MICP and Equation (4) – N2GA data. As
shown in Figure 1 (a) and (b), for the overall pore sizes range covered by fittings in the two
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techniques a total fractal value (Dt) is predicted; for specific pore range trends fitted
separatedD1, D2 and D3 fractal values are calculated. D1 is, however, more related to the
bigger pores and D3 to the smaller ones; Thus, the relation D3<D2< D1 is expected with the
former referring more to the surface fractal dimension and the two latter describing volume
fractal dimension. Figure 1 (c) depicts the pore size ranges covered by N2GA and MICP
individually and in combination [7], elucidating the presence of multimodal distributions
and the distinct fractal trends found for both samples. Since the amount of micro- and
mesopores (< 500 Å) are much higher for Shale-17, a defined D1 value in the N2GA data is
also showed. The micro and mesopores of Shale-17 are in fact organic hosted pores,
associated to the organic matter (OM) observed in this sample, see the darker gray regions
on the 2D X-ray CT images (Figure 3). According Loucks et al., 2012 [8], shale pores are
classified into: interparticle, intraparticle and organic matter pores. Because OM can be
expressed as a percentage share of the mature organic matter (Total Organic Carbon, Wt %
TOC) it indicates the potential of a petroleum source rock. OM is also directly related to
the organic hosted pores; accordingly, fractal analyses of OM on the 3D images of Shale17 were performed as well.
Figures 2 and 3 bring the X-ray Nano- and µ-CT results, with the 2D gray-level images
and 3D renderings of segmented structures shown on the top graph and, the pore/OM
volumes and calculated fractal dimension on the upper part. After performing 3D pore
structure segmentation rocks showed very small disconnected pores ganglia plus main pore
(MP) networks. As described by Schmitt et al., 2016 [9], the occurrence of pore ganglia
obeys the relationship between a detected pore volume (Vp) and its voxel resolution (Rv);
the smaller a voxel volume (Nv), the higher its undefined image’s grey level and more
difficult to identify a clear morphology/geometry. Therefore, a voxel pore volume is
characterized as ganglia when the lower cutoff limit is Nv=Vp/(Rv)3≤2000. This explains the
very low fractal dimension (approaching surface values) found for ganglia, as they are the
smoothest and smaller pore structures identified on the analyzed images. Whereas the
structures, total pores (MP+ganglias), MP and OM, showed much higher values.
Additionally, fractal values increased for Shale-17 within the higher resolution since many
of the smaller pores of this sample were then identified. On the other hand, for TGS-59 the
0.064 µm resolution seemed to be more related to the surface fractal dimension and very
smooth and around 2 for the main pores identified. All the segmented structures of Shale17 and TGS-59 showed a trend between the 2D fractal dimension (symbols) and porosity
(dot lines) curves, indicating a directly relation. However, the increase in porosity from the
3D analysis does not imply in the rise of fractal dimension value and no correlation was
observed for the analyzed samples. Any digitized image with different intensity values on
its pixels is conceived as an imperfect cube in which the 3D fractal dimension should be lie
in between 2 and 3; Real surfaces and images cannot be true mathematical fractal as they
do not exhibit fractal behavior over several scales [10]. As we observed for our samples,
fractal dimension will vary depending on the range of pore scales comprised in the
acquired image. E.g., 0.064 µm resolutions include a sample with axes=32 µm; for Shale17 this size was still enough to achieve fractal characteristics as the values found in the Xray CT analysis increased from 2.22 (0.73 µm) to 2.33, being closer to the value observed
in the micro region (D1) of the N2GA analysis. Nonetheless, TGS-59 showed a value
decreasing from 2.43 (1.19 µm) to 2.05, beyond to the value 2.48 found for D1. Thus, when
determining fractal dimension from 3D images there will have a limited range of pore
scales on each of the acquired data set, being the upper limit of this range set by the overall
size of the image and lower limit is set by the voxel size.
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Figure 2. X-ray CT results of TGS-59: 2D gray-level images and 3D segmented pore structures (top part); 2D
and 3D results for the fractal dimension and pore volume results (upper graphics).

Figure 3. X-ray CT results of Shale-17: 2D gray-level images and 3D segmented pore/OM structures (top
part); 2D and 3D results for the fractal dimension and pore/OM volume results (upper graphics).

CONCLUSION AND OUTLOOK
Fractal dimension of pore space in unconventional reservoirs from Brazil was investigated
using fluid flow tests and X-ray CT image analyses. Fractals fitted on the drainage and
imbibition overall pore size curves showed diverging values higher for MICP than for
N2GA: on Shale-17 values varied between 2.77-2.93 and 2.73-2.72; on TGS-59 from 2.452.89 and 2.51-48. This happens because after the imbibition process in MICP a large
quantity of the mercury lost continuity and remains in the pore system after reaching
atmospheric pressure, resulting in higher fractal dimensions related to the bigger amity
pores. From the specific trends reveled on the data curves, macro (D1) and meso (D2) pore
fractals were calculated from the non-wetting phase experiments and, a micro (D3) pore
fractal was accessed by N2GA; In both samples D3<D2<D1 agreeing that D3 refers to the
surface fractal and the two later are more related to the pore volume fractal dimension.
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2D and 3D X-Ray Nano- and µ-CT analyses reveals that segmented pore structures seem
to carry fractal behaviour; however values are lower compared with those from MICP and
N2GA curves. Because only a limited range of pores is encompassed by each X-ray CT
data set, considerable information from the pore volume structures might be lost, including
pore heterogeneities which result in higher fractal values.
Each method was able to reach fractal information from distinct pore ranges and textures.
X-ray CT results imply that 3D image fractals are more related to the pore surface
geometry as values approached D3 from N2GA. Also, D2 values calculated from MICP and
N2GA (for TGS-59 equal 2.75 and 2.52, for Shale-17 equal 2.83 and 2.66) point out the
resolution query, the former reports fractal dimension associated to the heterogeneous
bigger pore volumes, while the later is more related to the pore surface geometry.
For the ongoing research, other samples of shale and TGS will have the fractal dimension
investigated by MICP, N2GA and X-Ray Nano- and µ-CT. Thereby, correlations within
calculated fractal dimensions and laboratory measurements such as porosity, specific
surface area and transient permeability, will be draw to study the role played by pore
irregularities in the capacity and increase of flow rate of unconventional reservoirs.
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ABSTRACT
Two commercial water-soluble sodium-silicate-based gelant systems, Systems A and B,
were tested for their potential as Disproportionate Permeability Reduction (DPR) agents
on Berea outcrop cores. The DPR experiments were conducted using a steady-state, twophase (oil/gelant) placement method to (a) ensure the presence of moveable oil and (b)
quantitatively control the placement saturation conditions at which the silicate gel sets.
The treatment performance was evaluated using pre- and post-treatment two-phase
(brine/oil), steady- and unsteady-state permeability measurements.
Bulk and core experiments showed that shrinkage of System B was significant in shortterm tests conducted at various temperatures. System A, on the other hand, formed longlasting, stable, rigid gels at corresponding temperatures.
Tests conducted on water-wet long-core samples at relatively low formation watercut
(WC) of 22% revealed no positive DPR effect. System A was also tested in oil-wet Berea
cores which were treated chemically to alter their wettability. DPR treatments at the same
WC as the pre-treatment conditions (22%) resulted in an effective DPR behavior.
However, DPR treatments at 22% WC in cores with pre-treatment 78% WC were more
effective resulting in a lower oil-phase residual resistance factor (RRFo) compared to the
one from cases for which DPR treatments were conducted at the same pre-treatment WC.

INTRODUCTION
DPR is one method that the oil industry has used to control unwanted water production
without reducing oil reserves from the treated region. Application of the DPR technology
can be wide in scope with polymers or polymeric gels used traditionally as the treatment
fluids. The use of an oil-soluble silicate-based system TMOS (Tetramethyl-orthosilicate)
as DPR fluid has been presented previously [1, 2]. Recently, Askarinezhad et al. [3]
provided a detailed review of the various applications of water-soluble silicate-based
gelants. These fluids are environmentally friendly and require no special permissions for
their use in the field. This feature serves as one of the main advantages of water-soluble
silicate systems over oil-soluble ones. Iler [4] provided details on the various steps
required for gel formation from monomers to large particles, and finally to a gel.
The application of water-soluble, silicate-based rigid-gels is the main focus of this work.
Askarinezhad et al. [3] tested the potential DPR effect of a commercially-available,
water-soluble, silicate-based system (System A in this work) at different wettability
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conditions and presented a novel approach for DPR fluids placement, namely co-injection
of oil and DPR fluid. In this work a new, water-soluble sodium silicate system (System
B) is also tested its DPR effectiveness at similar treatment conditions. The most suitable
silicate system, System A, was then tested as a DPR agent in oil-wet Berea cores to
evaluate the effect of wettability on the DPR treatment. Experimental results showed a
clear DPR effect following the formation treatment. System A was also placed at a lower
watercut (22%) when the pre-treated core was producing at a 78% watercut. Treatment
performance was evaluated by comparing ratios of pre- and post-treatment effective
phase permeability measurements, defined as residual resistance factors (RRF). Note that
DPR aims at reducing produced water without hindering, significantly, oil production;
DPR treatments resulting in high RRFw and low RRFo values are considered as favorable.

ROCK/FLUIDS PROPERTIES – CHARACTERIZATION
Two commercially available, environmentally friendly, sodium silicate systems one with
high (System A) and the other with low (System B) SiO2:Na2O molar ratio are used as
the DPR fluids; Table 1 lists the two silicate systems’ properties and activators used.
Table 1: Basic properties of the sodium silicate gelants (DPR fluids).
Silicate System

SiO2:Na2O Molar Ratio

pH

Gelant Viscosity (cp)

Activator

Gelant Type

A
B

High
Low

10
11.5

1.7
2

Sodium Chloride
Citric Acid

Newtonian
Newtonian

The rheology (gelation and kinetics of gelation process) of System A and formed gel
properties have been investigated by Hatzignatiou et al. [5]. Bulk measurements showed
that syneresis of gels formed using silicate System A was practically zero at different
temperatures and activator concentrations, whereas System B has the tendency to shrink
even by 50% of the original sample volume. In addition, bulk test observations presented
by Hatzignatiou et al. [5] showed that the maximum compressional pressure (strength) of
System A gels was significantly higher than the one of System B gels.
Strongly water-wet and (altered wettability) oil-wet Berea sandstone core samples (22-25
cm length and 3.77 cm diameter) were used in all experiments presented in this work.
Filtered 0.1M sodium chloride brine and filtered isopar H (synthetic oil) with 1.29 cp
viscosity at room temperature were the main “reservoir” fluids used.
Water-wet cores were treated chemically to alter their wettability to oil-wet. Measured
phase-permeability curves together with recovery curves and spontaneous imbibition
results were used to characterize the newly-established core wettability, which all
demonstrated the water-wet and oil-wet (treated) nature of the tested core samples.

DPR TREATMENT PROCEDURE
All experiments were conducted using a steady-state, two-phase DPR placement in order
to (a) better control the water/oil saturation at which the silicate gel sets (i.e., to
quantitatively control the placement saturation conditions in the formation) and (b)
ensure the presence of moveable oil at which the injected DPR gelant gels.
A typical DPR treatment experiment consists of three main stages. The core is first
saturated with brine; pore volume (PV) and absolute brine permeability are then obtained,
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and irreducible water saturation, Swi, is established by single-phase oil injection. After
that, a steady-state, two-phase, brine/oil injection at room temperature is initiated, at the
desired water fraction (watercut), to establish the pre-treatment condition (treatment
initial saturation, Swti). Following that, a steady-state, two-phase, DPR-fluid/oil injection
is performed at selected treatment watercut; the new saturation condition, named DPR
treatment final water saturation (Swtf), is established. Gelation of injected gellant and
aging for one week at 60°C is then conducted. In the third, and final, stage the water
residual resistance factor (RRFw) is obtained through steady-state brine/oil injection in a
step-wise fashion at several watercuts and until the residual oil saturation is reached. The
last part of stage three is single-phase, oil, injection to determine approximate values for
the oil residual resistance factor (RRFo). Additional details related to the newly
established procedure can be found in Askarinezhad et al. [3].
Table 2: Summary of DPR experiments.

Exp. #

S ilicate
S ystem

Wettability
condition

Porosity
(%)

Pre-treatment and DPR treatment conditions
Residual
oil
Absolute
saturation brine
S aturation
Prepermeability Untreated
treatment Treatment
DPR fluid(D)
core, S or
production watercut, Brine-oil
Water
oil
(%)
watercut,
WC (%)
saturation
WC (%)
S wti (-)
S wtf (-)
shift (%)

DPR Quantification

RRFw

RRFo

1

A

Water wet

22.2

0.642

41.3

22

22

0.503

0.539

3.6

100

460

2

B

Water wet

23.25

0.995

41.3

22

22

0.509

0.555

4.6

2.7

3.8

3

A

Oil wet

22

0.779

30.1

22

22

0.424

0.449

2.5

14

6

4

A

Oil wet

21.4

0.667

30.1

78

22

0.506

0.4

-10.6

10.6

3.4 - 4.5

EXPERIMENTAL RESULTS AND DISCUSSIONS
Table 2 provides a summary of the four DPR experiments discussed in this work together
with relevant core properties. Experiments 1 and 2 were conducted in water-wet Berea
cores and Experiments 3 and 4 in oil-wet cores. It is worth mentioning that in Experiment
2, the procedure was slightly different in the post-treatment floods compared to the other
three experiments (single-phase oil injection was performed prior to the two-phase
brine/oil injection). System B was used only in Experiment 2; in the remaining three,
System A was used as the DPR fluid. In the following subsections, the details of each
experiment together with the DPR treatment results will be presented.
Experiments 1, 2: Systems A and B, water-wet cores, pre- and DPR treatments 22%
The treatment conditions in Experiments 1 and 2 were the same; the DPR treatment
initial water saturation (Swti) was established at WC=22% using steady-state co-injection
of brine and oil (Figure 1, dashed vertical lines). DPR treatment was performed at the
same WC=22%. A water saturation shift due to DPR-fluid/oil co-injection can be
observed with the treatment final saturation (Swtf) displayed in Figure 1. Table 2 provides
additional relevant data (see also [3]). A visual inspection of the pre- and post-treatment
effective permeabilities suggests that Experiment 2 could yield favorable DPR
conditions, especially if one considers field-expected post-treatment flow conditions at
high WCs. The results obtained will be analyzed based on the post DPR treatment RRF
values (Askarinezhad et al. [3]). Although the treatment watercut and saturation
conditions in these two experiments were practically identical, the water saturation shift
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due to DPR-fluid/oil injection was more profound in Experiment 2. From the posttreatment floods, the reduction in both RRFw and RRFo were noticeably lower in
Experiment 2 than in Experiment 1. The main reason is the significant shrinkage that
occurs post-gelation with System B gels (Experiment 2). Bulk measurements at various
temperatures on System B gels revealed a shrinkage of up to 50% of the total formed gel
volume. The large saturation shift in post-treatment single-phase oil injection process in
Experiment 2 serves as a confirmation of these observations; Bryant et al. [6] reported
useful permeability reductions even at 95% syneresis of polymer gels. Effluent results in
Experiment 2 revealed a relatively large gel erosion during the post-treatment floods.

Effective Permeability, kw or ko (D)

1.E+00

ko - pre-treatment
ko - pre-treatment - no = 1.2
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(Experiment 2)
Figure 1: Water-wet, pre- and DPR- treatments at WC=22% (Exp. 1) System A [3]; (Exp. 2) System B.

Gel instability and syneresis may indicate that System B is a non-favorable gelant for
DPR treatments considering also the weak contrast in the two-phase RRF values. On the
other hand, results in Experiment 1 showed large RRF values, which coupled with the
fact that System A yields very strong gels with practically no syneresis (Hatzignatiou et
al. [5]), the syneresis could be linked to the degree of permeability reduction. Based
solely on the RRF values, it can be argued that on one hand silicate gel systems with a
high degree of syneresis may not be good DPR candidates, and on the other hand strong
systems, causing large oil and water RRFs, did not result in possitive DPR effects.
Experiment 3: System A, oil-wet core, pre-treatment 22%, DPR treatment 22%
The water saturation shift during treatment was less compared to water-wet cores (Figure
2 and Table 2). Based on both RRF values, which are significantly higher in the waterwet cores compared to oil-wet ones, and the visually inspected separation of the pre- and
post-treatment permeability curves, it is clear that wettability has a profound impact on
the DPR effectiveness, resulting in significantly more favorable DPR effects in oil-wet
formations. In this experiment, the reduction of both oil and water effective
permeabilities is significantly lower than the ones in water-wet cores (Experiment 1), and
it can potentially yield positive DPR. Extrapolated effective oil permeabilities to Swti (red
curve in Figure 2) show the improvement of RRFo with reduced water saturation.

0.60
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Experiment 4: System A – Oil-wet core, pre-treatment 78%, DPR treatment 22%
The evaluation of System A as a potential DPR fluid candidate was conducted following
a slightly different procedure to reflect realistic field processes and examine possible
hysteresis effects. The pre-treatment WC was increased to 78% with the treatment WC
been kept at 22% (Table 2). Results shown in Figure 3 demonstrate slight improvements
in RRFo compared to Experiment 3 and hysteresis effects to be practically negligible.
Based on both visual inspection of the permeability curves and obtained RRF values, the
achieved results demonstrated the potential for a more efficient positive DPR effect
compared to the one obtained in Experiment 3. Results from this experiment serve as a
starting point to the optimization of a two-phase DPR treatment in addition to serving
more realistic reservoir/well conditions at which a treatment may be implemented by
employing low WC treatments at realistically high pre-treatment production WCs.
kw - pre-treatment
kw - pre-treatment - nw = 3.3
Swti = 0.424
ko at Swtf = 0.449, WC=22%
ko - → (Sor)PT
kw - → (Sor)PT - nw = 1.4
ko - → (Swi)PT - no = 2.9
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Figure 2: Experiment 3: Oil-wet, pre- and DPR treatment
conditions at WC=22% [3].
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ko at Swtf = 0.4, WC=22%
ko - → (Sor)PT
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ko - pre-treatment - no = 2.9
kDPR at Swtf = 0.4, WC=22%
kw - → (Sor)PT
ko - → (Swi)PT
ko - → (Sor)PT - no = 5.4
Extrapolation to Swtf (Brooks-Corey model)
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Figure 3: Experiment 4: Oil-wet, pre-treatment WC=78%
and DPR treatment at WC=22%.

Discussion
DPR effectiveness was significantly different in water- and oil-wet cores mainly due to
more favorable oil-phase continuity and distribution in oil-wet media compared to the
corresponding one in water-wet formations. In water-wet cores, encapsulation of oil by
gel may cause oil-phase discontinuities and porous medium conductivity reduction.
Wettability tests have shown that silicate gel is strongly water-wet. Therefore, in oil-wet
DPR treatments, formed gel in porous media yields a mixed-wet formation and a lower
trapped oil saturation compared to water-wet formations. Another reason can be the
lower mobile-oil saturation at Swtf in the water-wet cases; the observed shift towards
higher water saturations during treatment causes an even higher reduction in moveable oil
saturation and a higher reduction in effective oil permeability.
In the water-wet experiment with System A, there is a rather visible hysteresis in posttreatment effective oil permeability. However, based on the qualitative analysis of our
data, even if one is able to exclude the oil-permeability hysteresis effect (Experiment 1),
the resulting RRFo values are still too high to lead to an efficient positive DPR effect.
Therefore, it can be argued that hysteresis effects on water and, especially, oil effective
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permeabilities may not be the major reason for the observed DPR treatment results as
also observed by Liang et al. [7]. Data from oil-wet cores showed that oil effective
permeability hysteresis is much less pronounced than in water-wet ones.

CONCLUSIONS
In water-wet cores, DPR treatments resulted in high RRF values for both oil and water
phases using gelant System A with absence of gel syneresis; gelant System B yielded
almost identical, and low, RRF values with the formed gels displaying significant
syneresis. In oil-wet cores, DPR treatments with System A resulted in significant lower
oil and water RRFs than the ones observed in water-wet cores. The potential to optimize
a DPR treatment effectiveness in a given oil-wet formation was demonstrated by
deploying the DPR-fluid/oil mixture at low WCs when the formation produces at
relatively high WCs. Generally, field executions require a careful design that balances the
potential DPR treatment effectiveness with the treatment WC conditions, since low
treatment WCs are also accompanied by small amounts of gel in treated porous media.
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ABSTRACT
In chalk reservoirs, acid injection for well stimulation purposes as well as certain EOR
methods, such as CO2 injection, causes dissolution of the chalk matrix due to the acidic
nature of fluid injected. The effects of the chalk dissolution e.g. on rock mechanical
properties are currently not well understood. This is partly due to challenges with
interpretation of results from laboratory experiments in the context of in situ reservoir
conditions as laboratory experiments most often result in inhomogeneous dissolution of
chalk specimens. To facilitate this challenge, we present a method for fast homogeneous
dissolution of chalk specimens by a so-called retarded or heat activated acid (AcidgenTM
FG) – and subsequent documentation by X-ray CT-scanning and Field Emission Gun
Scanning Electron Microscopy (FEG-SEM) imaging.
The method was validated through dissolution tests using a large number of Stevns
outcrop chalk specimens. Dissolution of the chalk was performed with either of two
acidic or acid generating solutions: 1) AcidgenTM FG or 2) acetic acid. In both cases, the
homogeneity of the chalk dissolution was investigated by image analysis of X-ray CTscanning images, and for the AcidgenTM FG case also of FEG-SEM images.
By application of AcidgenTM FG it is possible to create homogeneous dissolution in the
outcrop chalk specimens with a resulting absolute porosity change of up to at least 3.5%
Likewise, the retarded acid creates homogeneous dissolution of reservoir chalk
specimens. For comparison, the application of acetic acid mostly creates fast
inhomogeneous dissolution from the outside of the chalk specimens. Combined image
analysis of X-ray CT images and SEM images has proven a strong tool for evaluation of
the homogeneity of the chalk plug specimens.
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INTRODUCTION
Rock mechanical laboratory tests most often explore the rock mechanics of bulk plug
specimens. As a consequence, it is important to obtain homogeneous dissolution when
rock mechanical effects caused by dissolution of rocks are studied. For the purpose of
establishing experimental conditions favouring homogeneous dissolution, previous
studies [1-3] have applied so-called retarded acids or heat activated acids, which are
organic acid pre-cursors that increase the rate of acid formation upon heat activation or in
the presence of certain enzymes. Thereby, the Damköhler number [4-6] is kept low
initially by a low reaction rate when the retarded acid is introduced into the core
specimen. Both Egermann et al. (2010) [2] and Ott et al. (2013) [1] showed that
dissolution of various limestone samples could be carried out in a reasonably
homogeneous way. In both cases, the specimens dissolved were subsequently used for
rock mechanical tests showing that rock mechanical properties, such as Young’s
modulus, in general decreased as a function of the reasonably homogeneous porosity
increase. When the porosity was increased by wormhole formation i.e. inhomogeneous
channel-like dissolution Ott et al. (2013) [1] found that the mechanical parameters were
practically unaltered in similar rock specimens.
The goal of this paper is to pave the ground for understanding relations between chalk
dissolution and rock mechanical changes. We do this by modifying the retarded acid
method and comparing the results with dissolution of chalk with acetic acid. This paper
presents the modified method for homogeneous dissolution of chalk specimens and
documentation hereof using X-ray CT-scanning and FEG-SEM imaging.

PROCEDURE
Specimen preparation
During the first stage of the project, 98 specimens of Stevns outcrop chalk of
Maastrichtian age were plugged, marked and delivered for CT-scanning. Initial state
conventional core analysis (CCAL) then followed, including determination of porosity,
single point N2-gas permeability, and grain density. CT-scanning images were analysed
for average Hounsfield Units (also referred to as CT-number) and standard deviation, and
an initial subdivision of samples into homogeneous and less homogeneous samples was
carried out qualitatively.
Subsequently, the 30 most homogeneous specimens were selected for experiments with
AcidgenTM FG and acetic acid. Each test specimen was treated with AcidgenTM FG or
acetic acid until up to six (6) acid solution treatment cycles were performed (the
treatment cycle is described in detail below). AcidgenTM FG solutions of 2% (v/v), 5%
(v/v), and 15% (v/v) were tested and compared with results from dissolution of
specimens with 0.5% (v/v), 2% (v/v), and 5% (v/v) acetic acid.
In the second stage of the project, 71 reservoir chalk core specimens from undisclosed
offshore chalk were cleaned using toluene-methanol interchangeable flushing at room
conditions. After cleaning, the samples were CT-scanned and CCAL was carried out.
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Subsequently, a set of 28 specimens from the pool of most homogeneous samples were
selected for experiments with 5% (v/v) AcidgenTM FG.
General treatment procedure
The principle of the treatment is five treatment steps:
1) Vacuum saturate specimens at 5-10°C and at a duration that will ensure 100%
occupation of the pore volume by the acid precursor solution.
2) Heat the specimens at 50°C for 48h, while remaining saturated with the acid
solution. In case of AcidgenTM FG, heating increases the kinetics related to formation
of formic acid from the acid precursor solution.
3) Flush the specimens with at least 4 pore volumes (PV) of tap water or demineralized
water (DW) in order to remove the acidic solution from the pore space of the plug
specimens. Complete removal of acid solution and dissolution products are
documented by pH and Ca concentration measurements.
4) Dry the specimens at 75°C for at least 24h until all water is evaporated from the pore
space.
5) CCAL in order to observe the effects of the treatment.
Initially, and after completion of every two (2) treatment cycles, specimens are X-ray
CT-scanned for comparison.

RESULTS AND DISCUSSION
Initial CT-Scanning
We have used image analysis of X-ray CT-images to show that porosity increases
homogeneously in our chalk specimens as a result of the treatment with AcidgenTM FG.
However, a prerequisite for using the CT-number as a measure for the porosity
distribution in a plug specimen is that it is possible to establish a correlation between the
measured CT-number and the porosity. In theory, this relationship should be linear [7].
Figure 1 shows that for the set of Stevns outcrop chalk specimens, the average CTnumber correlates linearly to porosity. Especially for the set of 30 most homogeneous
specimens this is the case (Figure 1B).

Figure 1: Average CT-number of Stevns outcrop chalk plug specimens vs. measured He-porosity A) all 98
and B) 30 selected specimens for dissolution tests.

SCA2016-072

4/6

Treatments with AcidgenTM FG
From the subset of the 30 most homogenous specimens, 18 were treated with various
concentrations of AcidgenTM FG: Eight (8) specimens with 2% (v/v), six (6) specimens
with 5% (v/v), and four (4) specimens with 15% (v/v). In all cases, there was a nearly
linear porosity increase as a function of the number of treatments (Figure 2). In addition,
the magnitude of the porosity increase was proportional to the concentration of
AcidgenTM FG (Figure 2). Treatment of chalk specimens with 15% (v/v) AcidgenTM FG
solution resulted in specimen failure after 2 treatments along healed hairline fractures in
the specimens. This was most likely because of local pressure increase in the specimens
due to CO2 formation caused by the dissolution of the chalk. Therefore, a concentration
of 5% (v/v) AcidgenTM FG was considered the upper limit for subsequent treatments
according to the present method.
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Figure 2: Absolute change in porosity as a function of number of AcidgenTM FG treatments for outcrop
chalk specimens treated with AcidgenTM FG solution

The homogeneity of the dissolution is verified by X-ray CT-image analysis (Figure 3).
Histogram plotting particularly helps obtaining the level of homogeneity of a specimen.

Figure 3: Histograms representing image analysis of CT-images after treatments of outcrop plug specimen
# 7 and reservoir plug specimen # 08B, both treated with 5% AcidgenTM FG solution.

The CT-image histograms shift towards lower average CT-numbers as a result of the
dissolution of carbonate in the specimens. In the same time, the modal distribution of CTnumbers is maintained and the standard deviation does not change considerably due to
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the treatment with AcidgenTM FG. Thus, the initial porosity distribution is maintained
during the AcidgenTM FG treatment, even for specimens with an initially slightly less
homogeneous porosity distribution as illustrated for plug #7. Furthermore, the
methodology is valid for homogeneous dissolution of both outcrop chalk specimens (plug
#7, Figure 3) and reservoir chalk specimens (plug #08B, Figure 3).
Thorough analysis of 850 FEG-SEM images of treated as well as untreated outcrop chalk
specimens further suggests that dissolution of the chalk specimens following the method
presented herein creates a homogeneous porosity change. Thus, the main feature resulting
from the dissolution is an increase in the number of partly dissolved and dismantled
coccolith rings as well as the amount of smaller grains <1 µm (Figure 4).
Specimen 26

Specimen 15

Figure 4: FEG-SEM micrographs of plug #26 (untreated) and plug #15 (treated with 5% AcidgenTM FG)
showing a considerably larger number of grains in the fraction <1µm in the treated specimen.

Treatments with acetic acid
From the set of homogenous specimens, 12 were treated with various concentrations of
acetic acid between 0.2% (v/v) and 5% (v/v). In all cases, chalk dissolution was observed
but there was little or no porosity change due to the treatment. However, a notable change
to the specimens’ dimensions occurred, where length and diameter of the plug specimens
were reduced (Figure 5), indicating that dissolution of the chalk occurred instantly when
the specimens were exposed to acetic acid. Ca concentrations and pH levels were similar
to the levels in the AcidgenTM FG experiments, indicating that comparable amounts of
chalk dissolved in the two types of experiments.

Figure 5: CT-images of plug specimen #57. A) Before treatment with 2% acetic acid. B) After 6 treatments
with 2% acetic acid. Note that the specimen has become considerably smaller due to the treatment.
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CONCLUSIONS
- Image analysis of CT-images of plug specimens is a powerful tool to evaluate and
document homogeneity and dissolution of chalk specimens.
- Dissolution of outcrop chalk specimens can be performed in a homogeneous way with
up to 5% AcidgenTM FG by application of the method presented here.
- Homogeneous dissolution of outcrop chalk specimens with acetic acid is not possible.
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ABSTRACT
Waterflooding has been regarded as a well-known secondary oil recovery method. In the
recent years, extensive research on crude oil, brine, and rock systems has acknowledged
that the composition of the injected water can change wetting properties of the reservoir
during a waterflood in a promising way to improve oil recovery. Hence, injection of
“Smart Water” with correct salinity and composition is considered as a tertiary recovery
method. The mechanism behind wettability alteration that is promoted by smart water
injection has been a topic of discussion in carbonate and sandstone formations. In this
work, some key properties of sea water and its dilutions with natural and spiked sulphate
concentrations have been thoroughly investigated in the laboratory. Interfacial tension
(IFT) of crude oil/brine system was monitored at ambient and high-pressure/hightemperature (HPHT) conditions. The brine with the least IFT was then used as a nonwetting phase with aged samples of rock for the measurement of contact angle at HPHT
conditions. The rock samples are carbonates of a selected onshore oil field in UAE. The
results of this work show that sea water of salinity 57,539 mg/l without sulphate spiking
may be considered as the Smart Water for further core flooding investigation.

INTRODUCTION
Half of the world’s hydrocarbon reserves is believed to exist in carbonate rocks. The
mechanism that governs the recovery should be known for a successful oil production
scheme. An important factor that controls the fluid distribution in a reservoir is formation
wettability [1,2]. Wettability alteration studies of sea water/oil/rock systems gained
momentum after the successful injection of sea water into the highly fractured Ekofisk
field in the North Sea [3, 4]. Calcium and Sulphate have been found to exhibit strong
potential towards the calcite surfaces [5].
It is the objective of this work to carry out extensive laboratory work on the
measurements of IFT and contact angle under HPHT conditions. These two key
properties are believed to have direct impact on wettability alteration of crude
oil/water/rock systems. Twenty six different brines representing various scenarios of
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dilution and sulphate-spiking were prepared and tested to identify the Smart Water most
effective in the alteration of wettability.

PROCEDURE:
Crude Oil:
Reservoir crude oil from the Asab field was used in all experiments. The dead oil density
and viscosity at 20°C are 0.8276 g/cc and 2.93 cp, respectively. The oil is sweet.
Brines:
A total of 26 brines were used in this study including formation water (FW) and injection
water (IW) of Asab field. All the brines were prepared using standard procedures
reported in Schlumberger manuals. Sea water was collected from the Arabian Gulf and a
complete ionic analysis was performed. Sea water of Total Dissolved Solids (TDS)
57,539 mg/l was selected as the base brine and was synthetically prepared in the lab.
Different brines were prepared by diluting the sea water and by spiking the sea water
with sulphate. Spiking was based on the 885 mg/l of sulphate in formation water. Brines
were spiked by 1,770 mg/l (x2 SO4) and 5,310 mg/l (x6 SO4). A sulphate spiking of x6
SO4 was attempted in this work to see how it could alter the IFT and contact angle
measurements. Asab oil field has a formation water of TDS 157,488 mg/l with a density
of 1.1034 g/ml and viscosity of 1.3483 cp at ambient conditions. The Injection water of
this field has a TDS of 258,250 mg/l with a density of 1.1639 mg/l and viscosity of 1.75
cp at ambient conditions. Table 1 shows the ionic composition of SW, FW and IW used
in the work.
Core Samples:
Core samples were selected from Asab field. All core samples are limestone.
IFT Measurement:
All Interfacial Tension (IFT) measurements of oil/brine were carried out using Teclis
Tracker which utilizes the pendant drop technique. Teclis tracker is capable of running
IFT measurements at ambient and HPHT conditions. A cell capable of withstanding
HPHT is used. The cell was pressurized to prevent evaporation of brine. A maximum
pressure of 248 psia and maximum temperature of 90°C were implemented. The reservoir
temperature of 110°C has not been achieved because of equipment limitation.
Contact Angle Measurement:
All contact angle measurements were performed on rock samples aged by fully saturating
in Asab crude oil at 90°C and for 3 days, making the rock surface oil-wet with a deduced
contact angle of 180°. Alotaibi et al. and Anderson classified wettability in terms of
contact angle as being water-wet (0-75°), intermediate-wet (75-115°) and oil-wet (115180°) [1, 6]. Some contact angle measurements were also carried out for brines of higher
IFT values (> 8-10 dynes/cm) at HPHT conditions. All the measurements were
continuously monitored for 72 hours.
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RESULTS
The IFT values at HPHT conditions are shown in Table 2 and contact angle
measurements at end of 72 hrs is shown in Table 3.

DISCUSSION
IFT of Brines at HPHT
Among the three brines in the category IFT 1 in Figure 1, SW corresponds to the least
value of TDS and results in the least IFT. The formation and injection water, however,
show high values of IFT. There is an increasing trend in IFT for the category IFT 1.
Wang and Gupta, concluded that the increase or decrease of IFT values depends on the
composition of the brine [7]. From categories IFT 2 to 5, there is a decreasing trend of
IFT. Category 2 shows the effect of sulphate spiking. Combined effect of dilution and
sulphate spiking is observed in categories 3 to 5. The three brines in categories 2 to 5,
mainly differ in the concentration of sulphate ion and an overall reduction of IFT with
sulphate spiking at HPHT can be observed.
From categories IFT 6 to 8, there is an increasing trend of IFT. Categories 6 to 8 show the
effect of dilution. So dilution seems to yield an increasing trend of IFT at HPHT
conditions for categories IFT 6, 7 and 8. During the dilution of sulphate spiked brines,
concentration of potential ions like calcium, magnesium and sulphate were reduced,
diluted brines had higher sulphate compared to other ions in the brine. These higher
sulphate ions alone, however, were not able to reduce the IFT of diluted brines.
Contact Angle Measurements at Single Temperature and Pressure
The results of the stabilized contact angle measurements after elapsed time of 72 hours
are listed in Table 3 and presented in Figure 2.
In category CA 1, Sulphate spiking of the SW makes the rock surface more oil-wet. Also
SW (Δθ = 67°) was capable of changing the wettability from oil-wet to the border line of
intermediate-wet system. In category CA 2, SW/10 (Δθ = 49°) changed the wettability
from oil wet to weakly oil wet. In category CA 3, SW/50 (Δθ = 66°) changed the
wettability from oil-wet to border line of intermediate wettability. Categories CA 1 to
CA3 show that sulphate spiking increased the contact angle. Hognesen et. al reported that
the ratio of calcium to sulphate ion is a key factor in altering the wettability [2]. All
measurements were performed at high temperature (90°C). Categories CA 4 and CA 5
show an increasing trend of contact angle with dilution. It seems that calcium-sulphate
ratio was not just good enough to alter the wettability. In category CA 6, although the
contact angle has decreased but it did not change the wettability from oil wet to
intermediate wet.
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CONCLUSION
1. The results of IFT measurements at HPHT conditions have shown that SW, its
twice and six times sulphate spiking seem to be the three best brines of least IFT.
Among these three brines the SW x6 SO4 brine has shown the least IFT.
2. From the contact angle results at HPHT, the best brines that showed the least
contact angle are SW and SW/50. These brines changed the wettability of rock
from oil-wet to the border line of intermediate-wet.
3. Sulphate spiking at HPHT conditions has been found to be effective in reducing
IFT but not so effective in promoting favorable contact angles.
4. Brine dilution at HPHT conditions failed to reduce the IFT or the contact angle.
5. From above results and economic point of view, SW is the most likely Smart
Water which has an IFT of 9.503 dyne /cm at HPHT conditions and a contact
angle of 113 degrees (Δθ = 67°).
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ABSTRACT
For the foreseeable future，water flooding will still remain the most economical and the
most efficient way for oil field development and production. Apart from the conventional
purpose of water flooding, which is to supplement energy into reservoirs and to support
formation pressure, how to extend the function of water flooding is a key to enhance oil
recovery while keeping the cost low enough. Currently, ions tuning water flooding
(ITWF), with its function to adjust the ion strengths amongst ions of reservoir oil, clay
minerals and injected fluid, rises as a hot-spot add-on that helps detach the crude oil from
surfaces of clay minerals, hence enhances both micro and macro oil displacement
efficiency. Quantitative investigation and evaluation of the microscopic mechanism of
ITWF on oil/water/mineral is the key to the technical breakthrough. In this work, we
suggested to use low field solid state NMR to evaluate the interaction between model oil
compounds and inorganic rock interface under different ions tuning water. The fully
refocused FID changed according to different water and ion used. Adding certain amount
water weaken the interaction between model oil compounds and inorganic rock interface.
However, ions strengthen the interaction between model oil compounds and inorganic
rock interface, which played a negative role. The results could well guide our further
application of ITWF.

INTRODUCTION
Ions Tuning Waterflooding (ITW) is a promising improved oil recovery (IOR)
technology. According to our recent research work, the EOR-effect of ions tuning
waterflooding is not only dependent on the low salinity but closely related to the ionic
content and ionic types. Therefore, the principle of ions tuning waterflooding is not only
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to dilute the salinity of the injection brine but also to adjust the salinity and composition
of the injection brine[1].
In recent years, several mechanisms were proposed to account on how the ions tuning
waterflooding to recover additional oil. (1) Fines migration and clays swelling caused by
ions tuning waterflood are the main mechanisms of improved oil recovery[2-3]. (2)
Multi-component ionic exchange between the rock minerals and the injected brine was
proposed to be as the major mechanism to enhance oil recovery[4-5]. (3) Expansion of
the double layer to be as the dominant mechanism of oil recovery improvement[6]. The
general agreement among researchers is that ions tuning waterflooding causes reservoirs
to become more water-wet[7-9]. Even though different mechanisms have been proposed
to explain the wettability alternation, the primary mechanisms of which are still uncertain.
Several mechanisms have been proposed to be the dominant reason to improve oil
recovery by ions tuning waterflooding. Moreover, the wettability change is claimed to be
the dominant reason for incremental oil recovery. However, what the main causes
(electrical double layer expansion, multi-component exchange and fines migration) to
improve the wettability are still uncertain. Therefore, the main objective of this paper is
to investigate the fundamental mechanisms to enhance oil recovery of ions tuning
waterflood by Low Field Solid-state NMR, which is established as a powerful technique
to observe structure and segmental dynamics of polymers at the molecular level. [10] In
principle, molecular mobility can be deduced from simple FID signals where a fast or
slow decay indicates the presence of rigid or mobile components, respectively.
In this work, we suggested to use low field solid state NMR to evaluate the interaction
between model oil compounds and inorganic rock interface under different ions tuning
water. The results show that ions strengthen the interaction between model oil
compounds and inorganic rock interface, which played a negative role, which may guide
our further application of ITWF.
EXPERIMENTAL SECTION
Preparation of Samples: Desired amounts of model oil (nonanoic acid and 2-methyl
quinoline), model rock (SiO2 sphere with diameter of 10 µm and tunnel diameter of 17
nm) and deuterated water (D2O) were combined by first dissolving the model oil in
purified chloroform and then adding the model rock and D2O.

Figure 1: Magic-sandwich echo (MSE) pulse sequence for refocusing the loss of rigid-phase signal
due to the dead time. [11-14].
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H NMR experiments: The measurements were performed in a Bruker Minispec mq20
low-field spectrometer at 20 MHz proton resonance frequency with a typical π/2 pulse
length of about 3 μs and receiver dead time of about 13 μs. Magic-Sandwich Echo (MSE,
shown in Fig. 1a) could well refocus the initial FID signal, which gets lost in the single
pulse experiment due to the dead time problem of the spectrometer. A Hahn Echo pulse
sequence could well eliminate magnetic field inhomogeneity as well as refocus chemical
shift anisotropy. We combined the MSE FID at short acquisition time (~80 µs) with 1H
Han Echo decay signal at long echo time (80~106 µs) to obtain a fully recovered FID.

RESULTS AND DISCUSSIONS
The interaction of model oil and rock results in heterogeneous mobility of the mixture:
relative rigidity on the surface and mobility away from the surface. Such molecular
mobility differences show up in simple FID signals. A fast decay indicates the presence
of rigid components, while a slow decay is the response of mobile components. In the
single pulse experiment, the spectrometer looses the initial part of the FID signals due to a
long dead time and the recorded fraction of rigid components would be under-estimated in
the final FID decomposition analysis. To overcome this, a MSE sequence was used to
refocus the missing initial FID signals. A problem also arises at long acquisition times
where the magnetic field inhomogeneity may result in a decay of FID and, thus, would
obscure our analysis. Herein, Hahn echo was also utilized to record the FID signal decay
with increasing echo time (80~106 µs), as it was able to well eliminate the magnetic field
inhomogeneity and refocus the chemical shift anisotropy. A fully refocused FID with
complete shape could be obtained through a combination of MSE FID and Hahn echo
decay. Figure 2 shows fully refocused 1H NMR FID of nonanoic acid / model rock with
different nonaoic acid contents at 30 oC. With increasing nonanoic acid amount, the FID
decays more and more slowly. The same thing happens in fully refocused 1H NMR FID of
2-methyl quinoline / model rock with different 2-methyl quinoline contents.

Figure 2: Fully refocused 1H NMR FID of nonanoic acid/model rock with different nonaoic contents
at 30 oC
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To eliminate the influence of 1H in water, we used D2O instead in all the following NMR
experiments with 20 wt% amount of model oil. When different amount water added, the
FID curves changes differently with nonanoic acid and 2-methyl quinolone added. The
FID decays more slowly with increasing amount of water, as show in figure 3a. (1.0D
means 1.0 amount to corresponding model oil amount) when more than 2.0D is added the
FID no longer changes. On the contrary, the FID curves change very slightly in 2-methyl
quonoline / model rock when different amount of water added, as shown in figure 3b.
More water added only slightly increases the slowly decayed component.

A

b

Figure 3: Water added in (a) nonanoic acid/model rock (b) 2-methyl quinoline/model rock

When small amount of ions (Ca2+ for example) added, we can see nearly on change of
FID curves in nonanoic acid system, as shown in figure 4a. If the amount is very large, 5
eqiv for example, the FID decays faster than others. In 2-methyl quinolone system, the
FID decays faster with increasing ions amount, as shown in figure 4b. This suggests that
ions play a negative effect.

A
2+

b

Figure 4: Ca added in (a) nonanoic acid/model rock (b) 2-methyl quinoline/model rock
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CONCLUSION
In this work, the low field solid state NMR suggested a sensitive method to evaluate the
interaction between model oil compounds and inorganic rock interface under different
ions tuning water. The fully refocused FID changed according to different water and ion
used. Adding certain amount water weaken the interaction between model oil compounds
and inorganic rock interface. However, ions strengthen the interaction between model oil
compounds and inorganic rock interface, which played a negative role. The results could
well guide our further application of ITWF.
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ABSTRACT
This paper presents a way to screen for particle retention through a core plug. Various
injection rates were tested on two core plugs of different lengths to achieve base values
for final saturation, differential pressure profiles, and breakthrough times. Berea
sandstone cores and synthetic North Sea water were used for these tests. Final saturations
were around 60% for all cores. Differential pressure profiles slightly increased
throughout the duration of the core flooding tests for all scenarios except the lowest
injection rate.

INTRODUCTION
As reservoir engineers develop new particles for enhanced oil recovery (EOR), certain
screening criteria must be developed to determine the feasibility and potential of injecting
these particles into petroleum reservoirs. If the particles have not been previously injected
into reservoirs, a study should assess whether or not injection would lead to particle
build-up on the rock grains, thereby causing permeability impairment and ultimately
reservoir damage. The mass of the particles retained in the core can be divided into two
groups: particles adhered to the solid surfaces and particles suspended in the liquid in
pores spaces [1]. The objective of the method proposed in this paper is to determine the
mass of the particles adhered to the solids surfaces.
The vertically-oriented particle mobility coreflooding (PMC) procedure has been
developed as part of a screening program to evaluate new particles. The procedure is
designed for those who have added EOR particles to an aqueous injection fluid and need
to determine the particle mobility through the reservoir. Particle concentration analysis
conducted on the effluent can reveal the retention of the particles in the porous media via
mass balance. Retention will be primarily a result of adsorption onto rock grains if the
particle diameter is smaller than the pore throat. Therefore, this procedure should be
conducted after stability tests have confirmed that the particles do not aggregate during
the course of the PMC tests.
The PMC tests are conducted with initially unsaturated cores. This is to mitigate the
effects of diffusion on the effluent concentration. When the core is initially saturated with
the base aqueous fluid prior to injection of the particle-enriched fluid, diffusion can occur
into zones of flow stagnation (figure 1a). These zones occur when a pore has an opening
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but not an exit. The concentration gradient at the interface between the flowing phase and
the zone of stagnation causes the particle diffusion [2]. Mechanical dispersion as a result
of velocity differences at the interface will result in additional particle loss to the deadend pore [2]. However, mechanical dispersion is weaker perpendicular to the flow path,
so transverse dispersion is dominated by particle diffusion until very high velocity values
are reached [3].
The diffusion process would dilute the number of particles in the effluent concentration,
making it difficult to determine what percentage of the lost concentration is due to
diffusion into dead ends and what is due to adsorption onto solid surfaces. The core could
initially be saturated with the same concentration of the EOR particle fluid which will be
flooded, but then adsorption would begin prior to the flooding, making it difficult to get
an accurate picture of how the adsorption capacity is changing over time due to fluid
injection. This is why the core is initially unsaturated (figure 1b).
The coreholder is mounted vertically to maximize the saturation potential. When a dry
core is flooded horizontally, there is a large area that remains unsaturated, especially at
the outlet region (figure 2a). The vertically orientation utilizes the natural gravity
segregation of the air and aqueous fluid to better saturate from the bottom and upwards
(figure 2b). Pore geometry (and thereby effective porosity and permeability) plays a large
role in the final saturation. The impact of the core orientation will be more pronounced
with longer cores than with shorter cores and with lower flow rates than with higher flow
rates. Higher flow rates will also result in a smaller value of particle retention as
demonstrated with polystyrene colloids in unsaturated porous media [4] and with silica
nanoparticles in saturated porous media [1]. The primary reason is because higher flow
rates decrease the residence time of the particles in the porous media, giving them less
time to react with the system [1].

PROCEDURE
In the PMC procedure, a dry core plug was mounted vertically in a core holder. A sleeve
pressure of 20 bars was applied. The EOR fluid was injected from the bottom of the core,
and effluent samples were collected from the outlet at the top (figure 3). Particle mobility
and retention could be calculated by evaluating inlet and effluent particle concentration.
The fluid breakthrough time, differential pressure, final saturation, and pre- and postflooding porosity and permeability of the core were evaluated. Cores can first be tested
with the aqueous dispersion fluid, rinsed and dried, and then retested with the EOR
particle additive for comparison. It is important to fasten the core holder, pressure gage,
reservoir, and all flow lines so that results from different tests can be confidently
compared.
During the test, pressure readings were taken and samples were collected every pore
volume (for the 4.5 cm core) and every half pore volume (10 cm core) for further
analysis. When using a new particle-enriched EOR fluid, these effluent samples are what
can be analysed for changes in pH, particle concentration, particle size distribution, etc. It
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is then recommended that effluent samples are taken at higher resolutions, for example
every ¼ PV, to better characterize particle mobility.
Each core was flooded such that five pore volumes of samples could be collected,
resulting in six pore volumes being injected into the core. Immediately after the fifth pore
volume had been collected, the core was taken out of the apparatus and weighed to
determine the final saturation. The core was then placed in a soxhlet filled with methanol
and rinsed for at least seven hours. It was then dried in an oven at 60 C for at least three
days. Helium porosimeter and air permeameter measurements were taken after each
flood. The core flooding procedure was performed using injection rates of 0.3 ml/min,
1.0 ml/min, 2.0 ml/min, and 3.0 ml/min for the 4.5 cm long core and using 1.0 ml/min
and 2.0 ml/min for the 10 cm core.

MATERIALS
Two Berea sandstone cores drilled from the same block were used in this study. Both had
a diameter of 3.81 cm (1.5 in.). Core 1 had a length of 4.5 cm (1.77 in.), and core 2 had a
length of 10 cm (3.94 in.). Core 1 had an initial porosity of 16% and permeability of 275
mD. Core 2 had an initial porosity of 16% and permeability of 400 mD. Porosity was
measured with a helium porosimeter, and permeability was measured with air and
corrected by use of the Klinkenberg effect.
Synthetic North Sea water was mixed and used for the injection fluid. It was a mixture of
deionized water, sodium chloride, sodium hydrogen carbonate, sodium sulfate, calcium
chloride, magnesium chloride, strontium chloride, and potassium chloride. This resulted
in a salinity of 3.53 wt% and a viscosity of 1.025 cP.

RESULTS
The differential pressure profiles and breakthrough times for each core flood are
presented in figure 4. As expected, breakthrough times were quite consistent across all
core floods. Differential pressure steeply increased at the beginning of the core flood, but
then flattened out after breakthrough. For all injection scenarios except the 0.3 ml/min
rate, the differential pressure continued to increase in a pattern such that there would be a
plateau followed by a quick jump in pressure before plateauing again. This suggests that
the core saturation is still increasing throughout water injection. The plateau regions
could be where saturation has reached a pseudo-equilibrium state, and then the quick
rises could be where the injected water has suddenly penetrated a previously empty zone.
The final saturation of the 4.5 cm core varied from 56 to 59%. There was no visible trend
with end saturation vs. flow rate, and all the results are within the standard error. The
final saturation of the 10cm core floods were 62% and 64% for the 1 ml/min and 2
ml/min floods respectively. Porosity and permeability values did not vary much between
floods.
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CONCLUSIONS
•
•

•

This method can be useful for calculating the retention capacity of a core plug
when flooded with a new particle-enriched EOR fluid.
This method results in about a 60% final saturation. This will vary slightly with
core length and injection rate. Particle retention would also alter this value when
EOR fluids are injected.
For all injection rates except 0.3 ml/min, the differential pressure profile
continued to increase slightly. This suggests that the core saturation is still slightly
increasing throughout the duration of the core flooding tests for all of the other
scenarios.
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FIGURES

Figure 1. Conceptual drawing of how a core initially saturated with an aqueous fluid will affect the effluent
concentration vs. a core initially unsaturated. A) When a core is initially saturated with an aqueous fluid
prior to EOR fluid injection, particle diffusion and mechanical dispersion will occur, diluting the overall
concentration. When the effluent sample is taken, it is impossible to determine how much of the missing
concentration is from particle adsorption to the rock grains and how much is from particle loss into the
aqueous fluid. B) When the EOR fluid is injected into a dry core, the difference in the effluent
concentration from the injected concentration is solely adsorption. This figure assumes no mechanical
entrapment is occurring.

Figure 2. Conceptual drawing of how core orientation
affects saturation. A) When a horizontally orientated core is
flooded, there will be a high saturation at the inlet face, but a
large portion of the outlet will remain unsaturated due to
gravity segregation. B) In a vertically orientated core where
the fluid is injected from the bottom, the saturation will be
more evenly distributed because of the gravity segregation.
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Figure 3. Schematic of the particle mobility coreflooding apparatus. The core holder, pressure gage and
reservoir tank are fixed to a stand such that they have the same position for every test. The reservoir plug is
not necessary if the pumping fluid and injection fluid are immiscible and it has been proved that the
particles do not adhere to the liquid-liquid interface. Half of the experiments were run with the plug and
half were run without. It did not affect the results because NSW and the pumping fluid are immiscible.

Figure 4. Differential pressure vs. pore volumes flooded for the 4.5 cm core (blue lines) and the 10 cm
core (red lines) for various flow rates. Water breakthrough at the outlet is shown by black dots on the
graph.
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ABSTRACT
The permeability of a porous rock is an intrinsic petrophysical parameter that depends on
the geometry of the pore space. The pore radius distribution provides a simplified
description of the pore space geometry that can be used to investigate the fractal nature of
the pore space or to determine a fractal dimension. The fractal dimension is used to
describe the size of geometric objects as a function of resolution. Pore volume and pore
surface are typical quantities that increase with higher resolution.
A set of eight Upper Cretaceous carbonate rock samples from the Tushka area in Egypt
was used to compare the pore radius distribution that was determined by mercury
porosimetry (MP), nuclear magnetic resonance (NMR), and spectral induced polarization
(SIP). Additionally, the parameters porosity, permeability, formation factor, and specific
internal surface were available. The values of fractal dimension were determined from the
pore radius distributions of the different methods. Additionally, the fractal dimension of
the internal surface was derived using the effective hydraulic radius and the specific
surface area per unit pore volume. The relationships between the fractal dimensions and
the effective hydraulic radius are compared.

INTRODUCTION
The microgeometry of pore space in carbonates is much more complicated than that in
sandstone due to the existence of biotic constituents such as shells, fossils and corals [1].
Therefore the prediction of permeability of carbonate rocks is always a challenge [2]. An
accurate experimental permeability determination requires expensive methods based on
the observation of fluid flow through the rock driven by a known pressure gradient.
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Alternatively, physical methods that provide insight into the distribution of pore sizes
enable permeability prediction using more easily accessible parameters including the
fractal dimension.
The pore radius distribution provides a simplified description of the pore space geometry
that can be used to investigate the fractal nature of the pore space or to determine a fractal
dimension. The fractal dimension is used to describe the size of geometric objects as a
function of resolution. Pore volume and pore surface are typical quantities that increase
with higher resolution. The study [3] applied fractal dimension to predict the permeability
of a set of sandstone samples.
We present here the pore radius distribution determined by mercury porosimetry (MP),
nuclear magnetic resonance (NMR), spectral induced polarization (SIP) and specific
internal surface of eight Upper Cretaceous carbonate rock samples from the Tushka area
in Egypt. The parameters porosity, permeability, formation factor and the specific
internal surface were available. The values of fractal dimension were determined from the
pore radius distributions of the different methods. The different values were compared.

METHODS AND RESULTS
This study investigates a set of limestone samples taken from seven shallow wells in the
Tushka area in south-eastern part of Egypt [4]. The Tushka basin is located in the
southern part of Western Desert, approximately 250 km away from Lake Nasser and the
Aswan High Dam, between the latitudes 22° 30′-22° 45′ N and longitudes 31° 45′-32° 0′
E. The region is bordered by the Sen EI-Kaddab Eocene limestone plateau to the north,
by Nasser Lake to the east, by the Nubian pediplain and the political border between
Egypt and Sudan to the south.
We selected eight samples from a larger set [4] for our study. All samples are cylindrical
in shape and with a diameter of 25 mm and a length of about 30 mm. The measurements
of petrophysical parameters such as grain density, porosity, permeability, and internal
surface were performed according to acknowledged procedures. The MP experiments
cover a pressure range between 0.004 and 400 MPa. The NMR T2 relaxations times were
determined with a MARAN 7 equipment operating at a Larmor frequency of 7.05 MHz at
room temperature and ambient pressure. The complex conductivity spectra were acquired
in a frequency range between 3 mHz and 100 Hz using an impedance spectrometer with
high phase accuracy. The measurements of all samples utilized the same protocols. The
reproducibility of the resulting parameters has been checked.
Fractal dimension of the pore space can be characterized by the curve of cumulative
volume fraction of the pores versus pore radius. For MP method, the capillary pressure
shows an inverse proportionality with the pore radius. For NMR method, the
proportionality between the transversal relaxation time and pore radius is used.
For SIP method, we transformed the relaxation time distribution of complex conductivity
spectra determined by Debye decomposition [5] into a distribution of pore radii r. We
adopt an equation proposed by [6] and applied by [7] for the Stern layer polarization
model:
(1)
r = 2τD( + )
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with τ being the relaxation time and D(+) the diffusion coefficient of the counter-ions in
the Stern layer. Originally, this equation describes the relation between the radius of
spherical particles in an electrolyte solution and the resulting relaxation time [6]. Though
it is questionable whether the radius of spherical grains can be simply replaced by the
pore radius, we follow this approach. Additionally, we assume a constant diffusion
coefficient D(+) = 3.8×10-12 m²/s as proposed for clayey material [8]. The total
chargeability is attributed to the total pore volume. The volume fraction Vc = V(<r)/V is
the cumulative volume fraction of pores with radii less than r, which corresponds to the
ratio of cumulative intensity to total intensity.
1

1

b

Vc

Vc

a

0.1

0.1

K13

K13

SIP

NMR

Fit: Power
r=reff

Fit: Power
r=reff

0.01

0.01
0.1

1

10

r (µm)

0.1

1

r (µm)

10

1

Vc

c

0.1

K13
MP
Fit: Power
r=reff

0.01
0.1

1

r (µm)

10

Figure 1: a) The fractal dimension DSIP of sample K13. DSIP is determined from the slope of the linear fitting equation
log(Vc) = 0.416 log(r) – 0.857 (R² = 0.915) with DSIP = 3 – 0.416 = 2.584, b) The fractal dimension DNMR of sample K13 is
determined from the slope of the linear fitting equation log(Vc) = 0.488 log(r) – 1.783 (R² = 0.847) with DNMR = 3 – 0.488
= 2.512. c) The fractal dimension DMP of sample K13 is determined from the slope of the linear fitting equation log(Vc) =
0.397 log(r) – 1.207 (R² = 0.967) with DMP = 3 – 0.397 = 2.603. The vertical red lines indicate r = reff = 8.44 µm.
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The cumulative curve is presented in a double logarithmic plot showing the relation
log(Vc) versus log(r). Figure 1 displays the curves from SIP, NMR and MP data for
sample K13. In the case of fractal behaviour of the pore volume distribution, the slope s
of the fitting line is used to get the fractal dimension D= 3 – s. The vertical red lines in
Figure 1 mark the effective hydraulic radius, which has been determined from
permeability k and formation factor F:
(2)
reff = 8Fk .
Following a procedure described in [3], the fractal dimension of the internal surface
(DSpor) was derived using the effective hydraulic radius and the specific surface area per
unit pore volume determined from the nitrogen adsorption method.
Figure 2 displays the relation between pore radii determined at Vc = 0.5 (with r = r50)
from MP method and reff. The comparison indicates a good agreement between reff and
r50. The median pore radius r50 from MP can be regarded as suitable parameter to
estimate the effective hydraulic radius reff. This estimate can be used if the values of
permeability and formation factor are not available for the rock samples.

reff (µm)

10

1

Limestone samples
CS samples

0.1

0.01
0.01

0.1

1

10

pore radius from MP: r_50 (µm)

Figure 2: Relation between reff and r50 for the limestone samples in this studyy
and 11 sandstone samples (CS) in [3]. The diagonal line indicates reff =r50.

For the carbonate samples with effective pore radius reff > 1 µm, the Vc-r curves of the
methods NMR, MP and SIP show similar characteristics. The best agreement exists for
sample P3 with all cumulative pore radii curves indicating the steepest slope close to reff
as shown in Figure 3a. The smallest effective pore radius was determined for sample K34
with reff = 0.028 µm. A shift between the different curves becomes visible in Figure 3b.
The curves of MP and SIP indicate much larger pore radii. The curve of SIP can be
shifted to smaller pore radii if a lower value of the diffusion coefficient is used in
equation 2. But it should be noted that a shift does not affect the slope of the curve and
the resulting fractal dimension.
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Figure 4a displays the relation between the effective pore radius reff and the fractal
dimension derived from NMR, MP, SIP and the specific internal surface. The values of
fractal dimensions DNMR, DMP, and DSIP indicate a slight decrease with rising effective
pore radius, while the fractal dimension Dspor shows an increasing trend as the effective
pore radius rises.
Figure 4b displays the comparison between the fractal dimension DSIP with the fractal
dimension derived from MP and NMR. In order to enable an unbiased comparison, the
same r-range of 0.1 to 10 µm was applied for all methods. The fractal dimension derived
from SIP and NMR are close to each other. The pore radius distribution of MP results in
slightly larger values of fractal dimension.
1

1

a

b
0.8

0.6

0.6

Vc

Vc

0.8

0.4

0.4

K34

P3
NMR
SIP
MP
r=reff

0.2

0.001

0.01

0.1

1

r (µm)

10

100

NMR
SIP
MP
r=reff

0.2

0.0001 0.001

1000

0.01

0.1

r (µm)

1

10

100

1000

Figure 3: a)The comparison of Vc-r curves determined from NMR, MP, and SIP for sample P3. The
vertical red line indicates r = reff = 2.34 µm. b) The comparison of Vc-r curves determined from
NMR, MP, and SIP for sample K34. The vertical red line indicates r = reff = 0.028 µm.
3

a
b
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2.4
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1
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Figure 4: a) Relation between effective pore radius and fractal dimension determined from NMR,
MP, SIP and nitrogen adsorption method. b) Comparison of fractal dimensions determined from
NMR, MP and SIP. The diagonal line indicates DSIP = DNMR and DSIP = DMP.
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CONCLUSION
Our study demonstrates that the relaxation time distribution of complex conductivity
spectra can be used to derive the fractal dimension. The resulting values, which vary in a
range between 2.62 and 2.80, are comparable with those derived from NMR and MP for a
set of eight limestone samples. The fractal dimension that is determined from the specific
internal surface and the effective hydraulic radius indicates lower values in a range
between 1.90 and 2.52. The comparison of fractal dimension determined by the different
methods indicates a differentiation into “surface dimension” and “volume dimension”.
The fractal dimension resulting from NMR, SIP, and MP reflects a volume dimension,
while the fractal dimension determined from the specific internal surface data represents
the roughness of pore surface.
The fractal dimension that describes pore space geometry as a function of resolution is a
useful parameter for upscaling and downscaling pore size for different applications.
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ABSTRACT
Side wall cores have become a routine coring operation in conventional and
unconventional formations. The recent departure from drilling vertical wells to
directional drilling of wellbores in unconventional wells has led to side wall cores that are
acquired in different directions to bedding planes. Studies have shown that rock
mechanical properties can be affected by bedding planes. Consequently, side wall cores
retrieved from unconventional wells that are used for rock mechanical properties (RMP)
estimation for geomechanical modelling can lead to unrealistic models, depending on the
coring direction.
The main purpose of this study is to examine the effect of bedding planes on RMP,
especially from side wall cores. Depending on the well inclination to the bedding plane,
core plugs are taken along three orthogonal directions and at intermediate orientation
with respect to bedding and tested at unconfined and confined conditions to obtain
unconfined compressive strength (UCS) and confined compressive strength (CCS) for
sandstone samples with bedding planes.
This study is an effort to characterize strength anisotropy using orthotropic considerations
and to examine the source of anisotropy and determine if it is stress induced. Berea
sandstone with bedding planes was selected to perform a series of UCS and CCS tests.
The rock strength was observed to be highest in the plugs drilled perpendicular to
bedding (ZZ) and consistently lowest in the horizontal plugs drilled parallel across the
bedding (YY) compared to the horizontal plugs drilled parallel along (XX) the beddings.
The difference in the rock strength measured in the plugs parallel along and across the
bedding could be due to the pre-existing stress anisotropy and can be a clue to the
horizontal stress orientation in bedded formations as result of depositional environment
and existing tectonic stresses.
This knowledge will help in planning coring operations, completion, and production
processes and better sand production prediction in bedded formation with significant
bedding plane in which side wall cores are taken that can significantly alter the RMP and
geomechanical modeling predictions.

INTRODUCTION
Rock mechanical properties are key parameters in geomechanical models and their
subsequent use to plan and design drilling, evaluation, completion, and production
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processes. RMP such as elastic properties of Young’s modulus (EMOD) and Poisson’s
ratio (PR) and UCS or CCS are regularly used for geomechanical investigation, and
assume rocks to be continuous, homogenous, linearly elastic and isotropic. Traditionally,
isotropic considerations can be assumed based on the level of variation in RMP of elastic
and peak strength beyond an accepted threshold level (say 5% or 10%). However, if the
variation is beyond the threshold level, an anisotropic consideration has to be applied,
originating from vertical transverse isotropy (VTI) or orthotropic considerations. Luckily,
the recent technological advancement of dipole or quadrupole acoustics has enabled the
industry to characterize the VTI anisotropic behavior from logs together with laboratorybased measurements to supplement or calibrate log measurements. Orthotropic
considerations have also been tried based on extensive lab-based measurements, but their
use has been limited because they require extensive lab testing to supplement the log
measurements.
Studies have shown that RMP can be affected significantly due to intrinsic features such
as laminations, foliations, bedding planes or extrinsic stressed-induced anisotropy. Due
care should be taken to utilize the typical rock mechanical behavior in deciding drilling
trajectory, quantifying suitable mud weight windows for mitigating wellbore stability
issues, or planning and design of perforation or hydraulic fracturing.
The effect of bedding planes as a source of intrinsic properties on strength and elastic
properties on sedimentary rocks carried out on vertical, inclined, or horizontal plugs are
discussed in detail by Jaeger and Cook [1], and Zoback [2]. Other earlier work on shale,
sandstone and limestone was performed by Chenevert, M. and Gatlin, C. [3] and
McLamore, R. and Gray, K. [4] on slate. However, very limited work has been done to
characterize full anisotropy, especially in visually isotropic looking sandstone. Some
study on anisotropy in sandstone was performed by Holt, R.M et al. [5] and Yasar [6].

TESTING PROGRAM
A large number of core plugs were taken according to the direction of bedding plane and
loading direction (plug axis). The plugs were drilled from the same Berea sandstone
block to examine if the RMP would be different (see Figure 1) and grouped according to
the orientation of the loading direction with respect to the bedding plane.

Figure 1: Berea Sandstone Block with Drilling Directions with Respect to Bedding Plane
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The ZZ axis (90o) is perpendicular to horizontal bedding, XX, YY and XY (0o), are
parallel along (X-axis), across (Y-axis) and inclined (45°) on the horizontal plane to the
bedding, respectively, XZ and YZ (45o) are inclined along and across the bedding,
respectively.
The bulk density of all plugs was measured. Mineralogical and microstructural properties
were measured by X-ray diffraction (XRD) and scanning electron microscope (SEM) on
selected samples to see the samples mineralogical composition homogeneity. UCS and
CCS tests at 5500 psi confining pressure were carried out using a TerraTek 880 triaxial
load frame with an MTS servo-digital control system, confining pressure intensifier,
hydraulic service manifold, and a Silent-flow hydraulic power unit. The tests met the
ASTM standard D4543-04 [7].
Axial and radial strain measurements were performed using linear variable displacement
transducers and a circumferential extensometer, respectively, at a circumferential strain
rate of 1.69 x 10-5 cm/sec. (0.0004-in./min.) for all tests.

RESULTS
The SEM analysis on the Berea sandstone shows that there are pore-filling vermiculites
of kaolinite and corroded sodium feldspar. The vermiculites, confirmed by using XRD, as
4% kaolinite with the Berea sandstone predominantly composed of 88% quartz minerals.
The XRD result is shown in Table 1 and the SEM plots are shown in Figure 2.
The results of the triaxial testing at UCS and CSS are shown in Table 1 for all
orientations with a standard deviation of one. The perpendicular sample has the highest
peak strength in UCS and CCS tests than the parallel or inclined samples, showing that
strength anisotropy is also present under confining conditions. This was also observed by
Holt, R. M., et al. [5] and Zetian Zhang et al. [8] as it is more difficult for the failure
plane to develop and cross through (perpendicular) the bedding plane than it is to develop
along (parallel) the bedding plane as shown by the axial strain at failure in Table 1. The
standard deviation shows that statistically the errors were 8% and 4% on the vertical and
horizontal plugs with an average UCS of 48 MPa and 38 MPa in ZZ and XX,
respectively, except in the YY (15% difference), where the error was even lower in CCS
with 2% and 1%, respectively, for the ZZ and XX direction, showing good testing
repeatability.
Figure 3 for the UCS and CCS tests, respectively, show that the YY samples peak
strength, with average values of 33 and 186 MPa, is lower than the 38 and 191 MPa in
the XX. This shows that strength anisotropy exists in bedded Berea sandstone.
It can be assumed to be either a VTI or orthotropic rock. If we ignore the outlier from the
XX and YY data sets and take only two concurrent values, then it further shows that YY
cores are weakest. UCS, CCS and EMOD at 0 psi and 5500 psi show that this can only be
explained that there is one plane of symmetry, so the pre-existing stress condition must
be the cause of the weaker plane along YY. The weakest YY is also evident from CCS
and EMOD data. Figure 4 show that EMOD increases linearly with the UCS at each plug
orientation to bedding, and as a whole with a high linear regression correlation (R2 of
0.85). A similar observation is also seen for the CCS. The effect of bedding planes on
EMOD shown in Figure 5 for UCS and CCS were higher in the perpendicular direction to

SCA2016-084

4/6

bedding (90o) compared to the other directions. This was also observed by Zetian Zhang
et al. [8] in their testing.
Figure 6 shows there are no distinct patterns of the shear plane failure based on the
loading direction with respect to the bedding orientation; all samples show a clear shear
failure plane. A typical stress-strain plot is shown in Figure 7 at three directions (ZZ, XX
and YY) with respect to bedding. The plot clearly shows that the CCS is clearly lower on
the YY than in the other directions.

CONCLUSION
The testing results show that it is possible that the stress anisotropy and bedding direction
of oriented cores can indicate the direction of the principal stresses due to
pre-existing stress orientations. The maximum stress direction caused ZZ to be the
strongest. Further, if we ignore the outlier, YY was the weakest. This could only be
explained by the influence of intermediate or least principal stress influence in alignment
of foliation or microcracks.
The stress anisotropy inferred by the testing in the Berea sandstone clearly shows that
anisotropic consideration should be used in bedded sandstones formation as indicated by
the results because bedded sandstone formation are more stress sensitive.
Future testing will include conducting P&S wave measurements, to see if the nondestructive testing can also validate the finding in this testing program, and applying this
methodology to a wellbore with known stress orientation. Finally, the data obtained will
help in planning coring operations in the bedded formation because the strength
anisotropy measured can be a clue to the in-situ stress orientation and help in building
realistic geomechanical model in these types of formations.

ACKNOWLEDGEMENTS
The authors would like to thank Baker Hughes for the permission to publish the results.
We also thank Amber Koch and BJ Davis for the XRD & SEM testing and interpretation.

REFERENCES
1. T Jaeger, JC & NGW Cook; 1979. Fundamentals of Rock Mechanics. Chapman & Hall.
2. Zoback, M.D.; 2008. Reservoir Geomechanics, Cambridge University Press.
3. Chenevert, M.E. and C. Gatlin. 1964. Mechanical anisotropies of laminated sedimentary
rocks. 39th Annual SPE Meeting, Houston, TX., Oct. 11-14. 67–77.
4. McLamore, R.T. and K.E. Gray. 1967. A Strength Criterion for Anisotropic Rocks Based
Upon Experimental Observations. 96th Annual AIME Meeting, Los Angeles, California,
Feb. 19-23. SPE 1721.
5. Holt, R. M., et al., 1987. Anisotropic Mechanical Properties of Weakly Consolidated
Sandstone. ISRM Congress 177.
6. Yasar, E. 2001. Failure and Failure Theories for Anisotropic Rocks. 17th international
Mining Congress and Exhibition of Turkey- IMCET 2001.
7. ASTM, 2004. Standard Practices for Preparing Rock Core Specimens & Determining
Dimensional and Shape Tolerances. D4543-04. Annual Book of ASTM Standards.

SCA2016-084

5/6

8. Zetian Zhang et al. (2014). Effect of Bedding Structure on Mechanical Property of Coal.
Advances in Materials Science and Engineering, Volume 2014, Article 952703.

Table 1. Berea Sandstone UCS and CCS Triaxial Test Results and XRD Analysis
Sample ID

Sample Orientation
X-Y-Z

D

L

Den

UCS

EMOD

Deg

in

in

g/cc

MPa

GPa

PR

Strain corresponding to Peak
Stress (in)
Axial

Circum.

Volum.

Strain

strain

strain

BV-5
BV-2
BV-3

ZZ
ZZ
ZZ
Average

90
90
90

1.00
0.99
0.98
0.99

1.99
1.96
1.95
1.96

2.17
2.17
2.20
2.18

44.0
47.5
51.6
47.7

11.2
11.3
12.4
11.6

0.25
0.21
0.26
0.24

0.0049
0.0050
0.0059
0.0052

-0.0019
-0.0014
-0.0021
-0.0018

0.0010
0.0022
0.0017
0.0016

HC-6
HC-3
HC-2

XX
XX
XX
Average
YY
YY
YY
Average

0
0
0

0.98
1.00
0.99
0.99
0.99
0.99
1.00
0.99

1.96
1.97
1.98
1.97
2.01
1.90
2.03
1.98

2.21
2.19
2.18
2.20
2.12
2.11
2.17
2.13

36.6
37.9
39.6
38.0
27.2
34.5
36.6
32.7

10.0
11.1
10.9
10.7
7.6
9.4
10.0
9.0

0.28
0.30
0.37
0.32
0.19
0.28
0.27
0.25

0.0042
0.0040
0.0041
0.0041
0.0047
0.0047
0.0045
0.0046

-0.0022
-0.0019
-0.0029
-0.0023
-0.0028
-0.0024
-0.0024
-0.0025

-0.0002
0.0002
-0.0017
-0.0006
-0.0008
0.0000
-0.0004
-0.0004

ID-1
ID-3
ID-5

XY
XY
XY
Average

0
0
0

1.00
0.99
0.99
0.99

1.95
1.94
2.01
1.97

2.17
2.16
2.16
2.16

36.7
33.3
32.5
34.2

10.9
9.1
9.1
9.7

0.29
0.34
0.20
0.28

0.0042
0.0036
0.0045
0.0041

-0.0021
-0.0016
-0.0014
-0.0017

IC-2
IC-1
IC-8

XZ
XZ
XZ
Average

45
45
45

1.00
1.00
0.99
1.00

1.95
2.04
1.96
1.99

2.17
2.15
2.21
2.17

34.9
42.0
44.0
40.3

10.0
11.5
11.6
11.0

0.26
0.26
0.22
0.24

0.0042
0.0046
0.0051
0.0046

IB-5
IB-1
IB-4

YZ
YZ
YZ
Average

45
45
45

0.99
0.98
0.99
0.99

1.95
1.90
1.99
1.95

2.18
2.15
2.18
2.17

37.1
41.6
47.5
42.0

9.8
10.5
11.9
10.7

0.21
0.25
0.26
0.24

BV-4
BV-6
BV-8

ZZ
ZZ
ZZ
Average

90
90
90

1.00
1.00
0.99
0.99

1.97
2.04
1.99
2.00

2.19
2.19
2.22
2.20

191.8
192.6
197.7
194.0

17.5
18.2
19.6
18.4

HC-8
HC-7
HC-5

XX
XX
XX
Average
YY
YY
YY
Average
XY
XY
Average

0
0
0

0.99
0.99
0.99
0.99
0.99
0.98
0.99
0.99
0.99
0.99
0.99

1.98
1.89
1.96
1.94
1.98
1.92
1.83
1.91
1.88
1.95
1.92

2.16
2.18
2.24
2.19
2.19
2.19
2.19
2.19
2.14
2.18
2.16

188.6
191.9
193.8
191.4
173.2
188.9
194.4
185.5
173.8
175.4
174.6

XZ
XZ
XZ
Average
YZ
YZ
Average

45
45
45

1.00
0.99
0.99
0.99
0.99
0.99
0.99

1.96
1.96
1.96
1.96
2.01
1.98
1.99

2.13
2.17
2.18
2.16
2.20
2.19
2.19

185.8
195.3
199.1
193.4
178.2
195.4
186.8

STDEV
UCS

STDEV
EMOD

STDEV
POIS

MPa

GPa

3.8

0.7

0.03

1.5

0.6

0.05

Sample
AE-4
%

XRD
Mineral

HB-4
HB-2
HB-6

0
0
0

4.9

1.2

0.05

0.0000
0.0003
0.0016
0.0006

2.2

1.0

0.07

-0.0020
-0.0021
-0.0014
-0.0018

0.0002
0.0004
0.0023
0.0010

4.8

0.9

0.02

0.0048
0.0052
0.0054
0.0051

-0.0014
-0.0036
-0.0021
-0.0024

0.0020
-0.0021
0.0011
0.0003

5.2

1.1

0.03

0.11
0.08
0.13
0.11

0.0114
0.0122
0.0092
0.0109

-0.0015
-0.0039
-0.0015
-0.0023

0.0085
0.0043
0.0063
0.0064

3

1.0

0.02

16.6
16.7
17.2
16.8
16.9
17.0
18.4
17.4
17.0
16.5
16.8

0.14
0.13
0.15
0.14
0.11
0.23
0.13
0.15
0.12
0.13
0.13

0.0119
0.0122
0.0112
0.0118
0.0107
0.0119
0.0106
0.0110
0.0110
0.0116
0.0113

-0.0024
-0.0026
-0.0023
-0.0024
-0.0015
-0.0021
-0.0020
-0.0018
-0.0021
-0.0022
-0.0022

0.0071
0.0071
0.0065
0.0069
0.0076
0.0078
0.0067
0.0074
0.0069
0.0071
0.0070

16.9
18.3
18.6
17.9
18.5
18.6
18.6

0.13
0.11
0.12
0.12
0.11
0.12
0.12

0.0113
0.0135
0.0120
0.0123
0.0086
0.0107
0.0096

-0.0021
-0.0017
-0.0018
-0.0019
-0.0012
-0.0016
-0.0014

0.0071
0.0101
0.0084
0.0085
0.0062
0.0075
0.0068
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Figure 2: SEM showing (A) Pore-filling vermiculite kaolinite (B) Corroded sodium feldspar and (C) iron
oxide crystals and manganese-rich deposit
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Figure 3: Effect of Bedding Plane on Unconfined and Confined Compressive Strength (UCS and CCS)

Figure 4: Young’s Modulus at Uniaxial Testing
Conditions (UCS) with respect to Bedding Plane
From Loading Direction

Figure 5: Effect of Bedding Plane on Young’s
Modulus during Uniaxial and Triaxial Testing
Conditions (UCS and CCS)

Figure 6: Shear Plane Failure Pattern on Post
Triaxial Testing

Figure 7: Stress-Strain Plots of Three Different
Orientations to Bedding Plane
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Fracture stratigraphy: Predicting fractures from small-scale
lithologic and textural changes
Laura Kennedy, Jack Beuthin, and Jaime Kostelnik; Weatherford Laboratories
This paper was prepared for presentation at the International Symposium of the Society of Core
Analysts held in Snowmass, Colorado, USA, 21-26 August 2016

ABSTRACT
Fracture prediction in hydrocarbon reservoirs remains problematic, despite advances in
an understanding of mechanical properties and fracture development. We investigate two
structurally and stratigraphically complex cores in the Heath Formation to address the
growing need for knowledge of fracture stratigraphy as a tool for fracture prediction. We
observed five major stratigraphic units hosting drastically different fracture patterns
where changes in fracturing can be correlated to stratigraphic and diagenetic variation
down to the microscopic scale.

INTRODUCTION
Natural fractures are necessary for enhanced production of unconventional oil reservoirs.
Regardless, natural fractures remain difficult to predict. Gale (2014) states that “Being
able to predict fracture-size ranges, and thereby the natural fracture porosity and
permeability enhancement, requires an understanding of the fracture stratigraphy;
assumptions about size ranges and mechanical stratigraphy may lead to large errors in
estimates of these parameters.” As more vertically heterogeneous reservoirs are targeted
for oil and gas production, studies of fracture stratigraphy become more useful for
fracture prediction, and thus a production prediction tool within fractured reservoirs. We
analyzed two densely fractured cores in the Heath Formation from central Montana to
show how geologic data including stratigraphy, mineralogy, fracture characterization, and
petrography can be used to resolve and understand fracture stratigraphy.
The Mississippian-age Heath Formation recently has been targeted as a tight-oil play. It
is a known source of oil for the overlying Tyler Formation, and has generated over 30
billion barrels of oil (Bottjer, 2014). The Heath is a lithologically variable unit that
comprises organic-rich mudstones/marlstone, limestone, dolomite, anhydrite, and coal.
Deposition occurred largely in an east-west trending, shallow marine embayment that
extended across Montana. Formation-scale heterogeneity is largely a product of shoreline
fluctuations and climate change during deposition.

PROCEDURES
Natural Fracture Characterization
Natural fractures were logged in cores from two wells in the Heath Formation, the Reese
1 and the Padre 1A. Fracture data collected included fracture depth (top and bottom),
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length, dip-angle, aperture (healed and open), spacing, mode (opening or shearing),
shear-sense, termination style, fill mineralogy, and intersection-angle with other
fractures, obtained using manual standard fracture measurement techniques. The fractures
measured were then separated into fracture domains based on their characteristics and
integrated with other geologic data outlined in this report to determine a fracture
stratigraphy.
Core Description
The sedimentologic features of each core were logged at a scale of 1 inch = 2 feet.
Observations included general lithology, texture, bedding and sedimentary structures,
fossil content, and bioturbation intensity. Data were plotted as a graphic log.
Thin Section Analysis
Twelve thin sections were cut from the Reese 1 core and produced using standard
techniques. Nine were oversized thin sections and four were standard sized. Thin sections
were stained for calcite and ankerite. Sample selection was focused on fractured intervals,
and major fractures were the central focus thin section analysis.
X-ray Diffraction Analysis
X-ray diffraction (XRD) samples were sampled based on lithology changes at a 3 to 37
foot spacing with an average spacing of ~14 ft. Fifteen bulk and clay samples were
analyzed for mineralogy. Clay samples were analyzed using both glycolated and heat
treated samples to calculate expandability for montmorillonite (mixed layer
illite/smectite). XRD peaks were picked manually and subsequently verified using
Topaz® analysis software. Data were normalized for total clay, total carbonate,
anhydrite, and other (quartz, feldspar, etc.) based on the common lithologies observed in
the cores.
Core Panel Integration
All data were compiled into a core panel as a visual representation and integration tool
for both cores. Components of the core panel include core gamma log, a drafted core
description and fracture sketch, XRD data represented as pie charts, and thin section
photographs with descriptions plotted with respect to depth. The core panels were divided
into intervals separated by flooding surfaces, significant changes in lithology and/or
texture, and structural detachment surfaces for analysis. Components of each interval
were then analyzed for structural, mineralogical, and stratigraphic elements.

RESULTS
Natural Fracture Results
The major natural facture types observed include: 1) vertical mineralized joints (Fig. 1b);
2) inclined, slickensided shear fractures (Fig. 1a); 3) short, bed-limited, fracture sets; 4)
bed-parallel shears; 5) bedding-parallel veins with fibrous mineral fill (termed “beef” by
Buckland and De la Beche, 1835) (Fig. 1a); 6) pre-compaction fractures (Fig. 1c); and 7)
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fracture zones/swarms (Fig. 1a). Similar fracture styles tend to cluster in zones, confined
to a specific stratigraphic unit.

Figure 1. Some fracture types including A) a shear fractures (as seen by lamination
offset) and beef zone, B) a mineralized vertical joint, and C) a pre-compaction fracture.
In both cores, natural fractures are organized into distinct fracture domains that
correspond to lithologic units. In stratigraphic order, these fracture domains are: 1)
densely-spaced cleats in coal; 2) dominantly joints; 3) mostly shear fractures; 4) short,
bed-limited fractures; and 5) highly variable fracturing. The highly variable fracture
interval is subdivided into four subintervals – two intervals of joints, one interval of shear
fractures, and the upper-most interval of both shear fractures and beef. Two low-angle
detachments, defined by densely spaced low-angle shear fractures and intersecting bedparallel shears, are present in both cores.
Changes in fracturing are abrupt across sharp lithologic boundaries, ranging from the
half-meter to millimeter scale. The conventional wisdom that fracture spacing decreases
with decreasing fractured bed or lamination thickness (Ladeira and Price, 1981) holds
true in thinly laminated intervals (for vertical fractures), however this relationship is less
evident in intervals with low-angle shear fractures, bed-parallel shears, and beef.
Core Description Results
Combined, the two cores comprise four informal members of the Heath Formation: the
Potter Creek coal, the Cox Ranch shale, the Heath limestone, and the upper shale
member.
The Potter Creek coal, observed only in the Reese 1 core, is one foot thick and overlies a
root-penetrated mineral paleosol developed in siliciclastic facies. This member is an
impure/argillaceous coal that comprises 58% TOC by weight.
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The Cox Ranch shale, present in both cores, ranges from 57 to 70 ft thick. This member
consists of organic-rich, calcareous mudstone to marlstone with intercalated limestone
and dolostone. Shelly, marine bioclasts are abundant and are commonly densely
concentrated in the laminae and layers. Bioturbation is variable, ranging from absent to
intense. Flooding surfaces within the Cox Ranch interval are recognizable in both cores
and provide high-resolution correlations.
The Heath limestone, present in both cores, is about 20 feet thick. This member consists
of anhydritic, calcareous dolostone to dolomitic limestone that grades up into crystalline
anyhydrite. Some calcareous mudstone/marlstone beds are also present. Anhydrite in the
carbonate beds is largely displaced. The crystalline anhydrite ranges from laminated to
brecciated. In the Padre 1A, some crystalline anhydrite appears replaced by silica/clay.
The upper shale member is present in both cores, but the entire thickness of the unit is not
represented. The cored section ranges 9 to 14 feet thick. This unit comprises calcareous
mudstone/marlstone with interbedded marine limestone and dolostone. Bioclastic, shelly
laminae are locally present in the mudstone facies.
Thin Section Analysis Results
Twelve thin sections from the Reese 1 core reveal complex fracturing and diagenesis.
Fracture-parallel layers of mineral fill suggest crack-seal mechanisms for fracture
development with up to three different layers of minerals. This indicates mineral
replacement within fractures, (e.g. calcite and chlorite). Petrographic analysis supports
observations in core suggestive of multiple deformation events. Younger fractures abut
into older fractures in core and thin section. These same fractures show small amounts of
fill from the younger fractures bulging into older, orthogonal fractures (Fig. 2).

Figure 2. Thin section photomicrographs showing a younger fracture bulging into an
older fracture partially reopening the older fracture. Anhy = anhydrite; Chl = chlorite; Cal
= calcite; Magnification = 50X; Left is PPL; Right is XPL.
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Further evidence of a relationship between fracturing and diagenesis is found in thin
sections from the upper shale and Cox Ranch. In the upper shale, a relatively largeaperture fracture has up to four mineral fills including chlorite, dolomite, anhydrite, and
calcite, partially due to mineral-replacement. In the Cox Ranch, a discontinuous fracture
crosses a succession of three laminae: shale, organic silty shale, and dolomite. The
fracture is fully healed by dolomite and calcite in the lower shale lamina. The intervening
clay/organic silty shale lamina is not fractured. The fracture reappears and is propped
open by euhedral dolomite crystals in the dolomite lamina preserving fracture porosity.
X-Ray Diffraction Analysis Results
Thirteen samples were analyzed for XRD mineralogy – 11 from the Reese 1 well and
four from the Padre 1A well. The major mineralogical components include clay,
carbonate, anhydrite, and quartz (Fig. 3). Small amounts of plagioclase, pyrite, apatite,
analcime, celestine, gypsum, and barite were also found. The major component averages
are: 19% clay (ranging 0-51%), 43% carbonate (ranging 2-89%), 19% quartz (ranging 144%), and 13% anhydrite (ranging 0-88%). In the Padre 1A core, samples were not taken
from facies with abundant anhydrite; hence, this mineral phase is underrepresented in the
XRD data. Differentiation of clays shows the dominant clays as mixed-layer
illite/smectite and illite with trace amounts of chlorite and kaolinite in most samples.

Figure 3. XRD mineralogy (total clay, total carbonates, anhydrite, and other (including
quartz) for samples in the Reese 1 and Padre 1A wells. Not to scale.

DISCUSSION
A distinct fracture stratigraphy exists within the Heath Formation. Fractures within each
interval (listed in stratigraphic order) are: 1) Potter Creek coal — closely spaced cleats; 2)
lower Cox Ranch shale — mostly planar, vertical, mineralized joints; 3) upper Cox
Ranch shale — mostly shear fractures and bed-parallel shears; 4) Heath limestone —
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variable but prominent bed-limited fractures, mostly within thin, dolostone beds and
laminations; and 5) upper shale member — mixed, highly variable fractures including
bed-parallel shears, shear fractures, short, mineralized and unmineralized joints, and beef.
Densely-spaced cleats are expected in coals such as the Potter Creek. The presence of
mostly planar joints in the lower Cox Ranch shale may be related to the calcareous nature
(possibly increased due to the presence of calcareous bioclasts as a source of carbonate)
of the marlstones and limestones, raising the shear strength of the interval, and inhibiting
the development of shears. Conversely, the lower carbonate percentage (also lower
calcareous bioclast concentration) within the upper Cox Ranch likely promoted
development of shear fractures and bed-parallel shears. Both the thinly-bedded nature of
the Heath limestone, and the alternating layers of ductile anhydrite with the more brittle
dolostone, promoted the development of closely-spaced, bed-limited fractures. The
argillaceous and laminated character of the mudstone facies in the upper shale may
explain the presence of beef and dense shears. These changes show that facies and
diagenesis, control the distinct differences in fracture characteristics including fracture
mode (opening, shearing, etc) and geometry.

CONCLUSION
Data from two heterogeneous “shale” cores from the Heath Formation in Montana
provided an opportunity to better understand fracture stratigraphy. Clear correlations
exist between stratigraphy, texture, mineralogy, diagenesis, and fracturing. Ultimately,
this and similar studies will make natural fracture prediction models more geologically
accurate, increasing production in fractured shale plays.
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ABSTRACT
The geological studies (petrographical analyses) can be applied on drill cuttings (old/new,
dry/wet sets) recovered from un-cored intervals, in order to help the oil and gas
companies to understand the characteristics of their source rock, reservoirs and seals,
with special focus on the reservoir quality.
Drill cutting samples are as useful for geological studies as core or side wall core
samples. These types of samples are recovered each 3-5m or 10-15 ft, from each well.
Their availability, nature and sample volume would dictate the amount of geological and
geophysical data resulted from various types of analyses as petrography, scanningelectron microscopy (SEM), X-ray diffraction analysis (XRD), grain size analysis
(include sieving and laser particle “LSPA” analyses) and mercury injection capillary
pressure analysis (MICP). Petrographical analyses include identification and description
of the detected rock types by quantitative (point counted) or qualitative petrographic thinsection analysis; whereas MICP is considered a useful tool for improved understanding of
porosity and matrix permeability distributions of petroleum systems (including source
rock, reservoirs and seals). Thin section analysis performed on selected drill cutting
pieces aims to identify rock types and to define their mineralogy, texture and
composition, and the evaluation of mineralogical and diagenetic controls on porosity and
permeability (reservoir quality). This type of study could focus on individual wells or
multi wells (exploratory and/or development wells). Based on petrographical results a
rock type scheme could be built and applied on a regional scale to better interpret the
electric logs (Gamma-Ray) in terms of reservoir/seal intervals and their potentials. Each
identified rock type could be further analysed by applying SEM and XRD analyses. Each
special petrographical test provides more and more details with regard to the pore
geometry, pore occluding minerals, clay minerals differentiation and quantification. In
addition to that, MICP can provide data that are equally suitable for the calibration of
porosity logs and has the added advantage that the analysis can be done on fresh or
archived cuttings samples as well as core. Potentiality of sandy intervals and their
characteristic grain size distribution is also possible to be determined by performing sieve
and/or laser particle (LSPA) analyses.
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INTRODUCTION
Drill cuttings are the broken bits of solid material removed from a borehole drilled by
rotary or percussion methods. Boreholes drilled in this way include oil and/or gas wells
for exploratory and/or development stages. The drill cuttings are commonly examined to
make a record (a well/mud log) of the subsurface materials penetrated at various depths
recovered each 3-5m or 10-15 ft. Drill cuttings are produced as the rock is broken by the
drill bit advancing through the rock; the cuttings are usually carried to the surface by
drilling fluid circulating up from the drill bit. Drill cuttings can be separated from liquid
drilling fluid by shale shakers, by centrifuges, or by cyclone separators [1].
Objective of the Study
The main objective of this study is to provide the importance of applying and integrating
the lithological description, with petrographical characteristics and the rock properties of
the drill cutting samples and to interpret the gained information with regard to reservoir
quality. Petrographical analyses were performed (special attention to thin section and
scanning-electron microscope) of the selected drill cutting samples from different parts of
petroleum systems, with the aim to identify and characterise their mineralogy, texture and
composition, which further allows the petrographical classification of rock types and the
evaluation of mineralogical controls on porosity and permeability, and could be supported
with mercury injection capillary pressure (MICP) data.

ANALYTICAL PROCEDURES AND RESULTS
As a part of this study the lithological description and petrographical analyses (thin
section “TS” and scanning-electron microscope “SEM”) were carried out on drill
cuttings. A brief description of the analytical procedures is as follows:
Samples Preparation and Lithological Description
When received the cutting samples are cleaned first using water depending on the nature
of the samples. If the samples contain swelling clays, we won’t wash them with water but
we will crush them and try to blow the drilling mud that coats the grains. If the samples
are sandstone or carbonate or normal clays, we will wash them gently with water. Figure
1A shows the samples laid out after washing and ready for petrophysical analysis and
description. After cleaning the samples are studied macroscopically (naked eye) and
microscopically (by using binocular microscope, Figure 1B).
The available material of each sample was inspected with regard to its overall condition
(degree of recovery) and the nature and relative abundance of components. Rock types
distinguished within the cutting samples have been lithologically classified according to
their specific characteristics and were further described considering their colour,
composition, textures and percentages; then facies schemes (lithologically) can be
established by preparing a log description (e.g., by using canvas software) and integrated
/ interpreted with the electric logs (Gamma-Ray) in terms of reservoir/seal intervals and
their potentiality (Figure 2).
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B

Figure 1. A) Showing the samples layout after washing and ready for description. B) Showing the
Binocular microscope used in describing the samples.

Figure 2. Example for cuttings log description integrated with Gamma-Ray (GR) log, by using Canvas
software.

SCA2016-089

4/6

Petrographical Analyses (TS and SEM)
After lithological description we pick the cutting samples for petrographical analyses
(thin section and SEM) to cover all the represented lithotypes, in order to built-up
microfacies types integrated with lithofacies types. During the selection process we
divide the material into three parts: 40% for thin section; 40% for SEM and 20% as a
reference for quality control, and try to avoid additives (such as calcite pieces of drilling).
Thin Section (TS)
Thin section preparation involved vacuum impregnation with blue dyed resin to facilitate
the recognition of porosity and staining with a mixed Alizarin Red-S and potassium
ferricyanide solution to allow the identification of the carbonate minerals. In addition,
samples were stained with a sodium cobaltinitrite solution to aid the recognition of alkali
feldspars [2]. The thin sections were examined under plane- and cross-polarised light with a
petrographic polarising microscope. Different lithologies (microfacies) were selected from
each thin section and separately analysed. The texture, mineralogy and porosity of each
lithology (microfacies) were described and the relative abundances (in % by volume) of
detrital and authigenic components and pore spaces were determined by either point
counting (quantitative descriptions: 50, 100, or 200 counts) in some pieces/samples or
estimated (qualitative descriptions) in other parts depending on the quality of the cuttings.
Due to the poor nature of some analysed samples, point counts couldn’t be applied. Instead
quantification of minerals and porosity was achieved through visual estimation. Rock types
were petrographically classified according to an established rock classification scheme (such
as sandstone classification scheme, after Dott [3]). The results of the thin section analyses
are summarised on a petrographic data sheet (Figures 3 and 4). The specific characteristics
of the samples are further illustrated by coloured photomicrographs for each sample
depending on the number of microfacies distinguished in each individual
sample
(Figure
4).
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Figure 4. Another example for lithology definition in thin section by % by volume / sample (visual
estimation) and examples for thin section photomicrographs representing different types of microfacies.

Scanning Electron Microscopy (SEM)
SEM examination can be carried out on selected lithofacies types from cutting samples,
where the samples are mounted on standard aluminum SEM stubs and coated with gold
using a sputter coater. SEM analysis involved detailed description of the cutting material
with a special focus on the pore geometry, composition and morphology of the main poreoccluding clays / carbonate cement minerals. Figure 5 shows examples of the quality and
resolution of SEM images for cutting pieces.

Figure 5. Examples for SEM images of cutting pieces: A) shows the quality of cutting sample in SEM. B)
shows euhedral, smooth-faced and pyramidal quartz overgrowths, locally enclosed with moderately
crystallised chlorite plates (card-house texture). C) shows moderately crystallised pore filling kaolinite
booklets of partly corroded pseudohexagonal basal plates.

RESERVOIR QUALITY
Petrographical analyses (TS and SEM) on cutting samples can help clarify the reservoir
quality from the mineralogical and textural composition of detected
microfacies/lithofacies types from cutting samples, and their effects on porosity types and
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distributions. The importance of MICP on cutting samples is shown in Figure 6 for
improved understanding of porosity and matrix permeability distributions of reservoirs
[4], and integrated with the observations of the petrographical analyses.

Figure 6. Example for MICP data for different samples that shows smaller pore throat radius and strong
positive skewness, where GeoMean Permeability = 0.12mD and Average He Porosity = 10.7%.

CONCLUSION
Drill cutting samples are recovered as a minimum record of rock material from each well.
Petrographical and petrophysical studies can be applied to them and offer a continuous
record of lithologies over wide depth ranges where cores are not recovered. Comparison
and correlation of wells over an entire field area can also be undertaken.
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ABSTRACT
When the core is retrieved to the surface, it undergoes pressure and temperature drop.
Due to pressure and temperature drop, some micro fractures may be created in the core if
the pressure and temperature change occurs too rapidly. This is because basically the
hydrocarbon inside the core cannot exit the core fast enough and thus pressure inside the
core cannot drop as fast as the pressure outside. This causes a pressure difference
between the inside and outside of the core. If the pressure difference is excessively high,
it can simply cause creation of microfractures throughout the core.
Therefore, in this paper, the effect of stress changes outside of the cylindrical core while
retrieval is simulated in order to obtain the inside core pressure, difference between inside
and outside pressure, and the induced circumferential stresses in a time based manner. In
this work, geomechanical poroelastic models have been modified and merged with finite
element modeling and thus a new model has been reached. Having inserted the inputs
into the developed model and interpretation of outputs, the creation of tensile
microfractures is simulated. Thus, initiation time of microfractures and their radial
locations in the core can be reported.

INTRODUCTION
Microfractures in cores are known as small cracks with high fracture length to width.
Microfractures can be natural or induced. Induced microfractures occur while coring,
core retrieval, recovery or handling. The aperture of microfractures is considered in the
order of 0.1 mm in geophysics and petroleum engineering.
Induced microfractures created during core retrieval can be severe (as typically shown in
Figure-1) if safe tripping procedures for core quality is disregarded. If core tripping
speed is too high, the pore pressure does not reach equilibrium with outside pressure fast
enough. This can cause stress-release induced microfractures.

SCA2016-091

2/6

Indeed, microfractures cause irreversible damage to the core, but there is little knowledge
about their creation time and their locations. Obtaining this knowledge contributes to
preventing induced microfractures in some cases (e.g. by controlling tripping rate). It can
also contribute to the detection and discrimination in the core.

Figure 1: Typical large sized microfractures created in the core during tripping

Poroelastic Modeling and Solution
In elasticity modeling of cores, the effect of pores is ignored. Poroelastic models are
modeling the effects of change in induced stress and pore pressure. Based on solid to
fluid coupling, a change in stress causes a resultant change in pore pressure and also fluid
volume. Conversely, a change in pore pressure causes a change in effective stress and
rock mass volume. Poroelasticity depicts the interactive effects of pore pressure,
increment of fluid content, strain and effective stress as follows (Wang, 2000):
𝜁 = 𝛼𝜖 +

𝛼
𝑝
𝐾! 𝐵

(1)

The parameters in equation-1 are named in .
While core retrieval to the surface, outside pressure is reduced from bottomhole to
atmospheric pressure gradually depending on retrieval speed. The same effect occurs for
temperature.
The following equation depicts the relation between the Laplace transform of increment
of fluid content (𝜁) with radius and time (Wang, 2000, Detournay and Cheng, 1993):
(2)
𝑑 ! 𝐿(𝜁) 1 𝑑𝐿(𝜁) 𝑠
+
−
𝐿
𝜁
=
0
𝑑𝑟 !
𝑟 𝑑𝑟
𝑐
The above equation is solved to yield the solution of increment of water content in
Laplace form (𝐿 𝜁 ). Then, using Stehfest algorithm, the inverse of Laplace is taken to
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yield water content. Unlike many other geomechanical works, in this paper the
compressive and tensile stresses are respectively considered positive and negative.
Original poroelasticity has an innate assumption that stress change occurs instantly. Thus,
the core is instantly retrieved for the core retrieval case. This questions the validity of the
model. Therefore, in this paper, finite element modeling is merged with poroelastic
models. Thus, the incremental values are calculated and summed up to yield the final
inside pore pressure at each stage, and circumferential stress.

Fracture Criteria
The creation of microfractures while core is being retrieved is considered tensile.
Basically, tensile fracture occurs when the effective tensile stress across a plane in the
core becomes greater than the rock critical tensile strength (T0).
Table 1: Geomechanical Parameters Used and their Values

Parameter
𝛼 (Biot’s Coefficient):

Relation
𝑐=

c1 (initial hydraulic diffusivity):
𝜇 (dynamic viscosity) at downhole
conditions:
S (uniaxial specific storage):

,

𝐾
𝑐 = (4.083𝑒 − 7)
∅𝜇𝐶!
1
1
+𝜑
𝐾!
𝐾!
1
𝐾! =
𝐶!

𝑆=

𝐶! = (4.083𝑒 − 7)

𝐾
∅𝜇𝑐

𝑇! =

1
𝑈𝐶𝑆
8

𝜐 (Poisson’s Ratio):

B (Skempton’s coefficient):

85.06 1/Pa (Shale)
20 MPa

Estimated Tensile Strength (T0):

𝜐! (undrained Poisson’s Ratio):

6e-8 m2/s (Shale)

0.02 cp

𝐾! (fluid bulk modulus):
𝐶! (total compressibility) at reservoir
conditions:
UCS (Uniaxial Compressive
Strength):

!
!"

Values
0.74

2.5 MPa
0.18

3𝜐 + 𝛼𝐵 1 − 2𝜐
3 − 𝛼𝐵(1 − 2𝜐)
3 𝜐! − 𝜐
𝐵=
𝛼 1 − 𝜐 (1 + 𝜐! )

𝜐! =

0.28
0.49

To detect the time and location of microfractures created in the core, two criteria are
conceived in this paper to be effective:
1) Griffith criteria (Griffith 1921):
!
(3)
𝜎!!
= −𝑇!
2) When difference between inside pore pressure (𝑃!,! ) and outside pressure exceeds
critical tensile strength (T0):
(4)
𝑃!,! − 𝑃! > −𝑇!
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The second criterion was utilized by Zubizarreta et. al. (2013) to simulate microfractures
created while core retrieval using computational fluid dynamic modeling.

Case Study
To evaluate the developed model function, one typical case study is investigated in this
paper. The parameters and their corresponding values are given in Table-1. The
controlling variables are pull-out-of-hole time or speed, hydraulic diffusivity (c), and
mud cake pressure drop which have been simulated.

Results and Discussion
After inserting the input data in the developed model, the two mentioned criteria of
initiation of microfractures (equation-3 and 4 respectively) are considered to detect the
time and location of microfractures. The results of the simulation for a typical shale gas
formation case have been shown in Table 2. The simulation results using the two tensile
failure criteria respectively for the time and location of fracture initiation have been
plotted in Figure 2. As can be seen in Figure 3, the time of creation of microfractures in
shales is almost instant. As can be seen in Figure 3, most microfractures are concentrated
near the boundary.
Table 2: Results of Model on the Case Study

Shale Core

Controlling Variables
T1=2 min/stand
POOH schedule:
T2=12 min/stand
T3=18 min/stand
Hydraulic diffusivity (c):
6e-8
Mud cake pressure drop (psi): 0%
Total time (hr):
25.55 hr
Tensile strength (MPa):
2.5 MPa

Results
Microfractures?
Time(s):
Location(s):
Damage:
Effect:

Yes
t≥0.5e3 s
0≤r/R≤1
Severe
+
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Figure 2: Results of application of the First Tensile Failure Criterion for Detection of Microfracture
Initiation Time (Equation-3)

Figure 3: Results of application of the Second Tensile Failure Criterion for Detection of Radial Locations of
Microfractures in the Core (Equation-4)

CONCLUSION
In this paper, it is attempted to detect the initiation time and radial locations of
microfractures created in the core when it is retrieved to the surface. Using poroelastic
modeling of stress change and merging it with finite element modeling, it is possible to
evaluate inside pore pressure and circumferential stresses around the core while retrieval.
For shale cores, the microfractures are created almost instantly due to their minimal
permeability and hydraulic diffusivity. In addition, most microfractures are distributed
near the boundary.
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ABSTRACT
A limited number of reservoir rocks can be drilled for laboratory experiments, so
artificial core is often used to study the multiphase flow and EOR mechanism during
physical simulation experiments. Artificial core manufacturing method includes epoxy
cementing and high temperature sintering processes. Conventional epoxy resin cement
core used was commonly oil wet. By adopting the method of high temperature sintering
or surfactant cementation, the wettability requirements of reservoir rocks can be satisfied;
however, it may have water sensitivity and unstable hydrophilicity issues.
The traditional process of epoxy cement is improved on the basis of above mentioned
facts. In this paper the method of manufacturing water wet artificial core was improved
and simplified by chemical modification. The non-ionic hydrophilic group for epoxy
molecule is added by the chemical reaction of E-51(epoxy) and glycine, and then the
chemically modified epoxy and curing agent can cement quartz sands directly. The
mixture of chemically modified epoxy resin and curing agent before solidification can be
diluted by water directly instead of acetone which is toxic for human body. The test of
contact angle shows that cured epoxy resin and cemented core slice are both water wet.
Strength, porosity and permeability of cementing core are essentially the same with the
conventional cementing one; moreover, the pore distributions by NMR test are the same.
Furthermore, the water sensitivity phenomenon does not exist, and its’ properties
(strength, porosity and permeability) basically remain unchanged after soaking by
kerosene or water for 48 hours. This kind of water wet core manufacturing method is
simple since the process doesn’t need high temperature curing and it’s more suitable to
study the fluid flow in porous media and EOR method in light of the stable property.

INTRODUCTION
Most scientists working on the problem have concluded that it is difficult to obtain valid
measurements without operating under conditions as close as possible to those in the
reservoir. In the field of reservoir engineering, it is important for the core samples used in
laboratories to have properties representing the real reservoir. Although often neglected,
core samples always degrade to some degree in the process of cutting the core, handling
it, and studying it. This necessitate for artificial core sampling as an alternative. Artificial
core manufacturing methods which include high temperature sintering or surfactant
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cementation improve wettability requirements of reservoir rocks and makes the sample
representative. Unfortunately, water sensitivity and unstable hydrophilicity is still
challenging under this method.
Most scholars generally change additives or processing methods to meet the requirements
of different wettability [1]. For the core produced by epoxy cement, the method of adding
clay and surfactant substances, is generally adopted to change the wettability (weak oilwet is changed into weak water-wet) [2-3]. For the high-temperature sintering core and
natural water-wet core, the method of silicone oil immersion is generally adopted to
change the wettability (weak oil-wet is changed into weak water-wet). However, silicone
oil and surfactant can be removed by core flooding. When clay is added, there is strong
water-sensitivity. Moreover, the acid and alkali resistance of high-temperature sintering
core is poor [5-6]. Therefore the reusability and wetting stability of core are still
unresolved.
Chemical modification is a common way to change the surface properties in material
science field, and water-borne epoxy resin technology has been developed in these years
[7-8]
. So chemical modification adopted as remedy to improve and simplify the method of
manufacturing water wet artificial core and hence give solution for the above mentioned
challenges. The traditional process of epoxy cement is improved on the basis of the above
mentioned criteria.

PROCEDURES
Chemical Modification of Epoxy
The cement and quartz sand should be sufficiently stirred and cured during core
manufacturing process. The thin film is formed by cement on the surface of quartz sand.
The ordinary epoxy is oil-wet; as a result, the cemented core is also oil-wet. The core’s
wettability can be influenced by properties of epoxy and curing agent.
Bisphenol-A-type epoxy resin E-51(Epoxy value: 0.48-0.54, industrial products with
lower viscosity) and glycine (analytically pure) were selected for chemically modified
epoxy resin manufacturing. Mole ratio is n (epoxy group): n (glycine) = 3:1 (mass ratio is
about 8:1). E-51 epoxy resin, the glycine and surfactant were mixed together and heated
to 80°C (keep 3.5 hours for reaction). Using sodium hydroxide solution to neutralize the
mixture and therefore the water-based epoxy system was produced [6]. The equation for
the chemical reaction is:
OH

O
CH

CH2 + NH2CH2COOH

CH

OH
CH2

N

CH2 CH

(1)

CH2COOH

Modified epoxy resin is transparent liquid with light yellow color. Triethanolamine (TEA,
industrial product) is used as a curing agent. The equation for the cure reaction is:
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n

CH

CH2
O

R3N

CH
O

CH2

n

(2)

Solidification of Epoxy and Artificial Core
Firstly, mix ordinary epoxy or modified epoxy resin with TEA adequately and smear the
mixture evenly on the glass. Then place it into a thermostat (65°C) for 5 hours to solidify.
After the solidification, measure the solid-oil-water contact angle for cured epoxy and
modified epoxy resin.
Secondly, mix ordinary epoxy or modified epoxy resin with TEA and quartz sand
adequately. Quartz sand of 100~120 mesh was used as cement particles and the mass
ratio of epoxy (including curing agent) to quartz sand is 0.07:1. Then push the mixture
into the cylindrical mould (diameter = 1 inch, pressure = 10MPa) and place it into a
thermostat (65°C) for 5 hours to solidify. After the solidification, we get the artificial
core and then measure the contact angle, stability in oil or water (valued by stress
sensitivity) and pore structure using NMR.

RESULTS AND DISCUSSION
Wettability
Using water and kerosene (dyed by Sudan III), the oil-water contact angle on the solid
surface for different epoxy coatings at 20°C was measured. The results are given by Fig 1
and Fig 2. The contact angle of oil-water on ordinary epoxy coating surface is about 106°
which is the critical value between weakly oil-wet and oil-wet. But the contact angle on
water-wet epoxy coating surface reaches about 40.5°, which shows that it is strongly
water-wet or hydrophilic.
The artificial cores were cut into small slices with a thickness of 3mm and the contact
angle results of oil-water phase on the surface are given in Fig 3 and Fig 4. Since
ordinary epoxy resin core is oil-wet, slow spontaneous imbibition will occur to the oil
drop, so ought to measure the contact angle when the kerosene were just touching the
slice. Contact angle on ordinary epoxy resin core slice is 103o, which shows that it is
weak oil-wet. On the other hand, contact angle on waterborne epoxy resin core slice is
47o, which shows that it is stronger water-wet than the previous.
The analysis of results show that the contact angles of cement core are very close to
epoxy resin. Although quartz is hydrophilic, after mixing the epoxy resins and curing
agent, cementing agent will form the thin film on the surface of quartz particle. After the
cementing agent solidified, the quartz particles will be brought together to form the core.
So the surface properties of cemented core are related closely with curing agent.
Core stability
8 artificial cores were made at same conditions, but with different epoxy. The
permeability and porosity were tested by N2 at 20°C. Table 1 shows that these cores have
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basically the same permeability and porosity. After soaking in kerosene and brine (5%wt)
for 48 hours, stress sensitivity of cores was tested by changing confining pressure, the
results were used to value the core stability. In Fig 5 and Fig 6, k and ki represent
permeability under different confining pressure and initial permeability respectively. The
stress sensitivity curves are very similar and close for cores soaked in kerosene or brine
for both kind of cores. Therefore the kerosene and brine have little effect on the strength
of this kind of cores. Stress sensitivity is low for both cases since the permeability under
10MPa is still above 85% of initial permeability. Comparing Fig 5 and Fig 6, the oil-wet
core has a higher permeability than water-wet core at the same effective stress. In
particular, when stress is 15MPa for both cases, the permeability for oil-wet is 5% higher
as compared to that of the water-wet core.
The cured epoxy resin ensured the strength and weak stress sensitivity for the artificial
cores. Since some epoxy groups of chemical modified epoxy have been replaced by
hydrophilic groups, the strength of cured resin modified epoxy becomes lower and the
effective stress of water-wet core stronger. However, the difference of 5%, which is
shown in the results has little influence on normal displacement experiment.
Pore structure
Finally, the NMR tests were conducted for two kinds of cores (O4, W4) as shown in
Table1 and Fig7. They all have the feature of single crest in the NMR spectrum. Since the
pore samples were made of sand and epoxy of the same size and amount, the porosity,
permeability and proportion distributions is almost the same. So a better comparability
for the influence of wettability on multiphase flow in porous media is shown.

CONCLUSION
(1) The wettability of core mainly depends on the surface characteristics of epoxy. Using
chemically modified epoxy the manufacture of water wet artificial cores becomes simple
and convenient
(2)Artificial core has low stress sensitivity and better stability even when soaked in oil or
water.
(3)Generally, artificial cores have almost the same properties except for wettability, so
they are more suitable for porous media flow under different wettability.
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Tab 1. Properties of artificial cores
Core
number

Length
/mm

Diameter
/mm

Gas
Permeability
/10-3µm2

Porosity

Processing mode

Wettability

W1

62.43

25.02

1453

0.352

-

water-wet

W2

59.40

24.96

1512

0.357

Soaked in kerosene for 48h

water-wet

W3

60.88

25.08

1478

0.353

W4

21.02

24.88

1512

0.354

-

water-wet

O1

61.52

24.86

1450

0.353

-

oil-wet

O2

62.34

24.96

1489

0.355

Soaked in kerosene for 48h

oil-wet

O3
O4

61.72
20.56

25.12
24.90

1503
1485

0.354
0.358

Soaked in brine (5%wt) for 48h
-

oil-wet
oil-wet

Fig 1. Contact angle on ordinary epoxy coating
surface

Soaked in brine (5%wt) for 48h water-wet

Fig 2. Contact angle on modified epoxy coating
surface
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Fig 5. Stress sensitivity of oil-wet cores using
ordinary epoxy

6/6

Fig 4. Contact angle on surface of core slice
cemented by modified epoxy

Fig 6. Stress sensitivity of water-wet cores using
modified epoxy

Fig 7. NMR result (proportion distribution) for two kind of cores
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TECHNICAL AND ECONOMIC GAPS
Dave Whitby – Coring Technical Director
National Oilwell Varco, Drilling and Intervention, Coring Services
This paper was prepared for presentation at the International Symposium of the Society of Core
Analysts held in Snowmass, Colorado, USA, 21–26 August 2016

ABSTRACT
Wireline retrievable coring has advanced markedly in recent years in terms of system
reliability, core quality, application range, safety and general oilfield acceptance —
especially in the unconventional sector. The industry has yet to fully exploit the
information benefits and economic savings of wireline coring technologies for
conventional reservoirs, in particular for offshore applications.
To properly communicate the positive attributes of wireline coring systems and ask why
it is not employed more frequently in place of conventional cores, sidewall cores or
electric wireline logging, the historical challenges and objections should be clearly laid
out and examined properly from three key aspects: safety, core quality and technical
limitation. For example, misconceptions around core degradation while tripping are
unfounded given current knowledge around tripping programmes and the trip
management resources available. The industry needs to reconsider what was once
perhaps true, otherwise the cost- and time-saving benefits of reducing or replacing
several conventional core trips per well will not be capitalised upon.
21st century coring industry and related tubular, wireline handling / surface pressure
control, and fishing companies have developed solutions that may be applied to
overcome past challenges, such as large bore drillpipe, drill collars, hydraulic and
mechanical jars to allow for a larger core diameter; rotating and circulating arrangements
for wireline surface pressure control and minimisation of differential sticking; slimhole
electric wireline logging systems conveyed through the corehead; drilling insert
technology that allows cycling infinitely between coring, drilling or logging as desired;
and non-critical path core surface logging options.
Recent application of wireline coring technology offshore not only proves cores of
excellent condition are obtainable, but that even with extremely conservative tripping
practices, substantial economic savings can be realised, whilst at the same time delivering
more useable bulk volume samples than any other coring method.
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HISTORICAL CHALLENGES AND OBJECTIONS
Wireline Coring, also referred to as Continuous Coring, is the method by which core
samples are cut downhole, similar to conventional coring, with the key difference being
the method for recovering the core. As the name suggests, wireline cores are retrieved
through the bottom-hole-assembly and drill string to surface by a wireline winching unit,
negating the requirement to trip the entire drill string and BHA; this translates to much
faster tripping – commonly at a retrieval rate average of around 70m/min. Many modern
oilfield wireline coring systems also allow for the downhole fitment of a drilling insert
that permits drilling ahead conventionally to further reduce drill pipe trips to core point,
between core points or to drill to total depth.
A) Run-In-Hole
with the wireline
coring assembly,
drilling insert
assembly installed
with integral float
valve – safe
tripping to total
depth or option to
drill-out casing
shoe / drill ahead /
ream to core point.

B) Remove
Drilling Insert
Assembly with
Wireline.
Option to log
through the core
bit.

C) Freefall drop /
pump the Inner
Barrel Assembly
into place and
commence coring.
At any time the
system can be
cycled to drilling,
coring or logging
through the bit –
all without tripping
the drill string.

Figure 1. General Wireline Coring Operating Principle.

Perception is one of the largest challenges facing wireline coring acceptance in modernday oilfield operations. Although large diameter rotary wireline retrievable coring
technology was first introduced to the US oilfield in 1928 [1] and enjoyed popularity
right up through the 1950s and 1960s [2], it was the mineral exploration sector that truly
invested in and further developed the system for slimhole use from the 1950s onwards
[3]. Some assume that wireline coring is non-oilfield in origin and therefore something to
be viewed sceptically.
Numerous times in the late 20th century, there was some re-invention of small core
diameter systems for operation within standard drill pipe and bottom hole assembly
internal diameters, predominantly confined to use in land operations [4]. These systems
saw limited success with many operators perceiving the 2 in. or smaller diameter cores
[5, 6] to be of little analytical value. In addition to working within the confines of less
than ideal diameter limitations, this translated to general system weaknesses, often
evident when attempting long coring / drilling intervals (with drilling insert), hard or soft
formation intervals, casing shoe drill-out, or limited inner assembly length capacity.
Operationally, wireline coring has often been at odds with established drilling practices,
in particular concerning how to minimise the chances of differential sticking when the
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drillstring is stationary during the core retrieval process [7], swabbing when retrieving the
core [6], and means to effect general well control / cure losses with the lack of a float
valve and or circulation sub in the bottom hole assembly. Additionally, surface pressure
control equipment and the ability to pass through certain diameters, maintain sufficient
working pressure capacity, rig-up time / cost, and ambiguous industry guidelines are all
additional factors that in the past have attempted to push wireline coring aside as being
too challenging.
From a sub-surface perspective, the coring industry in general has preached the
importance of engineered trip-out rates to avoid cores being retrieved back to surface too
quickly and suffering irreversible damage from gas break-out, in addition to the
associated safety aspects of allowing venting and dissipation of gases released during the
trip out of hole [6].

INDUSTRY SOLUTIONS
Driven primarily by the unconventional sector since the turn of the century, general
wireline coring system specifications, capacities, diameters and associated technologies
and processes have in most cases solved the challenges mentioned above, but have not
been communicated adequately across to the exploration and appraisal stakeholders
concerned with conventional and offshore operations that could benefit the most
economically from wireline retrievable coring technology.
The ability to cut and recover large diameter wireline cores of up to 3 ½ in. diameter and
56m in length has been made possible by the innovation and investment of some key
coring service providers, along with the ever increasing range of proprietary drillstring
connections with large internal diameters available on rental strings and engineering
efforts to produce mechanical and hydraulic coring jars / drill collars.
Although not specifically designed for wireline coring, there are a number of modern
surface pressure control systems with certified working pressures of up to 15,000psi that
are beneficial for offshore operators considering wireline coring. There are a wide range
of configurations that offer the ability to circulate, rotate and or reciprocate drillpipe
whilst wire is within the drillstring, reducing risks of differential sticking, cuttings packoff, swabbing, and enabling safe retrieval of the inner barrel assembly; and well control at
any point in the coring process.
Properly developed, tested and critically reviewed operational procedures based off risk
assessment and hazard analysis then provide the remainder of controls to ensure a safe
coring operation that delivers quality core. Some general examples include properly
calculated circulation periods after each core is cut, tripping drillstring back inside the
casing shoe where warranted, pulling the inner assembly to surface against swabbing
calculations and core decompression programme, removal of the inner assembly from the
surface arrangement, and well control procedures at each stage of the process.
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REDUCING WELL CONSTRUCTION TIME, WHILST OBTAINING
MORE CORE
Aside from the time-saving benefits of wireline coring versus conventional coring –
especially over long intervals or where multiple trips are required — there are other less
tangible savings that are no less significant:
1. More core can be taken for the same cost or less. In a conventional coring scenario, a
conventional drill bit is used to drill out the casing shoe and onto core point, a round
trip is required to core, then post coring another conventional drill bit trip is required
to drill the electric logging rathole (even more costly is a sidetrack to core scenario).
With this method, core point may be selected incorrectly due to the formation tops
uncertainty, resulting in a wasted trip to core formation of little value, or could also
result in core point being picked low, missing critical formation information (e.g.
reservoir seal.). With wireline coring, the assembly has the capability to drill out the
casing shoe and ahead to core point (drilling mode). Where there is depth
uncertainty, coring can commence high to be sure to capture the interval of interest.
The operation is economically favourable to do this as a full trip is already saved
before coring commences. Once coring is finished, the drilling insert can be
reinstalled to allow for drilling to TD / logging rathole, all with a single BHA trip.
If deemed necessary, an electric, wireline-conveyed logging tool may be run out of
the bottom of the coring assembly [12] to identify positional markers, or to log the
target formation a mere hour or two after coring it — without tripping drillpipe.
2.

The underexplored possibility of inverse logging (logging the core on surface as
opposed to logging the borehole) [8], or at minimum reducing the number of suites
required, can all be conducted off critical path and delivered in semi-real time,
allowing for logging as coring / drilling is still in progress. This would also be a
major boon for decision making. As each wireline core is retrieved to surface it can
be instantly logged on a core exposed to mud for a very short period of time, as
opposed to formation logged days later downhole.
Some basic surface logging examples available include [8] gamma ray, magnetic
susceptibility, infrared mineralogy, ultraviolet fluorescence, nuclear magnetic
resonance porosity, pyrolysis, gas chromatography, digital photography / video,
resistivity, P-wave velocity, and X-ray diffraction, not to mention the opportunity for
obtaining immediate trimmed plug samples with the absolute minimum of filtrate
invasion.

3.

Smoother, constant rate tripping of the core (profiled trip out programme) with no
setting of slips is beneficial to avoid damage to weak formation cores.

4.

By not tripping pipe as often, certain projects in populated areas may be able to
maintain 24 hour operations through reduced noise pollution.
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5.

By reducing trips, wear and tear on the drillstring and rig equipment is reduced in
addition to minimising the potential for personnel injury during one of the most
hazardous rig operations, tripping the drill string.

6.

Wireline coring can eliminate the need for sidewall cores by taking cores on the fly
and providing wider coverage over the drilled / cored interval.

Wireline coring also allows for jammed or problem core runs to be aborted and addressed
in a matter of an hour or two as opposed to a similar issue with a conventional coring
system being measured in days.

FUTURE OF WIRELINE CORING
Long term, the future of conventional and in particular wireline coring system technology
is clear: real-time logging capability whilst coring [9, 10, 11, 13]. Other electronic realtime transmitted measurements such as jam detection, core position, pressure,
temperature, downhole dynamics and general inner barrel behaviour are all expected to
be forerunner coring technologies in the near term.

CONCLUSION
Wireline retrievable coring has developed into a simple, robust and reliable option for
operators to obtain a larger volume of quality core samples safely and economically. The
status quo of how formation evaluation is commonly applied across the industry should
be called into question. More physical samples are always preferable over inferred
electric log interpretation data, notwithstanding the associated “flat time” critical path
time taken to wireline log the well and the fact that the data is often taken from the
reservoir section days after it was drilled. The cost savings are tangible and have been
proven onshore in thousands of wells. Though offshore uptake has been limited to date,
favourable results and positive upsides are reported in those instances [10, 11, 12, 14].
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